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Regulation Number 7  
and Regulation Number 22 


 
ADMINISTRATIVE MATERIALS 


 
Copies of the following administrative materials are included in this submittal of revisions to 
Regulation Number 7 and Regulation Number 22.  The hearing was held on December 14-17, 2021 
and the adoption was made on December 17, 2021. 
 
Please disregard any references related to Regulation Number 22.  These provisions were 
revised at the State level but not meant for inclusion into the Federal SIP.  
 


• Signed Letter detailing action of submittal to EPA for final approval and incorporation into 
the Colorado State Implementation Plan 40 CFR Part 51, Appendix V 2.1 (a) 


• Hearing Notice and Proposed Language as Published in the CCR and published in a 
prominent advertisement (media neutral) such as the Air Quality Control Commission 
website 40 CFR Part 51 Appendix V 2.1(a & f) Please disregard any materials related to 
Part D, Sections II., III., V. and VI. These provisions were revised at the State level but 
not meant for inclusion into the Federal SIP.  They are being included for 
informational purposes only. 


• Procedural Documents of the Commission (this includes the Meeting Agenda, Agenda Item 
Control Sheet, Good Cause Letter, Memorandum of Notice, initial and final Economic 
Impact Analyses, Attachment A, Errata(s), Regulatory Analysis) 


• Parties Hearing Documents (this includes a list of the parties, the parties prehearing 
statements and rebuttal statements, and any orders by the Commission - - does not include 
all the exhibits from the parties) 


• EPA Comments & Division Responses 40 CFR Part 51 Appendix V 2.1(h) THERE WERE NONE 


• Public Comments & Division Responses 40 CFR Part 51 Appendix V 2.1(h) 


• Adopted Language by the Commission and Statement of Basis, Specific Statutory Authority 
and Purpose (in redline) Please disregard any materials related to Part D, Sections II., 
III., V. and VI. These provisions were revised at the State level but not meant for 
inclusion into the Federal SIP.  They are being included for informational purposes 
only. 


• Technical Support Documents  


• Colorado Air Quality Control Commission Meeting Minutes 40 CFR Part 51 Appendix V 2.1(g) 


• Legal Opinion of the Colorado State Attorney General 40 CFR Part 51 Appendix V 2.1(c) and 
(e) 


• Colorado Secretary of State Authentication 40 CFR Part 51, Appendix V 2.1 (b) 


• Regulation or Regulation Revisions as published in the Colorado Code of Regulations and 
Editor Notes (appear at end of Regulation) 40 CFR Part 51 Appendix V 2.1(d)  
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REGULATORY ANALYSIS 
In performing a regulatory analysis, each rulemaking entity must provide the information requested for the regulatory 
analysis to be considered a good faith effort. Each regulatory analysis shall include quantification of the data to the 
extent practicable and shall take account of both short-term and long-term consequences. The regulatory analysis must 
be submitted to the Air Quality Control Commission Office at least five (5) days before the administrative hearing on the 
proposed rule and posted on your agency’s web site. For all questions, please attach all underlying data that supports 
the statements stated in this regulatory analysis. 
 
DEPARTMENT: Colorado Department of Public 


Health & Environment 
 AGENCY: Air Quality Control Commission  


 
CCR: 5 CCR 1001-9 and 5 CCR 1001-26  DATE: December 9, 2021 


 
RULE TITLE OR SUBJECT: 
 
REGULATION NUMBERS 7 & 22 


 
 
Per the provisions of § 24-4-103(4.5)(a), Colorado Revised Statutes, the regulatory analysis must include the following: 


Introduction 


During the 2019 legislative session, Colorado’s General Assembly adopted revisions to several Colorado Revised Statutes 
in Senate Bill 19-181 (SB 19-181) (Concerning additional public welfare protections regarding the conduct of oil and gas 
operations) that include directives for both the Oil and Gas Conservation Commission (OGCC) and this Air Quality 
Control Commission (Commission). In the same session, the General Assembly adopted House Bill 19-1261 (HB 19-1261), 
setting statewide greenhouse gas (GHG) reduction goals. The General Assembly declared in HB 19-1261 that “climate 
change adversely affects Colorado’s economy, air quality and public health, ecosystems, natural resources, and quality 
of life[,]” acknowledged that “Colorado is already experiencing harmful climate impacts[,]” and that “many of these 
impacts disproportionately affect” certain disadvantaged communities. The goals set in HB 19-1261 seek a 26% 
reduction of statewide GHG emissions by 2025; 50% reduction by 2030; and 90% reduction by 2050 as compared to 2005 
levels. The GHG Pollution Reduction Roadmap (GHG Roadmap) developed by the Colorado Energy Office and CDPHE 
identifies the largest contributors to state GHG emissions and quantifies the baselines from which these reduction 
percentages are to be estimated.  


In October 2020, the Commission established a target for the sector including oil and gas fugitive emissions (O&G 
Sector) of a 36% reduction from the 2005 baseline by 2025 and a 60% reduction from the 2005 baseline by 2030 (from 
an estimated 20.17 million metric tons (MMT) CO2e to 13 MMT CO2e by 2025 and 8 MMT CO2e by 2030). Commission 
targets for the sector including residential, commercial, and industrial combustion emissions (RCI Sector) include a 20% 
reduction from 2005 numbers by 2030. House Bill 21-1266 (HB 21-1266), signed into law on July 2, 2021, memorializes 
these percentage reductions in statute, and provides additional requirements for the rulemakings to achieve these 
goals. 


In this rulemaking action, the Air Pollution Control Division (Division) has proposed requirements for upstream and 
midstream segment operations to reduce GHG emissions sufficient - when taken in combination with other regulatory 
and voluntary actions at operations across the state - to achieve the GHG reduction requirements of HB 21-1266. In this 
action, the Division is not proposing additional regulations applicable to the transmission and storage segment or the 
distribution segment. The Division is proposing revisions to Regulations Number 7 and 22 to achieve the necessary 
statewide GHG1 emission reductions to implement the GHG Roadmap.2 A more detailed discussion of the legislative 
requirements for implementing the GHG Roadmap is set forth in Section II.A of the Division’s Prehearing Statement, 
but essentially, the Commission is required to adopt regulations to meet specified percentages of GHG reduction over a 


                                                
1 The term “statewide greenhouse gas emissions” is used in the Environmental Justice Act, HB 21-1266. The term “statewide 
greenhouse gas pollution” is defined in House Bill 19-1261, § 25-7-103(22.5), C.R.S. The Division interprets “statewide” in both 
contexts to mean GHG emitted in Colorado and over which the state has jurisdiction. 
2 See GHG Roadmap, https://drive.google.com/file/d/1jzLvFcrDryhhs9ZkT_UXkQM_0LiiYZfq/view  



https://drive.google.com/file/d/1jzLvFcrDryhhs9ZkT_UXkQM_0LiiYZfq/view
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baseline. The percentages and baselines differ based upon the GHG Roadmap sector in which the equipment and 
resulting GHG emissions are bucketed.3 There are two GHG Roadmap sectors at issue in this rulemaking: the O&G 
Sector and the Industrial Sector. Most methane emissions from upstream and midstream segment activities, along with 
estimates of methane “leakage” from pipelines in the transmission & storage and distribution segments, are in the 
O&G Sector.4 The emissions from fuel combustion equipment at oil and gas sources in the upstream and midstream 
segments are largely found in the Industrial Sector.5 This proposal is designed to ensure that the Commission has 
adopted regulations that - in conjunction with “other laws and rules, as well as voluntary actions taken by local 
communities and the private sector”6 - achieve the state’s GHG reduction targets. 
 
These proposed requirements build on the extensive regulatory framework to reduce GHGs from the oil and gas sector 
that Colorado has developed and steadily updated since 2014. Highlights of the Division’s proposal for Regulation 7, 
Part D, include: 
 


• Updating maintenance and performance test requirements for air pollution control equipment, including 
enclosed combustion devices, in both the State Implementation Plan (SIP) and more broadly on a state-only 
basis; 


• Expanding Approved Instrument Monitoring Method (AIMM) inspection requirements for compressor stations and 
well production facilities; 


• Expanding rod-packing replacement, leak detection and repair (LDAR), and pneumatic controller requirements 
to natural gas processing plants state-wide; 


• Reducing emissions from well liquids unloading, well swabbing, well maintenance activities, and well plugging;  
• Implementing new emission reduction requirements for pigging operations and blowdowns of equipment and 


piping at midstream operations; 
• Establishing additional protections for disproportionately impacted communities (DI Communities);  
• Enhancing the state’s annual emissions reporting program; and 
• Ensuring meaningful coordination between the Division and the COGCC. 


 
Highlights of the Division’s proposal for Regulation 22, Part B, include: 
 


• Establishing the Midstream Steering Committee and a process for developing a segment-wide regulation to 
achieve GHG reductions from midstream segment fuel combustion equipment in Section III.;  


• Establishing a first-of-its-kind greenhouse gas intensity program to reduce emissions from preproduction and 
production operations in the upstream segment in Section IV.; and 


• Prioritizing reductions of co-pollutants in DI Communities in both programs described above. 
 
This analysis represents information gathered from various stakeholders in an effort to generate the most 
complete and accurate assessment of the costs and benefits of the proposed strategies. Where additional data 
was not reasonably available, the Division utilized assumptions that are set forth in this analysis. This analysis 
builds upon the Rebuttal Economic Impact Analysis (Rebuttal EIA) submitted to the Commission on November 23, 2021, 
and the Cost Benefit Analysis requested by rulemaking parties and submitted to the Department of Regulatory 
Agencies on December 3, 2021, and provides additional detail as required by statute. The Division 
incorporates the content of the Rebuttal EIA and Cost Benefit Analysis into this Regulatory Analysis, and attaches 
copies of those materials hereto.7 The Division also refers herein to filings by the Division and other parties in 
this rulemaking proceeding, incorporated into this RA by reference; these materials are available on the Commission’s 
website in the monthly materials folder for the December 2021 Commission meeting, at: 
https://drive.google.com/drive/folders/1iMgIcWPMMM-T94eNUovmalU3nNlCaxmn 
 


                                                
3 See § 25-7-105(1)(e)(XII) and (XIII), C.R.S. 
4 See GHG Roadmap, p.IV, Figure 1. 
5 Emissions from fuel combustion equipment include both CO₂ and methane. The 2015 baseline emissions in the state’s GHG 
inventory are based on data reported to the U.S. Environmental Protection Agency (EPA). 
6 § 25-7-105(1)(e)(II), C.R.S. 
7 As RA Attachments 1 and 2. 



https://drive.google.com/drive/folders/1iMgIcWPMMM-T94eNUovmalU3nNlCaxmn
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I. A description of the classes of persons who will be affected by the proposed rule, including classes that will 
bear the costs of the proposed rule and classes that will benefit from the proposed rule; 


 
The proposal affects the oil and gas industry and supporting businesses in Colorado. Companies that will bear the 
costs of this rule change include oil and gas companies that produce, transport, or process oil or natural gas in the 
state, including upstream and midstream operators.   


Local governments that receive revenue from oil and gas operations may also be impacted by the proposed rules, 
though there is no indication or evidence that this impact is likely to occur. Since the Commission adopted 
significant revisions to Regulation 7, there has been no measurable increase in plugging and abandonment of wells, 
except in Weld County, where production has nonetheless continued to increase exponentially more than offsetting 
the impact of well shut-ins. 


The proposed revisions will benefit those companies that manufacture, distribute, or test flare control devices, 
manufacture and install flow meters, develop gas recovery technology (e.g., Zero Emissions Vacuum and 
Compressor units), as well as those companies that provide or support monitoring (leak detection, continuous 
monitoring, advanced screening) and consulting services. The proposed revisions will also benefit mineral owners, 
who receive royalty payments based upon the amount of oil or natural gas recovered, and sold, by operators. These 
revisions ensure more capture of natural gas, where that gas is now currently vented or flared, thus increasing 
royalty payments. 


Further, the proposal broadly benefits all persons in Colorado, especially those who live and work in DI 
Communities or within proximity of oil and gas operations. Residents of the 8-hour Ozone Control Area, Northern 
Weld County, and the remainder of the state (ROS) will benefit from the proposed rule revisions through reduced 
GHG emissions and reduced impact of climate-influenced events, through reduced VOC and other co-pollutant 
emissions, and improved ozone levels and health outcomes. The cumulative cost of the Division’s proposal is 
significantly less than the social cost of greenhouse gas, even where individual components of the proposal may 
have costs above the social cost of greenhouse gas. However, the social cost of greenhouse gas does not include 
the co-benefits to Colorado residents and society at large from reduced emissions of co-pollutants, their harmful 
impacts, and the impacts to Colorado’s economy from reclassifications under the federal ozone nonattainment 
program (or to its healthcare system from treating health issues caused or worsened by ozone pollution). 


II. To the extent practicable, a description of the probable quantitative and qualitative impact of the proposed 
rule, economic or otherwise, upon affected classes of persons; 


 
For each strategy, the Division’s assessments identify the cumulative costs for the affected industry, the estimated 
air pollution reduction, and the projected cost per unit of air pollution reduced, where such information was 
reasonably available to the Division. The Division also assessed whether any of the proposed strategies would 
impose a direct cost on the general public to comply, and determined that based on the available data there will 
be no direct costs on the general public for any of the proposed requirements. Finally, the Division considered 
whether there would be any additional costs for the Division to implement the proposed requirements and 
determined that the proposed revisions could be implemented using existing and anticipated resources. A complete 
description of the probable quantitative and qualitative impact of the proposed rule, economic or otherwise, upon 
affected classes of persons can be found in the Division’s Cost Benefit Analysis8 and Rebuttal EIA9, attached hereto 
and incorporated by reference herein.  
 
Surrebuttal Cost Analysis 
 
On December 8, 2021, the Joint Industry Working Group (JIWG) submitted a surrebuttal document alleging, for the 
first time, errors in the Division and Commission’s long-standing analysis of emission reductions from leak detection 
programs. The Division did not change its calculation methodology for leak detection between its request for 
hearing submittal in August and its Rebuttal Statement in late October, though the frequency of its leak detection 
proposal did change. The JIWG’s failure to object earlier to the calculation methodology renders its December 8 


                                                
8 Submitted December 3, 2021. Section 3, Pgs. 4 - 43 
9 APCD_REB_EIA 
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objection untimely.10 Further, the new JIWG analysis relies upon data submitted to the Division during the 2019 
rulemaking process (re: updated component counts) that the Division - and the Commission - ultimately deemed 
not sufficiently credible or complete to rely upon during that 2019 rulemaking. That data was incomplete, and no 
information was provided regarding the representative nature of the data provided. The JIWG also suggests that 
EPA has somehow determined that use of a model plant based methodology is inappropriate, while simultaneously 
recognizing that EPA uses a model plant based methodology in its recent New Source Performance Standards (NSPS) 
OOOOb/OOOOc proposal. The JIWG further fails to provide sufficient evidence to suggest that using an approach 
based upon EPA’s federal greenhouse gas reporting program (GHGRP) is a more appropriate approach to estimating 
reductions. The JIWG appears to assume that because the GHGRP emission factors were published after the 
Commission’s 2014 rulemaking creating the state’s LDAR program, that the GHGRP emission factors are per se more 
appropriate to use in calculating emissions for evaluating a LDAR program. This ignores not only that the 
Commission used this same approach in 2017 and 2019, but also that EPA itself used a method similar to that of the 
Commission in promulgating NSPS OOOOa and even in revising NSPS OOOOa in more recent years. Further, the JIWG 
approach fails to take into account that leak detection programs reduce emissions from large emission events, or 
superemitters, that are not accounted for in fugitive emission calculations - which emission events are lacking from 
the GHGRP reporting as well, which is well documented in the studies submitted to the Commission during this 
rulemaking process.11 JIWG itself noted in its Prehearing Statement that: “the JIWG again highlights that [EPA’s 
GHGRP] is not a complete inventory of emissions, and the program was designed to collect pertinent information 
nationwide while minimizing reporter burden.”12  
 
The JIWG also suggests that the Division failed to provide “foundational” information regarding its leak 
calculations. This is incorrect. The Division provided the JIWG, and other parties, with any information requested 
that had not been previously provided. The Division noted in its Initial EIA and Final EIA that for purposes of 
estimation emission reductions from leak detection at well production facilities, the Division was using the same 
methodology used in previous rulemakings, updating only the gas composition data, which was also provided to 
parties upon request (including JIWG). Not only has the underlying data been made specifically available to the 
JIWG in earlier rulemakings (e.g., 2014, 2017, 2019), the JIWG participated in the Statewide Hydrocarbon Emission 
Reduction stakeholder process, and a presentation on these specific “foundational” data points - i.e., the state’s 
methodology for estimating fugitive emission reductions - was given on January 9, 2019.13 Further, when JIWG, 
after 2:00pm on Friday December 3rd, emailed the Division to ask for additional information about the model 
facility analysis, the Division responded on Tuesday, December 7th, and the development of the model facilities 
(from the materials used in 2014) was thoroughly explained. The Division has engaged with JIWG multiple times on 
a variety of specific questions to explain spreadsheets and data points, and has done so for this set of data as well. 
 
The JIWG also notes that EPA’s proposed costs are higher than the Division’s estimated costs. That is because the 
Division’s estimated costs are based largely on Colorado-specific data, and the long experience Colorado companies 
have had with leak detection programs. And while the JIWG notes that a significant portion of EPA’s costs include 
recordkeeping and reporting, the Division responds that Regulation 7 already has robust recordkeeping and 
reporting requirements, and thus companies already have data and operational systems in place, and the 
incremental cost of recordkeeping and reporting for additional inspections is likely to be minimal.  
 
The Division also notes that the proposed regulatory revisions prioritize reductions of greenhouse gas and co-
pollutants in DI Communities in a comprehensive and far-reaching manner. In furtherance of this mission, the 
Division is proposing to require owners or operators to: 


• Perform more frequent leak detection and earlier repair of leaking components in DI Communities (Reg. 7, 
Pt. D, Section II.E.3); 


• Increase LDAR frequency at natural gas compressor stations that are located within DI Communities and 
within proximity of occupied areas (Reg. 7, Pt. D, Section II.E.3.d); 


                                                
10 See AQCC’s Procedural Rules, Section V.E.6.d, which limits the ability of parties to raise new issues in rebuttal. While the Division 
acknowledges that the frequency of the leak detection inspections in its proposal changed between prehearing statement and 
rebuttal, the methodology by which the Division evaluated emission reductions from leak inspections did not change. 
11 See, e.g., APCD_PHS_Ex-022; EDF_PHS_Ex-018; CG_PHS_Ex-006.005 and -006.007 
12 JIWG_PHS at G-9. 
13 A copy of this presentation is enclosed with this Cost Benefit Analysis as RA Attachment 3. 
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• Perform monthly AIMM inspections at all well production facilities in DI Communities with uncontrolled 
actual VOC emissions at or over 12 tpy (Reg. 7, Pt. D, Section II.E.4); 


• Prioritize flow meter installation in DI Communities (Reg. 7, Pt. D, Section II.B.2.g); 
• Prioritize initial performance test schedule of enclosed combustion devices in DI Communities (Reg. 7, Pt. 


D, Section II.B.2.h); 
• Control more well liquids unloading and well swabbing activities in DI Communities (Reg. 7, Pt. D, Section 


II.G); 
• Comply with more stringent control requirements for midstream pigging and blowdown operations in DI 


Communities (Reg. 7, Pt. D, Section II.H); 
• Establish more stringent emission-based thresholds and earlier implementation timelines of capture and 


control measures in DI Communities for both GHG and co-pollutant emissions in company ERPs pursuant to 
the forthcoming Midstream Steering Committee guidance document (Reg 22, Part B, Section III.D.4);  


• Identify the midstream combustion equipment located within DI Communities and to prioritize reductions 
in those communities when preparing and submitting company ERPs (Reg. 22, Part B Section II.C.3); and 


• Submit GHG Intensity Plans that prioritize reductions in DI Communities and submit annual updates that 
quantify co-benefits (Reg. 22, Part B, Section IV). 


These rules are designed to reduce emissions in DI Communities, and therefore reduce the local health and 
environmental impacts of oil and gas operations. The Division consulted with community members, community 
organizations, and parties representing the interests of DI Communities in the creation of and revisions to its 
proposal.  


 
III. The probable costs to the agency and to any other agency of the implementation and enforcement of the 


proposed rule and any anticipated effect on state revenues; 
 


The Division references the discussion of this issue found in the Cost Benefit Analysis, beginning on page 4 thereof. 
The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. The Division 
believes that this workload impact will be handled by current and anticipated staff. The Division has hired or is 
hiring an Air Quality Policy Engineer, additional performance test coordinators, and program implementation staff. 
The Division is also currently building a database to manage the annual emission reports submitted by operators 
under Regulation Number 7, Part D, Section V., and recently hired an engineer to oversee the annual emissions 
reporting, as well as development of the greenhouse gas intensity verification program. The Division also received 
funding from the General Assembly’s passage of the Environmental Justice Act in 2021 to support the Division’s 
implementation work.  
 
The Division does not anticipate material impacts upon state revenues. State revenues from oil and gas 
development are largely derived from permitting fees and emissions fees. Neither the Division nor any party 
presented evidence that the Division’s proposal would directly impact permitting fees. The Division does expect 
that its proposal will result in reduced emissions, which may impact emission fees collected; however, the Division 
has determined that the benefits of reduced emissions outweigh any impact to the emission fees collected, and 
further determined that it can implement this proposal even with the prospect of reduced emission fees. The 
Division does not believe its proposal will result in costs to other agencies. 


 
IV. A comparison of the probable costs and benefits of the proposed rule to the probable costs and benefits of 


inaction; 
 


The Division references the discussion of this issue found in the Cost Benefit Analysis, beginning on page 43 
thereof. Inaction to the proposed rule has several disbenefits. First, inaction could place the CDPHE in violation of 
its statutory duties to adopt and implement regulations to achieve the state’s GHG targets, which would be 
meaningfully detrimental to the state’s efforts to mitigate climate change. Further, inaction will lead to increased 
methane/ethane emissions, and could exacerbate the impact of climate related events. Finally, inaction would be 
detrimental to public health and the environment. Inaction could worsen the state’s ozone problem, and could 
potentially lead to National Ambient Air Quality Standard violations in areas currently attaining the ozone 
standard(s), which would have significant and negative economic impacts on those areas.  
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The benefits of inaction include cost savings for owners and operators of oil and gas operations. The costs of 
inaction outweigh the costs of the Division’s proposed rule. 


V. A determination of whether there are less costly methods or less intrusive methods for achieving the purpose 
of the proposed rule; and a description of any alternative methods for achieving the purpose of the proposed 
rule that were seriously considered by the agency and the reasons why they were rejected in favor of the 
proposed rule. 


 
The primary purposes of this proposal are threefold: 
 
1) Achieve the state’s GHG reduction targets for the oil and gas industry; 
2) Pursue environmental justice and reduce GHG and co-pollutants in DI Communities; and 
3) Reduce ozone forming precursor emissions (a co-benefit of GHG reduction, but nonetheless a standalone 
priority of the state). 
 
As noted above, oil and gas activities are the largest source of methane in the state, and one of the largest (if not 
the largest) anthropogenic sources of VOC emissions in the state - both inside and outside the state’s current ozone 
nonattainment areas. Colorado is also unique in that in the ozone nonattainment area, at least, oil and gas 
operations occur in the urbanized core, in proximity to residences and other occupied areas.  
 
As set forth in more detail in the materials available on the Division’s stakeholder process webpage14, and 
submitted to the Commission as part of this rulemaking process, the Division evaluated other methods for achieving 
the purpose(s) of the proposed rules. Initially, the Division evaluated multiple alternative methods to determine 
the appropriate approach to achieve the state’s goals. The Division commenced the stakeholder process on 
November 5, 2020, and began meeting with stakeholders to identify potential methods and regulatory approaches. 
In consultation with stakeholders, in March 2021, the Division published its analysis of multiple different 
approaches and methods. https://drive.google.com/drive/folders/1yvgVG06N57kyCO1GpTgEgsNb6oMJA5Z_ 
 
The Division evaluated: 
1. Direct regulation of equipment or processes 
2. Greenhouse gas intensity program 
3. Emission reduction programs 
 
In its August 2021 submission to the Commission, the Division proposed a combination of these approaches to 
achieve the necessary, and statutorily-mandated reductions, in a cost-effective manner. The Division determined 
that it could not predict that a strictly direct-regulation based approach would achieve the necessary reductions 
from upstream operations, though a direct regulation approach was appropriate to ensure methane reductions from 
midstream operations. Further, a direct regulation only approach would not provide industry with flexibility to 
identify cost-effective emission reduction strategies across operators’ upstream facilities, which have significantly 
more variation in design and operation than midstream facilities. The Division determined that it did not have 
sufficient administrative resources or time in which to prepare and implement a “cap”-style emission reduction 
program, to the extent it incorporated trading. Further, in mid-2021, the legislature adopted the Environmental 
Justice Act, which limited the Division’s ability to propose an off-set based program without first ensuring 
appropriate tracking. The Division therefore determined that, for the upstream segment, a greenhouse gas 
intensity program, when paired with targeted direct regulation, was the appropriate approach to balance cost, 
flexibility, and results. 
 
As for the specific regulations that form the Division’s proposal reflected in its Rebuttal Statement, the Division’s 
Rebuttal EIA and the Cost Benefit Analysis outline, in detail, the analyses undertaken by the Division. The Division 
did evaluate alternatives for specific components of its proposal. Some of those alternatives are reflected in the 
changes made to the Division’s proposal between the request for hearing and the Rebuttal Statement versions. 
Where stakeholders made a compelling argument that changes were needed to achieve the state’s priorities, while 
ensuring that the program remains the most cost-effective approach, the Division adjusted its proposal accordingly. 
As reflected in more detail in the Division’s Rebuttal Statement and the Cost Benefit Analysis, the Division 


                                                
14 https://cdphe.colorado.gov/oil-and-gas-greenhouse-gas-roadmap-stakeholder-process 



https://drive.google.com/drive/folders/1yvgVG06N57kyCO1GpTgEgsNb6oMJA5Z_
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evaluated alternative approaches submitted by other parties, including industry and other environmental 
organizations. For example, industry stakeholders opposed more frequent leak inspections. Industry did not, 
however, propose any alternative schedules or inspection frequencies that: 1) ensure protections for residents of DI 
Communities as required by the Environmental Justice Act; or 2) achieve sufficient reductions in fugitive emissions 
and large emission events to meet the state’s GHG reduction goals. As another example, industry stakeholders 
asked the Commission to, instead of requiring control of well liquids unloading activities, to commence a 
stakeholder process to consider how best to achieve emission reductions from those activities. The Division 
evaluated this alternative, but determined that a stakeholder process would not meet the applicable statutory 
requirements or achieve the purpose(s) of the proposed revisions. 
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Cost-Benefit Analysis 
 


In performing a cost-benefit analysis, each rulemaking entity must provide the information requested 
for the cost-benefit analysis to be considered a good faith effort. The cost-benefit analysis must be 
submitted to the Office of Policy, Research and Regulatory Reform at least ten (10) days before the 
administrative hearing on the proposed rule and posted on your agency’s web site. For all questions, 
please attach all underlying data that supports the statements or figures stated in this cost-benefit 
analysis. 
 
DEPARTMENT: Colorado Department of Public 


Health & Environment 
 AGENCY: Air Quality Control Commission 


 
CCR: 5 CCR 1001-9 and 5 CCR 1001-26  DATE: December 3, 2021 


 
RULE TITLE OR SUBJECT:   
 
REGULATION NUMBERS 7 & 22 


 
 Per the provisions of 24-4-103(2.5)(a), Colorado Revised Statutes, the cost-benefit analysis must 


include the following: 


1.  The reason for the rule or amendment; 3 


2. The anticipated economic benefits of the rule or amendment, which shall include economic 
growth, the creation of new jobs, and increased economic competitiveness; 4 


3. The anticipated costs of the rule or amendment, which shall include the direct costs to the 
government to administer the rule or amendment and the direct and indirect costs to business and 
other entities required to comply with the rule or amendment; 5 
Cost to Government 5 
Cost to Businesses 5 
Table 1: Control Device Performance Economic Impact Revisions 8 
Table 2: ECD Testing Schedule 9 
Table 3: ECD Performance Improvement Costs 10 
Table 4: Control Device Performance Economic Impact Revisions 12 
Table 5: ECD Performance Improvement Cost Effectiveness 13 
Table 6: Control Device Performance Economic Impact Revisions 14 
Table 7: LDAR Annualized Costs 17 
Table 8: CS LDAR Proposed Frequency 18 
Table 9: CS LDAR Inspection Costs 19 
Table 10: CS Repair Hours from LDAR Frequencies 19 
Table 11: CS Emission Calculations from LDAR 20 
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Table 12: CS Emission Reductions from LDAR 21 
Table 13: CS LDAR Cost Effectiveness 21 
Table 14: Cost and Emissions Reductions for LDAR at Gas Plants 23 
Table 15: Cost and Emission Reductions of ZEVAC Units 27 
Table 16: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines 29 
Table 17: Emissions from Venting/Blowdowns/Pigging and Pipelines 30 
Table 18: Emissions from Venting/Blowdowns/Pigging and Pipelines 31 
Table 19: Cost and Emission Reductions for Venting/Blowdown Activities 32 
Table 20: WPF Emission Reductions from LDAR 36 
Table 21: WPF LDAR Inspection Costs 37 
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1.  The reason for the rule or amendment; 
The Division is proposing revisions to Regulation Numbers 7 and 22 to achieve the necessary statewide 
greenhouse gas (“GHG”)1 emission reductions to implement Colorado’s Greenhouse Gas Pollution 
Reduction Roadmap (“GHG Roadmap”) and House Bill 21-1266 (the “Environmental Justice Act”).2 The 
Commission is required to adopt regulations to meet specified percentages of GHG reduction over a 
baseline. The percentages and baselines differ based upon the GHG Roadmap sector in which the 
equipment and resulting greenhouse gas (“GHG”) emissions are bucketed.3 There are two GHG 
Roadmap sectors at issue in this rulemaking: the Oil and Gas (O&G) Sector and the Industrial Sector. 
Most methane emissions from upstream and midstream segment activities, along with estimates of 
methane “leakage” from pipelines in the transmission & storage and distribution segments, are in the 
O&G Sector.4 The emissions from fuel combustion equipment at oil and gas sources in the upstream 
and midstream segments are largely found in the Industrial Sector.5 This proposal is designed to ensure 
that the Commission has adopted regulations that - in conjunction with “other laws and rules, as well 
as voluntary actions taken by local communities and the private sector”6 - achieve the state’s GHG 
reduction targets. 
 
Another of the Division’s primary objectives is to pursue environmental justice, by asking this 
Commission to adopt regulatory revisions and new programs that meaningfully reduce emissions of 
GHG and co-pollutants in disproportionately impacted communities (“DI Communities”). The Division’s 
rule proposal prioritizes reductions of GHG and co-pollutants in DI Communities in a comprehensive 
and far-reaching manner. The proposal for Regulation 7 would, in DI Communities: ensure quicker and 
more frequent testing of combustion devices; require more frequent leak inspections and earlier 
repair of leaking components ensure quicker, and more, reductions from certain midstream 
operations; and require control of more well liquids unloading events. The Division’s proposal for 
Regulation 22 also requires operators who submit various plans to comply with the new programs to 
evaluate the impacts of their plans on DI Communities and to prioritize reductions therein, along with 
specific requirements that co-benefit reductions be quantified. These rules are designed to reduce 
emissions in DI Communities, and therefore reduce the local health and environmental impacts of oil 
and gas operations. The Division consulted with community members, community organizations, and 
parties representing the interests of DI Communities in the creation of and revisions to its proposal. 
The Division submitted a Climate Equity Considerations document in the record of this proceeding that 
details its outreach efforts. 
 
 
 


                                         
1 “Statewide GHG emissions” is used in the Environmental Justice Act, HB21-1266. “Statewide GHG pollution” is defined in 
HB19-1261, § 25-7-103(22.5), C.R.S. The Division interprets “statewide” in both contexts to mean GHG emitted in Colorado 
and over which the state has jurisdiction. 
2 See GHG Roadmap, https://drive.google.com/file/d/1jzLvFcrDryhhs9ZkT_UXkQM_0LiiYZfq/view.  
3 See § 25-7-105(1)(e)(XII) and (XIII), C.R.S. 
4 See GHG Roadmap, p.IV, Figure 1. 
5 Emissions from fuel combustion equipment include both CO₂ and methane. The 2015 baseline emissions in the state’s 
GHG inventory are based on data reported to the U.S. Environmental Protection Agency (EPA). 
6 § 25-7-105(1)(e)(II), C.R.S. 
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2. The anticipated economic benefits of the rule or amendment, which shall include economic 
growth, the creation of new jobs, and increased economic competitiveness; 


INDUSTRY-WIDE BENEFITS 
 
Many of the proposed revisions are designed to require or incentivize best management practices at oil 
and gas operations. This benefits Colorado-based energy companies in the current marketplace, in 
which end users increasingly demand sustainable energy. A recent study of industry-wide efforts in this 
transitional space has identified twenty non-regulatory initiatives related to emissions reductions 
applicable to the oil and gas industry, in four different categories: certification programs, company-
specific commitments, guidelines, and ratings based on “environmental, social, governance” (ESG) 
factors.7  
 
Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to 
reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more 
than 15% of the natural gas value chain, and numerous Colorado operators are members. Another 
example is the effort led by MiQ, developed by the Rocky Mountain Institute and SystemIQ Ltd., which 
proposes a “globally-applicable certification system [that] enables all oil and gas producers to be 
assessed according to the same universal standard.”8 These standards provide a metric by which 
“responsibly-sourced gas” can be a driving market factor, and - when combined with the value of the 
gas recovered through use of these practices and controls - can off-set increases in the cost associated 
with the production of that gas. These economic benefits are challenging to measure in the context of 
a particular regulatory proposal. However, looking at the MiQ standard, which relies on three pillars 
(methane intensity, company culture, and monitoring programs9), Colorado’s regulatory program 
ensures that Colorado operators should easily qualify for the most rigorous MiQ certification. Leaving 
Colorado operators primed to reap the maximum economic benefit from the new consumer demand 
for sustainable energy sources.  
 
These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of 
natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on 
August 10, the U.S. Energy Information Administration raised its forecast for third-quarter 2021 natural 
gas prices to $3.71/MMBtu (or $3.80/MCF).10 The Division has attempted to account for the economic 
benefits of additional gas recovery from some of the proposed revisions, but generally notes that 
collectively, as a whole, there is a significant economic benefit to industry - and royalty owners - from 
innovative regulatory programs designed to minimize the loss of natural gas during the production 
process. 
 
  


                                         
7 An Overview of Voluntary Emissions Reduction Initiatives for Responsibly Sourced Oil and Gas, Highwood Emissions 
Management, May 2021.  
8 Why certification?, MIQ 
9 The Standard, MIQ 
10 Short-Term Energy Outlook - US Energy Information Administration; Natural Gas Price Forecast: 2021, 2022 and Long 
Term to 2050 - knoema.com 



https://highwoodemissions.com/voluntary-initiatives/#elementor-action%3Aaction%3Dpopup%3Aopen%26settings%3DeyJpZCI6Ijk1MCIsInRvZ2dsZSI6ZmFsc2V9

https://miq.org/certification/why-certification/

https://miq.org/how-it-works/standard/

https://www.eia.gov/outlooks/steo/report/natgas.php

https://knoema.com/infographics/ncszerf/natural-gas-price-forecast-2021-2022-and-long-term-to-2050

https://knoema.com/infographics/ncszerf/natural-gas-price-forecast-2021-2022-and-long-term-to-2050





 


 
December 3, 2021 Cost Benefit Analysis (Regs 7 and 22) Page 5 of 61 


STATEWIDE ECONOMIC BENEFITS 
 
Colorado already has a reputation as a leader in methane detection and monitoring technology and in 
control strategies. The Division believes its proposal will result in significant growth in this area along 
with job creation and opportunities for industries relating to oil and gas monitoring and support 
activities. As one example, the Division’s proposal will result in a significant increase in performance 
testing of enclosed combustion devices. This proposal will necessitate that testing companies expand 
their capacity by hiring. The Division’s proposal also is designed to accommodate new and innovative 
testing methods, which will foster innovation in Colorado. As another example, the Division’s proposal 
will require more leak detection inspections statewide; some oil and gas operators will need to hire 
and train more staff to conduct these inspections, while others may employ contractors. As a result of 
this proposal, the Division is also undertaking a stakeholder process to study advanced screening 
technologies for use as alternative leak detection methods - bringing more jobs and innovation to 
Colorado.  
 
3. The anticipated costs of the rule or amendment, which shall include the direct costs to the 
government to administer the rule or amendment and the direct and indirect costs to business and 
other entities required to comply with the rule or amendment; 


 
Cost to Government 
 
The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. 
The Division believes that this workload impact will be handled by current and anticipated staff. The 
Division has hired or is hiring an Air Quality Policy Engineer, additional performance test coordinators, 
and program implementation staff. The Division is also currently building a database to manage the 
annual emission reports submitted by operators under Regulation Number 7, Part D, Section V. The 
Division also received funding from the General Assembly’s passage of the Environmental Justice Act in 
2021 to support the Division’s implementation work. 
 
Cost to Businesses 
 
The Division herein incorporates by reference and attaches the Rebuttal Economic Impact Analysis 
(“EIA”) filed with the Commission in this proceeding on November 23, 2021. 
 
I. Better Performance of Air Pollution Control Equipment 
 
The Division is proposing regulations to optimize and verify performance of air pollution control 
equipment. This proposal includes: 
 
● Increased monitoring requirements for some air pollution control equipment; 
● Use of flow meters; and 
● Performance testing of enclosed combustion devices (“ECDs” or “combustion devices”). 
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Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require 
reductions in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, 
including ECDs. The Division is proposing the addition of new inspection, maintenance, and 
performance monitoring requirements of air pollution control equipment in order to ensure that air 
pollution control equipment is meeting performance efficiency standards. 
 
Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s 
December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries 
statewide that are subject to the control requirements of Section II.C (i.e., have emissions greater 
than 2 tpy VOC). The Division undertook an analysis to determine the average number of combustion 
devices per tank battery. The Division conducted inspections of 3,312 unique storage tank batteries 
and identified 5,943 enclosed combustion devices, for an average of 1.79 ECDs per tank battery. For 
purposes of this analysis, the Division assumed an average of 2 ECDs per storage tank battery, for a 
total of 9,146 storage tank ECDs as part of this program. 
 
These requirements would also apply to midstream operations. The Division has identified 20511 
compressor stations. Of the 205 compressor stations, 59 are in the 9-County area12 and 146 are outside 
the 9-County area. Information provided by operators suggests an average of 1 ECD at a compressor 
station outside the 8-hour Ozone Control Area and 2 ECDs at a compressor station inside the 8-hour 
Ozone Control Area. Therefore, the Division determined that there are an additional 264 ECDs to be 
tested at compressor stations as part of this program. 
 
Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63 
natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the 
Division’s data shows that 32 are in the 9-County area, while 31 are outside. Information received 
from operators suggests that a gas plant in the 9-County area has between 1-3 ECDs, while a gas plant 
outside the 9-County area has between 0 and 1 ECD. For purposes of this analysis, the Division assumes 
gas plants in the 9-County area have 2 ECDs (32 x 2 = 64 ECDs) and gas plants outside the 9-County 
area have 1 ECD (31 ECDs). Therefore, the Division determined that there are an additional 95 ECDs to 
be tested at gas plants as part of this program. The Division determined there are a total of 9,505 
ECDs subject to this proposal.13 
 
  


                                         
11 The Division does not currently have the ability to identify compressor stations in the state in the same way as it can 
identify gas plants or well production facilities. To create a list of compressor stations, the Division started with facilities 
classified as compressor stations in COGIS and the Division’s SIP inventories. The Division merged these lists, removed 
duplicates, and, where possible, screened permit records to remove those that were misclassified. Based upon information 
collected during the Statewide Hydrocarbon Emission Reduction (SHER) process and information from the industry, the 
Division estimates that approximately one-third of the compressor stations operate in the transmission and storage 
segment (as opposed to the midstream segment), leaving 207 midstream compressor stations statewide. The Division also 
reviewed the number of unique compressor stations reported pursuant to leak detection and repair (LDAR) reports required 
by Regulation Number 7 for calendar year 2020, and determined that there are 205 unique compressor stations on non-
tribal lands. 
12 The 9-County area includes the 8-hour Ozone Control Area, and all of Larimer and Weld counties. 
13 These numbers do not include ECDs controlling separation equipment or upstream dehydration units. However, the new 
COGCC regulations should result in a complete phase-out of separator control devices. The Division does not have 
reasonably available data on the number of ECDs controlling upstream dehydration units. 
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I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f 
 
In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment 
at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual 
inspections of air pollution control equipment. Because the required inspections are visual, no 
additional monitoring equipment will be required in order to fulfill the inspection requirements. Most, 
if not all, air pollution control equipment is already subject to weekly inspection requirements under 
Regulation Number 7, Part D, Section II.C. However, some air pollution control equipment controlling 
other equipment is not currently subject to all these requirements (though a number of ECDs have 
permit conditions setting forth a similar level of inspection). The Division is proposing to subject 
controls on separation equipment to these requirements in revisions to Section II.F, though no new 
costs are expected from that revision because new Colorado Oil and Gas Conservation Commission 
(“COGCC”) rules mandate capture of gas coming off separation equipment, and only permit use of 
control equipment where granted a variance from the COGCC. 
 
Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly 
subject to these inspection requirements. The Division has reached out to the industry to understand 
how many such devices would be subject to the rules, and of those, how many are not currently 
inspected at this frequency, but has not yet received a response. Based on the Regulation Number 7, 
Part D, Section V annual reports, there are one hundred and forty-five (145) dehydration units, sixty-
three (63) at upstream operations and eighty-two (82) at midstream operations. Under Section I.H.5, 
though, air pollution control equipment controlling dehydration units is already subject to weekly 
inspection requirements, covering the majority of reported dehydration units. 
 
Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to 
be absorbed into current operation and maintenance practices and carried out by existing personnel. 
No additional significant equipment or labor costs are expected to be imposed on operators to comply 
with the proposed inspection and monitoring requirements. 
 
I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g 
 
The Division proposes that operators install and operate flow meters on most ECDs used to comply 
with Section II control requirements. In the Initial EIA, the Division assumed that most of the state’s 
combustion devices will require the installation of a flow meter, though flow meters are already 
required for combustion devices controlling separation equipment in most permits. However, in the 
Division’s revisions to its proposal, the Division specified that a single flow meter could be installed 
under this Section of the rule as long as all streams to the bank of ECDs are captured. That will 
substantially reduce the economic impact of this proposal. 
 
The Division’s proposal does not prescribe any specific brands or types of flow meters that can be 
used. Based on the analysis of the equipment costs for 22 different flow meters currently on market, 
the Division used an average cost of $2,439 as the estimate per flow meter in this economic analysis. 
The useful life of a flow meter varies significantly based on the type and usage of the device, and can 
range from as few as 5 years to as many as 25. The Division used the estimated useful life of an ECD, 
15 years, as a reasonable assessment of useful life for flow meters. The Division had no information on 
installation costs or annual maintenance or calibration costs for flow meters, and, in the Initial EIA 
requested that such information be provided by operators.  
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The Division did not receive any information from operators between the date of the Initial EIA and 
the Final EIA. The Division determined the annualized cost of a flow meter would therefore be 
$389.68. It is estimated that, based on the estimated count of affected combustion devices, 9,505, 
total annualized costs to the industry for flow meters will be approximately $3,703,908.40. For 
operators with flares subject to performance testing requirements, the cost of flow meters is included 
in that analysis.  
 
The Division has heard from industry a suggestion that there are other associated costs with the use of 
flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that 
industry provide information about these costs and the necessity therefore. The Division did have some 
discussions with industry about its proposal for flow meters that resulted in a number of revisions. 
After the filing of the Division’s Final EIA, the Division received additional information in Prehearing 
Statements from operators (the “Joint Industry Working Group” or “JIWG”) related to flow meter costs 
and additional engineering and installation.  The Division conducted an alternative analysis that 
included additional engineering and installation costs associated with flow meters and additional 
annual maintenance costs for flow meters. A summary of the Division’s analysis of this information is 
located in Table 1. The Division excluded outliers in the information provided by the JIWG in their cost 
summaries. The Division stands behind its cost analysis, and offers the Alternative Cost to demonstrate 
that even making the adjustments suggested as necessary by the JIWG: 1) the proposal remains cost-
effective; and 2) cost per ton figures (for VOC/GHG) are nowhere near as high as JIWG suggests. 
 


Table 1: Control Device Performance Economic Impact Revisions 


Flow Meter Costs 


 Final EIA JIWG PHS Alternative Cost 


Flow Meter Cost $2,439.00 $5,842.86 $5,842.86 


Engineering and Installation $0.00 $20,183.86 $11,092.58 


Total Equipment Cost $2,439.00 $26,026.72 $16,935.44 


Useful Life 15 Years 8.4 Years 15 Years 


Annual Maintenance Cost $0.00 $682.67 $682.67 


Annualized Flow Meter Cost14 $389.68 $3,781.09 $3,388.45 
 
 
I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D, Section 
II.B.2.h 
 
The Division’s proposal will require performance testing of most ECDs used to comply with Regulation 
Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI 
communities, second in the 8-hour Ozone Control Area (or northern Weld) and last, the remaining 
devices throughout the state. 


                                         
14 Annualized cost for flow meters differs between the JIWG PHS and the Division EIA, as the Division assumes 6% interest 
per year to create the amortized cost of the equipment, installation, and engineering design. JIWG included no interest in 
their annualized cost. 
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The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are 
located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus 
Northern Weld) (and not in a DI community), and 21.56% or 2,049 are located outside of the 8-hour 
Ozone Control Area (plus Northern Weld) (and not in a DI community).15 Table 2 includes the projected 
number of flares that will be required to be tested in each compliance deadline year for each location 
for the first 5 years of the program, as provided for in section II.B.2.h of the proposed rule. For ECDs 
in DI communities and inside the 8-hour Ozone Control Area, plus Northern Weld, the final year 
includes devices that will be undergoing a subsequent periodic test.  
 


Table 2: ECD Testing Schedule 


Location of 
Combustion Devices 


Compliance Deadlines (on or before May 1) 


2023 2024 2025 2026 2027 202816 


Number of ECDs that must be tested by each year end 


Inside DI 
Community 407 679 815 815 - 407 


Inside NAA  
(Not in DI 


Community) 
474 948 948 1422 948 474 


Outside NAA  
(Not in DI 


Community) 
102 205 307 410 512 512 


 
The Division assumes that all performance testing of combustion devices will be conducted by third-
party testing companies.17 The Division collected information from flare performance testing 
companies, testing personnel, operators, and historical Division data to estimate the costs associated 
with conducting a destruction efficiency test for a combustion device through a third-party testing 
company. Table 3, below, includes a breakdown of the costs associated with the completion of a 
performance test for one combustion device; the Division assumes that a performance test for one 
combustion device can be completed in one day (eight work hours). The figure for labor includes three 
testing personnel, at an estimated average labor rate of $96 per hour, for eight hours each.  


                                         
15 The Division does not yet have complete data pertaining to each well production facility’s location as it relates to the 
identification of a DI Community. However, based upon the Department’s climate data viewer tool, which maps DI 
communities, the Division was able to determine that these percentages relate to the percent of population residing within 
a DI community, whether within or without the nonattainment area. The Division applied those percentages to the number 
of facilities. 
16 The estimate of ECDs tested in 2028 also includes those ECDs that were tested in 2023 and are required to complete 
testing again after 5 years, per the rule proposal, assuming all ECDs tested in 2023 have to be tested again in 2028 (a 
conservative assumption). 
17 The Division revised the testing schedule based, in part, on conversations with testing companies about their capacity to 
do all the required testing in 2022. The Division has heard no further concerns about an inability to ramp up capacity to 
handle testing over the life of the program. This schedule also does not take into account that devices tested pursuant to a 
Division-approved test protocol after January 1, 2020, do not have to repeat their “initial test” under this rule, which 
likely has an impact on the number of initial tests required. ECDs that do not have to repeat the “initial test” do still need 
to conduct periodic performance testing.  
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Test protocol preparation and test report preparation are each estimated to take one day to 
complete. As the test methodology and testing equipment used vary between combustors, the Division 
used the average hourly equipment rental and preparation costs from a set of potential rates18 as the 
estimate for equipment costs. It is assumed that four units of testing equipment will be used for each 
test. Possible testing equipment used includes, but is not limited to, ionization detectors, O2/CO2 
monitors, gas chromatographs, and sampling bags. Consistent with the 2014 and 2019 Regulation 
Number 7 rulemakings, the Division estimated travel cost as 15% of the labor cost. As set forth in Table 
3, the total cost of a performance test for one ECD is estimated to be $6,326.60. For the purposes of 
this EIA, the Division assumes that one ECD will be tested per trip. In some cases, testing companies 
may be able to test multiple ECDs at a site during one trip. In such an instance, the travel time cost 
would only be applied once, while costs associated with labor, test administration, and equipment 
could potentially increase. In order to standardize the costs associated with testing one ECD, the 
Division bases cost estimates on the assumption that one ECD is tested per trip and that testing takes 
one day. 
 
The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December 
2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be 
required to be tested each year, for the first five years. As noted below, in Table 3, the cost per year 
of testing 1,731 ECDs is estimated at $10,951,715. 
 


Table 3: ECD Performance Improvement Costs19 


ECD Performance Testing 


Parameter Units 
Cost Per 


Unit 
Units Required 


Per Test 
Cost Per Test 


Labor hours $96.00 24 $2,304.00 


Test Protocol days $700.00 1 $700.00 


Test Report days $695.00 1 $695.00 


Equipment Rental components/day $352.50 4 $1,410.00 


Equipment Prep components $290.00 4 $1,160.00 


Travel hours $14.40 4 $57.60 


TOTAL ECD Performance Testing Costs  


 Cost per test 
Average 
Tests per 


Year 


 
Total Annual Cost 


Total Performance 
Test $6,326.60 1,731 $10,951,715 


     


                                         
18 Equipment rental and preparation rates were provided by companies that offer ECD testing services.  
19 The change in cost from the Initial EIA is primarily due to the decreased number of annual inspections resulting from an 
adjustment to the timeline for completing required performance tests. 







 


 
December 3, 2021 Cost Benefit Analysis (Regs 7 and 22) Page 11 of 61 


The Division does not have performance test results for every ECD in the field, from which it can 
calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits 
of its proposal, the Division undertook an analysis of failing performance test results collected by the 
Division to quantify both the percentage of failing tests as compared to devices tested and the scale of 
a failing test - i.e., when a device fails the test, what is the average of the delta between the test 
result and the applicable control efficiency requirement. The Division estimates that 9.61% of ECD 
performance tests fail to demonstrate compliance with the applicable control efficiency requirement. 
The Division’s analysis suggests that an average scale of failure is 11.36% (i.e., based upon an average 
of failing performance tests, the test results are 11.36% lower than the applicable control efficiency 
requirement). The Division calculated a performance improvement of 1.09% from its proposal 
(representing the difference between 93.91% control and 95%). 
 
To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported 
for all controlled tank batteries over 2 tpy VOC (from the Division’s database).20 The Division 
estimated that its proposal would result in a VOC benefit of 2,211 tpy.21 Using an assumed methane to 
VOC ratio of 1.01:1 for storage tanks, the Division estimated a greenhouse gas benefit of 56,734 
mtCO2e/yr. In its Rebuttal statement, the JIWG states: “It is not clear how APCD’s emission estimate 
increased so significantly; therefore, JIWG compiled Regulation 7 Emission Inventory submittals from 
operators that represent 73% of statewide production on a 2020 kBOE basis in order to determine the 
actual uncontrolled emissions from controlled tank batteries over 2 tpy VOC.”22 The Division explained 
to JIWG multiple times how the Division’s emissions estimates were calculated. The Division used its 
permitting and APEN database to collect reported emissions from storage tank batteries from all sites 
in the state (all sites subject to control requirements would be required to be in this database). The 
Division used the operators’ reported emissions to evaluate emission reductions from its proposal - a 
more comprehensive and transparent approach than that taken by the JIWG (which did not provide 
any data or analysis over and above the one sentence quoted above). 
 
The Division received revised information in the Prehearing Statements from industry that suggest 
there is additional facility prep required to complete stack tests. A summary of the information 
provided and a comparison to previously developed costs is in Table 4. The Division conducted an 
alternative analysis that included additional facility preparation costs not included in its analysis of 
performance test costs. The Division excluded outliers in the information provided by the JIWG in their 
cost summaries. 
  


                                         
20 When the Division looked at emissions reported in the annual emissions reports, the Division also calculated uncontrolled 
emissions reported from separators and dehydrators for July - December 2020. The Division doubled those emissions to 
account for a full year, and all emissions from separators and dehydrators reported were assumed to reflect 95% control. 
Based on these inventories, this rule may also reduce emissions from 2,230 separators and 145 dehydrators for an 
additional 253.48 tpy VOC and 20,390.38 mtCO2e/year. 
21 The majority of these emission reductions are realized from those ECDs controlling tank systems with VOC emissions over 
12 tpy.  
22 JIWG_REB_Ex-006. 
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Table 4: Control Device Performance Economic Impact Revisions 


Performance Test Costs 


 Final EIA JIWG PHS 
Alternative 


Cost23 


Performance Test $6,326.60 $8,225.00 $6,326.6024 


Facility Prep by Operator25 $0.00 $7,912.50 $3,750.00 


Total Performance Test Cost $6,326.60 $16,137.50 $10,076.60 
 
The Division stands behind its cost analysis, and offers the Alternative Cost to demonstrate that even 
making the adjustments suggested as necessary by the JIWG: 1) the proposal remains cost-effective; 
and 2) cost per ton figures (for VOC/GHG) are nowhere near as high as JIWG suggests. 
 
I.D. Reporting 
 
The cost of preparing a performance test report is included in the cost information above. The Division 
is proposing that operators would submit information about the performance tests conducted each 
year with the existing annual reports required under Section V, which is an absorbable cost. Additional 
report submittals might be required if an operator fails a performance test; however, the cost of these 
additional reports is presumed to be negligible and absorbable. The Division received no information 
from any stakeholders to the contrary. 
 
I.E.  Enclosed Combustion Device Performance Cost Effectiveness 
 
Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost 
of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. 
Based on this analysis, the Division has determined that this proposal will result in a cost effectiveness 
of $6,627 per ton VOC and $258 per mtCO2e. 
  


                                         
23 The Division reviewed the JIWG PHS and excluded outliers from the operator submittals to determine the appropriate 
revisions to the facility preparation costs for performance tests as well as the engineering and installation costs for flow 
meters. 
24 The Division’s cost estimate was based on multiple conversations with testing companies and operators, and the Division 
does not believe it requires adjustment upwards. 
25 The Division’s Final EIA cost estimate included facility prep included in the costs provided by the testing company. JIWG 
insists that there are other preparatory costs.  
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Table 5: ECD Performance Improvement Cost Effectiveness26 


Annual and Total ECD Performance Improvement Costs 


 
Cost per test or 


meter 
Annualized 


Cost Total Annual Cost 


Total Performance Test $6,326.60  $10,951,715 


Flow meter $2,439.00 $389.68 $3,703,90827 


Total   $14,655,253 


ECD Performance Improvement Cost Per Ton 


 
VOC (tpy) Methane (tpy) 


Methane 
(mtCO2e/yr) 


Emission Reductions 2,211 2,234 56,734 


Cost per ton Emission 
Reduction $6,627  $258 


 
The Division reviewed information provided by industry groups in their Prehearing Statements, 
including the Joint Industry Workgroup (JIWG) and others28, and prepared an alternative analysis 
adjusting the costs associated with the proposed requirements to install and operate flow meters as 
well as to perform periodic performance tests on enclosed combustion devices. A complete summary 
of the result is in Table 6. 
 
The JIWG also included emission estimates that were far below those of the Division.29 The JIWG’s 
revised emissions benefit analysis appears to have been based on survey responses received from a few 
testing companies (but not actual test reports, nor were any details about the survey responses 
provided).30 However, the Division’s analysis of emissions benefits was based on actual test report 
data received and reviewed by the Division, as well as actual emissions estimates in the Division’s 
APEN and permitting database. Therefore, the Division believes that its data is more accurate and 
reliable, and maintained its Final EIA analysis to calculate the updated costs for comparison. 
 


                                         
26 The emission reduction estimate in Table 5 is a significant increase from the emissions estimate in the initial EIA of 
539.59 tpy VOC and 13,843.18 mtCO2e/year. In the initial EIA, the division made an assumption about the emissions based 
on the counts of storage tanks between 2-6 tpy VOC, 6-12 tpy, 12-20 tpy, and > 20 tpy. For this Cost Benefit Analysis, the 
Division summed the total uncontrolled VOC emissions reported for each of the above categories to determine the impact 
of this rule revision. See Storage Tank Inventory 8-12-2021. 
27 These flow meter costs are overly conservative because, under the Division’s proposal, a permanent flow meter is not 
required to be installed on each ECD. However, the Division’s proposal does require a flow meter be installed and 
operating during a performance test (but it can be temporary), so the Division has maintained this assumption in the cost 
analysis.  
28 See JIWG_PHS_Ex-012. 
29 See JIWG_PHS_Ex-012, p.5; JIWG_REB_Ex-006. 
30 Id. 
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While the Division stands by the analysis from the Final EIA, even with the alternative calculations 
made, the requirement to install and operate flow meters and conduct performance tests on enclosed 
combustion devices remains cost effective.  
 


Table 6: Control Device Performance Economic Impact Revisions 


Flow Meter and Performance Test Costs 


 Final EIA JIWG PHS 
Alternative 


Cost31 


Total Performance Test Cost $6,326.60 $16,137.50 $10,076.60 


Annualized Flow Meter Cost $389.68 $3,781.09 $3,388.45 


ECD Performance Improvement Cost Per Ton 


 Final EIA JIWG PHS Alternative Cost 


VOC Emission Reduction (tpy) 2,211.40 202.97 2,211.40 


VOC Cost per ton ($/ton) $6,627.14 $324,559.89 $22,451.77 


GHG Emission Reduction 
(mtCO2e/yr) 56,733.90 5,207.11 56,733.90 


GHG Cost per ton ($/mtCO2e) $258.32 $12,650.84 $875.14 
 
 
I.F.  Combustion Device Performance in Section I. 
 
As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new 
addition from the Request Proposal and are included to address concerns raised by EPA with previously 
submitted State Implementation Plan (“SIP”) revisions. Based on the analysis done at the time of 
adoption of those previously submitted SIP revisions in 2017, the Division estimated that a potential of 
62 emission points could include a single storage vessel that could have the potential to emit greater 
than six tpy VOC. Assuming, as done above, that each point used two combustion devices to control 
emissions, owners or operators may have to conduct performance tests of 124 combustion devices 
under the proposed revisions to require performance testing of devices controlling emissions from 
storage vessels, as such vessels are defined under the recommendations in EPA’s Control Techniques 
Guidelines for the Oil and Natural Gas Industry (“Oil and Gas CTG”).32 The Division does not have 
sufficient information to estimate the potential number of combustion devices controlling emissions 
from wet seat centrifugal compressors that would require performance testing but, according to EPA’s 
Greenhouse Gas Reporting Rule (GHGRP), no owners or operators report emissions from such 
compressors in the ozone nonattainment area.  
 
  


                                         
31 The Division reviewed the JIWG PHS and excluded outliers from the operator submittals to determine the appropriate 
revisions to the facility preparation costs for performance tests as well as the engineering and installation costs for flow 
meters. 
32 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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For the potential 124 combustion devices estimated to be controlling emissions from storage vessels, 
the Division assumes the costs would be the same or similar to the costs of performance testing and 
flow meters described above and, in fact, would be included in those cost estimates as these devices 
would be included in the percentage tested under the proposed requirements in Regulation 7, Section 
II. Further, because EPA’s Oil and Gas CTG and EPA’s New Source Performance Standards (“NSPS”) 
OOOOa use the same storage vessel applicability threshold, it is possible that some combustion devices 
are already tested under the requirements of NSPS OOOOa and, therefore, would not have additional 
expenditures related to combustion device performance testing. 
 
The Division, as staff to the Commission, requested additional information from stakeholders on the 
costs associated with this component of its proposal, but did not receive any such information. 
 
II. Midstream Program(s) 
 
The Division is proposing several new regulatory provisions to directly address GHG emissions (and co-
pollutants) from the midstream segment of the oil and gas industry. The proposals include the 
following additional requirements for oil and gas operators in the midstream segment: 
 
● Increased leak detection and repair (“LDAR”) inspections for natural gas compressor stations; 
● Increased leak detection and repair inspections and valve requirements for gas plants outside of 
the 8-hour Ozone Control Area; 
● Capture and control strategies for certain midstream operations, including pigging and 
blowdowns; 
● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour 
Ozone Control Area;  
● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone 
Control Area; and 
● Long-term planning for GHG reductions from midstream engines and other combustion 
equipment. 
 
II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E33 
 
According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were 
completed at well production facilities (comprised of 525,433 Audio, Visual Olfactory (“AVO”) 
inspections and 26,354 Approved Instrument Monitoring Method (“AIMM”) inspections) and 757 
inspections were completed at natural gas compressor stations (all AIMM inspections). From these 
inspections, 15,617 leaks were discovered at well production facilities and 1,273 leaks were 
discovered at natural gas compressor stations (all from AIMM). In an analysis of LDAR reporting, it is 
estimated that across the industry, approximately 86% of LDAR inspections are completed “in-house” 
by the operator, and 14% are completed by an outside contractor. The costs between completing LDAR 
in-house and completing LDAR through a contractor differ, as discussed in more detail below.  
 


                                         
33 The cost analysis of this section is also relevant to the upstream LDAR costs evaluated later in this Cost Benefit Analysis. 
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The Division used the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019 
rulemaking EIAs supporting LDAR requirements.34 For in-house inspections, it is assumed that operators 
use existing personnel to conduct LDAR inspections, but must purchase the leak detection equipment. 
The majority of leak detection is conducted using either EPA Method 21 or by using an infrared (“IR”) 
camera (by itself or as a screening tool before Method 21). The Division assumed the incremental 
increase in inspections done to comply with this proposal will all be done using infrared cameras 
(“FLIR”). In its Initial EIA and Final EIA, the Division assumed that LDAR inspections utilizing an IR 
camera take 10.6 hours (per facility). However, as discussed in more detail below, based upon 
information provided by other parties to the rulemaking, the Division adjusted this assumption in its 
Rebuttal EIA. 
 
The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and 
other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor 
Statistics (“U.S. BLS”) CPI Inflation Calculator. The Division found the current capital cost of an IR 
camera to be between $100,430 - $163,366.35 For the purposes of this analysis, the Division uses the 
median cost, of $131,898, as the capital cost of one IR camera. Further, IR cameras have an annual 
maintenance and repair cost of $8,387.36 All equipment, including IR cameras, are assumed to have a 
lifespan of 5 years.37 Table 7 provides an estimate of the capital and recurring costs required for LDAR 
inspections.   
  


                                         
34 See the Colorado Department of Public Health and Environment Air Pollution Control Division Final Economic Impact 
Analyses for proposed revisions to Colorado Air Quality Control Commission Regulation Number 7 (5 CCR 1001-9), dated 
January 30, 2014, September 14, 2017, and December 17-19, 2019. 
35 IR camera capital cost is based on historical Division data as well as current market rates for commercial IR cameras. 
36 Cost is inflated to 2021 dollars from the 2014 value of $7,500/year, using the U.S. BLS CPI Inflation Calculator.  
37 Capital costs are annualized over a five-year period and adjusted for inflation.  
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Table 7: LDAR Annualized Costs 


Parameter Capital Costs Annual Costs 
Annualized Total 


Cost 


FLIR Camera: $131,898   


FLIR Camera 
Maint/Repair:  $ 8,387  


Photo Ionization 
Detector $5,591   


Vehicle $24,602   


Inspection Staff:  $ 75,000  


Supervision (@20%):  $ 15,000  


Overhead (@10%):  $ 7,500  


Travel(@15%):  $ 11,250  


Recordkeeping (@10%):  $ 7,500  


Reporting (@10%):  $ 7,500  


Fringe (@30%):  $ 22,500  


Subtotal Costs: $162,091 $154,637  


Annualized Costs: $43,382.9 $154,637 $198,020 


   
The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR 
inspection. The total annualized cost identified in Table 7 of $198,020 is divided by an assumed 1,880 
annual working hours38 to produce a value for an inspection rate for in-house inspections of $105/hour. 
Operators also have the option of hiring third-party contractors to complete LDAR inspections, instead 
of completing the inspections in-house. The hourly cost of using a third-party contractor to complete 
leak detection is estimated at $137/hour. This estimate is based on the premise that contractors 
would realize a 30% profit margin above the cost to operators of completing the inspections in-house.  
 
II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d 
 
The Division’s proposal would require compressor stations to have a minimum inspection frequency of 
quarterly, regardless of location. Given that compressor stations inside the 8-hour Ozone Control Area 
are already at a quarterly frequency, this proposal would impact only the 75 compressor stations 
outside the 8-hour Ozone Control Area identified by the Division in the Final EIA.39  


                                         
38 This assumes a 40-hour work week, ten holidays, two weeks of vacation, and one week of sick leave. 
39  Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR frequency. 
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Further, the Division is also proposing to require inspections bimonthly (six times per year) at 
compressor stations inside the 8-hour Ozone Control Area with emissions between 12 and 50 tpy VOC 
where located in a DI Community or within 1,000 feet of an occupied area. Compressor stations 
outside of the 8-hour Ozone Control Area within 1,000 feet of an occupied area would also have a 
bimonthly inspection frequency. This revised analysis replaces the analysis done in the Cost 
Effectiveness Analysis, III.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.4.d. 
and includes a number of updates to the cost analysis calculation from the Final EIA, including: 
 
● The number of facilities affected by the rule has changed.   
● The incremental change to costs associated with repair time40 is reflected in this analysis. 
● The estimated VOC emission reductions per facility were recalculated for the 9-County, 


Piceance, and remainder of the state, to account for incorrect use of VOC emission factors in 
the Final EIA. 


● The Division estimated the repair hours and emission reductions associated with a new category 
of LDAR frequency (bimonthly). 


 
The new proposal would require all compressor stations within a disproportionately impacted 
community or within 1000 feet of an occupied area41 to be inspected six times per year (across the 
year, bimonthly). The new proposal also increases all remaining semi-annual inspections to quarterly. 
The Division assumed that 26.48% of compressor stations in the 9-County area and 32.98% of 
compressor stations in the Piceance Basin and remainder of state were also in DI Communities. The 
number of compressor stations affected by this rule proposal is in Table 8. 
 


Table 8: CS LDAR Proposed Frequency42 


Compressor Station VOC Tier 
(tpy) 


Number of 
Compressor 


Stations 


Current 
Frequency 


Proposed 
Frequency 


ROS: <12 50 Semi-Annual Quarterly 


ROS: <12 - DI/prox 25 Semi-Annual 6x 


Nonattainment Area43: <12 - 
DI/prox 


9 Quarterly 6x 


>12 - <50 - DI/prox 25 Quarterly 6x 


 
  


                                         
40 In the Final EIA, the Division attributed the full hours of repair time associated with the quarterly inspection frequency 
instead of the incremental change that occurred from semi-annual to quarterly. 
41 The Division assumed that the percentage of compressor stations in DI communities also included compressor stations 
within 1,000 feet of an occupied area. The Division did not have any other reasonably available data. 
42 This table does not include compressor stations for which there is no proposed change. 
43 Section II LDAR frequency does not distinguish between the nonattainment area and the remainder of the state, but 
Section I LDAR frequency for this category in the nonattainment area is already at quarterly, not semi-annual. For the 
purpose of this economic impact analysis, the Division accounted for the incremental change from quarterly to six times 
per year for compressor stations in the nonattainment area affected by this rule. 
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Inspections 
 
For this analysis, unlike in the Final EIA, the Division assumed that operators would use only infrared 
(IR) cameras to meet this increased inspection requirement. Table 9 includes a breakdown and analysis 
of the estimated leak inspection time and costs under the different possible conditions mentioned in 
the preceding section. 
 


Table 9: CS LDAR Inspection Costs 


# Inspections 
Inspection 


type 
Inspection 
method 


Total 
Inspection 


hours44 
Cost per hour Total cost 


268 
In-House FLIR 3,420.4 $105.00 $359,140.74 


Contractor FLIR 520.2 $137.00 $71,269.04 


Totals 3,940.6  $430,409.78 


 
At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total 
cost to operators for completing the new LDAR inspections would therefore be $430,409.78 per year; 
or $3,948.71 per compressor station per year. Another party to the rulemaking, EDF, estimated a 
lower cost for these inspections - $326,561.  
 
Leak Repair 
 
The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this 
analysis uses the incremental change in repair hours associated with the proposed revisions. The 
Division also made a scaled assumption of leak rate for the new LDAR frequency of six times per year. 
Table 10 includes the leak rates assumed along with repair hours calculated according to the 
methodology laid out previously. 
 
 


Table 10: CS Repair Hours from LDAR Frequencies 


LDAR Frequency Leak Rate Repair Hours 


Annual 1.18% 23.2 


Semi-Annual 1.48% 29.1 


Quarterly 1.77% 34.8 


6x 1.92% 37.7 


Monthly 2.36% 46.3 


 


                                         
44 The Division assumed 10.6 inspection hours for compressor stations with emissions less than 12 tpy VOC and 28.1 
inspection hours for compressor stations with emissions above 12 tpy VOC. 
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Using these assumed repair hours and the incremental change in frequency as outlined in Table 8, the 
Division calculated an increase of 600.8 repair hours. At a cost of $82.06/hour, the total repair cost is 
$49,301.65. 
 
Emission Reductions 
 
The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate 
emission reductions from this program, though broken out by basin as opposed to by compressor 
station tier.45 Further, the Division assumes that the inspection frequency of six times per year will 
gain a 70% reduction in emissions, as seen in Table 11.  
 


Table 11: CS Emission Calculations from LDAR 


Methane Emissions from Model Compressor Station(tpy) 


LDAR Frequency 
Emission 


Reduction 
9-County Piceance 


Remainder of 
State 


No LDAR 0% 8.68 27.68 18.18 


Annual 40% 5.21 16.61 10.91 


Semi-Annual 50% 4.34 13.84 9.09 


Quarterly 60% 3.47 11.07 7.27 


6x 70% 2.60 8.30 5.45 


Monthly 80% 1.74 5.54 3.64 


VOC Emissions from Model Compressor Station (tpy) 


LDAR Frequency 
Emission 


Reduction 
9-County Piceance 


Remainder of 
State 


No LDAR 0% 7.96 12.17 10.07 


Annual 40% 4.78 7.30 6.04 


Semi-Annual 50% 3.98 6.09 5.03 


Quarterly 60% 3.18 4.87 4.03 


6x 70% 2.39 3.65 3.02 


Monthly 80% 1.59 2.43 2.01 


 
 
The total expected emission reductions from this program is outlined in Table 12, below. 
  


                                         
45 In the Final EIA, the Division erroneously attributed the compressor station tier model facility emissions to the 
calculations for different basins. The Division corrected that in this analysis. 
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Table 12: CS Emission Reductions from LDAR 


Compressor Station VOC Tier (tpy) 
Total VOC 


Reductions (tpy) 
Total Methane 
Reduction (tpy) 


Total 
Greenhouse Gas 


Reduction 
(mtCO2e/yr) 


Outside the NAA: <12 54.3 109.0 2,767.5 


Outside the NAA: <12 - DI/prox 54.5 109.9 2,791.6 


NAA: <12 - DI/prox 7.2 7.8 198.4 


>12 - <50 - DI/prox 24.7 43.6 1,106.2 


TOTAL 140.8 270.2 6,863.7 


 
In its Rebuttal EIA, EDF estimated that this proposal would achieve additional emission reductions of 
189.2 tpy VOC and 314.2 tpy methane. 
 
Cost Effectiveness 
 
Combining the annual cost of inspections, $430,409.78, with the annual cost of repairs, $49,301.65, 
incorporating a recovered natural gas value of $92,904.27, the effectiveness of this requirement is 
$2,747.89 per ton VOC and $56.36 per mtCO2e. The spreadsheets used to complete this analysis and 
develop all of these summary tables were submitted as exhibits to the Division’s Rebuttal Statement 
and are incorporated herein by reference.46 
 


Table 13: CS LDAR Cost Effectiveness 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $430,409.78 $49,301.65 $479,711.43 


Recovered Natural Gas $92,904.27 


Net Cost $386,807.16 


Compressor Station Emissions Reduction and Cost 


Total VOC Emission 
Reduction (VOC) 


Cost per ton VOC 
Total GHG Emission 


Reduction 
(mtCO2e/year) 


Cost per mtCO2e 


140.8 $2,747.89 6,863.7 $56.36 


 
EDF also analyzed the Division’s proposal and determined a net cost effectiveness of $208.16 per ton 
methane and $8.33 per ton CO2e.  


                                         
46 APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx). 
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II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I 
 
Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour 
Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas 
processing plants outside the 8-hour Ozone Control Area may also be subject to NSPS KKK, NSPS OOOO, 
NSPS OOOOa, depending on the date of construction. Natural gas processing plants statewide that 
have storage tanks subject to Section II.C.1 must also conduct AIMM inspections of the storage tanks 
and associated equipment in accordance with Table 1 in Section II.C.2. Those inspections range from 
semi-annual to monthly, depending on the VOC emissions estimated from the storage tanks. 
 
The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in 
the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS 
OOOO or NSPS OOOOa. The Division has identified 25 gas plants outside of the DJ Basin - 18 in the 
Piceance basin and 7 in the remainder of the state. These numbers do not include gas plants the 
Division was able to determine are on tribal lands. Based on the Division’s review of the Regulation 
Number 7 annual emissions reports, and the information submitted for fugitive emissions, it appears 
that many natural gas processing plants outside the 8-hour Ozone Control Area are already subject to 
NSPS OOOO or NSPS OOOOa for LDAR. However, for purposes of this Cost Benefit Analysis, the Division 
assumed that all 25 gas plants outside the DJ Basin will need to adjust LDAR frequency to comply with 
the Division’s proposal. This makes the Division’s cost analysis overly conservative. 
 
The Division utilized technical supporting information from the Oil and Gas CTG47 in the analysis of this 
proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure 
relief devices, sampling connection systems, open-ended lines, valves, and connectors to determine if 
a component is leaking. Under this program, “[v]alves are monitored monthly, connectors are 
monitored annually, and open-ended lines and pressure relief valves must be monitored within five 
days after a pressure release event to ensure they are operating without any detectable emissions 
(e.g. at a concentration less than 500 ppm above background).”48  
 
In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to 
a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars 
was between $2,010 - 2,844 per ton VOC49. In today’s dollars, based upon a gas processing model 
plant, and assuming a correlation of VOC to methane of 1:1.81, the Division estimates the cost of this 
proposal as follows: 
  


                                         
47 New Mexico also utilized this data in preparing its economic impact analysis of gas plant LDAR in its recent rule. 
proposal. See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC 5-27-21_erg (06-08-
2021)).  
48 Oil and Gas CTG, pp.8-9, 8-10. 
49 Oil and Gas CTG, p. 8-11. 



https://www.env.nm.gov/air-quality/ozone-draft-rule/
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Table 14: Cost and Emissions Reductions for LDAR at Gas Plants 


Pollutant 


Annual 
Emission 


Reductions 
Per Gas Plant 


Capital 
Cost 


(2021$) 


Annual 
Cost 


(2021$) 


Cost of 
Control 
(without 
savings) 
$/ton 


Cost of 
Control 
(with 


savings) 
$/ton 


VOC 4.56 tpy $10,062.6
0 


$15,343.1
2 $3,367.22 $2,379.79 


Methane 8.27 tpy 
$10,062.6


0 
$15,343.1


2 $72.99 $51.63 
Greenhouse 


Gas 
210.2 


mtCO2e/yr 


 
The Division’s proposal would also require operators to complete repair within specified time frames 
(within 2 years or the timeframe under the applicable federal program, whichever is earlier). The 
Division’s proposal also requires operators to mitigate emissions while a component is on the delay of 
repair list. The Division does not specify how this must be accomplished, but proposed language for 
the Statement of Basis suggesting two methods that operators are encouraged to consider - drill and 
tap repair and replacement of leaking valves with valves with Low-E packing. Drill and tap reduces the 
need for a process shut-down to affect a leak repair, and can reduce fugitive emissions. The Division 
does not have information to suggest a significant additional cost associated with this proposal, 
because the Division has no information regarding how many valves cannot be repaired through other 
means prior to being placed on the delay of repair list. The Division understands that “drill and tap'' is 
an accepted and effective repair method for valves, and that this proposal generally reflects best 
practice.50 Leaks from valves are commonly related to valve packing.51 Low-e packing is a valve 
packing product, independent of any specific valve, for which the manufacturer has issued a written 
warranty that the packing will not emit fugitives at greater than 100 parts per million (“ppm”). EPA 
has advised the Division that low-e valves and packing are the same or very comparable in price to 
non-low-e valves and packing. According to information from EPA, one vendor, Bonney Forge, claims 
its low-e packing can reduce emissions of harmful gases by up to 95% versus valves with traditional 
packing, for minimal cost impacts. The Division expects that operators will consider technically and 
economically feasible measures to minimize emissions from valves. The Division does not anticipate 
any additional costs associated with this component of its proposal.  
 
II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation Number 7, Part 
D, Section II.H 
 
  


                                         
50 See EPA’s LDAR: A Best Practices Guide, Leak Detection and Repair Compliance Assistance Guidance Best Practices 
Guide; see also EPA December 1, 2015 Memorandum from Joseph Wilderwing to Cynthia Reynolds, re: Drill-and-Tap. 
51 See EPA, Leak Detection and Repair: A Best Practices Guide at 12, Table 3.1. 



https://www.epa.gov/sites/default/files/2014-02/documents/ldarguide.pdf

https://www.epa.gov/sites/default/files/2014-02/documents/ldarguide.pdf





 


 
December 3, 2021 Cost Benefit Analysis (Regs 7 and 22) Page 24 of 61 


II.B.1. Pigging Operations 
 
In Permit Section (PS) Memo 20-0452, the Division explained pigging operations as follows: 
 
Raw natural gas is transported from production wells to processing plants through 
networks of gathering pipelines. Although liquid separation may occur at the well pad, 
much of the raw natural gas passing through the gathering pipelines is saturated with 
hydrocarbons other than methane and may contain other components such as water, 
carbon dioxide, and hydrogen sulfide. During the transportation of this gas through 
gathering pipeline systems, the gas often experiences a temperature drop and pressure 
change that causes the hydrocarbons and other components to condense to a liquid 
phase. These natural gas condensates can accumulate in low elevation segments of the 
gathering pipelines, impeding the flow of natural gas. To maintain gas flow and 
operational integrity of the gathering pipelines, operators mechanically push these 
condensates out of the low elevations and down the pipeline by an operation called 
“pigging,” which involves first inserting a device called a pig into a pig launcher 
upstream of the pipeline segment where condensates have accumulated. The gas flowing 
through the pipeline then pushes the pig through the pipeline, allowing the pig to sweep 
along the accumulated condensates. The pig is removed from the pipeline segment when 
it is caught in a pig receiver. 
 
The Division is proposing that midstream owners and operators with pigging operations must capture 
and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators 
may apply to the Division to utilize air pollution control equipment to control those emissions. The 
Division’s proposal is reasonably targeted at high pressure pigging pipelines and pigging units that 
exceed specified emission thresholds. The Division’s proposal also imposes more stringent 
requirements upon newly constructed facilities and pigging units, because planning for capture and 
recovery during construction is more cost-effective.  
 
All midstream owners or operators with pigging operations must additionally employ best practices to 
reduce emissions associated with pigging. Some of the proposed best management practices are 
specified in PS Memo 20-04, and therefore should not result in additional costs to operators. See PS 
Memo 20-04, Sections 6.5 and 6.6. For other proposed best practices, the Division has proposed a 
feasibility off-ramp, that includes some sensitivity to cost.  
 
The Division used gas speciation data collected by the Division, guidance from the EPA53 and 
information received from operators and manufacturers to estimate emissions from pigging events.  
 
  


                                         
52 Memo 20-04 - Routine or Predictable Gas Venting Emissions Calculation and Instructions on Permitting for Oil and Natural 
Gas Operations, Permit Section Memo 20-04, APCD, CDPHE, November 6, 2020. 
53 “Quantifying The Potential Impact Of Natural Gas Condensate Holdup On Uncontrolled Volatile Organic Compound 
Emissions From Pig Receivers During Depressurization In Wet Gas Gathering Operations”, EPA Discussion Draft, May 16, 
2016. 



https://oitco.hylandcloud.com/POP/DocPop/DocPop.aspx?docid=6206552

https://oitco.hylandcloud.com/POP/DocPop/DocPop.aspx?docid=6206552
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Cost - Pig Ramps 
  
Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to 
drain before the pig is pulled from the chamber.54 The inventor of pig ramps, Mark West, has made the 
schematics available freely on its website. The Division has received cost estimates for each pig ramp 
of $800-$1,300 per ramp. Taking the median ($1,050) and applying a 6% interest rate results in an 
annualized cost of $188 per pig ramp. The Division does not have reasonably available information as 
to how many pig ramps would be necessary to comply with this proposal, and - as staff to the 
Commission - requested that information from operators. Operators did not provide any 
documentation or data, but did suggest that pig ramps could have costs in excess of $4,000 per unit. 
Given that the Division’s data came from EPA and the operator that invented the pig ramp, the 
Division believes its data is reliable. The Division assumes this minimal cost to be absorbable. The 
Division also amended its proposal to allow for other liquids containment systems, such as process 
drains. This expansion of compliant practices further reduces the impact. 
 
Cost - Capture: ZEVAC unit and Jumper Lines 
 
In order to comply with the requirement to capture and reduce emissions during pigging operations, 
for the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit.55 The 
Division assumes that a pig launcher and receiver are already on-site.  
 
The Division has recognized that capture may also be effectuated “by routing the gases to a lower 
pressure system before venting the remaining gases to the atmosphere or to control equipment. 
Routing to a lower pressure system is achieved with a depressurization line (or, "jumper line") exiting 
the top of the barrel ... or exiting the top of the pig ball valve. Compressor stations and gas plants 
have low pressure lines on the site that can receive these depressurization gases and recycle them 
through the process. Similarly, launchers and receivers along high pressure pipelines are occasionally 
located near low pressure pipelines that can receive depressurization gases exiting the barrel or pig 
ball valve.”56 One operator who employed pig ramps and depressurization techniques, along with Zero 
Emission Vacuum and Compressor (ZEVAC) units reported significant reductions in gas vented and 
emissions as a result.57  
 
Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 
per jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line 
installed during mainline construction are taken into account, the cost is more in the neighborhood of 
$1,511 per jumper line. However, the Division acknowledges that it does not have access to other 
associated costs, such as engineering costs. In its Initial EIA, the Division requested additional cost 
information from operators. While the Division has heard from operators that costs for a jumper line 
can theoretically be in the range of $50,000, to date, no supporting materials have been provided.  


                                         
54 Pipeline Launcher/Receiver Emission Reduction Systems 
55 The Division’s proposal also contemplates use of control devices as an option where recovery of the gas from pigging 
operations is not feasible. According to EPA, “[l]arge, high capacity combustion devices are typically available at 
compressor stations and processing plants and can be used to control pigging gases while meeting the other flaring needs of 
the facility. There are also numerous low capacity combustion devices available for serving remote launcher/receiver 
sites.” EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert 
56 EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert 
57 See Methane Reductions in Pigging, September 2019, Methane Reductions in Pigging 



https://www.mplx.com/content/documents/mplx/markwest/Launcher%20Receiver%20Design%20Detail.pdf

https://www.epa.gov/sites/default/files/2019-09/documents/naturalgasgatheringoperationinviolationcaa-enforcementalert0919.pdf

https://www.epa.gov/sites/default/files/2019-09/documents/naturalgasgatheringoperationinviolationcaa-enforcementalert0919.pdf

https://www.gti.energy/wp-content/uploads/2019/09/CH4-10-Sept18-Nathan-Wheldon-Presentation.pdf
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The Division gathered information from a manufacturer of ZEVAC units on the costs associated with 
ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have 
reasonably available information about actual pigging operations in Colorado to specify the frequency 
of pigging operations or the size of the ZEVAC unit that would be necessary for each operator. In its 
annual emission reports to the Division, one operator submitted its annual emissions reporting 1,343 
pigging events in the second half of 2020 alone, for a total of 13,806,040 scf vented, an average of 
10,280 scf vented per pigging event. The Division recognizes that not all pigging events vent the same 
amount of gas; pigging of larger, higher pressure pipelines emit more gas to atmosphere than pigging 
of smaller, low-pressure pipelines. That operator also reported venting 7,557,500 scf of natural gas 
from pipeline blowdown events during the same period. However, the Division did not get this level of 
detailed reporting consistently across all operators; several midstream operators reported no pigging 
operations. Therefore, an analysis was conducted on three different sized ZEVAC units, small, 
medium, and large, under both a high frequency and low frequency use of the equipment. The size of 
the unit affects the speed of the gas recovery process; larger units taking less time. All units are 
assumed to have a useful life of 10 years. The capital cost of a small ZEVAC unit was found to be 
$30,000 with maintenance and repair costs of $2,400 per year. Annualizing the capital cost across 10 
years, and assuming a 6% interest rate, yields a total annualized cost of $7,773. Under the same 
assumptions, the capital cost of a medium sized unit is $135,000 with annual maintenance costs of 
$10,800, for a total annualized cost of $34,976; and the capital cost of a large unit is $245,000 with 
annual maintenance costs of $19,600, and a total annualized cost of $63,476. In estimating the 
composition of pollutants in the gas, the Division applied weight percentages of total hydrocarbons of 
29.35% VOC, 53.31% methane, and 17.34% ethane.58 
 
High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per 
year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an 
estimated 3,900 scf of gas, for a total annual potential emitted gas of 4,875,000 scf. As noted above, 
with at least one operator reporting 1,343 pigging events in just the second half of 2020, it is 
reasonable to assume at least some operators engage in high-frequency pigging operations. Low 
frequency pigging assumes the use of 1 pig barrel per day, for 3 days per week, at 50 weeks per year. 
With low frequency pigging, there are an estimated 150 events per year, each releasing an estimated 
3,900 scf of gas, for a total annual potential emitted gas of 585,000 scf. 
 
Table 15 below demonstrates potential gas recovery (emissions reductions) and cost per ton of 
pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness 
analysis does not account for the economic benefit to operators from selling the recovered gas. 
  


                                         
58 As with elsewhere in this Cost Benefit Analysis, the Division utilized gas speciation data submitted to the Division from 
multiple operators, reviewing over 100 samples of sales gas analysis from across the state, and creating a weighted average 
by location.  
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Table 15: Cost and Emission Reductions of ZEVAC Units 


Small ZEVAC unit 


 
Annualized 


cost 


VOC 
captured 


(tpy) 


Greenhouse 
Gas59 


captured 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


High 
frequency 


$7,773.00 40.02 1,844.44 $194.21 $4.21 


Low 
frequency 


$7,773.00 4.80 221.33 $1,618.44 $35.12 


Medium ZEVAC unit 


 
Annualized 


cost 


VOC 
captured 


(tpy) 


Greenhouse 
Gas captured 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


High 
frequency 


$34,976.00 40.02 1,844.44 $873.90 $18.96 


Low 
frequency 


$34,976.00 4.80 221.33 $7,282.47 $158.02 


Large ZEVAC unit 


 
Annualized 


cost 


VOC 
captured 


(tpy) 


Greenhouse 
Gas captured 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


High 
frequency 


$63,476.00 40.02 1,844.44 $1,585.99 $34.41 


Low 
frequency 


$63,476.00 4.80 221.33 $13,216.54 $286.79 


 
Amount and Value of Recovered Natural Gas 
 
If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC 
unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming 
low-frequency use, the Division calculates natural gas savings (at a price of $4/MCF) of $19,000 per 
ZEVAC unit per year, for a high frequency use, and $2,340 per ZEVAC unit per year for a low-frequency 
use. That would materially improve the cost-effectiveness. 
 


                                         
59 Converted from methane to CO2e using AR5. 
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In its Initial EIA, the Division, as staff to the Commission, requested additional information from 
stakeholders on the costs associated with this component of its proposal. The Division did receive 
some additional cost data from operators, associated with the rental of a ZEVAC unit, that included 2 
hours’ labor, driving costs, and rental costs for an engine-driven air compressor. Industry noted 
annualized costs of about $556 per pigging event. The Division believes these costs are inappropriately 
inflated for most pigging events for the following reasons. First, purchasing a ZEVAC unit (or 
compressor) is more cost-effective than a per-event rental. Second, the Division understands from 
industry that a large portion of pigging events take place at a natural gas compressor station or natural 
gas processing plant, in which case there would be no need for travel time or additional labor hours.  
 
II.B.2. Blowdowns of Equipment and Piping 
 
The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions 
from blowdowns from equipment and piping at compressor stations and gas plants where those 
emissions exceed specified thresholds. The Division also proposes requiring best practices for 
blowdowns including along midstream pipelines. The Division’s proposal with the Rebuttal Statement 
identifies with more specificity which blowdown emissions must be captured or controlled, focusing on 
blowdowns of compressors, and aggregating emissions from blowdowns of all other equipment and 
piping (with a physical volume of equal to or greater than 50 cf).  
 
Based on information collected from operators, some operators will be able to route emissions from 
blowdowns to existing control equipment on-site. One operator indicated that costs to combust 
blowdown emissions could include the building of a blowdown header and taking blowdowns back to 
the field or a series of VRUs to draw down the pressure/volume such that it can be handled by the 
existing ECD or a new combustion device. Others, however, will drawdown line pressure, either 
naturally with alternative lower pressure gas lines or using ZEVAC units60 as discussed under the 
previous section, to capture and retain the natural gas. Some operators may also install ejector units 
to force gas out of off-line compressors61 or other equipment and route the gas to a lower pressure 
fuel gas line.  
 
Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to 
the Commission - requested additional information from operators on the costs of implementing 
controls and other practicable best management practices specified in the Division’s proposal. The 
Division did not receive any additional data or materials other than as described above. 
 
Emission Reductions from Pigging and Blowdowns 
 
The Division does not have complete data from operators on how often pigging and blowdown 
activities are conducted, particularly as differentiated between pigging and other maintenance 
activities that result in venting of emissions. In order to calculate reductions associated with this 
proposal, therefore, the Division looked at two sources of data.  
 


                                         
60 Blowdown Emission Reduction White Paper, American Gas Association, August 5, 2020. 
61 Reducing Emissions When Taking Compressors Off-Line, Natural Gas Star, EPA, October 2006. 



https://www.aga.org/contentassets/fdb295e9799449d78d3b07b4a0eac453/aga-blowdown-emissions-reduction-white-paper-final-8.5.20.pdf

https://www.epa.gov/sites/default/files/2016-06/documents/ll_compressorsoffline.pdf
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First, the Division looked at EPA FLIGHT data for 201962, and identified the total amount of emissions 
in CO2e reported by the natural gas gathering and boosting segment and the natural gas processing 
segment for pigging, venting and blowdowns (to the extent possible). The Division looked at emissions 
from the 20 natural gas processing plants in Colorado (on non-tribal lands) that reported to EPA and 
calculated 6,007.84 mtCO2e per year from venting/pipeline blowdown activities. It was more difficult 
to separate out gathering and boosting facilities that are in Colorado, and on non-tribal lands, but the 
Division ultimately calculated about 76,000 mtCO2e per year from venting/pipeline blowdown 
activities reported to EPA.  
 
Initial EIA Analysis 
 
The Division then looked at the emissions reported to the Division by operators in the midstream 
segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream 
operators reported 35,184 events in “venting or blowdowns” and “pipeline” emission activities. From 
these events, operators reported a total of 184,495 mtCO2e for 2020. Operators also reported 3,584 
tons VOC from venting or blowdowns and pipelines for 2020. 
 


Table 16: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines 


Reported 2020 Emissions with No Control 


Emission Category 
Reg. 7 EI 2020 CO2e 


(mtCO2e/yr) 


Reg. 7 EI 2020 
VOC 
(tpy) 


# Events 


Total Venting/Blowdowns (includes 
pigging)  


164,758.15 1,690.08 69,770 


Total Pipeline Venting 19,736.72 1,893.70 598 


Total Venting/Blowdowns/Pipeline 
Venting  


184,494.87 3,583.78 70,368 


Emissions after 95% Reduction of Venting/Blowdown Emissions 


Total Venting/Blowdowns (includes 
pigging)  8,237.91 84.50 


69,770 


Total Pipeline Venting 19,736.72 1,893.70 598 


Total Venting/Blowdowns/Pipeline 
Venting  27,974.63 1,978.20 


70,368 


Emission Reductions with this Rule 


Total Emission Reductions 156,520.24 1,605.58 70,368 


 


                                         
62 EPA Flight data for 2020 was not available at the time the Division prepared this analysis. 
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Not accounting for any reductions from pipeline emissions,63 the Division’s proposal could reduce 
venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking 
only at VOC emissions from total venting and blowdowns (and not including pipeline venting reported), 
If the Division’s proposal also reduces VOC by 95%, that results in a reduction of 1,606 tpy VOC, a 
significant and meaningful co-benefit. These numbers are likely conservative because not all 
midstream operators reported their emissions to the Division.  
 
Update for Final EIA 
 
The Division updated its analysis for the Final EIA based upon data reported for the second half of 
2020, broken out by applicability category, reported emissions are as follows: 
 


Table 17: Emissions from Venting/Blowdowns/Pigging and Pipelines 


Activity 
Number of 


Events 
VOC (tpy) 


CO2 
(mtCO2e/yr


) 


CH4 
(mtCO2e/y


r) 


CO2e 
(mtCO2e/


yr) 


Compressor Blowdowns 7,376 438.94 460.65 52,812.34 53,272.99 


Pigging Operations 12,532 294.79 47.11 19,413.06 19,460.17 


Other Facility Venting 
and Blowdowns 


50,747 1,024.10 1,824.29 166,264.17 
168,088.4


6 


SUBTOTAL 
Venting/Blowdown 


70,655 1,757.83 2,332.05 238,489.57 
240,821.6


2 


SUBTOTAL Pipeline 
Venting 


682 1,916.56 68.65 22,302.24 22,370.89 


TOTAL 71,337 3,674.39 2,400.70 
260,791.8


1 
263,192.5


1 


 
Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they 
expect the pigging applicability thresholds to result in capture or control of more than 85% of the 
natural gas emitted during pigging operations.64 The Division’s proposal would also ensure capture or 
control of 95% of the emissions from blowdowns of compressors and other equipment (using the 
numbers reported above is appropriate because blowdowns where the physical volume is less than 50 
cf are not currently reported).  
 
  


                                         
63 The Division’s proposal would require either capture, control or use of BMPs to reduce emissions from pigging pipelines. 
The Division’s proposal would require only the use of BMPs to reduce emissions from other pipeline blowdowns. 
64 APCD_REB_Ex-003. 
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Thus, under this updated analysis, assuming that the Division’s proposal would result in capture or 
control of 85% of pigging operations (with a 95% capture/control efficiency), and 95% capture/control 
efficiency of remaining blowdown emissions, the Division’s proposal could actually result in even more 
reductions: 15,676.05.10 mtCO2e/year from pigging activities and 208,122.68 mtCO2e/year from 
blowdowns, for a total of 223,798.73 mtCO2e/year reduced (and 1,627.93 tpy VOC). When the 
additional capture of CO2 emissions from this gas stream is included, the total CO2e reductions 
increase to 228,781 mtCO2e/yr. 
 


Table 18: Emissions from Venting/Blowdowns/Pigging and Pipelines 


Reported 2020 Emissions with No Control 


Emission Category 
CO2e 


(mtCO2e/yr) 
VOC 
(tpy) 


# Events 


Total Venting/Blowdowns (includes 
pigging) 


240,821.62 1,757.83 70,655 


Total Pipeline Venting 22,370.89 1,916.56 682 


Total Venting/Blowdowns/Pipeline 
Venting 


263,192.51 3,674 71,337 


Emission Reductions with this Rule 


Emission Category 
CO2e 


(mtCO2e/yr) 
VOC 
(tpy) 


# Events 


Total Emission Reductions 228,781 1,628 71,337 


 
Cost of Pigging and Blowdown Emission Reduction 
 
Based upon information reported to the Division in the annual emission reports under Regulation 
Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that 
blowdowns take place only on business days), there are approximately 282 events per day65 that would 
be required to be captured or controlled by this rule. Using an annualized open flare cost of 
$25,268.9566, as well as the annualized ZEVAC costs depicted in Table 15 above, and assuming that 
each event over a business day requires its own portable piece of equipment (such as an ECD or ZEVAC 
unit)67, for a total of 282 units required, the average annual cost of this proposal is $9,290,705. 
 
  


                                         
65 Operators reported 35,328 events in the second half of 2020, as well as emissions for only July - December 2020. The 
Division assumed that the annual emissions are double those reported for the 6-month period of July - December 2020. 
66 As described in more detail in the well liquids unloading section, later in this Cost Benefit Analysis. 
67 This is an overly conservative assumption. The Division understands that one ZEVAC unit can be deployed multiple times 
per day. For example, based upon data provided to the Division, the average pigging operation lasts around 15 minutes. 
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The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per 
mtCO2e/year. These costs, however, do not separate out pigging emissions or specific types of 
blowdowns (such as compressor blowdowns), but do exclude pipeline emissions which are subject to 
BMPs but not control requirements in the proposal. Table 19 contains the emissions and costs 
associated with venting and blowdown emissions, including pigging emissions as described in more 
detail in Section II.B.1. of this EIA. These costs also do not account for the recovered gas savings from 
using a ZEVAC or other capture unit. 
 


Table 19: Cost and Emission Reductions for Venting/Blowdown Activities 


Control or Capture 
Device Option 


Annualized 
cost 


VOC 
reduced 


(tpy) 


GHG 
reduced 


(mtCO2e/yr
) 


$/ton VOC $/mtCO2e 


Open Flare $7,141,510.65 1,627.93 
223,798.73


68 
$4,386.86 $31.91 


Small ZEVAC unit $2,196,805.26 1,627.93 228,780.54 $1,349.45 $9.60 


Medium ZEVAC 
unit 


$9,884,917.12 1,627.93 228,780.54 $6,072.07 $43.21 


Large ZEVAC unit 
$17,939,587.1


2 
1,627.93 228,780.54 $11,019.87 $78.41 


Overall Average Cost Per Ton $5,707.06 $40.78 


 
II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7, Part D, 
Section II.B.3.d 


Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour 
Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. The Division’s proposed regulation 
would expand that requirement to natural gas processing plants statewide. There may be additional 
costs of the proposed requirement for owners or operators of reciprocating compressors at natural gas 
processing plants to replace the rod packing. The Division estimates that there are 31 natural gas 
processing plants outside the 8-hour Ozone Control Area, with an estimated total of 258 engines.69 
Conservatively assuming all engines existing at the natural gas processing plants are  reciprocating 
engines and would be subject to the proposed requirements, and none of the owners or operators are 
currently voluntarily replacing rod packing or capturing engine emissions, each of these engines will 
incur additional costs to comply with the Division’s proposal.  


                                         
68 CO2 emission reductions are not included when reductions are achieved through flaring. 
69 In 2017, the Division estimated 133 reciprocating compressors at the identified 16 natural gas processing plants. 
Assuming the same ratio of compressors per gas plant, and using the identified 31 gas plants, the Division estimates 266 
reciprocating compressors covered by this rule. These numbers do not reflect that some number of the subject compressors 
will already be performing the rod-packing replacement. 
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According to the Oil and Gas CTG, EPA estimated the emission reductions by “comparing the average 
rod packing emissions with the average emissions from newly installed and worn-in rod packing.”70 The 
Oil and Gas CTG, Table 5-4, estimates a reduction from rod packing replacement in accordance with 
these requirements of 4.89 tpy VOC per engine and 17.58 tpy methane. With the number of engines 
estimated by the Division to be subject to this proposal, the proposal would realize 1,261.62 tpy VOC 
and 126,997.92 mtCO2e. 


The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without 
factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars 
using the U.S. BLS CPI Inflation Calculator, resulting in an updated capital cost of $5,067. Using the 
same process as the Oil and Gas CTG, the Division determined that the annual cost would be $1,931.79 
per engine. Applying this estimate to the emissions estimate reductions noted before yields cost per 
ton reduced of $394.84 per ton of VOC and $109.84 per ton of CH4 ($3.92 per ton of CO2e). With 
natural gas savings, the Division concludes - consistent with the Oil and Gas CTG - that this measure is 
an economic benefit to the operator of a natural gas processing plant.  


In addition, there may be minimal costs related to the proposed monitoring and recordkeeping 
requirements, as discussed above, where an owner or operator is not currently monitoring and keeping 
compressor records. Throughout the rulemaking process, the Division received no information from any 
parties suggesting that the Division incorrectly evaluated costs. 


II.D.  Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation Number 7, Part 
D, Section III 


The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers 
to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone 
Control Area. See Regulation Number 7, Part D, Section III.C.2. Regulation Number 7 also required that 
pneumatic controllers placed in service between 2014 and May 1, 2021 be no-bleed where feasible, 
which applies to gas plants. See Regulation Number 7, Part D, Section III.C.3. There may be costs 
related to the proposed requirement for owners or operators of natural gas processing plants to ensure 
that natural gas-driven pneumatic controllers are non-emitting.  


Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven 
pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of 
converting the pneumatic controller at $2,000 and the cost per ton of VOC reduced between $6 and 
$68 per pneumatic controller.71 A VOC emissions reduction ranging from 4.18 to 48.7 tpy, depending 
on the size of the instrument air system, is associated with each natural gas processing plant, or a 
range of 790.97 to 9,215.40 mtCO2e/year of methane. Because the Division assumed that most of the 
natural gas processing plants in the 8-hour Ozone Control Area would probably require a medium-to-
large air system, an annual VOC emission reduction of 17.5 tpy and methane reduction of 3,311.49 
mtCO2e/year represents an average associated with converting pneumatic controllers to system air.72 


  


                                         
70 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.5-10. 
71 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16. 
72 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-17, Table 6-7. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf

https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf

https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area, 
but does not have data on the number of natural gas actuated pneumatic controllers at these natural 
gas processing plants. The Oil and Gas CTG assumes that existing natural gas processing plants have 
already replaced pneumatic controllers with other types of control, such as an instrument air system, 
and any pneumatic controllers with a bleed rate greater than zero are required due to safety 
reasons.73 The Division also checked pneumatic controller data reported to EPA in 2019 under the 
Greenhouse Gas Reporting Rule, and no Colorado gas plant reported any emissions from pneumatic 
controllers. The Division also reviewed the submittals from midstream operators to the Division for 
2020; only 11 midstream operators reported having any natural gas driven pneumatic controllers, and 
the Division’s review did not identify any natural gas processing plants reporting having gas driven 
pneumatic controllers. Therefore, the Division believes the cost to owners or operators of natural gas 
processing plants of the proposed requirements are minimal and limited to documenting, tagging, and 
maintaining any emitting natural gas-driven pneumatic controllers that are required for safety and/or 
process purposes. Throughout the rulemaking process, the Division received no information from any 
parties suggesting that the Division incorrectly evaluated costs. 


II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel Combustion 
Equipment: Regulation Number 22, Part B, Section III 
 
Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015 
baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas 
emissions from fuel combustion equipment at midstream facilities, such as engines, boilers, turbines, 
and heaters. In its efforts to address greenhouse gas emissions from fuel combustion equipment in the 
midstream segment, the Division is proposing a long-term planning process. By long-term, the Division 
proposes that operators will have until 2023 to develop their plans, and that additional rulemaking 
before the Air Commission would not be required until 2024. The program establishes a steering 
committee that will guide and aid midstream segment operators in the development of plans to meet 
emission reduction targets.  
 
The Division has not identified a significant economic impact on any industry or party from this 
proposal. The JIWG complained in its prehearing statement that the Division did not include cost 
associated with participation.74 As an initial matter, participation in the steering committee is 
voluntary and the Division has not identified any costs imposed on midstream segment operators, the 
Division, or any other potential steering committee participants for the operation and administration 
of the committee. Between the Initial EIA and the Final EIA, the Division was not provided with any 
information to suggest that there are such costs. Compliance with the rule includes development of a 
plan to reduce emissions only, and not implementation of the plan. Individual operators may choose to 
hire third-party consultants to help develop their emission reduction plans, but because this is not 
required directly by the rule proposal and hiring of any consulting services would be completely 
voluntary, those potential costs are not considered in this analysis. Additionally, the Division does not 
anticipate any costs to the Division for oversight or the review of proposed guidance documents and 
emissions reduction plans. Administration of this rule will be carried out by existing and anticipated 
Division staff.  
 


                                         
73 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16. 
74 JIWG_PHS, at H-3. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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II.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f. 
 
To align with the new leak detection and repair frequencies for compressor stations, the Division 
proposed to update the inspection frequency for gas-driven pneumatic controllers in Section III.F. The 
proposed revisions build upon the statewide LDAR program in Regulation Number 7 and the Division 
assumes that owners or operators will incorporate the pneumatic controller inspections into their 
natural gas compressor station LDAR programs. The Division understands that operators will inspect 
the gas-driven pneumatic controllers during the same inspection as the Section II.E component 
inspections, and therefore has determined there are minimal, if any, additional inspection and 
recordkeeping costs. According to the Final Economic Impact Analysis for the December 2019 
rulemaking, as supported by both industry stakeholders and the environmental community, the 
incremental labor and material costs, costs above those related to the aligned LDAR inspection, are 
variable and range from insignificant to $600 per facility per year.75 Further, inspections are only 
required of gas-driven pneumatic controllers; as operators comply with existing regulations to replace 
gas-driven pneumatic controllers with non-emitting pneumatic controllers, the cost of inspection and 
repair of gas driven pneumatic controllers will necessarily also decrease. While performed at minimal 
cost, these inspections do have the ability to meaningfully reduce emissions, given that malfunctioning 
pneumatic controllers have been identified by many as significant contributors to excess methane 
emissions (and are considered a classic “superemitter”). Inspecting gas-driven pneumatics more 
frequently will mitigate emissions from improperly operating pneumatic controllers.  
 
III. Upstream Program 
 
The Division has proposed several new regulatory provisions to directly address greenhouse gas 
emissions from the upstream segment of the oil and gas industry. The proposals include the following 
additional requirements for oil and gas operators in the upstream segment: 
 
● Increased leak detection and repair (LDAR) inspections for well production facilities; 
● Greenhouse gas intensity program; and 
● Emission reduction requirements for well maintenance and unloading activities. 
 
III.A. Leak Detection and Repair Inspections at Well Production Facilities: Regulation Number 7, Part 
D, Section II.E.4.e.(i) 
 
The Division has proposed additional requirements for existing well production facilities, statewide 
and in disproportionately impacted communities. The proposal, if adopted, would require more 
inspections at most well production facilities, and - consistent with the Environmental Justice Act - 
ensuring even more frequent inspections within a DI Community (in the 8-hour Ozone Control Area) or 
within 1,000 feet of an occupied area (statewide). The Division assumed that 26.48% of compressor 
stations in the 9-County area and 32.98% of compressor stations in the Piceance Basin and remainder 
of state were also in DI Communities. Further, the Division consulted with stakeholders to conduct an 
evaluation of how many well production facilities were within 1,000 feet of an occupied area. Based 
on these discussions, the Division assumed that in the NAA, 16% of well production facilities were 
within 1,000 feet of an occupied area but not within a DI Community.   


                                         
75 Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30. 
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Outside the NAA, the Division assumed that 9.2% of well production facilities were located within 
1,000 feet of an occupied area. From there the Division was able to determine how many well 
production facilities would be affected, especially where existing regulatory provisions require more 
frequent inspections at well production facilities within 1,000 feet of an occupied area. The number of 
well production facilities affected by this rule proposal is in Table 20. 
 


Table 20: WPF Emission Reductions from LDAR 


WPF Fugitive VOC Tier (tpy) 
Number of 


WPF 
Current 


Frequency 
Proposed 
Frequency 


Other Statewide: <2tpy 5,487 One-time Annual 


NAA: <1tpy and ROS: <2tpy 
(within 1000 ft, not DI) 


802 One-time Semi-Annual 


ROS: <2tpy (DI) 1,478 One-time Annual 


NAA: <1 tpy (DI) 1,183 One-time Semi-annual 


NAA: >1 - <2tpy (not DI or w/in 1000 ft) 679 Annual Annual 


NAA: >1 - <2tpy (DI) 312 Annual Semi-Annual 


NAA: >1,<2 (within 1000 ft, not DI) 189 Annual Semi-Annual 


>2 - <12 tpy 1,808 Semi-Annual Bimonthly (6x) 


>2 - <12 tpy (DI) 702 Semi-Annual Bimonthly (6x) 


>12 - <50 (not DI or w/in 1000 ft) 
(includes some 2-12 in proximity) 


1,066 Quarterly Bimonthly (6x) 


>12 - <50 (DI) 89 Quarterly Monthly 


>12 - <50 (within 1000 ft) 316 Monthly Monthly 


>50 1,134 Monthly Monthly 


TOTAL 15,245 
28,220 


Inspections 
52,540 


Inspections 


 
The Division’s proposal also allows for specified design alternatives - like pressure management 
systems and tankless facility design - to take the place of the additional inspections at well production 
facilities undertaking those design modifications, as long as the facility was inspected at some lesser 
minimum frequency. 
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Inspections 
 
The Division’s analysis as set forth above results in an increase in 24,320 inspections, statewide, per 
year. However, this analysis is conservative, as it does not account for the number of sites with design 
alternatives as described above. For this analysis, the Division assumed that operators would use only 
IR cameras to meet this increased inspection requirement. Table 21 includes a breakdown and analysis 
of the estimated leak inspection time and costs under the different possible conditions mentioned in 
the preceding section. The Division assumed a reduced number of hours per inspection than in the 
Final EIA or previous rulemaking efforts. The Environmental Defense Fund provided updated 
information in their prehearing statement and alternate proposal submission, which the Division used 
in this analysis.76 The EDF information suggested the Division’s average number of hours per inspection 
was too high.77 The Division found this information credible, based upon its own understanding of, and 
experience with, how long it takes to conduct IR camera inspections. 
 


Table 21: WPF LDAR Inspection Costs 


Basin/Area 


Inspection 
Type 


(All AIMM) 
# NEW 


Inspections 
Hours per 
Inspection 


Cost per 
hour 


Result: Total 
cost 


9-County Area 


In-House 13,173 3.64 $105.00 $5,034,644.16 


Contractor 3,293 3.64 $137.00 $1,642,252.98 


Piceance Basin 


In-House 4,850 3.64 $105.00 $1,853,822.88 


Contractor 1,213 3.64 $137.00 $604,699.37 


Rest of State 


In-House 1,433 3.64 $105.00 $547,616.16 


Contractor 358 3.64 $137.00 $178,627.18 


Totals 24,320   $9,861,662.72 
 
At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total 
cost to operators for completing the new LDAR inspections would therefore be $9,861,662.72. 
 
Leak Repair 
 
The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except 
applied an incremental change in repair hours associated with the proposed revisions. The Division also 
made a scaled assumption of leak rate for the new LDAR frequency of six times per year. Table 22 
includes the leak rates assumed along with repair hours calculated according to the methodology laid 
out previously. 
 


                                         
76 See EDF_ALT_EX-001-004, pp. 16-17. 
77 Id. 
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Table 22: WPF Repair Hours from LDAR Frequencies 


LDAR Frequency Leak Rate 
Repair Hours in  
9-County Area 


Repair Hours in 
Remainder of State 


Annual 1.18% 12.07 7.86 


Semi-Annual 1.48% 15.13 9.86 


Quarterly 1.77% 18.1 11.79 


6x 1.92% 21.17 12.79 


Monthly 2.36% 24.13 15.72 


 
Using these assumed repair hours and the incremental change in frequency as outlined in Table 20, the 
Division calculated an increase of 113,191 repair hours. At a cost of $82.06/hour, the total repair cost 
is $9,288,452.64. The Division’s estimated repair cost is higher than the repair cost estimated by 
EDF78; the Division believes its estimate is conservatively high.  
 
Emission Reductions 
The Division used the same model well production facilities for the development of emissions per 
facility that it used for the Final EIA. Table 23 includes emissions assumed from model facilities for 
well production facilities with emissions greater than or equal to 2 tpy VOC. 
 


Table 23: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC 


Methane Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy) 


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State 


No LDAR 0% 4.56 7.32 5.94 


Annual 40% 2.74 4.39 3.56 


Semi-Annual 50% 2.28 3.66 2.97 


Quarterly 60% 1.82 2.93 2.38 


6x 70% 1.37 2.20 1.78 


Monthly 80% 0.91 1.46 1.19 


VOC Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy) 


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State 


No LDAR 0% 5.09 3.05 4.07 


Annual 40% 3.05 1.83 2.44 


Semi-Annual 50% 2.55 1.53 2.04 


Quarterly 60% 2.04 1.22 1.63 


6x 70% 1.53 0.92 1.22 


Monthly 80% 1.02 0.61 0.81 


                                         
78 See EDF_REB_EIA, pp.7-8. 
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However, the model facilities developed for Table 23 were not appropriate to use for well production 
facilities with emissions less than 2 tpy VOC. The model well production facilities in Table 23 were 
developed based on data from compressor stations with emissions greater than 2 tpy VOC. The Division 
lacks emissions data in Air Pollution Emission Notices79, and the emissions inventory submitted for 
2020 emissions reporting did not result in information easily analyzed, for small well production 
facilities lacking AIRS IDs. Therefore, the Division assumed that both methane and VOC emissions for 
all well production facilities with emissions less than 2 tpy VOC were: 0.5 tpy with no LDAR 
inspections, 0.3 tpy for facilities with annual LDAR inspections, and 0.25 tpy for facilities with semi-
annual LDAR inspections. Using the emissions per model well production facility outlined above, the 
Division calculated an emissions reduction of 4,852 tpy VOC, 5,110 tpy methane, and 129,808 
mtCO2e/year.  
 
Cost Effectiveness 
 
Combining the annual cost of inspections, $9,861,662.72, with the annual cost of repairs, 
$9,288,452.64, yields a total gross annual cost of $19,150,115.36. Based on these reductions and 
associated costs, incorporating a recovered natural gas value of $1,402,665.45, the effectiveness of 
this requirement is $3,658.02 per ton VOC and $136.72 per mtCO2e. The Division also provided the 
spreadsheets used to complete this analysis and develop all of these summary tables as part of its 
Rebuttal Statement.80 The Division believes its estimated costs are overly conservative, in that the 
Division understands that many operators already conduct leak inspections more frequently than 
required by regulation. While the Division understands that operators do not support this component 
of the Division’s proposal, the Division understands that the opposition is driven largely by a concern 
about the precedent this level of inspection frequency might set in other states or at the federal level. 
These inspection frequencies were determined to be appropriate for Colorado. 
 


Table 24: WPF LDAR Total Annual Cost 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $9,861,662.72 $9,288,452.64 $19,150,115.36 


Recovered Natural Gas $1,402,665.45 


Net Cost $17,747,449.91 


WPF Emissions Reduction and Cost 


Total VOC Emission 
Reduction (VOC) 


Cost per ton VOC 
Total GHG Emission 


Reduction 
(mtCO2e/year) 


Cost per mtCO2e 


4,852 $3,658.02 129,808 $136.72 


                                         
79 Because the APEN thresholds are 1 tpy VOC in the NAA and 2 tpy VOC outside the NAA, sources below these thresholds 
are largely not required to submit APENs. 
80 APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx). 
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EDF estimated methane reductions from the Division’s proposal of 54,000 metric tons by 2025 and 
65,000 metric tons by 2030. EDF’s analysis assumes that “abnormal operating conditions” or 
“superemitters” would be reduced significantly through additional leak inspections; the Division 
agrees, though does not adopt EDF’s analysis. However, based upon EDF’s analysis, the cost-
effectiveness of the Division’s proposal is $208.16 per ton of methane and $8.33 per ton of CO2e. 
 
III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production Facilities: 
Regulation Number 7, Part D, Section II.E.4.e(ii) 
 
Inspections 
 
Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC 
emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As 
production decreases, and resulting VOC emissions from storage tanks decrease, the inspection 
frequency also decreases. The Division’s proposal would “freeze” newly constructed well production 
facilities at a monthly AIMM frequency. The Division’s proposal would also provide for exceptions 
where operators are using specified design alternatives, e.g., automated systems that are designed to 
minimize emissions from storage tanks and combustion devices. 
 
Table 25 below identifies how many additional inspections would be required on average each year, 
for the first five years of a newly constructed well production facility’s operation as a result of the 
Division’s proposal, assuming every facility stays at the proposed monthly schedule.81 
 


Table 25: AIMM Inspection Schedule by Area of State 


Proposed AIMM Inspection Schedule in Years 1 - 5 


Year of Program 
 


Existing Regulation Frequency under Section II.E 


AIMM Frequency 8-
hour Ozone Control 


Area 
(not Proximity to 
Occupied Area) 


AIMM 
Frequency 


Proximity to 
Occupied Area 


AIMM Frequency 
ROS 


(not Proximity to 
Occupied Area) 


Year 1 Monthly Monthly Monthly 


Year 2 Quarterly Monthly Quarterly 


Year 3 Semi-annual Quarterly Semi-annual 


Year 4 Semi-annual Quarterly Semi-annual 


                                         
81 The Division conducted an analysis of a small sample of wells spud in 2016 based upon COGCC data (for both inside and 
outside the 8-hour Ozone Control Area) and compared the year over year decrease in production. The Division then applied 
this decline rate to estimate how quickly a newly constructed well production facility would drop AIMM frequencies, 
assuming that in year 1 uncontrolled actual VOC emissions would be over 50 tpy. 
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Year 5  
Annual (NAA) 


One-time (ROS) 
Annual (NAA) One-time (ROS) 


Summary of New Upstream AIMM Inspections Required 


 


AIMM Frequency 8-
hour Ozone Control 


Area 
(not Proximity to 
Occupied Area) 


AIMM 
Frequency 


Proximity to 
Occupied Area 


AIMM Frequency 
ROS 


(not Proximity to 
Occupied Area) 


Additional AIMM 
Inspections Through Year 


5 Per Facility 
39 27 40 


Number of New Facilities 
per year 55 31 5 


Average # of Total 
Inspections Required 


Each Year 
1,023 316 93 


 
The Division looked at COGCC data for 2020 to determine how many new facilities are constructed 
each year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 
2020 - 74 in the 8-hour Ozone Control Area and 17 outside the 8-hour Ozone Control Area.82 Because 
current AIMM inspection tier is based upon proximity to an occupied area (see Section II.E, Table 3), 
the Division applied the percentage of population in a DI community both inside and outside the 8-hour 
Ozone Control Area to determine how many new well production facilities might be expected to be 
subject to the proximity requirements. Ultimately, the Division determined that each year, it was 
assumed that 31 new well production facilities would be constructed in proximity to an occupied area, 
55 new well production facilities would be constructed in the 8-hour Ozone Control Area but not in 
proximity to an occupied area, and five new well production facilities would be constructed outside 
the 8-hour Ozone Control Area and not in proximity to an occupied area. In the Initial EIA, the 
Division’s cost and emission estimates were based on new inspections at just the facilities added in the 
first year. In the Final EIA, the Division estimated costs and emission reductions assuming 91 new 
facilities with a monthly AIMM requirement are added each year through Year 5.  
 
The Division took the same approach to estimate inspection time, inspection costs, and repair costs as 
with the midstream segment leak detection program for compressor stations. Table 26, below 
demonstrates the total inspection costs for years 1 through 5, based on the number of new inspections 
that will be required of new well production facilities in each year. The average annual inspection cost 
identified in the Division’s Rebuttal EIA to all operators across the three areas is $1,828,256; however, 
in light of the Division’s use of revised hours per inspection in relation to inspections of existing sites 
and an assumption that all inspections completed will use infrared and optical gas imaging technology, 
the Division in this Cost Benefit Analysis revised its estimate of hours per inspection in relation to this 
new site inspection program, resulting in a meaningfully lower total inspection cost of $570,742.01. 


                                         
82 The Division also reviewed data submitted through its APEN system, and also identified 91 APENs submitted for the first 
time in 2020, though the Division’s data shows 59 new sites in the 9-county area and the remaining 32 sites outside the 9-
county area.   
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Table 26: Average Annual Inspections and Inspection Cost 


Location of Site 
Average # of 


New Inspections 
Per Year 


Averaged 
Annual 


Inspection Cost 


8-hour Ozone Control Area (not in proximity to 
Occupied Area) 


1,023 
$407,672.87 


Proximity to Occupied Area 316 $126,007.98 


ROS (not in proximity to Occupied Area) 93 $37,061.17 
 
Leak Repair 
 
In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on 
EPA data.83 Using a similar approach as before to estimate component repair time and component 
repair cost, the Division estimates that a total of 19.93 repair hours per year per facility will be 
required to address leaks discovered by the new inspection requirements. Again using a repair cost 
rate of $82.06 per hour, total annual repair hours and costs under each AIMM frequency requirement 
are demonstrated in Table 27, below. The total average annual repair cost is estimated to be 
$257,093.65.   
 
 


Table 27: LDAR Repairs - Years 1-5 


8-hour Ozone Control Area (not Proximity to Occupied Area) 


 


Number of 
Affected 
Facilities, 


Total 


Leak Rate 
(monthly) 


Repair 
Hours per 
Facility 


Total 
Repair 


Hours, all 
Facilities 


Repair 
Cost per 


Hour 


Total Repair 
Cost, all 
Facilities 


Year 1 0 2.36% 19.93 0 $82.06 $0.00 


Year 2 55 2.36% 19.93 1,096.15 $82.06 $89,950.07 


Year 3 110 2.36% 19.93 2,192.30 $82.06 $179,900.14 


Year 4 165 2.36% 19.93 3,288.45 $82.06 $269,850.21 


Year 5 220 2.36% 19.93 4,384.60 $82.06 $359,800.28 


Total over 5 years $899,500.69 


Average per year $179,900.14 


  


                                         
83 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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Proximity to Occupied Area 


 


Number of 
Affected 
Facilities, 


Total 


Leak Rate 
(monthly) 


Repair 
Hours per 
Facility 


Total 
Repair 


Hours, all 
Facilities 


Repair 
Cost per 


Hour 


Total Repair 
Cost, all 
Facilities 


Year 1 0 2.36% 19.93 0 $82.06 $0.00 


Year 2 0 2.36% 19.93 0 $82.06 $0.00 


Year 3 31 2.36% 19.93 617.83 $82.06 $50,699.13 


Year 4 62 2.36% 19.93 1235.66 $82.06 $101,398.26 


Year 5 93 2.36% 19.93 1853.49 $82.06 $152,097.39 


Total over 5 years $304,194.78 


Average per year $60,838.96 


ROS (not Proximity to Occupied Area) 


 


Number of 
Affected 
Facilities, 


Total 


Leak Rate 
(monthly) 


Repair 
Hours per 
Facility 


Total 
Repair 


Hours, all 
Facilities 


Repair 
Cost per 


Hour 


Total Repair 
Cost, all 
Facilities 


Year 1 0 2.36% 19.93 0 $82.06 $0.00 


Year 2 5 2.36% 19.93 99.65 $82.06 $8,177.28 


Year 3 10 2.36% 19.93 199.30 $82.06 $16,354.56 


Year 4 15 2.36% 19.93 298.95 $82.06 $24,531.84 


Year 5 20 2.36% 19.93 398.60 $82.06 $32,709.12 


Total over 5 years $81,772.79 


Average per year $16,354.56 


 
Emission Reductions 
 
The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate 
emission reductions from this program (using updated gas speciation data). The Division calculated 
emission reductions achieved in each area of the state, in each year of the program, based on the 
total number of facilities entering the program over five years. The Division calculated an average 
emission reduction achieved per facility, for VOC and methane. The Division then summed up the total 
emission reductions achieved over the first five years of the program and averaged it to create an 
annual emission reductions figure, as set forth in the table below. 
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Table 28: New WPF Monthly LDAR Emission Reductions by Year 


Year of 
Program 


Number of Facilities 
in 


Program 
VOC (tpy) CH4 (tpy) 


GHG 
(mtCO2e/yr) 


1 91 0.00 0.00 0.00 


2 182 59.04 57.48 1,460.06 


3 273 172.83 180.53 4,585.62 


4 364 345.67 361.06 9,171.25 


5 455 752.19 802.32 20,379.87 


Total 1,329.73 1,401.38 35,596.81 


Annual Reductions,  
averaged over 5 years 


265.95 280.28 7,119.36 


 
Value of Natural Gas Recovered 
 
In Table 29, the Division estimates the value of natural gas recovered from these additional leak 
inspections.  
 


Table 29: Upstream Recovered Natural Gas Value from Leak Repairs 


Average Annual Recovered 
Methane (tpy) 


Value of Natural Gas ($/ton 
methane)84 


Total Annual Value of 
Recovered Natural Gas 


280.28 $274.48 $76,929.81 


 
Reporting 
 
The Division’s proposal also requires operators to submit information about leaks detected in their 
monthly reports under Section VI, for their air quality monitoring during preproduction and early 
production. This will enable the Division to better evaluate the capability of the air quality monitoring 
plan to detect leaks. The Division assumed no additional costs associated with this reporting, and no 
information to the contrary was provided by any party. 
 
Cost Effectiveness 
 
As noted before, the total cost of inspections across operators is estimated to be $570,742.01 per 
year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This 
results in a total annual net cost of $750,905.85, after gas recovery is taken into account.  


                                         
84 Based on the recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as provided for by the U.S. 
Energy Information Administration, using an average molecular weight of 24.01 lb/lb-mol of natural gas and 47.08% 
statewide average of methane by weight.   
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As outlined in Table 30, the Division estimates an overall cost effectiveness of $2,823.52 per ton VOC 
and $105.47 per mtCO2e. Operators and industry parties to this rulemaking have not objected to this 
component of the Division’s proposal. 
 
 


Table 30: Upstream LDAR Total Annual Cost 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $570,742.01 $257,093.65 $827,835.66 


Recovered Natural Gas -$76,929.81 


Net Cost $750,905.85 


New WPF AIMM Emissions Reduction and Cost 


Total Annual VOC 
Emission Reduction 


(VOC) Cost per ton VOC 


Total Annual GHG 
Emission 


Reduction 
(mtCO2e/year) Cost per mtCO2e 


265.95 $2,823.52 7,119.36 $105.47 


 
III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions: Regulation 
Number 22, Part B, Section IV 
 
The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of 
the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined 
on an operator-level basis. The GHG intensity value is a product of total GHG emissions divided by oil 
and gas throughput. The intensity program will cover preproduction emissions and production 
emissions.  
 
Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the 
Division determined that there is currently an extremely wide range of GHG intensities across 
upstream operators. The reports show operator GHG intensities across the industry that range from 3 
to over 100. The Division also calculated GHG intensities based upon 2020 production reported to 
COGCC and the emissions reported to the Division pursuant to Regulation Number 7, Part D, Sections 
II.G and V, and found an even broader range of intensities. The Division determined that a GHG 
intensity program will result in meaningful reduction, while providing operators with the flexibility to 
identify and achieve cost-effective reductions across their facilities and operations.  
 
To calculate the intensity targets in the proposed regulation, the Division started with the data for the 
2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in 
the 2015 baseline in the GHG Roadmap inventory for the Industrial sector.  
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The Division first used the 2005 baseline emissions for the O&G Sector from the GHG Roadmap, a total 
of 20,205,859 mtCO2e85, and determined what portion of those emissions were attributable to 
upstream operations. The Division added up the venting and flaring emissions statewide, with the well 
production facility fugitive emissions statewide, with 84% of the total “catchall” emissions covering 
both the upstream and midstream segment.86 The Division therefore calculated that the upstream 
baseline in 2005 was 15,184,909 mt CO2e. From there, the Division applied a 36% reduction for 2025, a 
50% reduction for 2027, and a 60% reduction for 2030. As it pertains to the Industrial sector, the 
Division determined that the 2015 baseline for oil and gas emissions in the industrial sector was 
2,690,692 mtCO2e, based upon a split of 44/56% (upstream/midstream) of the emissions associated 
with lease fuel consumption as reported to EPA, and attributing all the natural gas processing fuel 
consumption to midstream. Based on GHG Roadmap values, the Division also assumed all diesel 
emissions in the industrial segment from oil and gas activities were associated with upstream 
operations (880,000 mtCO2e in 2015). The Division assumed no emission reductions were required in 
2025, a 10% reduction would be required by 2027, and a 20% reduction is required by 2030.  
 
Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division 
calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The 
Division then calculated an average intensity in the years 2025, 2027, and 2030 (using the emissions as 
determined in the preceding paragraph as the numerator and the production forecasts as the 
denominator). These intensities are shown in Table 31, below in the “Overall Upstream Intensity” 
column. The Division then calculated majority operator and minority operator targets. Majority 
operators were defined by production levels of 10,000,000 BOE in calendar year 2022; in 2020, the 
operators with this level of production represented over 80% of the total production in the state. The 
majority operator targets were calculated by multiplying the overall upstream intensity target by 70%; 
the operators with the largest production, and therefore the largest share of the emissions on a mass 
basis, should have more stringent intensity targets. The Division then multiplied the overall upstream 
intensity target by 2.2, to get the minority operator target.  
 


Table 31: Calculated Intensities 


Year Overall Upstream 
Intensity 


Majority Operator 
Target 


Minority Operator 
Target 


2005 80.3356   
2025 15.6329 10.94 34.39 
2027 12.0906 8.46 26.60 
2030 9.7186 6.80 21.38 


 
From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an 
enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the 
oil and gas industry in the following amounts: 
 


                                         
85 Updated from the Initial EIA. 
86 To generate an 84/16% split (upstream/midstream) of these catch-all emissions, the Division developed a ratio based on 
the emissions for covered equipment as reported to EPA under the GHGRP for upstream as compared to midstream 
gathering and boosting. The Division then applied that ratio to the catch-all emissions (but not the downstream catch-all). 
The same general approach was used to develop the 44/56% (upstream/midstream) split of lease fuel emissions. 
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Table 32: Total GHG Reductions Enforced By the Intensity Program 


Year Total CO2e Reductions from 202087 (mtCO2e per year) 
by 2025 4,510,867 
by 2027 5,452,806 
by 2030 6,128,866 


 
These numbers in Table 32 include reductions achieved under other components of the Division 
proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the 
intensity program alone. In fact, these estimates assume that operators will take no steps over and 
above the emission reduction measures employed in the second half of 2020, and don’t account for 
reductions better attributed to the following rules and requirements, without limitation: 
 
● Additional storage tank controls adopted in late 2019; 
● Requirements for storage tank measurement systems and truck liquids loadout adopted in late 
2019; 
● New reporting and permitting requirements for routine or predictable emissions (ROPE); 
● Engine retrofits and reductions adopted in 2020; 
● Preproduction flowback controls adopted in 2020; 
● Non-emitting pneumatic controller requirements adopted in 2021;  
● The impact of COGCC’s new regulations, including Rules 303 and 903; or 
● Any of the Division’s direct regulation proposals in this rulemaking. 
 
The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the 
upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The 
Division has proposed an even more stringent intensity target for new well production facilities, at 
78.5% of the majority operator target. The Division has also proposed a separate new facility intensity 
target for new well production facilities in the 8-hour Ozone Control Area located in a DI Community, 
at 10% lower than the baseline new facility intensity target. The Division worked with operators and 
the Environmental Justice Coalition on these lower targets for new facilities, and based on those 
conversations believes they are cost-effective and achievable. Operators have more opportunities to 
design new facilities to reduce the potential for emissions, through use of a tankless facility design, 
non-emitting pneumatics or other non-gas-driven sources of power (e.g. solar power, electrification), 
and new COGCC rules require gas capture and best management practices to reduce cumulative 
impacts. The Division has, as discussed in more detail in other sections of this Cost Benefit Analysis, 
proposed additional requirements for LDAR inspections and well maintenance emission reductions that 
- when taken together with the suite of regulations adopted by the Commission over the past several 
years (e.g., the 2021 pneumatics rule, the 2020 flowback control rule) and the COGCC mission change 
provisions - make up most of the reductions that the Division expects will achieve the intensity 
targets, and keep Colorado on track to meet its GHG goals. The Division’s intensity program also 
includes recordkeeping and reporting, which the Division has treated as covered costs under the 
analysis above. The Division notes that at no point has any industry stakeholder or party raised the 
spectre of economic infeasibility with respect to the intensity program. 


                                         
87 Emission reductions calculated from the reported July - December 2020 emissions, rolled into yearlong emissions by 
multiplying reported emissions by 2, assuming 2020 production throughput in 2025, 2027, and 2030 with the required 
intensities applied to majority and minority operators. 
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Cost Effectiveness of Intensity 
 
The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA 
provides recommendations for technologies to reduce methane emissions.88 There are multiple studies 
and presentations available to operators to find cost effective and technically feasible reductions at 
different types of well production facilities. The actual costs incurred by implementation of emission 
control technologies will depend on the amount of emissions that need to be reduced by each operator 
(at each facility), the technical feasibility of implementing available technologies, and the cost-
effectiveness and economic feasibility of the technology. Some operators will make meaningful 
progress towards the intensity targets through compliance with existing and proposed Commission 
regulations (e.g., the 2021 pneumatics rule, or this well unloading proposal). However, the Division 
has determined that the flexibility inherent in an intensity program renders this strategy cost-
effective.  
 
The Division reasons that costs associated with reaching intensity targets will be at least as cost 
effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on 
pneumatic controllers, the Final EIA estimated a cost per ton reduction for methane of $499/ton, 
which converts to $19.65 per metric ton CO2e. If that cost per ton is applied to the emission 
reductions guaranteed for 2025 by the intensity program - subtracting out the emission reductions in 
this proposal from other measures affecting the upstream segment - the Division calculates a total 
cost of $85,497,247.07. As set forth in more detail below, under EDF’s analysis, the maximum 
potential program reliance on intensity to achieve the state’s targets is 1,540,087 mtCO2e/year, 
which based on the Division’s estimate of cost per ton described above, results in a maximum cost of 
the intensity program of $30,262,710 between 2025 and 2030 (no costs are anticipated between now 
and 2025, given EDF’s analysis that existing regulatory requirements are sufficient to meet the state’s 
2025 targets, upon which the 2025 greenhouse gas intensity targets are based). Thus, the potential 
maximum cost of intensity ranges from $30,262,710 to $85,497,247. However, the Division does not 
believe that the intensity program will have anywhere near this level of cost, because so many of the 
emission reductions guaranteed by the program will result from direct regulations already adopted by 
the Commission, other permitting programs of the Air Division and the Colorado Oil and Gas 
Conservation Commission, and voluntary initiatives undertaken by the industry.  
 
Some parties to the rulemaking proceeding, including EDF, presented evidence that current regulatory 
programs and provisions put the state on track to meet the state’s 2025 greenhouse gas goals. These 
same parties note that meeting the 2030 greenhouse gas goals will necessitate additional reductions of 
140,000 tons per year of methane. Assuming that analysis is correct, and accounting only for 
requirements part of the Division’s November 23rd Rebuttal proposal, the Division calculated a 
potential maximum emission reduction from intensity of 55,003 tons per year of methane (1,540,087 
mtCO2e/year). Even the maximum potential program reliance on intensity is conservatively high. 
First, EDF’s estimate of how many tons of emission reductions is still necessary was based on a very 
conservative estimate of current regulatory programs achieving only 60% of necessary emissions. The 
Division believes the number is closer to 75-80%, if not higher.   


                                         
88 Recommended Technologies to Reduce Methane Emissions | US EPA 



https://www.epa.gov/natural-gas-star-program/recommended-technologies-reduce-methane-emissions
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Second, because EDF’s analysis did not, as the Division understands it, take into account the following 
additional reductions that the Division expects from either its Rebuttal proposal or other regulatory or 
voluntary programs in Colorado, without limitation: 
 
● Emissions from “super emitters” or “abnormal operating conditions” at compressor stations; 
● Emissions that will be reduced by the Division’s proposals in Section II.H that require the use of 
electrical power for capture and recovery equipment; 
● Emissions from improperly operating pneumatics addressed by the increased frequency of 
inspections in Section III.F of this Rebuttal proposal; 
● Emission reductions from voluntary measures; 
● Emission reductions from the COGCC mission change rulemaking, such as venting and flaring 
requirements, permitting provisions, or best management practices. 
 
However, the Division is using (for this analysis) the 60% assumption as well as the undercounted 
emission reductions listed above as we lack quantifiable data related to the emissions reductions 
achieved through recent rulemaking activities. The emission reductions attributed to the other 
proposed regulatory requirements part of this rulemaking, along with the maximum potential program 
reliance on intensity, is presented in Table 33. 
 


Table 33: Upstream Intensity Emission Reductions by 2030 


Proposed Program Total Methane 
Reductions (mt/year) 


Source of Emission 
Estimate 


WPF LDAR 64,000 EDF 


Pigging/blowdown 9,600 EDF 


Rod packing 4,535 Division 


Well unloading 4,378 Division 


Performance testing 2,026 Division 


Gas plant LDAR 188 Division 


Compressor station LDAR 270 Division 


TOTAL Achieved by 2030 84,997 mt/year 
2,379,913 


mtCO2e/year 


Maximum Potential Program Reliance On Intensity 


TOTAL Needed to Meet Statutory 
Targets (per EDF) 


140,000 mt CH4/year 
3,920,000 


mtCO2e/year 


    
     


55,003 mt CH4/year 
1,540,087 


mtCO2e/year 
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Based on EDF’s analysis, the cost of the intensity program between adoption and 2025 would be $0, 
because the implication of EDF’s analysis is that operators will meet their 2025 intensity targets by 
virtue of regulatory revisions already adopted by the Commission.89  
 
Implementation of methane control technologies can result in realized benefits to operators 
associated with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or 
combusted, can be sold. At a nominal gas price, operators could achieve significant additional revenue 
from the sale of reclaimed gas. Further, significant economic benefits for operators are derived from 
this GHG intensity program, because participation in an intensity program can qualify an operator for 
certification of its product as “green” or “responsibly sourced”, thus allowing operators to charge a 
premium. In the Initial EIA, pursuant to § 25-7-110.5(4)(c), C.R.S., the Division - as staff to the 
Commission - requested additional information on the costs and other regulatory impacts of an 
intensity program. The Division received no information between the Initial EIA and the Final EIA.   
 
III.D. Emission Reductions from Well Maintenance and Liquids Unloading Activities, Regulation 
Number 7, Part D, Section II.G 
 
The Division’s proposal would augment existing requirements for best practices to be employed during 
all well maintenance activities. The Division’s proposal would also require the use of technology to 
minimize the need to conduct well unloading activities or would require the control of unloading 
emissions. Thus far in 2021, 22 operators have reported conducting well unloading events to the 
COGCC, and these 22 operators reported a total of 13,593 events by June 30, 2021.90 Of these events 
3,670 are in the 9-County area across 12 operators, while the remaining 9,923 events are outside the 
9-County area, across 11 operators. The Division conducted an analysis of average scf of gas vented 
per event, and determined that there is a statewide average of 14,000 scf of natural gas emitted per 
well unloading event.91 The Division analyzed data submitted with registrations for General Permit 11, 
as well as results from operators that used flow meters to directly measure the amount of gas emitted 
during well unloading.  
 
III.D.1. Best Practices 
 
Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management 
practices when conducting well maintenance operations. The Division assumes no significant additional 
costs will be incurred as a result of the Division’s proposal for the use of best practices other than 
artificial lift. The Division’s proposal would require that all wells that undertake well liquids unloading 
activities install and use artificial lift to reduce emissions from those activities, subject to limited 
exceptions. 
 


                                         
89 EDF_ALT_EX-001-004, p. 35. 
90 This is based upon data received by the Division from COGCC in early July 2021, and attached to the Division’s 
Prehearing Statement. Based upon data reported to the Division directly from operators, over 40 operators identified 
conducting well maintenance events - such as well unloading or well swabbing - in their annual emission reports to the 
Division for 2020. This suggests that the number of events reported to the COGCC is low, because some operators may not 
have reported. The Division has not yet been able to determine which operators reporting events to the Division did not 
report to COGCC.  
91 Based upon studies of well unloading activities, this number is likely very conservative. See Allen et al., Methane 
Emissions from Process Equipment at Natural Gas Production Sites in the United States: Liquid Unloadings, 2014. 



https://pubs.acs.org/doi/pdf/10.1021/es504016r

https://pubs.acs.org/doi/pdf/10.1021/es504016r
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Plunger Lift Systems 
 
Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without 
the need to vent the gas to the atmosphere.92 Plunger lifts have a significant economic benefit to the 
operator - boosting gas production. Automation can further enhance the performance of plunger lifts 
by monitoring wellhead parameters and thereby optimizing plunger operations.93 The Division 
understands that even where the use of plunger lifts does not entirely avoid the need for unloading, 
the use of the plunger lift can reduce the volume of gas vented per well unloading event. 
Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring 
unloading. Smart automation controllers can also avoid the need for site visits associated with 
unloading activities, further reducing costs to operators. Maintenance costs are also reduced; plunger 
lifts can prevent particulate buildup inside the tubing, avoiding or reducing the need to conduct 
swabbing operations. Based upon information from EPA and other Natural Gas STAR materials, the 
Division estimates basic plunger lift installation costs of approximately $1900-$7800 (for this analysis, 
the Division used a median figure of $4,850). This figure includes installing the piping, valves, 
controller and power supply. Annual maintenance costs are estimated at $700-$1300 (the Division 
again used a median figure of $1,000), and smart automation controllers are estimated at $11,000 per 
controller. Assuming a life of 10 years for the plunger lift and smart automation controller, the 
annualized cost of a plunger lift system is $3,838. 
 
Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas 
production. The Division estimated revenue from avoided emissions by calculating the market value of 
the gas by the volume of avoided emissions. The Division’s analysis suggests a conservative average of 
14,000 scf per well unloading event. The Division does not have data on how many events are, or could 
be, entirely avoided - instead of just minimized - through the use of plunger lifts. The Division does, 
however, understand that most wells in the state that require unloading already employ plunger lifts. 
 
However, assuming that at wells where plunger lift is not currently installed it is installed, and that 
plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will 
achieve emission reductions using a technology that is already widely deployed here in Colorado, with 
limited additional costs (the cost increase from using smart automation as compared to a regular 
plunger lift control is negligible). Assuming that plunger lifts would completely avoid the emissions 
from ⅛ of future unloading events, and assuming those occur on the same frequency as they did in 
early 2021), the Division’s proposal would reduce 389.24 tpy VOC and 17,961.80 tpy CO2e just from 
unloading events avoided, with a cost per ton reduced of $10 per ton VOC, $6 per ton methane, and a 
negligible cost (<$1/ton) for reductions of CO2e.  
 
III.D.2.  Well Unloading Emission Reductions 
 
Under the Division’s proposal, operators will be required to capture and recover emissions from well 
liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during 
liquids unloading. Well swabbing is included in these calculations as well swabbing is essentially well 
liquids unloading that requires the use of a specialized rig (a “swabbing rig”). 


                                         
92 Liquids Unloading Options for Natural Gas Wells, 2012 Natural Gas STAR Annual Implementation Workshop, April 12, 
2012.  
93 Lessons Learned from Natural Gas STAR Partners: Installing Plunger Lift Systems in Gas Wells, EPA, October 2006. 



https://www.epa.gov/sites/default/files/2016-04/documents/robinson.pdf

https://www.epa.gov/sites/default/files/2016-06/documents/ll_plungerlift.pdf
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Control Equipment 
 
The Division’s proposal would require the capture or control of emissions from unloading through the 
use of control equipment. In the Initial EIA, the Division assumed that operators would use a 
temporary open flare to control emissions during well unloading. The Division assumed that operators 
would have to rent an open flare for each unloading event. This resulted in a high cost that was 
adjusted in the Final EIA.  
 
After multiple discussions, the Division now understands that operators will likely comply by 
purchasing open flares. Then, depending on whether the site configuration has room for a dedicated 
flare, the operator will either install a dedicated flare or will purchase a portable flare and use it at 
multiple sites. The Division, therefore, assumed that operators will purchase and operate a flare at 
each well production facility where unloading controls will be required. While some operators may use 
a portable flare, which could result in higher annual operating costs (travel, etc.), fewer open flares 
will need to be purchased, which lowers capital costs. The Division believes its cost analysis therefore 
remains conservative. Based on COGCC data on the frequency of well unloadings, the Division’s 
proposal would require controls at 526 well production facilities.  
 
To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales 
gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a 
statewide average gas composition in Table 34. From this gas composition, and using the calculated 
average scf/event described above, the Division calculated an estimated average lb/event for the 
following pollutants, broken out by region of the state. The Division also calculated emission 
reductions assuming a statewide average lb/event, which is in the Division’s Rebuttal_Final_EIA and 
copied below, but presented here are the emission reductions assuming the same proportion of well 
unloading events occur in the Piceance Basin in the future (⅔ events in the Piceance, ⅓ events in the 
front range). In the Division’s Final EIA, the Division used a statewide average VOC and methane 
lb/event factor in calculating emissions. In its Prehearing Statement, the JIWG questioned why the 
Division would not use basin-specific factors where it had the data. The Division believes use of a 
statewide average is appropriate, but for the Rebuttal Statement, the Division conducted an 
alternative analysis, updating the calculations for emission amounts, reductions, and cost/ton amounts 
associated with well unloading. Recognizing the differences in gas compositions and unloading 
frequencies between DJ Basin and the Piceance Basin, the Division revised the calculations that 
previously assumed a statewide gas composition and statewide lb/event emission factor, to instead 
assume emitted gas compositions specific to the two major basins. Given that more unloading events 
happen in the Piceance than in the DJ Basin, and that Piceance gas has a higher composition of 
methane and a lower composition of VOC, this alternative analysis results in a decreased VOC 
emissions benefit but an increased GHG emissions benefit. Assuming 95% control of emissions from 
well unloading results in a reduction of 1,023.71 tpy VOC and 122,595.94 mt/yr CO2e (CO2e reductions 
only look at methane reductions and would be significantly higher if the Division took into account the 
global warming potential of ethane).  
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Table 34: Well Unloading Emissions Data 


Well Unloading wt%  DJ Basin (lb/event) Piceance (lb/event) 


Methane 53.31% 421.5 516.9 


VOC (NMNE) 29.35% 237.5 64.9 
 
Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC 
and 103,128.16 mtCO2e/yr (calculated only by looking at methane reductions; this number would be 
significantly higher if the Division took into account the global warming potential of ethane). The 
Division did not have data on the annual maintenance and operating cost associated with a dedicated 
open flare. Cost estimates for enclosed combustion devices in previous rulemakings have used a 
significantly lower annualized maintenance cost; in 2019, the Division assumed just under $3,000 per 
year for annual maintenance of a flare. Here, the Division attempted to use EPA’s cost calculator and 
derived a higher capital expenditure. In the Initial EIA, the Division - as staff to the Commission - 
requested information from stakeholders to inform the costs associated with this proposal. The 
Division did not receive cost information from stakeholders, and continued to use EPA’s cost calculator 
to generate updated conservative cost estimates for the open flares. To be conservative, the Division 
evaluated this proposal using two different annual maintenance costs; the Division received no 
information to suggest that the Division’s $10k annual maintenance cost was unreasonable. The 
Division estimates the cost effectiveness of control as set forth below in Tables 35 and 36. Table 35 
estimates the cost effectiveness assuming a statewide average lb/event VOC and CH4, while Table 36 
uses basin-specific lb/event figures. 
 


Table 35: Well Unloading Control - Emissions and Cost Effectiveness 
Statewide Average lb/event 


Cost Effectiveness at $10K Annual Maintenance 


Well Site Description 
Total VOC 
Reduced 


(tpy) 


Total CO2e 
Reduced 


(mtCO2e/yr) 


Annualized Cost 
at $10K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e Cost 
($/ton) 


Inside DI Community: 
≥6 unloadings per facility  685.17 31,617.85 $4,512,086.27 $6,585.31 $142.71 


Outside of DI Community: 
At least 1 well w/ ≥6 
unloadings per well  


1,379.59 63,661.97 $7,328,141.06 $5,311.84 $115.11 


Outside of DI Community: 
≥10 unloadings per facility  
(Not including those with 
1 well ≥6 unloadings per 


well) 


170.08 7,848.34 $1,443,968.68   


TOTAL 2,234.84 103,128.16 $13,284,196.01   


Average Total Cost Per Ton $5,944.14 $128.81 
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Cost Effectiveness at $50K Annual Maintenance 


Well Site Description 
Total VOC 
Reduced 


(tpy) 


Total CO2e 
Reduced 


(mtCO2e/yr) 


Annualized Cost 
at $50K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e Cost 
($/ton) 


Inside DI Community: 
≥6 unloadings per facility  685.17 31,617.85 $11,654,586.27 $17,009.66 $368.61 


Outside of DI Community: 
At least 1 well w/ ≥6 
unloadings per well  


1,379.59 63,661.97 $18,928,373.06 $13,720.33 $297.33 


Outside of DI Community: 
≥10 unloadings per facility  
(Not including those with 
1 well ≥6 unloadings per 


well) 


170.08 7,848.34 $3,729,728.68 $21,929.59 $475.23 


TOTAL 2,234.84 103,128.16 $34,312,688.01   


Average Total Cost Per Ton $15,353.55 $332.72 


 
 
 


Table 36: Well Unloading Control - Emissions and Cost Effectiveness 
Basin-Specific lb/event 


Cost Effectiveness at $10K Annual Maintenance 


Well Site Description 


Total 
VOC 


Reduced 
(tpy) 


Total CO2e 
Reduced 


(mtCO2e/yr
) 


Annualized Cost 
at $10K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e 
Cost 


($/ton) 


Inside DI Community: 
≥6 unloadings per 


facility  
313.86 37,586.44 $4,512,086.27 $14,376.30 $120.05 


Outside of DI 
Community: 


At least 1 well w/ ≥6 
unloadings per well  


631.94 75,679.61 $7,328,141.06 $11,596.20 $96.83 


Outside of DI 
Community: 


≥10 unloadings per 
facility  


(Not including those 
with 1 well ≥6 


unloadings per well) 


77.91 9,329.90 $1,443,968.68 $18,534.54 $154.77 


TOTAL 1,023.71 122,595.94 $13,284,196.01   


Average Total Cost Per Ton $12,976.57 $108.36 
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Cost Effectiveness at $50K Annual Maintenance 


Well Site Description 


Total 
VOC 


Reduced 
(tpy) 


Total CO2e 
Reduced 


(mtCO2e/y
r) 


Annualized 
Cost 


at $50K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e 
Cost 


($/ton) 


Inside DI Community: 
≥6 unloadings per 


facility  
313.86 37,586.44 $11,654,586.27 $37,133.56 $310.07 


Outside of DI 
Community: 


At least 1 well w/ ≥6 
unloadings per well  


631.94 75,679.61 $18,928,373.06 $29,952.65 $250.11 


Outside of DI 
Community: 


≥10 unloadings per 
facility  


(Not including those 
with 1 well ≥6 


unloadings per well) 


77.91 9,329.90 $3,729,728.68 $47,874.18 $399.76 


TOTAL 1,023.71 122,595.94 $34,312,688.01   


Average Total Cost Per Ton $33,518.11 $279.88 
 
Based on the COGCC data, the Division’s proposal would require capture or control at approximately 
29% of well production facilities with unloadings and would cover 75.5% of the total unloading events 
at very cost-effective.  
 
III.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f. 
 
To align with the new leak detection and repair frequencies for well production facilities, the Division 
has proposed to update the inspection frequency for pneumatic controllers to match. The proposed 
revisions build upon the statewide LDAR program in Regulation Number 7 and the Division assumes that 
owners or operators will incorporate the pneumatic controller inspections into their natural gas 
compressor station LDAR programs. The Division understands that operators will inspect the gas-driven 
pneumatic controllers during the same inspection as the Section II.E component inspections, and 
therefore has determined there are minimal, if any, additional inspection and recordkeeping costs. 
According to the Final Economic Impact Analysis for the December 2019 rulemaking, the incremental 
labor and material costs, costs above those related to the aligned LDAR inspection, are variable and 
range from insignificant to $600 per facility per year.94  
 
  


                                         
94 Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30. 
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IV. Annual Emissions Inventory Reporting Updates 
 
The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual 
emissions inventory reports. The majority of these updates have no associated additional cost and are 
absorbable costs associated with the existing requirements to prepare and submit annual emission 
inventory reports. However, the Division is proposing that owners and operators who choose not to use 
Division-approved default emission factors, and who choose to use site-specific emission factors, must 
undertake periodic sampling analyses - every three years - to verify the efficacy of those factors on an 
ongoing basis. These are avoidable costs, because operators may use state default factors.  
 
The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes 
that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will 
use site-specific factors and therefore be subject to the periodic sampling requirements. As noted 
above, the Division has determined there are 5,808 storage tank batteries statewide, and therefore 
assumes that operators will conduct periodic sampling at 2,904 locations. The Division assumes that 
each sampling event will require two samples - one sample of sales gas and one sample of tank vapors.  
 
All composition analyses are assumed to be completed by a third party-testing company. Based upon 
information provided by operators, the Division estimates an average cost per sample of $535. The 
Division assumes that two samples will be required per tank battery, for a per-tank battery cost, every 
five years, of $1,070, which the Division believes is absorbable by operators. Assuming every tank 
battery in the state chooses to use a site-specific emission factor and therefore must conduct this 
sampling, the Division estimates an annualized cost (across a 5-year sampling period) of $1,663,297. If 
fifty percent of tank batteries choose the site-specific option, the annualized cost is $831,648.  
 
Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requested additional information on the costs and 
other regulatory impacts on these and any other potentially impacted supporting businesses or 
industrial sectors. Aside from the information discussed in this Cost Benefit Analysis, the Division did 
not receive additional information.  
 
V. Summary of Costs to Businesses 


The Division has determined that there may be costs related to the proposed revisions potentially 
impacting owner or operators of oil and gas operations including costs related to additional LDAR 
inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance 
of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well 
as associated recordkeeping and reporting. 
 
V.A. Summary of Cost Analyses 
 
The Division projects that the Commission’s regulations, as modified by this proposal, will reduce 
greenhouse gas emissions (in CO2e) by approximately 4,878,765 mtCO2e per year95 at a cost range of 
approximately $58,230,645 to $141,037,270 per year.  


                                         
95 Note that the overall emission reductions changed minimally from the Final EIA, as upstream emission reductions, now 
also including those from this updated proposal, are accounted for in the intensity program estimate in Table 32.  
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The overall cost effectiveness for the entire package is between $28.91 and $87.61 per metric ton of 
CO2e reduced (and the social cost of greenhouse gas as set forth in the Final EIA is $82.95, reflecting a 
significant benefit to Colorado and the climate through this program).   
 
The Division also estimates its proposal will reduce at least 13,261 tpy of VOC, not including VOC 
reduced by the intensity program (even though this program will certainly reduce VOC emissions as 
well). This results in an overall cost effectiveness for this package of between $4,390.98 and 
$10,635.16 per ton of VOC reduced. The proposal will also have additional unquantified emission 
benefits through reductions of ethane (which has a significant global warming potential and ozone 
benefits) and hazardous air pollutants such as benzene.  
 
Based on this analysis, the Division believes the current rule proposal is cost effective. The Division has 
provided an estimate of costs based on reasonably available information and will consider any 
additional information provided by stakeholders.  
 
Cost to General Public 


The Division additionally assessed whether any of the proposed programs would impose any direct 
costs on the general public, and determined that based on available data, there will be no direct costs 
to the general public for any of the programs. The proposal will result in a net benefit for the public 
based on the social cost of carbon. 
 
I. Social Cost of Greenhouse Gas Analysis 
 
The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the 
dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB 21-
1266 states “for a rule that implements § 25-7-105(1)(e) that may materially affect greenhouse gas 
emissions, the economic impact analysis required by this subsection (4) must include an analysis of the 
social cost of greenhouse gases related to the estimated emission reductions from the proposed rule.” 
Pursuant to HB 21-1266, this analysis uses the social cost of greenhouse gas estimates, using a 2.5 
percent discount rate, provided by the Federal Interagency Working Group on the Social Cost of 
Greenhouse Gases, pursuant to Federal Executive Order 13990.96 It is important to note that the social 
cost of greenhouse gases increases over time, to account for projected increases in the incremental 
damages and resulting economic impacts of climate change in the future. Table 37 below presents the 
estimated social benefits of emissions reductions that will result from this proposal from 2023 to 2030. 
Emission reductions are expected to begin being achieved in 2023. The estimated benefits are 
discounted to present (2021) dollars using the same discount rate of 2.5 percent.  
  


                                         
96 Interagency Working Group on Social Cost of Greenhouse Gases, Technical Support Document: Social Cost of Carbon, 
Methane, and Nitrous Oxide Interim Estimates under Executive Order 13990 (Feb. 2021)), 5-6, Tables ES-1, ES2, and ES3.  



https://www.whitehouse.gov/wp-content/uploads/2021/02/TechnicalSupportDocument_SocialCostofCarbonMethaneNitrousOxide.pdf

https://www.whitehouse.gov/wp-content/uploads/2021/02/TechnicalSupportDocument_SocialCostofCarbonMethaneNitrousOxide.pdf
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Table 37: Social Cost of Greenhouse Gases 


Year 
Social Cost of 


Carbon 
($/mtCO2e) 


Emission 
Reductions 
(mtCO2e) 


Social Benefit 
Present Value  


(2021 $) 


2023 $80.34 530,912.98 $42,653,018.02 $40,597,756.59 


2024 $81.65 530,912.98 $43,346,390.37 $40,251,432.56 


2025 $82.95 4,510,867.0097 $374,180,928.52 $338,989,453.46 


2026 $84.26 4,510,867.00 $380,072,120.82 $335,928,373.59 


2027 $85.56 5,452,806.00 $466,558,439.78 $402,311,880.41 


2028 $86.87 5,452,806.00 $473,679,804.41 $398,490,352.01 


2029 $88.18 5,452,806.00 $480,801,169.05 $394,615,910.74 


2030 $89.48 6,128,866.00 $548,417,058.55 $439,133,092.86 


 
Table 37 presents expected annual emission reductions through 2030. The annual emission reductions 
are multiplied by the social cost of carbon in each respective year to determine a monetized value of 
the stream of future damages produced by emissions in each year. As these emissions are being 
reduced, however, this value also represents the monetized benefit to society of a decrease in 
emissions and avoided future damages. As the social cost of greenhouse gas increases in each 
respective year, so does the resulting economic benefit to society. Because the social benefit estimate 
in each year is from the respective year’s perspective, the estimated social benefit in each future year 
is then discounted to present (2021) dollars in order to account for inflation and understand the value 
of future benefits from today’s perspective.  
 
As Table 38 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions 
are significant. Table 38 below incorporates both the total estimated annual costs (in present, 2021 
dollars) and total estimated annual social benefits (in present, 2021 dollars) to determine a net 
present value in each respective year. The Division anticipates that after 2024, the benefits to society 
from reducing emissions far outweigh the costs to operators in achieving the reductions. It is 
important to note, however, that the scope of the realized benefits is not limited to the areas most 
impacted by the proposed rules, nor only the State of Colorado, but rather, society as a whole. 
Looking at years 2023 to 2030, the total net present value is estimated to be $1,662,859,483.52; all a 
benefit to society. 
 


                                         
97 The Division, again, believes that the majority of these reductions will be achieved earlier. However, the Division - for 
purposes of this EIA - has calculated social cost of greenhouse gas based upon an analysis that assumes the intensity 
program will ensure these reductions are achieved in 2025-2030. 
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Table 38: Net Benefits to Society 


Year 
Emission 


Reductions 
(mtCO2e) 


Present Value of 
Costs (2021 $) 


Present Value of 
Benefits (2021 $) 


Net Present 
Value (2021 $) 


2023 530,912.98 $39,479,989.20 $40,597,756.59 $1,117,767.39 


2024 530,912.98 $38,517,062.64 $40,251,432.56 $1,734,369.93 


2025 4,510,867.00 $115,033,908.20 $338,989,453.46 $223,955,545.27 


2026 4,510,867.00 $112,228,203.12 $335,928,373.59 $223,700,170.47 


2027 5,452,806.00 $109,490,929.87 $402,311,880.41 $292,820,950.54 


2028 5,452,806.00 $106,820,419.39 $398,490,352.01 $291,669,932.63 


2029 5,452,806.00 $104,215,043.30 $394,615,910.74 $290,400,867.44 


2030 6,128,866.00 $101,673,212.98 $439,133,092.86 $337,459,879.88 


 
4. Any adverse effects on the economy, consumers, private markets, small businesses, job 
creation, and economic competitiveness; and  


The oil and gas industry plays an important role in Colorado’s economy. The industry is a significant 
employer of highly skilled and well-paid employees. It produces valuable domestic resources that help 
keep prices low while adding to national stability and security. At the same time, emissions from the 
oil and gas industry represent a significant portion of the total GHG emissions both in the 
nonattainment area and throughout the rest of the state. The Division’s proposal is intended to 
achieve significant reductions in air emissions without imposing unreasonable costs that could stifle 
economic activity. Further, the Division is already aware that some of its proposals are likely to result 
in a boon to Colorado’s economy from oil and gas related service providers. The Division’s proposal 
will result in an increase in high-paying positions related to performance testing of combustion 
devices. The Division’s proposal is also likely to result in more leak inspection technology companies 
coming to Colorado and hiring here. The Division has heard from other companies that develop gas 
recovery technology that they are considering opening service centers in Colorado. These additional 
service providers will not only bring good jobs to Colorado, but they will enhance Colorado’s 
reputation as a leader in oil and gas development and technology.  


As discussed above, the Division’s proposal is projected to result in a total annual cost to industry of 
between $58,230,645 to $141,037,270. As with any increase in costs, the costs associated with the 
Division’s proposal could have some adverse impact on economic activity associated with the oil and 
gas industry in Colorado. However, over the past decade Colorado’s oil and gas industry has 
experienced unprecedented growth, even as Colorado has enacted regulatory measures to ensure that 
development continues in a protective and responsible manner. Moreover, given the relative size of 
the costs of the current proposal to the overall size of the industry, the total impact of these costs will 
likely be minimal.  
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The Division’s proposal is unlikely to have any appreciable negative impact on the economic 
competitiveness of the industry as a whole. In fact, with the Division’s proposed intensity program, 
the Division believes that its proposal is likely to improve the competitiveness of Colorado’s oil and gas 
industry, because its operators will be well situated to participate in responsibly-source-gas programs 
and certifications.  


While it is unlikely that the costs associated with the proposed revisions will have any meaningfully 
adverse impacts on the competitiveness of the industry as a whole in Colorado, the costs could 
incrementally add to the current costs associated with operating marginally producing wells. This 
could potentially lead to some wells being shut in and the resultant economic consequences of these 
shut-ins including lost production revenue, lost royalties, lost severance taxes and potentially lost 
jobs. However, the Division has carefully structured its proposal to impose the largest costs on the 
larger, higher-producing sites and facilities (e.g. more frequent leak inspections at the larger sites), 
and, through the intensity program, providing operators with the flexibility to determine whether and 
what additional emission reductions measures are cost-effective.  


Finally, it does not appear that the costs associated with the Division’s proposal will have any 
meaningful impact on the general public or small businesses that purchase natural gas and other 
petroleum products. Oil and natural gas are sold on international and national markets, making it 
extremely unlikely that any increase in production costs in Colorado will be reflected in prices for 
Colorado consumers. 


5. At least two alternatives to the proposed rule or amendment that can be identified by the 
submitting agency or a member of the public, including the costs and benefits of pursuing each of 
the alternatives identified.  
No Action Alternative 
 
If the Commission declines to adopt the proposal, the potential emission reductions achievable under 
the proposed requirements are unlikely to occur. The legislature has acknowledged that climate 
change impacts Colorado’s economy and directed that GHG emissions should be reduced across the 
many sectors of our economy. Colorado has established specific GHG reduction goals. If Colorado does 
not adopt the proposed rule, other strategies would need to be identified to meet the statutory 
directives set forth in Sections 25-7-102(2)(g) and -105(e)(1), C.R.S., established by HB 19-1261 and HB 
21-1266. The no action alternative could also result in other negative consequences, related to ozone 
attainment (i.e. this proposal meaningfully reduces VOC emissions, an ozone precursor), litigation 
costs (if the state fails to comply with statutory obligations), and, most importantly, health and 
environmental impacts on Colorado residents, and in particular, residents of disproportionately 
impacted communities. 
 
EDF and Conservation Groups Alt Proposal 
 
On October 28, 2021, parties - including the Environmental Defense Fund and the Conservation Groups 
- submitted an alternate proposal with two components: 1) monthly leak detection at all well 
production facilities and natural gas compressor stations statewide; and 2) a complete phase-out of 
gas-driven pneumatic controllers. These parties filed materials (see EDF_ALT_Initial EIA.pdf, attached 
hereto) suggesting that these proposals, taken together, would reduce between 156,000 to 165,000 
tons per year of methane by 2030.  
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These parties also estimated a potential cost of up to $135,030,593, over and above the Division’s 
proposal (EDF’s proposal was additional to the Division’s proposal, not “instead of”). While EDF’s 
alternate proposal certainly would have resulted in additional, beneficial emission reductions, the 
Division determined that a scaled back leak inspection frequency (as proposed by the Division on 
November 23, 2021) would achieve the majority of the reductions from leak detection at a fraction of 
the cost.  
 
The Division has in good faith developed this Cost-Benefit Analysis that complies with all requirements 
of 24-4-103(2.5), C.R.S. 
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INTRODUCTION


The Division is proposing revisions to Regulation Numbers 7 and 22 that continue to address the


directives in § 25-7-109, C.R.S., as revised by Senate Bill (SB) 19-181 (Concerning Additional Public


Welfare Protections Regarding the Conduct of Oil and Gas Operations). These revisions will also address


the requirements established in SB 19-096 (Concerning the collection of greenhouse gas (GHG)


emissions data), House Bill (HB) 19-1261 (Concerning the reduction of GHG pollution), and recent HB


21-1266 (Environmental Justice, Disproportionately Impacted Communities).


The oil and gas (O&G) industry is a large source of GHG emissions, and the largest anthropogenic source


of methane in Colorado. The state GHG Pollution Reduction Roadmap (the GHG Roadmap) identifies


sectors and their associated emissions to aid the state in establishing regulatory provisions to achieve


the statutory GHG emissions reductions goals. In October 2020, the Commission further refined the


state’s goals for certain sectors, establishing a goal for the O&G Sector of the GHG Roadmap of 36%


reduction by 2025 and 60% reduction by 2030. The Commission established a target for the O&G Sector


of 13 million metric tons (MMT) CO2e by 2025 and 8 MMT CO2e by 2030. Commission targets for the


sector including residential, commercial, and industrial combustion emissions (RCI Sector) include a


20% reduction from 2005 numbers by 2030. HB 21-1266 memorializes percentage reduction goals for the


Industrial Sector in statute, and provides additional requirements for the rulemakings to achieve these


goals.


To address these directives, the Division is proposing revisions to Regulation Numbers 7 and 22 that:


limit emissions from the upstream and midstream segments of the oil and gas industry as identified in


the GHG Roadmap through a combination of direct regulations and performance based programs;


require increased monitoring and leak detection and repair (LDAR) inspections; achieve reductions of


GHG and co-pollutants in disproportionately impacted (DI) communities; and impose additional best


management practices and performance testing schedules to ensure the efficacy of air pollution


control equipment, specifically enclosed combustion devices (ECDs). These revisions to Regulation


Numbers 7 and 22 are primarily proposed on a state-wide and state-only basis; however there is one


revision proposed to the State Implementation Plan, which is discussed in Section I.F. of this Final EIA.
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REQUIREMENTS FOR ECONOMIC IMPACT ANALYSIS (EIA)


Section 25-7-110.5(4)(a), C.R.S., sets forth the requirements for the initial and final EIA, as stated


below:


Before any permanent rule is proposed pursuant to this section, an


initial economic impact analysis shall be conducted in compliance with


this subsection (4) of the proposed rule or alternative proposed rules.


Such economic impact analysis shall be in writing, developed by the


proponent, or the Division in cooperation with the proponent and made


available to the public at the time any request for hearing on a


proposed rule is heard by the Commission. A final economic impact


analysis shall be in writing and delivered to the technical secretary and


to all parties of record five working days prior to the prehearing


conference. If no prehearing conference is scheduled, the economic


impact analysis shall be submitted at least ten working days before the


date of the rule-making hearing. The proponent of an alternative


proposal will provide, in conjunction with the Division, a final economic


impact analysis five working days prior to the prehearing conference.


The economic impact analyses shall be based upon reasonably available


data. Except where data is not reasonably available, or as otherwise


provided in this section, the failure to provide an economic impact


analysis of any noticed proposed rule or any alternative proposed rule


will preclude such proposed rule or alternative proposed rule from


being considered by the Commission. Nothing in this section shall be


construed to restrict the Commission’s authority to consider alternative


proposals and alternative economic impact analyses that have not been


submitted prior to the prehearing conference for good cause and so


long as parties have adequate time to review them.


Section 25-7-110.5(4)(c), C.R.S., further provides that:


The proponent and the Division shall select one or more of the


following economic impact analyses. The Commission may ask affected


industry to submit information with regard to the cost of compliance


with the proposed rule, and, if it is not provided, it shall not be


considered reasonably available. The economic impact analysis


required by this subsection (4) shall be based upon reasonably available


data…


For the purposes of this Final Economic Impact Analysis the Division has chosen to use the methodology


set forth in § 25-7-110.5(4)(c)(I), C.R.S.


Additionally: Section 25-7-110.5(4)(f), C.R.S., states:


For a rule that implements section 25-7-105(1)(e) that may materially


affect greenhouse gas emissions, the economic impact analysis required


by this subsection (4) must include an analysis of the social cost of


greenhouse gases related to the estimated emission reductions from


the proposed rule. The analysis must use the most recent assessment of


the social cost for those greenhouse gases for which the federal


government has determined the cost, and the consideration of the


social cost of greenhouse gases must be consistent with existing law
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and include use of a discount rate of no more than two and one-half


percent; except that the social cost of greenhouse gases that is used


may not be lower than that established in 2016, using a two and


one-half percent discount rate, by the federal interagency working


group on the social cost of carbon or than the final social cost of


greenhouse gases, using a two and one-half percent or lower effective


discount rate, established by the federal interagency working group on


the social cost of greenhouse gases pursuant to federal executive order


13990, dated January 20, 2021, whichever is higher.


For the purposes of the Final Economic Impact Analysis, the Division conducts an analysis of the social


cost of greenhouse gas using a two and one-half percent (2.5%) discount rate.


INDUSTRY-WIDE BENEFITS


Many of the proposed revisions are designed to require or incentivize best management practices at oil


and gas operations. This benefits Colorado-based energy companies in the current marketplace, in


which end users increasingly demand sustainable energy. A recent study of industry-wide efforts in this


transitional space has identified twenty non-regulatory initiatives related to emissions reductions


applicable to the oil and gas industry, in four different categories: certification programs,


company-specific commitments, guidelines, and ratings based on “environmental, social, governance”


(ESG) factors.
1


Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to


reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more


than 15% of the natural gas value chain, and numerous Colorado operators are members. Another


example is the effort led by MiQ, developed by the Rocky Mountain Institute and SystemIQ Ltd., which


proposes a “globally-applicable certification system [that] enables all oil and gas producers to be


assessed according to the same universal standard.” These standards provide a metric by which
2


“responsibly-sourced gas” can be a driving market factor, and - when combined with the value of the


gas recovered through use of these practices and controls - can off-set increases in the cost associated


with the production of that gas. These economic benefits are challenging to measure in the context of


a particular regulatory proposal. However, looking at the MiQ standard, which relies on three pillars


(methane intensity, company culture, and monitoring programs ), Colorado’s regulatory program
3


ensures that Colorado operators should easily qualify for the most rigorous MiQ certification. Leaving


Colorado operators primed to reap the maximum economic benefit from the new consumer demand for


sustainable energy sources.


These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of


natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on


August 10, the U.S. Energy Information Administration raised its forecast for third-quarter 2021 natural


gas prices to $3.71/MMBtu (or $3.80/MCF). The Division has attempted to account for the economic
4


benefits of additional gas recovery from some of the proposed revisions, but generally notes that


collectively, as a whole, there is a significant economic benefit to industry - and royalty owners - from


4
Short-Term Energy Outlook - US Energy Information Administration; Natural Gas Price Forecast: 2021,


2022 and Long Term to 2050 - knoema.com


3
The Standard, MIQ


2
Why certification?, MIQ


1
An Overview of Voluntary Emissions Reduction Initiatives for Responsibly Sourced Oil and Gas,


Highwood Emissions Management, May 2021.
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innovative regulatory programs designed to minimize the loss of natural gas during the production


process.


COST-EFFECTIVENESS ANALYSIS


The Division’s assessment of the costs associated with each of the proposed revisions is set forth below.


A cost-effectiveness methodology is employed that identifies cumulative costs for the affected


industry, costs for the Division, the estimated air pollution reduction, the projected cost per unit of air


pollution reduced, and the resulting social benefit per unit of air pollution reduced. The primary driver


of the Division’s proposal is the direction and need to reduce greenhouse gas emissions from the oil and


gas industry. However, where the Division had information, the Division also attempted to quantify


reductions in co-pollutants, such as volatile organic compounds (VOC) that would be realized by these


proposals.


The Division additionally assessed whether any of the proposed programs would impose any direct costs


on the general public, and determined that based on available data, there will be no direct costs to the


general public for any of the programs.


I. Better Performance of Air Pollution Control Equipment


The Division is proposing regulations to optimize and verify performance of air pollution control


equipment. This proposal includes:


● Increased monitoring requirements for some air pollution control equipment;


● Use of flow meters; and


● Performance testing of enclosed combustion devices.


Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require reductions


in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, including


enclosed combustion devices (“ECDs” or “combustion devices”). The Division is proposing the addition


of new inspection, maintenance, and performance monitoring requirements of air pollution control


equipment in order to ensure that air pollution control equipment is meeting performance efficiency


standards.


Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s


December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries


statewide that are subject to the control requirements of Section II.C (i.e., have emissions greater


than 2 tpy VOC). The Division undertook an analysis to determine the average number of combustion


devices per tank battery. The Division conducted inspections of 3,312 unique storage tank batteries and


identified 5,943 enclosed combustion devices, for an average of 1.79 ECDs per tank battery. For


purposes of this analysis, the Division assumed an average of 2 ECDs per storage tank battery, for a


total of 9,146 storage tank ECDs as part of this program.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 7 of 62







These requirements would also apply to midstream operations. The Division has identified 205
5


compressor stations. Of the 205 compressor stations, 59 are in the 9-County area and 146 are outside
6


the 9-County area. Information provided by operators suggests an average of 1 ECD at a compressor


station outside the 8-hour Ozone Control Area and 2 ECDs at a compressor station inside the 8-hour


Ozone Control Area. Therefore, the Division determined that there are an additional 264 ECDs to be


tested at compressor stations as part of this program.


Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63


natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the


Division’s data shows that 32 are in the 9-County area, while 31 are outside. Information received from


operators suggests that a gas plant in the 9-County area has between 1-3 ECDs, while a gas plant


outside the 9-County area has between 0 and 1 ECD. For purposes of this analysis, the Division assumes


gas plants in the 9-County area have 2 ECDs (32 x 2 = 64 ECDs) and gas plants outside the 9-County area


have 1 ECD (31 ECDs). Therefore, the Division determined that there are an additional 95 ECDs to be


tested at gas plants as part of this program. The Division determined there are a total of 9,505 ECDs


subject to this proposal.
7


I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f


In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment


at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual


inspections of air pollution control equipment. Because the required inspections are visual, no


additional monitoring equipment will be required in order to fulfill the inspection requirements. Most,


if not all, air pollution control equipment is already subject to weekly inspection requirements under


Regulation Number 7, Part D, Section II.C. However, some air pollution control equipment controlling


other equipment is not currently subject to all these requirements (though a number of ECDs have


permit conditions setting forth a similar level of inspection). The Division is proposing to subject


controls on separation equipment to these requirements in revisions to Section II.F, though no new


costs are expected from that revision because new Colorado Oil and Gas Conservation Commission


(COGCC) rules mandate capture of gas coming off separation equipment, and only permit use of control


equipment where granted a variance from the COGCC.


Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly


subject to these inspection requirements. The Division has reached out to the industry to understand


how many such devices would be subject to the rules, and of those, how many are not currently


inspected at this frequency, but has not yet received a response. Based on the Regulation Number 7,


7
These numbers do not include ECDs controlling separation equipment or upstream dehydration units.


However, the new COGCC regulations should result in a complete phase-out of separator control


devices. The Division does not have reasonably available data on the number of ECDs controlling


upstream dehydration units.


6
The 9-County area includes the 8-hour Ozone Control Area, and all of Larimer and Weld counties.


5
The Division does not currently have the ability to identify compressor stations in the state in the


same way as it can identify gas plants or well production facilities. To create a list of compressor


stations, the Division started with facilities classified as compressor stations in COGIS and the Division’s


SIP inventories. The Division merged these lists, removed duplicates, and, where possible, screened


permit records to remove those that were misclassified. Based upon information collected during the


Statewide Hydrocarbon Emission Reduction (SHER) process and information from the industry, the


Division estimates that approximately one-third of the compressor stations operate in the transmission


and storage segment (as opposed to the midstream segment), leaving 207 midstream compressor


stations statewide. The Division also reviewed the number of unique compressor stations reported


pursuant to leak detection and repair (LDAR) reports required by Regulation Number 7 for calendar


year 2020, and determined that there are 205 unique compressor stations on non-tribal lands.
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Part D, Section V annual reports, there are one hundred and forty five (145) dehydration units,


sixty-three (63) at upstream operations and eighty-two (82) at midstream operations. Under Section


I.H.5, though, air pollution control equipment controlling dehydration units is already subject to


weekly inspection requirements, covering the majority of reported dehydration units.


Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to


be absorbed into current operation and maintenance practices and carried out by existing personnel.


No additional significant equipment or labor costs are expected to be imposed on operators to comply


with the proposed inspection and monitoring requirements.


I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g


The Division proposes that operators install and operate flow meters on most air pollution control


equipment used to comply with Section II control requirements. In the Initial EIA, the Division assumed


that most of the state’s combustion devices will require the installation of a flow meter, though flow


meters are already required for combustion devices controlling separation equipment in most permits.


However, in the Division’s revisions to its proposal, the Division specified that a single flow meter could


be installed under this Section of the rule as long as all streams to the bank of ECDs are captured. That


will substantially reduce the economic impact of this proposal.


The Division’s proposal does not prescribe any specific brands or types of flow meters that can be used.


Based on the analysis of the equipment costs for 22 different flow meters currently on market, the


Division uses the average cost of $2,439 as the estimate per flow meter in this economic analysis. The


useful life of a flow meter varies significantly based on the type and usage of the device, and can range


from as few as 5 years to as many as 25. The Division uses the estimated useful life of an ECD, 15


years, as a reasonable assessment of useful life for flow meters. The Division has no information on


installation costs or annual maintenance or calibration costs for flow meters, and, in the Initial EIA


requested that such information be provided by operators. The Division did not receive any information


from operators between the date of the Initial EIA and this Final EIA. The annualized cost of a flow


meter would therefore be $389.68. It is estimated that based on the estimated count of affected


combustion devices, 9,505, total annualized costs to the industry for flow meters will be approximately


$3,703,908.40. For operators with flares subject to performance testing requirements, the cost of flow


meters is included in that analysis.


The Division has heard from industry a suggestion that there are other associated costs with the use of


flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that


industry provide information about these costs and the necessity therefore. The Division did have some


discussions with industry about its proposal for flow meters that resulted in a number of revisions.


However, the Division did not receive any cost information or data regarding the cost of or need for site


reconfiguration.


I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D,


Section II.B.2.h


The Division’s proposal will require performance testing of most ECDs used to comply with Regulation


Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI


communities, second in the 8-hour Ozone Control Area (or northern Weld) and last, the remaining


devices.


The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are


located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus


Northern Weld) (and not in a DI community), and 21.56% or 2,049 are located outside of the 8-hour
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Ozone Control Area (plus Northern Weld) (and not in a DI community). Table 2 includes the projected
8


number of flares that will be required to be tested in each compliance deadline year for each location


for the first 5 years of the program, as provided for in section II.B.2.h of the proposed rule. For ECDs in


DI communities and inside the 8-hour Ozone Control Area, plus Northern Weld, the final year includes


devices that will be undergoing a subsequent periodic test.


Table 1: ECD Testing Schedule


Location of


Combustion Devices


Compliance Deadlines (on or before May 1)


2023 2024 2025 2026 2027 2028
9


Number of ECDs that must be tested by each year end


Inside DI Community 407 679 815 815 - 407


Inside NAA


(Not in DI Community)
474 948 948 1422 948 474


Outside NAA


(Not in DI Community)
102 205 307 410 512 512


The Division assumes that all performance testing of combustion devices will be conducted by


third-party testing companies. The Division collected information from flare performance testing


companies, testing personnel, operators, and historical Division data to estimate the costs associated


with conducting a destruction efficiency test for a combustion device through a third-party testing


company. Table 2, below, includes a breakdown of the costs associated with the completion of a


performance test for one combustion device; the Division assumes that a performance test for one


combustion device can be completed in one day (eight work hours). The figure for labor includes three


testing personnel, at an estimated average labor rate of $96 per hour, for eight hours each. Test


protocol preparation and test report preparation are each estimated to take one day to complete. As


the test methodology and testing equipment used vary between combustors, the Division uses the


average hourly equipment rental and preparation costs from a set of potential rates as the estimate
10


for equipment costs. It is assumed that four units of testing equipment will be used for each test.


Possible testing equipment used includes, but is not limited to, ionization detectors, O2/CO2 monitors,


gas chromatographs, and sampling bags. Consistent with the 2014 and 2019 Regulation Number 7


rulemakings, the Division estimated travel cost as 15% of the labor cost. As set forth in Table 2, the


total cost of a performance test for one ECD is estimated to be $6,326.60. For the purposes of this EIA,


the Division assumes that one ECD will be tested per trip. In some cases, testing companies may be


able to test multiple ECDs at a site during one trip. In such an instance, the travel time cost would only


be applied once, while costs associated with labor, test administration, and equipment could


potentially increase. In order to standardize the costs associated with testing one ECD, the Division


bases cost estimates on the assumption that one ECD is tested per trip and that testing takes one day.


The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December


2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be


10
Equipment rental and preparation rates were provided by companies that offer ECD testing services.


9
The estimate of ECDs tested in 2028 also includes those ECDs that were tested in 2023 and are


required to complete testing again after 5 years, per the rule proposal, assuming all ECDs tested in


2023 have to be tested again in 2028 (a conservative assumption).


8
The Division does not yet have complete data pertaining to each well production facility’s location as


it relates to the identification of a DI Community. However, based upon the Department’s climate data


viewer tool, which maps DI communities, the Division was able to determine that these percentages


relate to the percent of population residing within a DI community, whether within or without the


nonattainment area. The Division applied those percentages to the number of facilities.
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required to be tested each year, for the first 5 years. As noted below, in Table 2, the cost per year of


testing 1,731 ECDs is estimated at $10,951,715.


Table 2: ECD Performance Improvement Costs
11


ECD Performance Testing


Parameter Units Cost Per Unit
Units Required Per


Test
Cost Per Test


Labor hours $96.00 24 $2,304.00


Test Protocol days $700.00 1 $700.00


Test Report days $695.00 1 $695.00


Equipment Rental components/day $352.50 4 $1,410.00


Equipment Prep components $290.00 4 $1,160.00


Travel hours $14.40 4 $57.60


TOTAL ECD Performance Testing Costs


Cost per test


Average


Tests per


Year
Total Annual Cost


Total Performance Test $6,326.60 1,731 $10,951,715


The Division does not have performance test results for every ECD in the field, from which it can


calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits


of its proposal, the Division undertook an analysis of failing performance test results collected by the


Division to quantify both the percentage of failing tests as compared to devices tested and the scale of


a failing test - i.e., when a device fails the test, what is the average of the delta between the test


result and the applicable control efficiency requirement. The Division estimates that 9.61% of ECD


performance tests fail to demonstrate compliance with the applicable control efficiency requirement.


The Division’s analysis suggests that an average scale of failure is 11.36% (i.e., based upon an average


of failing performance tests, the test results are 11.36% lower than the applicable control efficiency


requirement). The Division calculated a performance improvement of 1.09% from its proposal


(representing the difference between 93.91% control and 95%).


To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported


for all controlled tank batteries over 2 tpy VOC (from the Division’s database). The Division estimated
12


that its proposal would result in a VOC benefit of 2,211 tpy. Using an assumed methane to VOC ratio
13


of 1.01:1 for storage tanks, the Division estimated a greenhouse gas benefit of 56,734 mtCO2e/yr.


13
The majority of these emission reductions are realized from those ECDs controlling tank systems with


VOC emissions over 12 tpy.


12
When the Division looked at emissions reported in the annual emissions reports, the Division also


calculated uncontrolled emissions reported from separators and dehydrators for July - December 2020.


The Division doubled those emissions to account for a full year, and all emissions from separators and


dehydrators reported were assumed to reflect 95% control. Based on these inventories, this rule may


also reduce emissions from 2,230 separators and 145 dehydrators for an additional 253.48 tpy VOC and


20,390.38 mtCO2e/year.


11
The change in cost from the Initial EIA is primarily due to the decreased number of annual


inspections resulting from an adjustment to the timeline for completing required performance tests.
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I.D. Reporting


The cost of preparing a performance test report is included in the cost information above. The Division


is proposing that operators would submit information about the performance tests conducted each year


with the existing annual reports required under Section V, which is an absorbable cost. Additional


report submittals might be required if an operator fails a performance test; however, the cost of these


additional reports is presumed to be negligible and absorbable.


I.E. Enclosed Combustion Device Performance Cost Effectiveness


Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost


of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. Based


on this analysis, the Division has determined that this proposal will result in a cost effectiveness of


$6,627 per ton VOC and $258 per mtCO2e.


Table 3: ECD Performance Improvement Cost Effectiveness
14


Annual and Total ECD Performance Improvement Costs


Cost per test or


meter Annualized Cost Total Annual Cost


Total Performance Test $6,326.60 $10,951,715


Flow meter $2,439.00 $389.68 $3,703,908
15


Total $14,655,253


ECD Performance Improvement Cost Per Ton


VOC (tpy) Methane (tpy) Methane (mtCO2e/yr)


Emission Reductions 2,211 2,234 56,734


Cost per ton Emission Reduction $6,627 $258


I.F. Combustion Device Performance in Section I.


As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new


addition from the Request Proposal and are included to address concerns raised by EPA with previously


submitted State Implementation Plan (SIP) revisions. Based on the analysis done at the time of


adoption of those previously submitted SIP revisions in 2017, the Division estimated that a potential of


62 emission points could include a single storage vessel that could have the potential to emit greater


15
These flow meter costs are overly conservative, because under the Division’s proposal a permanent


flow meter is not required to be installed on each ECD. However, the Division’s proposal does require a


flow meter be installed and operating during a performance test (but it can be temporary), so has


maintained this assumption in the cost analysis.


14
The emission reduction estimate in Table 3 is a significant increase from the emissions estimate in


the initial EIA of 539.59 tpy VOC and 13,843.18 mtCO2e/year. In the initial EIA, the division made an


assumption about the emissions based on the counts of storage tanks between 2-6 tpy VOC, 6-12 tpy,


12-20 tpy, and > 20 tpy. For this final EIA, the Division summed the total uncontrolled VOC emissions


reported for each of the above categories to determine the impact of this rule revision. See Storage


Tank Inventory 8-12-2021.
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than six tpy VOC. Assuming, as done above, that each point used two combustion devices to control


emissions, owners or operators may have to conduct performance tests of 124 combustion devices


under the proposed revisions to require performance testing of devices controlling emissions from


storage vessels, as such vessels are defined under the recommendations in EPA’s Control Techniques


Guidelines for the Oil and Natural Gas Industry (Oil and Gas CTG). The Division does not have
16


sufficient information to estimate the potential number of combustion devices controlling emissions


from wet seat centrifugal compressors that would require performance testing but, according to EPA’s


Greenhouse Gas Reporting Rule (GHGRP), no owners or operators report emissions from such


compressors in the ozone nonattainment area. For the potential 124 combustion devices estimated to


be controlling emissions from storage vessels, the Division assumes the costs would be the same or


similar to the costs of performance testing and flow meters described above and, in fact, would be


included in those cost estimates as these devices would be included in the percentage tested under the


proposed requirements in Regulation 7, Section II. Further, because EPA’s Oil and Gas CTG and EPA’s


New Source Performance Standards (NSPS) OOOOa use the same storage vessel applicability threshold,


it is possible that some combustion devices are already tested under the requirements of NSPS OOOOa


and, therefore, would not have additional expenditures related to combustion device performance


testing.


The Division, as staff to the Commission, requested additional information from stakeholders on the


costs associated with this component of its proposal, but did not receive any such information.


II. Midstream Program(s)


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions


(and co-pollutants) from the midstream segment of the oil and gas industry. The proposals include the


following additional requirements for oil and gas operators in the midstream segment:


● Increased leak detection and repair (LDAR) inspections for compressor stations outside of the


8-hour Ozone Control Area;


● Increased leak detection and repair inspections and valve requirements for gas plants outside


of the 8-hour Ozone Control Area;


● Capture and control strategies for certain midstream operations, including pigging and


blowdowns;


● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour


Ozone Control Area;


● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone


Control Area; and


● Long-term planning for greenhouse gas reductions from midstream engines and other


combustion equipment.


II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E
17


According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were completed


at well production facilities (comprised of 525,433 AVO inspections and 26,354 AIMM inspections) and


757 inspections were completed at natural gas compressor stations (all AIMM inspections). From these


inspections, 15,617 leaks were discovered at well production facilities and 1,273 leaks were discovered


at natural gas compressor stations (all from AIMM). In an analysis of LDAR reporting, it is estimated that


across the industry, approximately 86% of LDAR inspections are completed “in-house” by the operator,


17
The cost analysis of this section is also relevant to the upstream LDAR costs evaluated later in this


Final EIA.


16
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA.
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and 14% are completed by an outside contractor. The costs between completing LDAR in-house and


completing LDAR through a contractor differ, as discussed in more detail below.


The Division uses the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019


rulemaking EIAs supporting LDAR requirements. For in-house inspections, it is assumed that operators
18


use existing personnel to conduct LDAR inspections, but must purchase the leak detection equipment.


The majority of leak detection is conducted using either EPA Method 21 or by using an infrared (IR)


camera (by itself or as a screening tool before Method 21). The Division assumes that it takes 50% less


time to conduct leak detection using an IR camera, than using solely Method 21. LDAR inspections using


Method 21 take approximately 21.2 hours to complete, while LDAR inspections utilizing an IR camera


take 10.6 hours (per facility). It is estimated that 90% of inspections (in-house and contracted) are


completed using an IR camera, while 10% are completed using only Method 21.


The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and


other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor


Statistics (U.S. BLS) CPI Inflation Calculator. The Division found the current capital cost of an IR camera


to be between $100,430 - $163,366. For the purposes of this analysis, the Division uses the median
19


cost, of $131,898, as the capital cost of one IR camera. Further, IR cameras have an annual


maintenance and repair cost of $8,387. All equipment, including IR cameras, are assumed to have a
20


lifespan of 5 years. Table 4 provides an estimate of the capital and recurring costs required for LDAR
21


inspections.


21
Capital costs are annualized over a five-year period and adjusted for inflation.


20
Cost is inflated to 2021 dollars from the 2014 value of $7,500/year, using the U.S. BLS CPI Inflation


Calculator.


19
IR camera capital cost is based on historical Division data as well as current market rates for


commercial IR cameras.


18
See the Colorado Department of Public Health and Environment Air Pollution Control Division Final


Economic Impact Analyses for proposed revisions to Colorado Air Quality Control Commission Regulation


Number 7 (5 CCR 1001-9), dated January 30, 2014, September 14, 2017, and December 17-19, 2019.
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Table 4: LDAR Annualized Costs


Parameter Capital Costs Annual Costs
Annualized Total


Cost


FLIR Camera: $131,898


FLIR Camera Maint/Repair: $ 8,387


Photo Ionization Detector $5,591


Vehicle $24,602


Inspection Staff: $ 75,000


Supervision (@20%): $ 15,000


Overhead (@10%): $ 7,500


Travel(@15%): $ 11,250


Recordkeeping (@10%): $ 7,500


Reporting (@10%): $ 7,500


Fringe (@30%): $ 22,500


Subtotal Costs: $162,091 $154,637


Annualized Costs: $43,382.9 $154,637 $198,020


The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR


inspection. The total annualized cost identified in Table 4 of $198,020 is divided by an assumed 1,880


annual working hours to produce a value for an inspection rate for in-house inspections of $105/hour.
22


Operators also have the option of hiring third-party contractors to complete LDAR inspections, instead


of completing the inspections in-house. The hourly cost of using a third-party contractor to complete


leak detection is estimated at $137/hour. This estimate is based on the premise that contractors would


realize a 30% profit margin above the cost to operators of completing the inspections in-house.


II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d


Inspections


Currently, compressor stations inside the 8-Hour Ozone Control Area are subject to a quarterly LDAR


frequency. See Reg. 7, Part D, Sec. I.L.1. Compressor stations outside the 8-Hour Ozone Control Area


are also subject to a quarterly LDAR frequency if emissions are greater than 12 tpy VOC. See Reg. 7,


Part D, Sec. II.E.3, Table 2. As set forth earlier in this Final EIA, the Division determined that there


were 205 compressor stations in the midstream segment on non-tribal lands in the state. Based upon


operator-provided LDAR reports for 2020, which include inspection frequency, the Division determined


that there are approximately 75 natural gas compressor stations located outside of the 8-hour Ozone


Control Area with emissions under 12 tpy VOC. That is, 75 compressor stations currently do not have
23


an existing quarterly leak inspection requirement.


23
Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR


frequency.


22
This assumes a 40 hour work week, ten holidays, two weeks of vacation, and one week of sick leave.
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Of these 75 compressor stations, the Division is proposing to increase LDAR frequency where the


compressor station is located within a DI community. The Division estimates that ~33%, or 25


compressor stations, are located within a DI community and therefore subject to the proposed


quarterly inspection requirements. As a result, each of the affected 25 facilities will have an additional


2 LDAR inspections a year, for a total of 50 annual inspections. The Division does not have reason to


believe that additional IR cameras would be necessary to purchase to conduct these inspections, but


has included the cost of purchasing an additional camera in the per-hour inspection cost to recognize


that the timeline for IR camera replacement may be advanced as a result of these additional


inspections.


Table 5 includes a breakdown and analysis of the estimated leak inspection time and costs under the


different possible conditions mentioned in the preceding section. Assuming that 86% of LDAR


inspections are completed in-house and 14% are completed by a contractor, of the 50 total inspections,


about 43 inspections are expected to be completed in-house and 7 contracted out. At 10.6 hours per IR


inspection and 21.2 hours per Method 21 inspection, this equates to 576.82 total inspection hours for


all operators.


Table 5: LDAR Inspection Costs


# Inspections
Inspection


type


Inspection


method


Result: Inspection


hours
Cost per hour Result: Total cost


50


In-house


Method 21 90.19 $105.00 $9,470.34


FLIR 405.87 $105.00 $42,616.53


Contractor


Method 21 14.68 $137.00 $2,011.53


FLIR 66.07 $137.00 $9,051.88


Totals 576.81 $63,149.05


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $63,149.05 per year; or


$2,525.96 per compressor station per year.


Leak Repair


The Division estimated the costs associated with the repair of leaks discovered as a result of the


proposed regulation’s increased leak detection and repair requirements. The methodology for


estimating leak frequency, repair time, and repair cost are consistent with the Division’s prior EIAs. The


Division uses a quarterly leak frequency rate of 1.77% to estimate the number of leaking components


discovered through inspections. This figure is based on an EPA-estimated annual leak frequency of


1.18% , scaled for a quarterly leak frequency (similar analyses used by the Division in earlier
24


rulemakings, in 2014 and 2019). Using information provided to the EPA by industry , as used in previous
25


EIAs, component repair times are estimated at 0.63 hours for connectors, 0.63 hours for flanges, 0.63


hours for open-ended lines, 16 hours for pump seals, 1.13 hours for valves, and 0.63 hours for any other


components. The Division assumes an hourly repair rate of $82.06 for all components. Using the
26


estimate for the number of expected leaks per component, the Division estimates that a total of 34.75


26
Based on the hourly repair rate of $66.24 from 2009, used in the Division’s 2019 Regulation Number 7


EIA, adjusted for inflation to 2021 using the U.S. BLS CPI Inflation Calculator.


25
See “Analysis of Emissions Reduction Techniques for Equipment Leaks,” Cindy Hancy, December 21,


2011.


24
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7.
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repair hours per year per facility will be required to address leaks discovered by the new inspection


requirements. At $82.06 per hour, total annual repair cost is estimated at $2,851.82 per facility.


Multiplying this estimate by 25 total affected facilities yields an industry-wide annual leak repair cost


of $71,295.55.


Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program. The estimated emission reductions from increasing the frequency of


LDAR at compressor stations outside of the 8-hour Ozone Control Area and within a DI Community is


41.0 tpy VOC and 2,897.64 mtCO2e/year (methane).


Table 6: Emission Reductions for Compressor Stations ≤ 12 tpy in a DI Community


Number


of CS


Incremental LDAR Program


Reduction % (semi annual


to quarterly)


VOC Emission


Reductions


per CS


Total VOC


Emission


Reductions


Methane


Emissions


per CS


Total Methane


Reduction


25 10% 1.64 tpy 41.00 tpy 4.56 tpy 114.08 tpy


TOTAL Emission Reductions 41 tpy VOC 2,897.64 mtCO2e/yr


Value of Natural Gas Recovered


In Table 7, the Division estimates the value of natural gas recovered from these additional leak


inspections.


Table 7: Compressor Station Recovered Natural Gas Value from Leak Repairs


Compressor Station Fugitive


VOC Tier (tpy)


Number of


Compressor


Stations


Total Recovered


Natural Gas


(tons CH4/year)


Value of


Natural Gas


($/ton


methane)
27


Total Annual


Value of


Recovered


Natural Gas


≤ 12 tpy in a DI Community 25 114.084 $222.69 $25,402.90


Cost Effectiveness


Combining the annual cost of inspections, $63,149.05, with the annual cost of repairs, $71,295.55,


yields a total gross annual cost of $134,444.60.  Based on these reductions and associated costs, the


effectiveness of this requirement is $3,279.14 per ton VOC and $46.04 per mtCO2e, without


incorporating the estimated annual value of recovered gas of $20,279.62.


27
Based on the most recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as


provided for by the U.S. Energy Information Administration, using an average molecular weight of 19.17


lb/lb-mol of natural gas and 72.69% methane by weight for the Piceance basin.
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Table 8: Compressor Station LDAR Cost Effectiveness


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $63,149.05 $71,295.55 $134,444.60


Recovered Natural Gas -- -- -$25,402.90


Net Cost -- -- $109,041.70


Compressor Station Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


41.00 $2,659.55 2,897.64 $37.63


New Mexico recently did a cost analysis of increasing LDAR inspections across different facility types,


and likewise concluded that quarterly LDAR is cost effective at compressor stations. New Mexico’s
28


analysis demonstrates the cost effectiveness (for VOC) of additional IR camera inspections at


compressor stations as follows:


Table 9: New Mexico Summary of the VOC Cost of Control


for the Quarterly OGI Monitoring Option based on Model Plants


Facility Type


Annual VOC


Emission Reduction


(tpy)


Annual Cost (2019$)


$/ton VOC


reduced


(2019$)


Gathering and Boosting


Station
7.81 $26,030 $3,331


Reference: Table 9-13 of the 2016 CTG.


The Division, as staff to the Commission, requests additional information from stakeholders on the


costs associated with this component of its proposal.


II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I


Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour


Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas


processing plants outside the 8-hour Ozone Control Area may also be subject to NSPS KKK, NSPS OOOO,


NSPS OOOOa, depending on the date of construction. Natural gas processing plants statewide that have


storage tanks subject to Section II.C.1 must also conduct AIMM inspections of the storage tanks and


associated equipment in accordance with Table 1 in Section II.C.2. Those inspections range from


semi-annual to monthly, depending on the VOC emissions estimated from the storage tanks.


28
See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC


5-27-21_erg (06-08-2021)).
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The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in


the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS


OOOO or NSPS OOOOa. The Division has identified 25 gas plants outside of the DJ Basin - 18 in the


Piceance basin and 7 in the remainder of the state. These numbers do not include gas plants the


Division was able to determine are on tribal lands. Based on the Division’s review of the Regulation


Number 7 annual emissions reports, and the information submitted for fugitive emissions, it appears


that many natural gas processing plants outside the 8-hour Ozone Control Area are already subject to


NSPS OOOO or NSPS OOOOa for LDAR. However, for purposes of this Final EIA, the Division assumed that


all 25 gas plants outside the DJ Basin will need to adjust LDAR frequency to comply with the Division’s


proposal. This makes the Division’s cost analysis overly conservative.


The Division utilized technical supporting information from the Oil and Gas CTG in the analysis of this
29


proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure


relief devices, sampling connection systems, open-ended lines, valves, and connectors to determine if


a component is leaking. Under this program, “[v]alves are monitored monthly, connectors are


monitored annually, and open-ended lines and pressure relief valves must be monitored within five


days after a pressure release event to ensure they are operating without any detectable emissions (e.g.


at a concentration less than 500 ppm above background).”
30


In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to


a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars


was between $2,010 - 2,844 per ton VOC . In today’s dollars, based upon a gas processing model plant,
31


and assuming a correlation of VOC to methane of 1:1.81, the Division estimates the cost of this


proposal as follows:


Table 10: Cost and Emissions Reductions for LDAR at Gas Plants


Pollutant


Annual Emission


Reductions Per


Gas Plant


Capital


Cost


(2021$)


Annual


Cost


(2021$)


Cost of Control


(without


savings)


$/ton


Cost of


Control (with


savings)


$/ton


VOC 4.56 tpy $10,062.60 $15,343.12 $3,367.22 $2,379.79


Methane 8.27 tpy


$10,062.60 $15,343.12 $72.99 $51.63


Greenhouse Gas 210.2 mtCO2e/yr


The Division’s proposal would also require operators to - prior to placing a leak on the delay of repair


list - attempt a “drill and tap” repair of a leaking valve. Drill and tap reduces the need for a process


shut-down to effect a leak repair, and can reduce fugitive emissions. The Division does not have


information to suggest a significant additional cost associated with this proposal, because the Division


has no information regarding how many valves cannot be repaired through other means prior to being


31
Oil and Gas CTG, p. 8-11.


30
Oil and Gas CTG, pp.8-9, 8-10.


29
New Mexico also utilized this data in preparing its economic impact analysis of gas plant LDAR in its


recent rule. proposal. See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions


and Costs VOC 5-27-21_erg (06-08-2021)).
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placed on the delay of repair list. The Division understands that “drill and tap” is an accepted and


effective repair method for valves, and that this proposal generally reflects best practice.
32


The Division, as staff to the Commission, requests additional information from stakeholders on the


costs associated with this component of its proposal.


II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation


Number 7, Part D, Section II.H


II.B.1. Pigging Operations


In Permit Section (PS) Memo 20-04 , the Division explained pigging operations as follows:
33


Raw natural gas is transported from production wells to processing plants


through networks of gathering pipelines. Although liquid separation may occur


at the well pad, much of the raw natural gas passing through the gathering


pipelines is saturated with hydrocarbons other than methane and may contain


other components such as water, carbon dioxide, and hydrogen sulfide. During


the transportation of this gas through gathering pipeline systems, the gas often


experiences a temperature drop and pressure change that causes the


hydrocarbons and other components to condense to a liquid phase. These


natural gas condensates can accumulate in low elevation segments of the


gathering pipelines, impeding the flow of natural gas. To maintain gas flow and


operational integrity of the gathering pipelines, operators mechanically push


these condensates out of the low elevations and down the pipeline by an


operation called “pigging,” which involves first inserting a device called a pig


into a pig launcher upstream of the pipeline segment where condensates have


accumulated. The gas flowing through the pipeline then pushes the pig through


the pipeline, allowing the pig to sweep along the accumulated condensates.


The pig is removed from the pipeline segment when it is caught in a pig


receiver.


The Division is proposing that midstream owners and operators with pigging operations must capture


and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators


may apply to the Division to utilize air pollution control equipment to control those emissions.


All midstream owners or operators with pigging operations must additionally employ best practices to


reduce emissions associated with pigging. Some of the proposed best management practices are


specified in PS Memo 20-04, and therefore should not result in additional costs to operators. See PS


Memo 20-04, Sections 6.5 and 6.6. For other proposed best practices, the Division has proposed a


feasibility off-ramp, that includes some sensitivity to cost.


The Division used gas speciation data collected by the Division, guidance from the EPA and
34


information received from operators and manufacturers to estimate emissions from pigging events.


34
“Quantifying The Potential Impact Of Natural Gas Condensate Holdup On Uncontrolled Volatile


Organic Compound Emissions From Pig Receivers During Depressurization In Wet Gas Gathering


Operations”, EPA Discussion Draft, May 16, 2016.


33
Memo 20-04 - Routine or Predictable Gas Venting Emissions Calculation and Instructions on Permitting


for Oil and Natural Gas Operations, Permit Section Memo 20-04, APCD, CDPHE, November 6, 2020.


32
See EPA’s LDAR: A Best Practices Guide, Leak Detection and Repair Compliance Assistance Guidance


Best Practices Guide; see also EPA December 1, 2015 Memorandum from Joseph Wilderwing to Cynthia


Reynolds, re: Drill-and-Tap.
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Cost - Pig Ramps


Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to


drain before the pig is pulled from the chamber. The inventor of pig ramps, Mark West, has made the
35


schematics available freely on its website. The Division has received cost estimates for each pig ramp


of $800-$1,300 per ramp. Taking the median ($1,050) and applying a 6% interest rate results in an


annualized cost of $188 per pig ramp. The Division does not have reasonably available information as to


how many pig ramps would be necessary to comply with this proposal, and - as staff to the Commission


- requests that information from operators. The Division otherwise assumes this minimal cost to be


absorbable. The Division also amended its proposal to allow for other liquids containment systems, such


as process drains. This expansion of compliant practices further reduces the impact.


Cost - Depressurization


The Division would also require operators to employ a best management practice of depressurizing pig


launcher and receiver chambers prior to opening, in order to reduce the volume of gas vented to the


atmosphere. According to the EPA, “[t]he depressurization emissions from high pressure launchers and


receivers can be reduced by routing the gases to a lower pressure system before venting the remaining


gases to the atmosphere or to control equipment. Routing to a lower pressure system is achieved with a


depressurization line (or, "jumper line") exiting the top of the barrel ... or exiting the top of the pig


ball valve. Compressor stations and gas plants have low pressure lines on the site that can receive


these depressurization gases and recycle them through the process. Similarly, launchers and receivers


along high pressure pipelines are occasionally located near low pressure pipelines that can receive


depressurization gases exiting the barrel or pig ball valve.” One operator who employed the two best
36


management practices described above (pig ramps and depressurization) and Zero Emission Vacuum


and Compressor (ZEVAC) units reported significant reductions in gas vented and emissions as a result.
37


Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 per


jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line


installed during mainline construction are taken into account, the cost is more in the neighborhood of


$1,511 per jumper line. However, the Division acknowledges that it does not have access to other


associated costs, such as engineering costs. In the Initial EIA, the Division requested additional cost


information from operators. While the Division has heard verbally from operators that costs for a


jumper line can theoretically be in the range of $50,000, to date, no such supporting materials or any


data have been provided.


Cost - ZEVAC unit


In order to comply with the requirement to capture and reduce emissions during pigging operations, for


the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit. The Division
38


assumes that a pig launcher and receiver are already on-site.


38
The Division’s proposal also contemplates use of control devices as an option where recovery of the


gas from pigging operations is not feasible. According to EPA, “[l]arge, high capacity combustion


devices are typically available at compressor stations and processing plants and can be used to control


pigging gases while meeting the other flaring needs of the facility. There are also numerous low


capacity combustion devices available for serving remote launcher/receiver sites.” EPA Enforcement


Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert


37
See Methane Reductions in Pigging, September 2019, Methane Reductions in Pigging


36
EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement


Alert


35
Pipeline Launcher/Receiver Emission Reduction Systems
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The Division gathered information from a manufacturer of ZEVAC units on the costs associated with


ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have


reasonably available information about actual pigging operations in Colorado to specify the frequency


of pigging operations or the size of the ZEVAC unit that would be necessary for each operator. In its


annual emission reports to the Division, one operator submitted its annual emissions reporting 1,343


pigging events in the second half of 2020 alone, for a total of 13,806,040 scf vented, an average of


10,280 scf vented per pigging event. The Division recognizes that not all pigging events vent the same


amount of gas; pigging of larger, higher pressure pipelines emit more gas to atmosphere than pigging of


smaller, low-pressure pipelines. That operator also reported venting 7,557,500 scf of natural gas from


pipeline blowdown events during the same period. However, the Division did not get this level of


detailed reporting consistently across all operators; several midstream operators reported no pigging


operations. Therefore, an analysis was conducted on three different sized ZEVAC units, small, medium,


and large, under both a high frequency and low frequency use of the equipment. The size of the unit


affects the speed of the gas recovery process; larger units taking less time. All units are assumed to


have a useful life of 10 years. The capital cost of a small ZEVAC unit was found to be $30,000 with


maintenance and repair costs of $2,400 per year. Annualizing the capital cost across 10 years, and


assuming a 6% interest rate, yields a total annualized cost of $7,773. Under the same assumptions, the


capital cost of a medium sized unit is $135,000 with annual maintenance costs of $10,800, for a total


annualized cost of $34,976; and the capital cost of a large unit is $245,000 with annual maintenance


costs of $19,600, and a total annualized cost of $63,476. In estimating the composition of pollutants in


the gas, the Division applied weight percentages of total hydrocarbons of 29.35% VOC, 53.31%


methane, and 17.34% ethane.
39


High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per


year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an


estimated 3,900 scf of gas, for a total annual potential emitted gas of 4,875,000 scf. As noted above,


with at least one operator reporting 1,343 pigging events in just the second half of 2020, it is


reasonable to assume at least some operators engage in high-frequency pigging operations. Low


frequency pigging assumes the use of 1 pig barrel per day, for 3 days per week, at 50 weeks per year.


With low frequency pigging, there are an estimated 150 events per year, each releasing an estimated


3,900 scf of gas, for a total annual potential emitted gas of 585,000 scf.


Table 11 below demonstrates potential gas recovery (emissions reductions) and cost per ton of


pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness analysis


does not account for the economic benefit to operators from selling the recovered gas.


39
As with elsewhere in this Final EIA, the Division utilized gas speciation data submitted to the Division


from multiple operators, reviewing over 100 samples of sales gas analysis from across the state, and


creating a weighted average by location.
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Table 11: Cost and Emission Reductions of ZEVAC Units


Small ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured
40


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $7,773.00 40.02 1,844.44 $194.21 $4.21


Low frequency $7,773.00 4.80 221.33 $1,618.44 $35.12


Medium ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $34,976.00 40.02 1,844.44 $873.90 $18.96


Low frequency $34,976.00 4.80 221.33 $7,282.47 $158.02


Large ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $63,476.00 40.02 1,844.44 $1,585.99 $34.41


Low frequency $63,476.00 4.80 221.33 $13,216.54 $286.79


Amount and Value of Recovered Natural Gas


If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC


unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming


low-frequency use, the Division calculates natural gas savings (at a price of $4/MCF) of $19,000 per


ZEVAC unit per year, for a high frequency use, and $2,340 per ZEVAC unit per year for a low-frequency


use. That would materially improve the cost-effectiveness.


In the Initial EIA, the Division, as staff to the Commission, requested additional information from


stakeholders on the costs associated with this component of its proposal. The Division did receive some


additional cost data from operators, associated with the rental of a ZEVAC unit, that included 2 hours


labor, driving costs, and rental costs for an engine-driven air compressor. Industry noted annualized


costs of about $556 per pigging event. The Division believes these costs are inappropriately inflated for


most pigging events for the following reasons. First, purchasing a ZEVAC unit (or compressor) is more


cost-effective than a per-event rental. Second, the Division understands from industry that a large


portion of pigging events take place at a natural gas compressor station or natural gas processing plant,


in which case there would be no need for travel time or additional labor hours. The cost per ton and


emission reductions expected from the Division’s PHS Proposal is set forth below.


40
Converted from methane to CO2e using AR5.
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II.B.2. Blowdowns of Equipment and Piping


The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions


from blowdowns from equipment and piping at compressor stations and gas plants. The Division also


proposes requiring best practices for blowdowns including along midstream pipelines. The Division’s


proposal with the Prehearing Statement identifies with more specificity which blowdown emissions


must be captured or controlled, focusing on blowdowns of compressors, and aggregating emissions from


blowdowns of all other equipment and piping (with a physical volume of equal to or greater than 50


cf).


Based on information collected from operators, some operators will be able to route emissions from


blowdowns to existing control equipment on-site. One operator indicated that costs to combust


blowdown emissions could include the building of a blowdown header and taking blowdowns back to


the field or a series of VRUs to draw down the pressure/volume such that it can be handled by the


existing ECD or a new combustion device. Others, however, will drawdown line pressure, either


naturally with alternative lower pressure gas lines or using ZEVAC units as discussed under the
41


previous section, to capture and retain the natural gas. Some operators may also install ejector units to


force gas out of off-line compressors or other equipment and route the gas to a lower pressure fuel
42


gas line.


Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to


the Commission - requested additional information from operators on the costs of implementing


controls and other practicable best management practices specified in the Division’s proposal. The


Division did not receive any additional data or materials other than as described above.


Emission Reductions from Pigging and Blowdowns


The Division does not have complete data from operators on how often pigging activities are


conducted, particularly as differentiated between pigging and other maintenance activities that result


in venting of emissions. In order to calculate reductions associated with this proposal, therefore, the


Division looked at two sources of data. First, the Division looked at EPA FLIGHT data for 2019, and


identified the total amount of emissions in CO2e reported by the natural gas gathering and boosting


segment and the natural gas processing segment for pigging, venting and blowdowns (to the extent


possible). The Division looked at emissions from the 20 natural gas processing plants in Colorado (on


non-tribal lands) that reported to EPA and calculated 6,007.84 mtCO2e per year from venting/pipeline


blowdown activities. It was more difficult to separate out gathering and boosting facilities that are in


Colorado, and on non-tribal lands, but the Division ultimately calculated about 76,000 mtCO2e per year


from venting/pipeline blowdown activities reported to EPA.


Initial EIA Analysis


The Division then looked at the emissions reported to the Division by operators in the midstream


segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream


operators reported 35,184 events in “venting or blowdowns” and “pipeline” emission activities. From


these events, operators reported a total of 184,495 mtCO2e for 2020. Operators also reported 3,584


tons VOC from venting or blowdowns and pipelines for 2020.


42
Reducing Emissions When Taking Compressors Off-Line, Natural Gas Star, EPA, October 2006.


41
Blowdown Emission Reduction White Paper, American Gas Association, August 5, 2020.
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Table 12: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines


Reported 2020 Emissions with No Control


Emission Category
Reg. 7 EI 2020 CO2e


(mtCO2e/yr)


Reg. 7 EI 2020 VOC


(tpy)
# Events


Total Venting/Blowdowns (includes pigging) 164,758.15 1,690.08 69,770


Total Pipeline Venting 19,736.72 1,893.70 598


Total Venting/Blowdowns/Pipeline Venting 184,494.87 3,583.78 70,368


Emissions after 95% Reduction of Venting/Blowdown Emissions


Total Venting/Blowdowns (includes pigging) 8,237.91 84.50 69,770


Total Pipeline Venting 19,736.72 1,893.70 598


Total Venting/Blowdowns/Pipeline Venting 27,974.63 1,978.20 70,368


Emission Reductions with this Rule


Total Emission Reductions 156,520.24 1,605.58 70,368


Not accounting for any reductions from pipeline emissions, the Division’s proposal could reduce
43


venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking


only at VOC emissions from total venting and blowdowns (and not including pipeline venting reported),


If the Division’s proposal also reduces VOC by 95%, that results in a reduction of 1,606 tpy VOC, a


significant and meaningful co-benefit. These numbers are likely conservative because not all


midstream operators reported their emissions to the Division.


Update for Final EIA


The Division updated its analysis for this Final EIA based upon data reported for the second half of


2020, broken out by applicability category, reported emissions are as follows:


Table 13: Emissions from Venting/Blowdowns/Pigging and Pipelines


Activity
Number of


Events
VOC (tpy)


CO2


(mtCO2e/yr)


CH4


(mtCO2e/yr)


CO2e


(mtCO2e/yr)


Compressor Blowdowns 7,376 438.94 460.65 52,812.34 53,272.99


Pigging Operations 12,532 294.79 47.11 19,413.06 19,460.17


Other Facility Venting and


Blowdowns
50,747 1,024.10 1,824.29 166,264.17 168,088.46


SUBTOTAL Venting/Blowdown 70,655 1,757.83 2,332.05 238,489.57 240,821.62


SUBTOTAL Pipeline Venting 682 1,916.56 68.65 22,302.24 22,370.89


TOTAL 71,337 3,674.39 2,400.70 260,791.81 263,192.51


43
The Division’s proposal would require either capture, control or use of BMPs to reduce emissions from


pigging pipelines. The Division’s proposal would require only the use of BMPs to reduce emissions from


other pipeline blowdowns.
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Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they expect


the pigging applicability thresholds to result in capture or control of more than 85% of the natural gas


emitted during pigging operations. The Division’s proposal would also ensure capture or control of 95%


of the emissions from blowdowns of compressors and other equipment (using the numbers reported


above is appropriate because blowdowns where the physical volume is less than 50 cf are not currently


reported). Thus, under this updated analysis, assuming that the Division’s proposal would result in


capture or control of 85% of pigging operations (with a 95% capture/control efficiency), and 95%


capture/control efficiency of remaining blowdown emissions, the Division’s proposal could actually


result in even more reductions: 15,676.05.10 mtCO2e/year from pigging activities and 208,122.68


mtCO2e/year from blowdowns, for a total of 223,798.73 mtCO2e/year reduced (and 1,627.93 tpy VOC).


When the additional capture of CO2 emissions from this gas stream is included, the total CO2e


reductions increase to 228,781 mtCO2e/yr.


Table 14: Emissions from Venting/Blowdowns/Pigging and Pipelines


Reported 2020 Emissions with No Control


Emission Category
CO2e


(mtCO2e/yr)


VOC


(tpy)
# Events


Total Venting/Blowdowns (includes pigging) 240,821.62 1,757.83 70,655


Total Pipeline Venting 22,370.89 1,916.56 682


Total Venting/Blowdowns/Pipeline Venting 263,192.51 3,674 71,337


Emission Reductions with this Rule


Emission Category
CO2e


(mtCO2e/yr)


VOC


(tpy)
# Events


Total Emission Reductions 228,781 1,628 71,337


Cost of Pigging and Blowdown Emission Reduction


Based upon information reported to the Division in the annual emission reports under Regulation


Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that


blowdowns take place only on business days), there are approximately 282 events per day that would
44


be required to be captured or controlled by this rule. Using an annualized open flare cost of $25,268.95


, as well as the annualized ZEVAC costs depicted in Table 11 above, and assuming that each event
45


over a business day requires its own portable piece of equipment (such as an ECD or ZEVAC unit) , for a
46


total of 282 units required, the average annual cost of this proposal is $9,290,705.


The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per mtCO2e/year.


These costs, however, do not separate out pigging emissions or specific types of blowdowns (such as


compressor blowdowns), but do exclude pipeline emissions which are subject to BMPs but not control


requirements in the proposal. Table 15 contains the emissions and costs associated with venting and


46
This is an overly conservative assumption. The Division understands that one ZEVAC unit can be


deployed multiple times per day. For example, based upon data provided to the Division, the average


pigging operation lasts around 15 minutes.


45
As described in more detail in the well liquids unloading section, later in this Final EIA.


44
Operators reported 35,328 events in the second half of 2020, as well as emissions for only July -


December 2020. The Division assumed that the annual emissions are double those reported for the 6


month period of July - December 2020.
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blowdown emissions, including pigging emissions as described in more detail in Section II.B.1. of this


EIA. These costs also do not account for the recovered gas savings from using a ZEVAC or other capture


unit.


Table 15: Cost and Emission Reductions for Venting/Blowdown Activities


Control or Capture


Device Option
Annualized cost


VOC reduced


(tpy)


GHG reduced


(mtCO2e/yr)
$/ton VOC $/mtCO2e


Open Flare $7,141,510.65 1,627.93 223,798.73
47


$4,386.86 $31.91


Small ZEVAC unit $2,196,805.26 1,627.93 228,780.54 $1,349.45 $9.60


Medium ZEVAC unit $9,884,917.12 1,627.93 228,780.54 $6,072.07 $43.21


Large ZEVAC unit $17,939,587.12 1,627.93 228,780.54 $11,019.87 $78.41


Overall Average Cost Per Ton $5,707.06 $40.78


II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7,


Part D, Section II.B.3.d


Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour


Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. This proposed regulation would


expand that requirement to natural gas processing plants statewide. There may be additional costs of


the proposed requirement for owners or operators of reciprocating compressors at natural gas


processing plants to replace the rod packing. The Division estimates that there are 31 natural gas


processing plants outside the 8-hour Ozone Control Area, with an estimated total of 258 engines.
48


Conservatively assuming all engines existing at the natural gas processing plants are  reciprocating


engines and would be subject to the proposed requirements, and none of the owners or operators are


currently voluntarily replacing rod packing or capturing engine emissions, each of these engines will


incur additional costs to comply with the Division’s proposal. According to the Oil and Gas CTG, EPA


estimated the emission reductions by “comparing the average rod packing emissions with the average


emissions from newly installed and worn-in rod packing.” The Oil and Gas CTG, Table 5-4, estimates a
49


reduction from rod packing replacement in accordance with these requirements of 4.89 tpy VOC per


engine and 17.58 tpy methane. With the number of engines estimated by the Division to be subject to


this proposal, the proposal would realize 1,261.62 tpy VOC and 126,997.92 mtCO2e.


The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without


factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars


using the U.S. BLS CPI Inflation Calculator, resulting in an updated capital cost of $5,067. Using the


same process as the Oil and Gas CTG, the Division determined that the annual cost would be $1,931.79


per engine. Applying this estimate to the emissions estimate reductions noted before yields cost per


ton reduced of $394.84 per ton of VOC and $109.84 per ton of CH4 ($3.92 per ton of CO2e). With


natural gas savings, the Division concludes - consistent with the Oil and Gas CTG - that this measure is


an economic benefit to the operator of a natural gas processing plant.


49
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.5-10.


48
In 2017, the Division estimated 133 reciprocating compressors at the identified 16 natural gas


processing plants. Assuming the same ratio of compressors per gas plant, and using the identified 31


gas plants, the Division estimates 266 reciprocating compressors covered by this rule. These numbers


do not reflect that some number of the subject compressors will already be performing the rod-packing


replacement.


47
CO2 emission reductions are not included when reductions are achieved through flaring.
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In addition, there may be minimal costs related to the proposed monitoring and recordkeeping


requirements, as discussed above, where an owner or operator is not currently monitoring and keeping


compressor records.


II.D. Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation


Number 7, Part D, Section III


The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers


to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone Control


Area. See Regulation Number 7, Part D, Section III.C.2. Regulation Number 7 also required that


pneumatic controllers placed in service between 2014 and May 1, 2021 be no-bleed where feasible,


which applies to gas plants. See Regulation Number 7, Part D, Section III.C.3. There may be costs


related to the proposed requirement for owners or operators of natural gas processing plants to ensure


that natural gas-driven pneumatic controllers are non-emitting.


Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven


pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of


converting the pneumatic controller at $2,000 and the cost per ton of VOC reduced between $6 and


$68 per pneumatic controller. A VOC emissions reduction ranging from 4.18 to 48.7 tpy, depending on
50


the size of the instrument air system, is associated with each natural gas processing plant, or a range


of 790.97 to 9,215.40 mtCO2e/year of methane. Because the Division assumed that most of the natural


gas processing plants in the 8-hour Ozone Control Area would probably require a medium-to-large air


system, an annual VOC emission reduction of 17.5 tpy and methane reduction of 3,311.49 mtCO2e/year


represents an average associated with converting pneumatic controllers to system air.
51


The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area,


but does not have data on the number of natural gas actuated pneumatic controllers at these natural


gas processing plants. The Oil and Gas CTG assumes that existing natural gas processing plants have


already replaced pneumatic controllers with other types of control, such as an instrument air system,


and any pneumatic controllers with a bleed rate greater than zero are required due to safety reasons.
52


The Division also checked pneumatic controller data reported to EPA in 2019 under the Greenhouse Gas


Reporting Rule, and no Colorado gas plant reported any emissions from pneumatic controllers. The


Division also reviewed the submittals from midstream operators to the Division for 2020; only 11


midstream operators reported having any natural gas driven pneumatic controllers, and the Division’s


review did not identify any natural gas processing plants reporting having gas driven pneumatic


controllers. Therefore, the Division believes the cost to owners or operators of natural gas processing


plants of the proposed requirements are minimal and limited to documenting, tagging, and maintaining


any emitting natural gas-driven pneumatic controllers that are required for safety and/or process


purposes.


II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel


Combustion Equipment: Regulation Number 22, Part B, Section III


Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015


baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas


emissions from fuel combustion equipment at midstream facilities, such as engines, boilers, turbines,


and heaters. In its efforts to address greenhouse gas emissions from fuel combustion equipment in the


midstream segment, the Division is proposing a long-term planning process. By long-term, the Division


proposes that operators will have until 2023 to develop their plans, and that additional rulemaking


before the Air Commission would not be required until 2024. The program establishes a steering


52
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16.


51
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-17, Table 6-7.


50
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16.
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committee that will guide and aid midstream segment operators in the development of plans to meet


emission reduction targets.


The Division has not identified a significant economic impact on any industry or party from this


proposal. Participation in the steering committee is voluntary and the Division has not identified any


costs imposed on midstream segment operators, the Division, or any other potential steering


committee participants for the operation and administration of the committee. Between the Initial EIA


and the Final EIA, the Division was not provided with any information to suggest that there are such


costs. Compliance with the rule includes development of a plan to reduce emissions only, and not


implementation of the plan. Individual operators may choose to hire third-party consultants to help


develop their emission reduction plans, but because this is not required directly by the rule proposal


and hiring of any consulting services would be completely voluntary, those potential costs are not


considered in this analysis. Additionally, the Division does not anticipate any costs to the Division for


oversight or the review of proposed guidance documents and emissions reduction plans. Administration


of this rule will be carried out by existing and anticipated Division staff.


III. Upstream Program


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions


from the upstream segment of the oil and gas industry. The proposals include the following additional


requirements for oil and gas operators in the upstream segment:


● Increased leak detection and repair (LDAR) inspections for well production facilities;


● Greenhouse gas intensity program; and


● Emission reduction requirements for well maintenance and unloading activities.


III.A. Leak Detection and Repair Inspections at Well Production Facilities in


Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.4.e


Regulation Number 7, Part D, Section II.E.4.d requires well production facilities located within 1,000


feet of an occupied area to inspect in accordance with the frequency specified in Table 3. The


Division’s proposal in this rulemaking would expand those requirements to all well production facilities


in a DI community, whether or not located within 1,000 feet of an occupied area. The Division does not


currently have reasonably available data on how many additional facilities would be inspected as a


result of this proposal, though it anticipates having that analysis by the submission of the Division’s


final EIA in this action. Based on information submitted in the 2019 rulemaking, the Division does not


expect many facilities in the 8-hour Ozone Control Area to require additional inspections as a result;


the Division expects that the majority of new inspections will be at facilities outside the 8-hour Ozone


Control Area, given the large size of disproportionately impacted communities as set by HB 21-1266.


The Division - as staff to the Commission - requests information from stakeholders to assist in


evaluating the costs of this proposal.


III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production


Facilities: Regulation Number 7, Part D, Section II.E.4.f


Inspections


Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC


emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As


production decreases, and resulting VOC emissions from storage tanks decrease, the inspection


frequency also decreases. The Division’s proposal would “freeze” newly constructed well production
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facilities at a monthly AIMM frequency. The Division’s proposal would also provide for exceptions where


operators are using automated systems that are designed to minimize emissions from storage tanks and


combustion devices, and where operators continue use of monitoring technology approved by the


Division under Regulation Number 7, Section VI, for VOC and methane.


Table 16 below identifies how many additional inspections would be required on average each year, for


the first five year,of a newly constructed well production facility’s operation as a result of the


Division’s proposal, assuming every facility stays at the proposed monthly schedule.
53


Table 16: AIMM Inspection Schedule by Area of State


Proposed AIMM Inspection Schedule in Years 1 - 5


Year of Program


Existing Regulation Frequency under Section II.E


AIMM Frequency 8-hour


Ozone Control Area


(not Proximity to


Occupied Area)


AIMM Frequency


Proximity to


Occupied Area


AIMM Frequency ROS


(not Proximity to


Occupied Area)


Year 1 Monthly Monthly Monthly


Year 2 Quarterly Monthly Quarterly


Year 3 Semi-annual Quarterly Semi-annual


Year 4 Semi-annual Quarterly Semi-annual


Year 5
Annual (NAA)


One-time (ROS)


Annual (NAA)
One-time (ROS)


Summary of New Upstream AIMM Inspections Required


AIMM Frequency 8-hour


Ozone Control Area


(not Proximity to


Occupied Area)


AIMM Frequency


Proximity to


Occupied Area


AIMM Frequency ROS


(not Proximity to


Occupied Area)


Additional AIMM Inspections


Through Year 5 Per Facility
39 27 40


Number of New Facilities per


year
55 31 5


Average # of Total


Inspections Required


EachYear


1,023 316 93


53
The Division conducted an analysis of a small sample of wells spud in 2016 based upon COGCC data


(for both inside and outside the 8-hour Ozone Control Area) and compared the year over year decrease


in production. The Division then applied this decline rate to estimate how quickly a newly constructed


well production facility would drop AIMM frequencies, assuming that in year 1 uncontrolled actual VOC


emissions would be over 50 tpy.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 30 of 62







The Division looked at COGCC data for 2020 to determine how many new facilities are constructed each


year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 2020 - 74


in the 8-hour Ozone Control Area and 17 outside the 8-hour Ozone Control Area. Because current
54


AIMM inspection tier is based upon proximity to an occupied area (see Section II.E, Table 3), the


Division applied the percentage of population in a DI community both inside and outside the 8-hour


Ozone Control Area to determine how many new well production facilities might be expected to be


subject to the proximity requirements. Ultimately, the Division determined that each year, it was


assumed that 31 new well production facilities would be constructed in proximity to an occupied area,


55 new well production facilities would be constructed in the 8-hour Ozone Control Area but not in


proximity to an occupied area, and five new well production facilities would be constructed outside the


8-hour Ozone Control Area and not in proximity to an occupied area. In the Initial EIA, the Division’s


cost and emission estimates were based on new inspections at just the facilities added in the first year.


In this Final EIA, the Division has estimated costs and emission reductions assuming 91 new facilities


with a monthly AIMM requirement are added each year through Year 5.


The Division took the same approach to estimate inspection time, inspection costs, and repair costs as


with the midstream segment leak detection program for compressor stations. Table 17, below


demonstrates the total inspection costs for years 1 through 5, based on the number of new inspections


that will be required of new well production facilities in each year. The average annual inspection cost


to all operators across the three areas is $1,828,256.


Table 17: Average Annual Inspections and Inspection Cost


Location of Site


Average # of


New Inspections


Per Year


Averaged


Annual


Inspection Cost


8-hour Ozone Control Area (not in proximity to


Occupied Area)
1,023 $1,305,897.15


Proximity to Occupied Area 316 $403,640.94


ROS (not in proximity to Occupied Area) 93 $118,717.92


Leak Repair


In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on EPA


data. Using a similar approach as before to estimate component repair time and component repair
55


cost, the Division estimates that a total of 19.93 repair hours per year per facility will be required to


address leaks discovered by the new inspection requirements. Again using a repair cost rate of $82.06


per hour, total annual repair hours and costs under each AIMM frequency requirement are demonstrated


in Table 18, below. The total average annual repair cost is estimated to be $257,093.65.


55
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7.


54
The Division also reviewed data submitted through its APEN system, and also identified 91 APENs


submitted for the first time in 2020, though the Division’s data shows 59 new sites in the 9-county area


and the remaining 32 sites outside the 9-county area.
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Table 18: LDAR Repairs - Years 1-5


8-hour Ozone Control Area (not Proximity to Occupied Area)


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 55 2.36% 19.93 1,096.15 $82.06 $89,950.07


Year 3 110 2.36% 19.93 2,192.30 $82.06 $179,900.14


Year 4 165 2.36% 19.93 3,288.45 $82.06 $269,850.21


Year 5 220 2.36% 19.93 4,384.60 $82.06 $359,800.28


Total over 5 years $899,500.69


Average per year $179,900.14


Proximity to Occupied Area


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 0 2.36% 19.93 0 $82.06 $0.00


Year 3 31 2.36% 19.93 617.83 $82.06 $50,699.13


Year 4 62 2.36% 19.93 1235.66 $82.06 $101,398.26


Year 5 93 2.36% 19.93 1853.49 $82.06 $152,097.39


Total over 5 years $304,194.78


Average per year $60,838.96


ROS (not Proximity to Occupied Area)


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 5 2.36% 19.93 99.65 $82.06 $8,177.28


Year 3 10 2.36% 19.93 199.30 $82.06 $16,354.56


Year 4 15 2.36% 19.93 298.95 $82.06 $24,531.84


Year 5 20 2.36% 19.93 398.60 $82.06 $32,709.12


Total over 5 years $81,772.79


Average per year $16,354.56
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Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program (using updated gas speciation data). The Division calculated emission


reductions achieved in each area of the state, in each year of the program, based on the total number


of facilities entering the program over five years. The Division calculated an average emission


reduction achieved per facility, for VOC and methane. The Division then summed up the total emission


reductions achieved over the first five years of the program and averaged it to create an annual


emission reductions figure, as set forth in the table below.


Table 19: New WPF Monthly LDAR Emission Reductions by Year


Year of


Program


Number of Facilities in


Program
VOC (tpy) CH4 (tpy)


GHG


(mtCO2e/yr)


1 91 0.00 0.00 0.00


2 182 59.04 57.48 1,460.06


3 273 172.83 180.53 4,585.62


4 364 345.67 361.06 9,171.25


5 455 752.19 802.32 20,379.87


Total 1,329.73 1,401.38 35,596.81


Annual Cost, averaged over 5 years 265.95 280.28 7,119.36


Value of Natural Gas Recovered


In Table 20, the Division estimates the value of natural gas recovered from these additional leak


inspections.


Table 20: Upstream Recovered Natural Gas Value from Leak Repairs


Average Annual Recovered


Methane (tpy)


Value of Natural Gas ($/ton


methane)
56


Total Annual Value of


Recovered Natural Gas


280.28 $274.48 $76,929.81


Reporting


The Division’s proposal also requires operators to submit information about leaks detected in their


monthly reports under Section VI, for their air quality monitoring during preproduction and early


production. This will enable the Division to better evaluate the capability of the air quality monitoring


plan to detect leaks. The Division assumes no additional costs associated with this reporting.


56
Based on the recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as provided


for by the U.S. Energy Information Administration, using an average molecular weight of 24.01


lb/lb-mol of natural gas and 47.08% statewide average of methane by weight.
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Cost Effectiveness


As noted before, the total cost of inspections across operators is estimated to be $1,828,256.00 per


year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This results


in a total annual cost of $2,024,139.40, after gas recovery is taken into account. As outlined in Table


21, the Division estimates an overall cost effectiveness of $9,973.02 per ton VOC and $357.33 per


mtCO2e.


Table 21: Upstream LDAR Total Annual Cost


LDAR Total Annual Cost


Inspection Repair TOTAL
57


Annual Cost $1,828,256.00 $257,093.65 $2,085,349.66


Recovered Natural Gas -$76,929.81


Net Cost $2,008,419.84


New WPF AIMM Emissions Reduction and Cost


Total Annual VOC


Emission Reduction


(VOC) Cost per ton VOC


Total Annual GHG


Emission Reduction


(mtCO2e/year) Cost per mtCO2e


265.95 $7,551.97 7,119.36 $282.11


III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions:


Regulation Number 22, Part B, Section IV


The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of


the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined on


an operator-level basis. The GHG intensity value is a product of total GHG emissions divided by oil and


gas throughput. The intensity program will cover preproduction emissions and production emissions.


Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the


Division determined that there is currently an extremely wide range of GHG intensities across upstream


operators. The reports show operator GHG intensities across the industry that range from 3 to over


100. The Division also calculated GHG intensities based upon 2020 production reported to COGCC and


the emissions reported to the Division pursuant to Regulation Number 7, Part D, Sections II.G and V, and


found an even broader range of intensities. The Division determined that a GHG intensity program will


result in meaningful reduction, while providing operators with the flexibility to identify and achieve


cost-effective reductions across their facilities and operations.


To calculate the intensity targets in the proposed regulation, the Division started with the data for the


2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in the


2015 baseline in the GHG Roadmap inventory for the Industrial sector. The Division first used the 2005


baseline emissions for the O&G Sector from the GHG Roadmap, a total of 20,205,859 mtCO2e , and
58


determined what portion of those emissions were attributable to upstream operations. The Division


added up the venting and flaring emissions statewide, with the well production facility fugitive


58
Updated from the Initial EIA.


57
The recovered natural gas cost and the net costs were incorrect in the Final EIA Table 21. The correct


values are included in this table. The cost per ton of VOC and GHG were correct in the original table,


and are unchanged in this version.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 34 of 62







emissions statewide, with 84% of the total “catchall” emissions covering both the upstream and


midstream segment. The Division therefore calculated that the upstream baseline in 2005 was
59


15,184,909 mt CO2e. From there, the Division applied a 36% reduction for 2025, a 50% reduction for


2027, and a 60% reduction for 2030. As it pertains to the Industrial sector, the Division determined that


the 2015 baseline for oil and gas emissions in the industrial sector was 2,690,692 mtCO2e, based upon a


split of 44/56% (upstream/midstream) of the emissions associated with lease fuel consumption as


reported to EPA, and attributing all the natural gas processing fuel consumption to midstream. Based


on GHG Roadmap values, the Division also assumed all diesel emissions in the industrial segment from


oil and gas activities were associated with upstream operations (880,000 mtCO2e in 2015). The Division


assumed no emission reductions were required in 2025, a 10% reduction would be required by 2027, and


a 20% reduction is required by 2030.


Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division


calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The


Division then calculated an average intensity in the years 2025, 2027, and 2030 (using the emissions as


determined in the preceding paragraph as the numerator and the production forecasts as the


denominator). These intensities are shown in Table 22, below in the “Overall Upstream Intensity”


column. The Division then calculated majority operator and minority operator targets. Majority


operators were defined by production levels of 10,000,000 BOE in calendar year 2022; in 2020, the


operators with this level of production represented over 80% of the total production in the state. The


majority operator targets were calculated by multiplying the overall upstream intensity target by 70%;


the operators with the largest production, and therefore the largest share of the emissions on a mass


basis, should have more stringent intensity targets. The Division then multiplied the overall upstream


intensity target by 2.2, to get the minority operator target.


Table 22: Calculated Intensities


Year
Overall Upstream


Intensity


Majority Operator


Target


Minority Operator


Target


2005 80.3356


2025 15.6329 10.94 34.39


2027 12.0906 8.46 26.60


2030 9.7186 6.80 21.38


From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an


enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the


oil and gas industry in the following amounts:


Table 23: Total GHG Reductions Enforced By the Intensity Program


Year Total CO2e Reductions from 2020 (mtCO2e per year)
60


by 2025 4,510,867


by 2027 5,452,806


by 2030 6,128,866


60
Emission reductions calculated from the reported July - December 2020 emissions, rolled into year


long emissions by multiplying reported emissions by 2, assuming 2020 production throughput in 2025,


2027, and 2030 with the required intensities applied to majority and minority operators.


59
To generate a 84/16% split (upstream/midstream) of these catch-all emissions, the Division


developed a ratio based on the emissions for covered equipment as reported to EPA under the GHGRP


for upstream as compared to midstream gathering and boosting. The Division then applied that ratio to


the catch-all emissions (but not the downstream catch-all). The same general approach was used to


develop the 44/56% (upstream/midstream) split of lease fuel emissions.
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These numbers in Table 23 include reductions achieved under other components of the Division


proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the


intensity program alone. In fact, these estimates assume that operators will take no steps over and


above the emission reduction measures employed in the second half of 2020, and don’t account for


reductions better attributed to the following rules and requirements, without limitation:


● Additional storage tank controls adopted in late 2019;


● Requirements for storage tank measurement systems and truck liquids loadout adopted in late


2019;


● New reporting and permitting requirements for routine or predictable emissions (ROPE);


● Engine retrofits and reductions adopted in 2020;


● Preproduction flowback controls adopted in 2020;


● Non-emitting pneumatic controller requirements adopted in 2021;


● The impact of COGCC’s new regulations, including Rules 303 and 903; or


● Any of the Division’s direct regulation proposals in this rulemaking.


The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the


upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The


Division has proposed an even more stringent intensity target for new well production facilities, at


78.5% of the majority operator target. The Division has, as discussed in more detail in other sections of


this Final EIA, proposed additional requirements for LDAR inspections and well maintenance emission


reductions that - when taken together with the suite of regulations adopted by the Commission over


the past several years (e.g., the 2021 pneumatics rule, the 2020 flowback control rule) and the COGCC


mission change provisions - make up most of the reductions that the Division expects will achieve the


intensity targets, and keep Colorado on track to meet its GHG goals. The Division’s intensity program


also includes recordkeeping and reporting, which the Division has treated as covered costs under the


analysis above.


Cost Effectiveness of Intensity


The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA


provides recommendations for technologies to reduce methane emissions. There are multiple studies
61


and presentations available to operators to find cost effective and technically feasible reductions at


different types of well production facilities. The actual costs incurred by implementation of emission


control technologies will depend on the amount of emissions that need to be reduced by each operator


(at each facility), the technical feasibility of implementing available technologies, and the


cost-effectiveness and economic feasibility of the technology. Some operators will make meaningful


progress towards the intensity targets through compliance with existing and proposed Commission


regulations (e.g., the 2021 pneumatics rule, or this well unloading proposal). However, the Division has


determined that the flexibility inherent in an intensity program renders this strategy cost-effective.


The Division reasons that costs associated with reaching intensity targets will be at least as cost


effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on pneumatic


controllers, the final EIA estimated a cost per ton reduction for methane of $499/ton, which converts


to $19.65 per metric ton CO2e. If that cost per ton is applied to the emission reductions guaranteed for


2025 by the intensity program - subtracting out the emission reductions in this proposal from other


measures affecting the upstream segment - the Division calculates a total cost of $85,497,247.07.


However, the Division does not believe that the intensity program will have anywhere near this level of


cost, because so many of the emission reductions guaranteed by the program will result from direct


regulations already adopted by the Commission, other permitting programs of the Air Division and the


Colorado Oil and Gas Conservation Commission, and voluntary initiatives undertaken by the industry.


61
Recommended Technologies to Reduce Methane Emissions | US EPA


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 36 of 62



https://www.epa.gov/natural-gas-star-program/recommended-technologies-reduce-methane-emissions





Implementation of methane control technologies can result in realized benefits to operators associated


with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or combusted,


can be sold. At a nominal gas price, operators could achieve significant additional revenue from the


sale of reclaimed gas. Further, significant economic benefits for operators are derived from this GHG


intensity program, because participation in an intensity program can qualify an operator for


certification of its product as “green” or “responsibly sourced”, thus allowing operators to charge a


premium.


In the Initial EIA, pursuant to § 25-7-110.5(4)(c), C.R.S., the Division - as staff to the Commission -


requested additional information on the costs and other regulatory impacts of an intensity program.


The Division received no information between the Initial EIA and this Final EIA.


III.D. Emission Reductions From Well Maintenance and Liquids Unloading Activities,


Regulation Number 7, Part D, Section II.G


The Division’s proposal would augment existing requirements for best practices to be employed during


all well maintenance activities. The Division’s proposal would also require the use of technology to


minimize the need to conduct well unloading activities or would require the control of unloading


emissions.


Thus far in 2021, 22 operators have reported conducting well unloading events to the COGCC, and


these 22 operators reported a total of 13,593 events by June 30, 2021. Of these events 3,670 are in
62


the 9-County area across 12 operators, while the remaining 9,923 events are outside the 9-County area,


across 11 operators.


The Division conducted an analysis of average scf of gas vented per event, and determined that there is


a statewide average of 14,000 scf of natural gas emitted per well unloading event. The Division
63


analyzed data submitted with registrations for General Permit 11, as well as results from operators that


used flow meters to directly measure the amount of gas emitted during well unloading.


III.D.1. Best Practices


Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management


practices when conducting well maintenance operations. The Division assumes no significant additional


costs will be incurred as a result of the Division’s proposal for the use of best practices other than


artificial lift. The Division’s proposal would require that all wells that undertake well liquids unloading


activities install and use artificial lift to reduce emissions from those activities, subject to limited


exceptions.


63
Based upon studies of well unloading activities, this number is likely very conservative. See Allen et


al., Methane Emissions from Process Equipment at Natural Gas Production Sites in the United States:


Liquid Unloadings, 2014.


62
This is based upon data received by the Division from COGCC in early July 2021, and attached to the


Division’s Prehearing Statement. Based upon data reported to the Division directly from operators, over


40 operators identified conducting well maintenance events - such as well unloading or well swabbing -


in their annual emission reports to the Division for 2020. This suggests that the number of events


reported to the COGCC is low, because some operators may not have reported. The Division has not yet


been able to determine which operators reporting events to the Division did not report to COGCC.
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Plunger Lift Systems


Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without


the need to vent the gas to the atmosphere. Plunger lifts have a significant economic benefit to the
64


operator - boosting gas production. Automation can further enhance the performance of plunger lifts


by monitoring wellhead parameters and thereby optimizing plunger operations. The Division
65


understands that even where the use of plunger lifts does not entirely avoid the need for unloading,


the use of the plunger lift can reduce the volume of gas vented per well unloading event.


Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring


unloading. Smart automation controllers can also avoid the need for site visits associated with


unloading activities, further reducing costs to operators. Maintenance costs are also reduced; plunger


lifts can prevent particulate buildup inside the tubing, avoiding or reducing the need to conduct


swabbing operations. Based upon information from EPA and other Natural Gas STAR materials, the


Division estimates basic plunger lift installation costs of approximately $1900-$7800 (for this analysis,


the Division used a median figure of $4,850). This figure includes installing the piping, valves,


controller and power supply. Annual maintenance costs are estimated at $700-$1300 (the Division again


used a median figure of $1,000), and smart automation controllers are estimated at $11,000 per


controller. Assuming a life of 10 years for the plunger lift and smart automation controller, the


annualized cost of a plunger lift system is $3,838.


Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas


production. The Division estimated revenue from avoided emissions by calculating the market value of


the gas by the volume of avoided emissions. The Division’s analysis suggests a conservative average of


14,000 scf per well unloading event. The Division does not have data on how many events are, or could


be, entirely avoided - instead of just minimized - through the use of plunger lifts. The Division does,


however, understand that most wells in the state that require unloading already employ plunger lifts.


However, assuming that at wells where plunger lift is not currently installed it is installed, and that


plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will


achieve emission reductions using a technology that is already widely deployed here in Colorado, with


limited additional costs (the cost increase from using smart automation as compared to a regular


plunger lift control is negligible). Assuming that plunger lifts would completely avoid the emissions


from ⅛ of future unloading events, and assuming those occur on the same frequency as they did in


early 2021), the Division’s proposal would reduce 389.24 tpy VOC and 17,961.80 tpy CO2e just from


unloading events avoided, with a cost per ton reduced of $10 per ton VOC, $6 per ton methane, and a


negligible cost (<$1/ton) for reductions of CO2e.


III.D.2. Well Unloading Emission Reductions


Under the Division’s proposal, operators will be required to capture and recover emissions from well


liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during


liquids unloading. Well swabbing is included in these calculations as well swabbing is essentially well


liquids unloading that requires the use of a specialized rig (a “swabbing rig”).


Control Equipment


The Division’s proposal would require the capture or control of emissions from unloading through the


use of control equipment. In the Initial EIA, the Division assumed that operators would use a temporary


65
Lessons Learned from Natural Gas STAR Partners: Installing Plunger Lift Systems in Gas Wells, EPA,


October 2006.


64
Liquids Unloading Options for Natural Gas Wells, 2012 Natural Gas STAR Annual Implementation


Workshop, April 12, 2012.
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open flare to control emissions during well unloading. The Division assumed that operators would have


to rent an open flare for each unloading event. This resulted in a high cost that has been adjusted in


this Final EIA.


After multiple discussions, the Division now understands that operators will likely comply by purchasing


open flares. Then, depending on whether the site configuration has room for a dedicated flare, the


operator will either install a dedicated flare or will purchase a portable flare and use it at multiple


sites. The Division, therefore, assumed that operators will purchase and operate a flare at each well


production facility where unloading controls will be required. While some operators may use a portable


flare, which could result in higher annual operating costs (travel, etc.), fewer open flares will need to


be purchased, which lowers capital costs. The Division believes its cost analysis therefore remains


conservative. Based on COGCC data on the frequency of well unloadings, the Division’s proposal would


require controls at 526 well production facilities.


To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales


gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a


statewide average gas composition as a percentage of total hydrocarbons in Table 24. From this gas


composition, and using the calculated average scf/event described above, the Division calculated an


estimated average lb/event for the following pollutants.


Table 24: Well Unloading Emissions Data


Well Unloading wt% of TOC DJ Basin (lb/event) Piceance (lb/event)


Methane 53.31% 421.5 516.9


VOC (NMNE) 29.35% 237.5 64.9


Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC and


103,128.16 CO2e (calculated only by looking at methane reductions; this number would be significantly


higher if the Division took into account the global warming potential of ethane). The Division did not


have data on the annual maintenance and operating cost associated with a dedicated open flare. Cost


estimates for enclosed combustion devices in previous rulemakings have used a significantly lower


annualized maintenance cost; in 2019, the Division assumed just under $3,000 per year for annual


maintenance of a flare. Here, the Division attempted to use EPA’s cost calculator and derived a higher


capital expenditure. To be conservative, the Division evaluated this proposal using two different annual


maintenance costs. The Division estimates the cost effectiveness of control as set forth below:
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Table 25: Well Unloading Control - Emissions and Cost Effectiveness


Cost Effectiveness at $10K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $10K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
685.17 31,617.85 $4,512,086.27 $6,585.31 $142.71


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


1,379.59 63,661.97 $7,328,141.06 $5,311.84 $115.11


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


170.08 7,848.34 $1,443,968.68


TOTAL 2,234.84 103,128.16 $13,284,196.01


Average Total Cost Per Ton $5,944.14 $128.81


Cost Effectiveness at $50K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $50K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
685.17 31,617.85 $11,654,586.27 $17,009.66 $368.61


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


1,379.59 63,661.97 $18,928,373.06 $13,720.33 $297.33


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


170.08 7,848.34 $3,729,728.68 $21,929.59 $475.23


TOTAL 2,234.84 103,128.16 $34,312,688.01


Average Total Cost Per Ton $15,353.55 $332.72


Based on the COGCC data, the Division’s proposal would require capture or control at approximately


29% of well production facilities with unloadings and would cover 75.5% of the total unloading events.


In the Initial EIA, the Division - as staff to the Commission - requested information from stakeholders to


inform the costs associated with this proposal. The Division did not receive cost information from


stakeholders, but used EPA’s cost calculator to generate updated conservative cost estimates for the


open flares.
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IV. Annual Emissions Inventory Reporting Updates


The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual


emissions inventory reports. The majority of these updates have no associated additional cost and are


absorbable costs associated with the existing requirements to prepare and submit annual emission


inventory reports. However, the Division is proposing that owners and operators who choose not to use


Division-approved default emission factors, and who choose to use site-specific emission factors, must


undertake periodic sampling analyses - every three years - to verify the efficacy of those factors on an


ongoing basis. These are avoidable costs, because operators may use state default factors.


The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes


that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will


use site-specific factors and therefore be subject to the periodic sampling requirements. As noted


above, the Division has determined there are 5,808 storage tank batteries statewide, and therefore


assumes that operators will conduct periodic sampling at 2,904 locations. The Division assumes that


each sampling event will require two samples - one sample of sales gas and one sample of tank vapors.


All composition analyses are assumed to be completed by a third party-testing company. Based upon


information provided by operators, the Division estimates an average cost per sample of $535. The


Division assumes that two samples will be required per tank battery, for a per-tank battery cost, every


three years, of $1,070, which the Division believes is absorbable by operators. Assuming every tank


battery in the state chooses to use a site-specific emission factor and therefore must conduct this


sampling, the Division estimates an annualized cost (across a 3 year sampling period) of $2,467,213. If


fifty percent of tank batteries choose the site-specific option, the annualized cost is $1,233,607.


Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requests additional information on the costs and


other regulatory impacts described in this initial EIA on these and any other potentially impacted


supporting businesses or industrial sectors.


V. Social Cost of Greenhouse Gas Analysis


The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the


dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB


21-1266 states “for a rule that implements § 25-7-105(1)(e) that may materially affect greenhouse gas


emissions, the economic impact analysis required by this subsection (4) must include an analysis of the


social cost of greenhouse gases related to the estimated emission reductions from the proposed rule.”


Pursuant to HB 21-1266, this analysis uses the social cost of greenhouse gas estimates, using a 2.5


percent discount rate, provided by the Federal Interagency Working Group on the Social Cost of


Greenhouse Gases, pursuant to Federal Executive Order 13990. It is important to note that the social
66


cost of greenhouse gases increases over time, to account for projected increases in the incremental


damages and resulting economic impacts of climate change in the future. Table 26 below presents the


estimated social benefits of emissions reductions that will result from this proposal from 2023 to 2030.


Emission reductions are expected to begin being achieved in 2023. The estimated benefits are


discounted to present (2021) dollars using the same discount rate of 2.5 percent.


66
Interagency Working Group on Social Cost of Greenhouse Gases, Technical Support Document: Social


Cost of Carbon, Methane, and Nitrous Oxide Interim Estimates under Executive Order 13990 (Feb.


2021)), 5-6, Tables ES-1, ES2, and ES3.
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Table 26: Social Cost of Greenhouse Gases


Year
Social Cost of


Carbon ($/mtCO2e)


Emission Reductions


(mtCO2e)
Social Benefit


Present Value


(2021 $)


2023 $80.34 530,912.98 $42,653,018.02 $40,597,756.59


2024 $81.65 530,912.98 $43,346,390.37 $40,251,432.56


2025 $82.95 4,510,867.00
67


$374,180,928.52 $338,989,453.46


2026 $84.26 4,510,867.00 $380,072,120.82 $335,928,373.59


2027 $85.56 5,452,806.00 $466,558,439.78 $402,311,880.41


2028 $86.87 5,452,806.00 $473,679,804.41 $398,490,352.01


2029 $88.18 5,452,806.00 $480,801,169.05 $394,615,910.74


2030 $89.48 6,128,866.00 $548,417,058.55 $439,133,092.86


Table 26 presents expected annual emission reductions through 2030. The annual emission reductions


are multiplied by the social cost of carbon in each respective year to determine a monetized value of


the stream of future damages produced by emissions in each year. As these emissions are being


reduced, however, this value also represents the monetized benefit to society of a decrease in


emissions and avoided future damages. As the social cost of greenhouse gas increases in each


respective year, so does the resulting economic benefit to society. Because the social benefit estimate


in each year is from the respective year’s perspective, the estimated social benefit in each future year


is then discounted to present (2021) dollars in order to account for inflation and understand the value


of future benefits from today’s perspective.


As Table 27 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions


are significant. Table 27 below incorporates both the total estimated annual costs (in present, 2021


dollars) and total estimated annual social benefits (in present, 2021 dollars) to determine a net present


value in each respective year. The Division anticipates that after 2024, the benefits to society from


reducing emissions far outweigh the costs to operators in achieving the reductions. It is important to


note, however, that the scope of the realized benefits is not limited to the areas most impacted by the


proposed rules, nor only the State of Colorado, but rather, society as a whole. Looking at years 2023 to


2030, the total net present value is estimated to be $1,662,859,483.52; all a benefit to society.


67
The Division, again, believes that the majority of these reductions will be achieved earlier. However,


the Division - for purposes of this EIA - has calculated social cost of greenhouse gas based upon an


analysis that assumes the intensity program will ensure these reductions are achieved in 2025-2030.
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Table 27: Net Benefits to Society


Year
Emission Reductions


(mtCO2e)


Present Value of


Costs (2021 $)


Present Value of


Benefits (2021 $)


Net Present Value


(2021 $)


2023 530,912.98 $39,479,989.20 $40,597,756.59 $1,117,767.39


2024 530,912.98 $38,517,062.64 $40,251,432.56 $1,734,369.93


2025 4,510,867.00 $115,033,908.20 $338,989,453.46 $223,955,545.27


2026 4,510,867.00 $112,228,203.12 $335,928,373.59 $223,700,170.47


2027 5,452,806.00 $109,490,929.87 $402,311,880.41 $292,820,950.54


2028 5,452,806.00 $106,820,419.39 $398,490,352.01 $291,669,932.63


2029 5,452,806.00 $104,215,043.30 $394,615,910.74 $290,400,867.44


2030 6,128,866.00 $101,673,212.98 $439,133,092.86 $337,459,879.88


IMPACTS TO DIVISION


The Division anticipates impacts to the Division’s workload as part of implementation of its proposal.


The Division believes that this workload impact will be handled by current and anticipated staff. The


Division has hired or is hiring an Air Quality Policy Engineer, additional performance test coordinators,


and program implementation staff. The Division is also currently building a database to manage the


annual emission reports submitted by operators under Regulation Number 7, Part D, Section V.


SUMMARY AND CONCLUSION


The Division prepared this Final Economic Impact Analysis in accordance with the requirements of §


25-7-110.5), C.R.S. Specifically, the Division utilized the methodology identified in §


25-7-110.5(4)(c)(III), C.R.S.


The Division has determined that there may be costs related to the proposed revisions potentially


impacting owner or operators of oil and gas operations including costs related to additional LDAR


inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance


of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well as


associated recordkeeping and reporting.


The Division projects that the proposal will reduce greenhouse gas emissions (in CO2e) by


approximately 4,881,917.92 mtCO2e per year at a cost range of approximately $41,478,663.66 to


$126,975,910.73 per year.  The overall cost effectiveness for the entire package is between $8.50 and


$25.68 per metric ton of CO2e reduced. The Division also estimates its proposal will reduce at least


8,289.66 tpy of VOC, not including VOC reduced by the intensity program (even though this program


will certainly reduce VOC emissions as well). The proposal will also have additional unquantified


emission benefits through reductions of ethane (which has a significant global warming potential and


ozone benefits) and hazardous air pollutants such as benzene. Tables 28 and 29, setting forth the


Division’s cost-effectiveness analysis, do not take into account the social cost of greenhouse gas as


discussed in the Section V of this Final EIA.
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Table 28: Cumulative Cost Effectiveness
68


GHG (mtCO2e) VOC (tons)
69


Total Average Emissions Reduced Per Year 4,881,917.92 8,289.66


Total Cost Effectiveness - No Cost Attributed to Intensity


Total Annual Cost $41,478,663.66


Total Cost Effectiveness $8.50/mtCO2e $5,003.67/ton VOC


Total Cost Effectiveness - Cost Attributed to Intensity


Total Annual Cost $126,975,910.73


Total Cost Effectiveness $26.01/mtCO2e $15,317.39/ton VOC


In the Initial EIA, the Division included no costs associated with the intensity program in the summary


and overall cost effectiveness analysis. As discussed in this document above, the Division had difficulty


estimating the cost of the intensity program as many of the emission reduction efforts toward this


intensity goal are those already required and considered in past economic impact analyses by this


Commission, or others. However, that seemed to potentially skew the cost effectiveness of this


program significantly downward.


Therefore, to be conservative in this Final EIA, the Division also attributed a cost of $19.65 per metric


ton CO2e reduction to the intensity program, which is reflected in both Tables 28 and 29. In these


tables, you can see the summary of cost effectiveness both with and without the cost attribution for


emission reductions credited to the intensity program for this purpose of this rule. The total emission


reductions and costs considered in this overall costs analysis are listed in Table 29, broken out by rule


program.


69
There are no assumed VOC emission reductions associated with the intensity program accounted for


in this summary of VOC reductions, though there are likely to be emission reductions associated with


the intensity program for VOC.


68
Total emission reductions decreased from the Initial EIA due to the revisions to the reductions


associated with the intensity program. The Division used the 2025 numbers for the intensity program in


this Final EIA instead of the 2030 numbers. Also, the Division subtracted out from the 2025 intensity


numbers those emission reductions associated with other components of this package that achieve


reduction from the upstream segment.
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Table 29: Total Emission Reductions


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions (tpy)


Total Annual


Costs


Control Equipment


Performance
Reg. 7, Section II.B 56,733.90 2,211.40 $14,655,253.00


Compressor Station


LDAR
Reg. 7, Section II.E 2,897.64 41.00 $109,041.70


Gas Plant LDAR Reg. 7, Section II.I 5,255.00 114 $383,578.00


Pigging/Blowdowns Reg. 7, Section II.H 228,781.00 1,628 $9,290,705.04


Pneumatics at Gas


Plants
Reg. 7, Section III -- -- $0.00


Rod Packing at Gas


Plants


Reg. 7, Section


II.B.3
126,997.92 1,261.62 $498,143.51


Upstream LDAR Reg. 7, Section II.E 7,119.36 798.87 $2,024,139.40


Upstream Intensity


By 2025
Reg. 22, Section IV 4,351,005


70
-- $85,497,247.07


Well Unloading Reg. 7, Section II.G 103,128.16 2,234.84 13,284,196.01


Sampling Reg. 7, Section V -- -- $1,233,607


TOTAL 4,881,917.92 8,289.66


Cost Effectiveness Summary


Cost Effectiveness without Intensity Cost $8.50 $5,003.67 $41,478,663.66


Cost Effectiveness with Intensity Cost $26.01 $15,317.39 $126,975,910.73


Based on the above analyses, the Division believes the proposed revisions are cost-effective. The


Division has provided an estimate of costs based on reasonably available information and will consider


any additional information provided by stakeholders. The Division as staff to the Commission requests


that affected industry or any interested party submit information with regard to the cost of compliance


with these proposed rule revisions.


70
The intensity reductions included in this rule are based on the 2025 intensity target emission


reductions, minus the emission reductions included in this rule for other aspects of the upstream GHG


program.
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REBUTTAL ALTERNATIVES AND REVISIONS TO FINAL EIA


The Division has made revisions and updates to the Final Economic Impact Analysis, submitted with
71


the Division’s Rebuttal Statement, including:


● Better Performance of Air Pollution Control Equipment (Final EIA Section I.)


○ Alternative cost analysis for flow meters and performance tests using industry provided


data, for comparison


○ Alternative analysis, but does not replace the analysis completed previously


● Leak Detection and Repair at Compressor Stations (Final EIA Section II.A.1.)


○ Revision and replacement of LDAR analysis for compressor stations, due to a revision in


the Division’s proposal


○ Replaces analysis of compressor station LDAR done previously


● Pneumatics Inspection Schedule for Compressor Stations (New Section)


○ New analysis for proposed new inspection frequency for pneumatic devices


● Leak Detection and Repair Inspections at Well Production Facilities (Final EIA Section III.A.)


○ Revision and replacement of LDAR analysis for well production facilities, due to a


revision in the Division’s proposal


○ Replaces analysis for well production LDAR from III.A., but does not replace the analysis


completed previously


● Pneumatics Inspection Schedule for Well Production Facilities (New Section)


○ New analysis for proposed new inspection frequency for pneumatic devices


● Emission Reductions From Well Maintenance and Liquids Unloading Activities (Final EIA Section


III.D.)


○ Alternative cost analysis for well unloading activities, to account for gas composition


and unloading frequency differences within the state


○ Alternative analysis, but does not replace the analysis completed previously


● Greenhouse Gas Intensity Program (Final EIA Section III.C.)


○ Alternative analysis of the costs and emissions benefits based upon the EDF Initial EIA


I. Better Performance of Air Pollution Control Equipment


The Division reviewed information provided by industry groups, including the Joint Industry Workgroup


(JIWG) and others , and adjusted the cost analysis associated with the proposed requirements to
72


install and operate flow meters as well as to perform periodic performance tests on enclosed


combustion devices. A complete summary of the result is in Table 30. The Division conducted an


alternative analysis that included additional facility preparation costs not included in its analysis of


performance test costs, engineering and installation costs associated with flow meters, and additional


annual maintenance costs for flow meters. The Division excluded outliers in the information provided


by the JIWG in their cost summaries.


72
See JIWG_PHS_Ex-012.


71
The Division also corrected typographical or transcription errors throughout this document, but true


alternatives and revisions to the costs analysis are contained in this Rebuttal section.
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The JIWG also included emission estimates that were far below those of the Division. The JIWG’s
73


revised emissions benefit analysis appears to have been based on responses (but not actual test


reports) received from a few testing companies. However, the Division’s analysis of emissions benefits
74


was based on actual test report data received and reviewed by the Division, as well as actual emissions


estimates in the Division’s APEN and permitting database. Therefore, the Division believes that its data


is more accurate and reliable, and maintained its Final EIA analysis to calculate the updated costs for


comparison.


Table 30: Control Device Performance Economic Impact Revisions


Performance Test Costs


Final EIA JIWG PHS Alternative Cost
75


Performance Test $6,326.60 $8,225.00 $6,326.60
76


Facility Prep by Operator
77


$0.00 $7,912.50 $3,750.00


Total Performance Test Cost $6,326.60 $16,137.50 $10,076.60


Flow Meter Costs


Final EIA JIWG PHS Alternative Cost


Flow Meter Cost $2,439.00 $5,842.86 $5,842.86


Engineering and Installation $0.00 $20,183.86 $11,092.58


Total Equipment Cost $2,439.00 $26,026.72 $16,935.44


Useful Life 15 Years 8.4 Years 15 Years


Annual Maintenance Cost $0.00 $682.67 $682.67


Annualized Flow Meter Cost
78


$389.68 $3,781.09 $3,388.45


ECD Performance Improvement Cost Per Ton


Final EIA JIWG PHS Alternative Cost


VOC Emission Reduction (tpy) 2,211.40 202.97 2,211.40


VOC Cost per ton ($/ton) $6,627.14 $324,559.89 $22,451.77


GHG Emission Reduction (mtCO2e/yr) 56,733.90 5,207.11 56,733.90


GHG Cost per ton ($/mtCO2e) $258.32 $12,650.84 $875.14


78
Annualized cost for flow meters differs between the JIWG PHS and the Division EIA, as the Division


assumes 6% interest per year to create the amortized cost of the equipment, installation, and


engineering design. JIWG included no interest in their annualized cost.


77
The Division’s Final EIA cost estimate included facility prep included in the costs provided by the


testing company. JIWG insists that there are other preparatory costs.


76
The Division’s cost estimate was based on multiple conversations with testing companies and


operators, and the Division does not believe it requires adjustment upwards.


75
The Division reviewed the JIWG PHS and excluded outliers from the operator submittals to determine


the appropriate revisions to the facility preparation costs for performance tests as well as the


engineering and installation costs for flow meters.


74
Id.


73
See JIWG_PHS_Ex-012, p.5.
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While the Division stands by the analysis from the Final EIA , even with the alternative calculations
79


made, the requirement to install and operate flow meters and conduct performance tests on enclosed


combustion devices remains cost effective.


II. Midstream Program(s)


The Division has revised the proposal for leak detection and repair of compressor stations with


uncontrolled actual emissions less than 50 tpy of VOC, both in and out of DI Communities. The Division


has also proposed to increase the inspection frequencies for pneumatic controllers at compressor


stations to match the proposed leak detection and repair frequencies.


II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E


The Division has revised the proposal for inspections of compressor stations from quarterly for those


outside of the nonattainment area (“NAA”) that are also located in DI Communities, to require


quarterly inspections for all compressor stations with uncontrolled actual emissions below 12 tpy VOC.


However, given that compressor stations inside the NAA are already at a quarterly frequency, this would


impact only the 75 compressor stations identified by the Division in the Final EIA. Further, the Division
80


is now proposing to require inspections bimonthly (six times per year) at compressor stations inside the


NAA with emissions between 12 and 50 tpy VOC located in a DI Community or within 1000 feet of an


occupied area. Compressor stations outside of the NAA within 1,000 feet of an occupied area would


also have a bimonthly inspection frequency. This revised analysis replaces the analysis done in the Cost


Effectiveness Analysis, III.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.d.


and includes a number of updates to the cost analysis calculation from the Final EIA, including:


● The number of facilities affected by the rule has changed.


● The incremental change to costs associated with repair time is reflected in this analysis.
81


● The estimated VOC emission reductions per facility were recalculated for the 9-County,


Piceance, and remainder of the state, to account for incorrect use of VOC emission factors in


the Final EIA.


● The Division estimated the repair hours and emission reductions associated with a new category


of LDAR frequency (bimonthly).


The new proposal would require all compressor stations within a disproportionately impacted


community (in the NAA) or within 1000 feet of an occupied area (statewide) to be inspected six times
82


per year (across the year, bimonthly). The new proposal also increases all remaining semi-annual


inspections to quarterly. The Division assumed that 26.48% of compressor stations in the 9-County area


and 32.98% of compressor stations in the Piceance Basin and remainder of state were also in DI


Communities. The number of compressor stations affected by this rule proposal is in Table 31.


82
The Division assumed that percentage of compressor stations in DI communities also included


compressor stations within 1,000 feet of an occupied area. Because the Division believes that the


number of facilities outside the nonattainment area in a DI community is fewer than the number of


facilities outside the nonattainment area that are within 1,000 feet of an occupied area, this


assumption makes the Division’s analysis conservative.


81
In the Final EIA, the Division attributed the full hours of repair time associated with the quarterly


inspection frequency instead of the incremental change that occurred from semi-annual to quarterly.


80
Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR


frequency.


79
Cost Effectiveness Analysis, I.E. Enclosed Combustion Device Performance Cost Effectiveness, p.12.
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Table 31: CS LDAR Proposed Frequency
83


Compressor Station VOC Tier (tpy)
Number of Compressor


Stations


Current


Frequency


Proposed


Frequency


ROS: <12 50 Semi-Annual Quarterly


ROS: <12 - DI/prox 25 Semi-Annual 6x


Nonattainment Area : <12 - DI/prox
84


9 Quarterly 6x


>12 - <50 - DI/prox 25 Quarterly 6x


Inspections


For this analysis, unlike in the Final EIA, the Division assumed that operators would use only infrared


(IR) cameras to meet this increased inspection requirement. Table 32 includes a breakdown and


analysis of the estimated leak inspection time and costs under the different possible conditions


mentioned in the preceding section.


Table 32: CS LDAR Inspection Costs


# Inspections Inspection type
Inspection


method


Total Inspection


hours
85


Cost per hour Total cost


268


In-House FLIR 3,420.4 $105.00 $359,140.74


Contractor FLIR 520.2 $137.00 $71,269.04


Totals 3,940.6 $430,409.78


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $430,409.78 per year; or


$3,948.71 per compressor station per year.


Leak Repair


The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this


analysis uses the incremental change in repair hours associated with the proposed revisions. The


Division also made a scaled assumption of leak rate for the new LDAR frequency of six times per year.


Table 33 includes the leak rates assumed along with repair hours calculated according to the


methodology laid out previously.


85
The Division assumed 10.6 inspection hours for compressor stations with emissions less than 12 tpy


VOC and 28.1 inspection hours for compressor stations with emissions above 12 tpy VOC.


84
Section II LDAR frequency does not distinguish between the nonattainment area and the remainder of


the state, but Section I LDAR frequency for this category in the nonattainment area is already at


quarterly, not semi-annual. For the purpose of this economic impact analysis, the Division accounted


for the incremental change from quarterly to six times per year for compressor stations in the


nonattainment area affected by this rule.


83
This table does not include compressor stations for which there is no proposed change.
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Table 33: CS Repair Hours from LDAR Frequencies


LDAR Frequency Leak Rate Repair Hours


Annual 1.18% 23.2


Semi-Annual 1.48% 29.1


Quarterly 1.77% 34.8


6x 1.92% 37.7


Monthly 2.36% 46.3


Using these assumed repair hours and the incremental change in frequency as outlined in Table 31, the


Division calculated an increase of 600.8 repair hours. At a cost of $82.06/hour, the total repair cost is


$49,301.65.


Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program, though broken out by basin as opposed to by compressor station tier.
86


Further, the Division assumes that the inspection frequency of six times per year will gain a 70%


reduction in emissions, as seen in Table 34.


Table 34: CS Emission Calculations from LDAR


Methane Emissions from Model Compressor Station(tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 8.68 27.68 18.18


Annual 40% 5.21 16.61 10.91


Semi-Annual 50% 4.34 13.84 9.09


Quarterly 60% 3.47 11.07 7.27


6x 70% 2.60 8.30 5.45


Monthly 80% 1.74 5.54 3.64


VOC Emissions from Model Compressor Station (tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 7.96 12.17 10.07


Annual 40% 4.78 7.30 6.04


Semi-Annual 50% 3.98 6.09 5.03


Quarterly 60% 3.18 4.87 4.03


6x 70% 2.39 3.65 3.02


Monthly 80% 1.59 2.43 2.01


86
In the Final EIA, the Division erroneously attributed the compressor station tier model facility


emissions to the calculations for different basins. The Division corrected that in this analysis.
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The total expected emission reductions from this program is outlined in Table 35, below.


Table 35: CS Emission Reductions from LDAR


Compressor Station VOC Tier (tpy)
Total VOC


Reductions (tpy)


Total Methane


Reduction (tpy)


Total Greenhouse


Gas Reduction


(mtCO2e/yr)


Outside the NAA: <12 54.3 109.0 2,767.5


Outside the NAA: <12 - DI/prox 54.5 109.9 2,791.6


NAA: <12 - DI/prox 7.2 7.8 198.4


>12 - <50 - DI/prox 24.7 43.6 1,106.2


TOTAL 140.8 270.2 6,863.7


Cost Effectiveness


Combining the annual cost of inspections, $430,409.78, with the annual cost of repairs, $49,301.65,


incorporating a recovered natural gas value of $92,904.27, the effectiveness of this requirement is


$2,747.89 per ton VOC and $56.36 per mtCO2e. The Division is also providing the spreadsheets used to


complete this analysis and develop all of these summary tables as part of this Rebuttal.
87


Table 36: CS LDAR Cost Effectiveness


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $430,409.78 $49,301.65 $479,711.43


Recovered Natural Gas $92,904.27


Net Cost $386,807.16


Compressor Station Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


140.8 $2,747.89 6,863.7 $56.36


II.B. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.


To align with the new leak detection and repair frequencies for compressor stations, the Division has


proposed to update the inspection frequency for gas-driven pneumatic controllers in Section III.F. The


proposed revisions build upon the statewide LDAR program in Regulation Number 7 and the Division


assumes that owners or operators will incorporate the pneumatic controller inspections into their


natural gas compressor station LDAR programs. The Division understands that operators will inspect the


gas-driven pneumatic controllers during the same inspection as the Section II.E component inspections,


87
APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx).
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and therefore has determined there are minimal, if any, additional inspection and recordkeeping costs.


According to the Final Economic Impact Analysis for the December 2019 rulemaking, as supported by


both industry stakeholders and the environmental community, the incremental labor and material


costs, costs above those related to the aligned LDAR inspection, are variable and range from


insignificant to $600 per facility per year. The Division, as staff to the Commission, requests that
88


owners or operators of natural gas-driven pneumatic controllers provide Colorado specific cost


information concerning the proposed revisions if it conflicts with the foregoing.


III. Upstream Program


The Division has updated the cost analysis for both leak detection and repair inspections at well


production facilities as well as for well maintenance and liquids unloading activities.


III.A. Leak Detection and Repair Inspections at Well Production Facilities Statewide and in


Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.


In addition to the new facility LDAR requirements analyzed in the Final EIA, the Division has proposed
89


additional requirements for existing well production facilities, statewide and in disproportionately


impacted communities. This analysis replaces the previous analysis completed in Cost Effectiveness


Analysis, III.A. Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.4.e.


The new proposal would require all well production facilities within a DI Community (in the NAA) or


within 1,000 feet of an occupied area (statewide) to be inspected at a higher frequency, and increases


the minimum inspection frequency from a one-time inspection to at least annual. The Division assumed


that 26.48% of compressor stations in the 9-County area and 32.98% of compressor stations in the


Piceance Basin and remainder of state were also in DI Communities. Further, the Division consulted


with stakeholders to conduct an evaluation of how many well production facilities were within 1,000


feet of an occupied area. Based on these discussions, the Division assumed that in the NAA, 16% of well


production facilities were within 1,000 feet of an occupied area but not within a DI Community.


Outside the NAA, the Division assumed that 9.2% of well production facilities were located within 1,000


feet of an occupied area. From there the Division was able to determine how many well production


facilities would be affected, especially where existing regulatory provisions require more frequent


inspections at well production facilities within 1,000 feet of an occupied area. The number of well


production facilities affected by this rule proposal is in Table 37.


89
Cost Effectiveness Analysis, III.B. Leak Detection and Repair Inspections at Newly Constructed Well


Production Facilities: Regulation Number 7, Part D, Section II.E.4.f, p. 29.


88
Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30.
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Table 37: WPF Emission Reductions from LDAR


WPF Fugitive VOC Tier (tpy)
Number of


WPF


Current


Frequency


Proposed


Frequency


Other Statewide: <2tpy 5,487 One-time Annual


NAA: <1tpy and ROS: <2tpy


(within 1000 ft, not DI)
802 One-time Semi-Annual


ROS: <2tpy (DI) 1,478 One-time Annual


NAA: <1 tpy (DI) 1,183 One-time Semi-annual


NAA: >1 - <2tpy (not DI or w/in 1000 ft) 679 Annual Annual


NAA: >1 - <2tpy (DI) 312 Annual Semi-Annual


NAA: >1,<2 (within 1000 ft, not DI) 189 Annual Semi-Annual


>2 - <12 tpy 1,808 Semi-Annual Bimonthly (6x)


>2 - <12 tpy (DI) 702 Semi-Annual Bimonthly (6x)


>12 - <50 (not DI or w/in 1000 ft)


(includes some 2-12 in proximity)
1,066 Quarterly Bimonthly (6x)


>12 - <50 (DI) 89 Quarterly Monthly


>12 - <50 (within 1000 ft) 316 Monthly Monthly


>50 1,134 Monthly Monthly


TOTAL 15,245
28,220


Inspections


52,540


Inspections


Inspections


The Division’s analysis as set forth above results in an increase in 24,320 inspections, statewide, per


year. For this analysis, the Division assumed that operators would use only IR cameras to meet this


increased inspection requirement. Table 38 includes a breakdown and analysis of the estimated leak


inspection time and costs under the different possible conditions mentioned in the preceding section.


The Division assumed a reduced number of hours per inspection than in the Final EIA or previous


rulemaking efforts. The Environmental Defense Fund provided updated information in their prehearing


statement and alternate proposal submission, which the Division used in this analysis. The EDF
90


information suggested the Division’s average number of hours per inspection was too high.
91


91
Id.


90
See EDF_ALT_EX-001-004, pp. 16-17.
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Table 38: WPF LDAR Inspection Costs


Basin/Area


Inspection Type


(All AIMM)


# NEW


Inspections


Hours per


Inspection


Cost per


hour Result: Total cost


9-County Area


In-House 13,173 3.64 $105.00 $5,034,644.16


Contractor 3,293 3.64 $137.00 $1,642,252.98


Piceance Basin


In-House 4,850 3.64 $105.00 $1,853,822.88


Contractor 1,213 3.64 $137.00 $604,699.37


Rest of State


In-House 1,433 3.64 $105.00 $547,616.16


Contractor 358 3.64 $137.00 $178,627.18


Totals 24,320 $9,861,662.72


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $9,861,662.72.


Leak Repair


The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this


analysis uses the incremental change in repair hours associated with the proposed revisions. The


Division also made a scaled assumption of leak rate for the new LDAR frequency of six times per year.


Table 39 includes the leak rates assumed along with repair hours calculated according to the


methodology laid out previously.


Table 39: WPF Repair Hours from LDAR Frequencies


LDAR Frequency Leak Rate
Repair Hours in


9-County Area


Repair Hours in


Remainder of State


Annual 1.18% 12.07 7.86


Semi-Annual 1.48% 15.13 9.86


Quarterly 1.77% 18.1 11.79


6x 1.92% 21.17 12.79


Monthly 2.36% 24.13 15.72


Using these assumed repair hours and the incremental change in frequency as outlined in Table 37, the


Division calculated an increase of 113,191 repair hours. At a cost of $82.06/hour, the total repair cost is


$9,288,452.64.


Emission Reductions


The Division used the same model well production facilities for the development of emissions per


facility that it used for the Final EIA. Table 40 includes emissions assumed from model facilities for well


production facilities with emissions greater than or equal to 2 tpy VOC.
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Table 40: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC


Methane Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 4.56 7.32 5.94


Annual 40% 2.74 4.39 3.56


Semi-Annual 50% 2.28 3.66 2.97


Quarterly 60% 1.82 2.93 2.38


6x 70% 1.37 2.20 1.78


Monthly 80% 0.91 1.46 1.19


VOC Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 5.09 3.05 4.07


Annual 40% 3.05 1.83 2.44


Semi-Annual 50% 2.55 1.53 2.04


Quarterly 60% 2.04 1.22 1.63


6x 70% 1.53 0.92 1.22


Monthly 80% 1.02 0.61 0.81


However, the model facilities developed for Table 40 were not appropriate to use for well production


facilities with emissions less than 2 tpy VOC. The model well production facilities in Table 40 were


developed based on data from compressor stations with emissions greater than 2 tpy VOC. The Division


lacks emissions data in Air Pollution Emission Notices , and the emissions inventory submitted for 2020
92


emissions reporting did not result in information easily analyzed, for small well production facilities


lacking AIRS IDs. Therefore, the Division assumed that both methane and VOC emissions for all well


production facilities with emissions less than 2 tpy VOC were: 0.5 tpy with no LDAR inspections, 0.3 tpy


for facilities with annual LDAR inspections, and 0.25 tpy for facilities with semi-annual LDAR


inspections. Using the emissions per model well production facility outlined above, the Division


calculated an emissions reduction of 4,852 tpy VOC, 5,110 tpy methane, and 129,808 mtCO2e/year.


Cost Effectiveness


Combining the annual cost of inspections, $9,861,662.72, with the annual cost of repairs,


$9,288,452.64, yields a total gross annual cost of $19,150,115.36. Based on these reductions and


associated costs, incorporating a recovered natural gas value of $1,402,665.45, the effectiveness of


this requirement is $3,658.02 per ton VOC and $136.72 per mtCO2e. The Division is also providing the


spreadsheets used to complete this analysis and develop all of these summary tables as part of this


Rebuttal.
93


93
APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx).


92
Because the APEN thresholds are 1 tpy VOC in the NAA and 2 tpy VOC outside the NAA, so sources


below these thresholds are largely not required to submit APENs.
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Table 41: WPF LDAR Total Annual Cost


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $9,861,662.72 $9,288,452.64 $19,150,115.36


Recovered Natural Gas $1,402,665.45


Net Cost $17,747,449.91


WPF Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


4,852 $3,658.02 129,808 $136.72


III.B. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.


To align with the new leak detection and repair frequencies for well production facilities, the Division


has proposed to update the inspection frequency for pneumatic controllers to match. The proposed


revisions build upon the statewide LDAR program in Regulation Number 7 and the Division assumes that


owners or operators will incorporate the pneumatic controller inspections into their natural gas


compressor station LDAR programs. The Division understands that operators will inspect the gas-driven


pneumatic controllers during the same inspection as the Section II.E component inspections, and


therefore has determined there are minimal, if any, additional inspection and recordkeeping costs.


According to the Final Economic Impact Analysis for the December 2019 rulemaking,the incremental


labor and material costs, costs above those related to the aligned LDAR inspection, are variable and


range from insignificant to $600 per facility per year. The Division, as staff to the Commission,
94


requests that owners or operators of natural gas-driven pneumatic controllers provide Colorado specific


cost information concerning the proposed revisions if it conflicts with the foregoing.


III.C. Well Maintenance and Liquids Unloading Activities, Regulation Number 7, Part D,


Section II.G


In the Division’s Final EIA, the Division used a statewide average VOC and methane lb/event factor in


calculating emissions. In its Prehearing Statement, the JIWG questioned why the Division would not use


basin-specific factors where it had the data. The Division believes use of a statewide average is


appropriate, but for the Rebuttal Statement, the Division conducted an alternative analysis, updating


the calculations for emission amounts, reductions, and cost/ton amounts associated with well


unloading. Recognizing the differences in gas compositions and unloading frequencies between DJ Basin


and the Piceance Basin, the Division revised the calculations that previously assumed a statewide gas


composition and statewide lb/event emission factor, to instead assume emitted gas compositions


specific to the two major basins.


To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales


gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a


representative gas composition for DJ Basin and Piceance Basin.  From these gas compositions, and
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using a representative emitted volume of 14,000 scf/event, the Division calculated an average lb/event


in Table 42 for the following pollutants.


Table 42: Well Unloading Emissions


Pollutant DJ Basin (lb/event) Piceance (lb/event)


Methane 421.5 516.9


VOC (NMNE) 237.5 64.9


Given that more unloading events happen in the Piceance than in the DJ Basin, and that Piceance gas


has a higher composition of methane and a lower composition of VOC, this alternative analysis results


in a decreased VOC emissions benefit but an increased GHG emissions benefit. Assuming 95% control of


emissions from well unloading results in a reduction of 1,023.71 tpy VOC and 122,595.94 mt/yr CO2e


(CO2e reductions only look at methane reductions and would be significantly higher if the Division took


into account the global warming potential of ethane).


The Division did not have data on the annual maintenance and operating cost associated with a


dedicated open flare. Cost estimates for enclosed combustion devices in previous rulemakings have


used a significantly lower annualized maintenance cost; in 2019, the Division assumed just under


$3,000 per year for annual maintenance of a flare. Here, as in the Final EIA, the Division attempted to


use EPA’s cost calculator and derived a higher capital expenditure. To be conservative, the Division


evaluated this proposal using two different annual maintenance costs. The Division estimates the cost


effectiveness of control as set forth in Table 43.
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Table 43: Well Unloading Control - Emissions and Cost Effectiveness


Cost Effectiveness at $10K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $10K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
313.86 37,586.44 $4,512,086.27 $14,376.30 $120.05


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


631.94 75,679.61 $7,328,141.06 $11,596.20 $96.83


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


77.91 9,329.90 $1,443,968.68 $18,534.54 $154.77


TOTAL 1,023.71 122,595.94 $13,284,196.01


Average Total Cost Per Ton $12,976.57 $108.36


Cost Effectiveness at $50K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $50K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
313.86 37,586.44 $11,654,586.27 $37,133.56 $310.07


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


631.94 75,679.61 $18,928,373.06 $29,952.65 $250.11


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


77.91 9,329.90 $3,729,728.68 $47,874.18 $399.76


TOTAL 1,023.71 122,595.94 $34,312,688.01


Average Total Cost Per Ton $33,518.11 $279.88


Based on the COGCC data, the Division’s proposal would require capture or control at approximately


29% of well production facilities with unloadings and would cover 75.5% of the total unloading events.
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In the Initial EIA, the Division - as staff to the Commission - requested information from stakeholders to


inform the costs associated with this proposal. The Division did not receive cost information from
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stakeholders, but used EPA’s cost calculator to generate updated conservative cost estimates for the


open flares.


III.D. Upstream Intensity Program, Regulation Number 7, Part D, Section II.G


The Division, in response to concerns of various parties, in particular various non governmental


organizations and local public health agencies, has developed an alternative emission reduction and


costs analysis associated with the intensity program. This analysis does not replace, but supplements,


the analysis in the Division’s Final EIA.


Accounting only for requirements part of the Rebuttal proposal and analyzed throughout this


document, this analysis demonstrates a potential maximum emission reduction from intensity of


1,540,087 mtCO2e/year. Even the maximum potential program reliance on intensity is conservatively


high. First, EDF’s estimate of how many tons of emission reductions is still necessary was based on a


very conservative estimate of current regulatory programs achieving only 60% of necessary emissions.


The Division believes the number is closer to 75-80%, if not higher.  Second, because EDF’s analysis did


not, as the Division understands it, take into account the following additional reductions that the


Division expects from either its Rebuttal proposal or other regulatory or voluntary programs in


Colorado, without limitation:


● Emissions from “super emitters” or “abnormal operating conditions” at compressor stations;


● Emissions that will be reduced by the Division’s proposals in Section II.H that require the use of


electrical power for capture and recovery equipment;


● Emissions from improperly operating pneumatics addressed by the increased frequency of


inspections in Section III.F of this Rebuttal proposal;


● Emission reductions from voluntary measures;


● Emission reductions from the COGCC mission change rulemaking, such as venting and flaring


requirements, permitting provisions, or best management practices.


However, the Division is using (for this analysis) the 60% assumption as well as the undercounted


emission reductions listed above as we lack quantifiable data related to the emissions reductions


achieved through recent rulemaking activities. The emission reductions attributed to the other


proposed regulatory requirements part of this rulemaking, along with the maximum potential program


reliance on intensity, is presented in Table 44.
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Table 44: Upstream Intensity Emission Reductions by 2030


Proposed Program
Total Methane Reductions


(mt/year)
Source of Emission Estimate


WPF LDAR 64,000 EDF


Pigging/blowdown 9,600 EDF


Rod packing 4,535 Division


Well unloading 4,378 Division


Performance testing 2,026 Division


Gas plant LDAR 188 Division


Compressor station LDAR 270 Division


TOTAL Achieved by 2030 84,997 mt/year 2,379,913 mtCO2e/year


Maximum Potential Program Reliance On Intensity


TOTAL Needed to Meet Statutory Targets


(per EDF)
140,000 mt CH4/year 3,920,000 mtCO2e/year


Maximum Potential Program Reliance


on Intensity to Meet Targets
55,003 mt CH4/year 1,540,087 mtCO2e/year


Based on EDF’s analysis, the cost of the intensity program between adoption and 2025 would be $0,


because the implication of EDF’s analysis is that operators will meet their 2025 intensity targets by


virtue of regulatory revisions already adopted by the Commission. As set forth above, under EDF’s
96


analysis, the maximum potential program reliance on intensity to achieve the state’s targets is


1,540,087 mtCO2e/year, which based on the Division’s estimate of cost in the Final EIA, results in a


maximum cost of the intensity program of $30,262,710.


IV. Rebuttal Emissions and Costs Summary


The Division prepared this Revised Final Economic Impact Analysis in accordance with the requirements


of § 25-7-110.5), C.R.S. Specifically, the Division utilized the methodology identified in §


25-7-110.5(4)(c)(III), C.R.S.


The Division has determined that there may be costs related to the proposed revisions potentially


impacting owner or operators of oil and gas operations including costs related to additional LDAR


inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance


of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well as


associated recordkeeping and reporting.


IV.A. Summary of All Rebuttal Cost Analyses


The Division summarized all of the changes to the costs resulting from the Rebuttal revision to the


economic impact analysis in Table 45. All of the revisions made in this Rebuttal revision to the Final EIA


would result in a net decrease of $2,214,720 to the total cost of the proposal.
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Table 45: Cost Summary of all Rebuttal Alternatives and Revisions


Cost Summary of Revisions and Additions to Final EIA


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions


(tpy)


Total Annual


Costs


Change from


Original


Proposal


Compressor Station


LDAR
Reg. 7, Section II.E 6,864 141 $386,807 +$277,765


Upstream LDAR Reg. 7, Section II.E 129,808 4,852 $17,747,450 +$17,747,450


Pneumatics at


Compressor


Stations


Reg. 7, Section III -- -- -- $0


Pneumatics at Well


Production


Facilities


Reg. 7, Section III -- -- -- $0


Cost Summary of Alternative Analyses to Final EIA


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions


(tpy)


Total Annual


Costs


Change from


Original


Proposal


Control Equipment


Performance


Reg. 7,


Section II.B
56,734 2,211 $49,649,855 +$34,994,602


Well Unloading
Reg. 7,


Section II.G
122,596 1,024 $13,284,196 $0


Upstream Intensity


By 2025


Reg. 22,


Section IV
0 --- $0 -$85,497,247


Upstream Intensity


By 2030


Reg. 22,


Section IV
1,540,087 --- $30,262,710 -$55,234,537


IV.B. Summary of New and Updated Rebuttal Revisions to Final Economic Impact Analysis


The Division projects that the Commission’s regulations, as modified by this proposal, will reduce


greenhouse gas emissions (in CO2e) by approximately 4,878,765 mtCO2e per year at a cost range of
97


approximately $59,503,879 to $142,310,503 per year. The overall cost effectiveness for the entire


package is between $29.17 and $89.62 per metric ton of CO2e reduced (and the social cost of


greenhouse gas as set forth in the Final EIA is $82.95, reflecting a significant benefit to Colorado and


the climate through this program).


The Division also estimates its proposal will reduce at least 13,261 tpy of VOC, not including VOC


reduced by the intensity program (even though this program will certainly reduce VOC emissions as


97
Note that the overall emission reductions changed minimally from the Final EIA, as upstream


emission reductions, now also including those from this updated proposal, are accounted for in the


intensity program estimate in Table 29.
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well). This results in an overall cost effectiveness for this package of between $4,486.99 and


$10,731.17 per ton of VOC reduced. The proposal will also have additional unquantified emission


benefits through reductions of ethane (which has a significant global warming potential and ozone


benefits) and hazardous air pollutants such as benzene.


Based on this analysis, the Division believes the current rule proposal is cost effective. The Division has


provided an estimate of costs based on reasonably available information and will consider any


additional information provided by stakeholders. The Division as staff to the Commission requests that


affected industry or any interested party submit information with regard to the cost of compliance with


these proposed rule revisions.
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SHER Team Upstream/Midstream Subgroup
January 9, 2019


Curtis Taipale
Colorado Department of Public Health & Environment


Air Pollution Control Division
Planning and Policy Program


Estimation of Fugitive 
Emissions from Well Production 


Facilities and Compressor 
Stations







Methodology for estimating WPF 
fugitive emissions


 Based on O&G producer data reported on APEN 
forms
 APEN Form 205 - provides data on condensate storage 


tank batteries: oil production, number of tanks, VOC 
emissions etc.


 APEN Form 203 - provides data on VOC content of oil 
and gas streams and component counts for fugitive 
emissions
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Example Data Reported on APEN Form 205


3







Example Data Reported on APEN Form 203
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 Emission factors based on 1995 EPA document 
“Protocol for Equipment Leak Emission Estimates”
 Use Table 2-4 emission factors 
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From Final Economic Impact Analysis for the 
2014 Regulation Number 7 Hearing (page 25)
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From Final Economic Impact Analysis for the 
2014 Regulation Number 7 Hearing (page 24)
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		R7-R22_Regulatory Analysis

		REGULATORY ANALYSIS

		In performing a regulatory analysis, each rulemaking entity must provide the information requested for the regulatory analysis to be considered a good faith effort. Each regulatory analysis shall include quantification of the data to the extent practi...

		Per the provisions of § 24-4-103(4.5)(a), Colorado Revised Statutes, the regulatory analysis must include the following:

		Introduction

		During the 2019 legislative session, Colorado’s General Assembly adopted revisions to several Colorado Revised Statutes in Senate Bill 19-181 (SB 19-181) (Concerning additional public welfare protections regarding the conduct of oil and gas operations...

		In October 2020, the Commission established a target for the sector including oil and gas fugitive emissions (O&G Sector) of a 36% reduction from the 2005 baseline by 2025 and a 60% reduction from the 2005 baseline by 2030 (from an estimated 20.17 mil...

		In this rulemaking action, the Air Pollution Control Division (Division) has proposed requirements for upstream and midstream segment operations to reduce GHG emissions sufficient - when taken in combination with other regulatory and voluntary actions...

		These proposed requirements build on the extensive regulatory framework to reduce GHGs from the oil and gas sector that Colorado has developed and steadily updated since 2014. Highlights of the Division’s proposal for Regulation 7, Part D, include:

		 Updating maintenance and performance test requirements for air pollution control equipment, including enclosed combustion devices, in both the State Implementation Plan (SIP) and more broadly on a state-only basis;

		 Expanding Approved Instrument Monitoring Method (AIMM) inspection requirements for compressor stations and well production facilities;

		 Expanding rod-packing replacement, leak detection and repair (LDAR), and pneumatic controller requirements to natural gas processing plants state-wide;

		 Reducing emissions from well liquids unloading, well swabbing, well maintenance activities, and well plugging;

		 Implementing new emission reduction requirements for pigging operations and blowdowns of equipment and piping at midstream operations;

		 Establishing additional protections for disproportionately impacted communities (DI Communities);

		 Enhancing the state’s annual emissions reporting program; and

		 Ensuring meaningful coordination between the Division and the COGCC.

		Highlights of the Division’s proposal for Regulation 22, Part B, include:

		 Establishing the Midstream Steering Committee and a process for developing a segment-wide regulation to achieve GHG reductions from midstream segment fuel combustion equipment in Section III.;

		 Establishing a first-of-its-kind greenhouse gas intensity program to reduce emissions from preproduction and production operations in the upstream segment in Section IV.; and

		 Prioritizing reductions of co-pollutants in DI Communities in both programs described above.

		This analysis represents information gathered from various stakeholders in an effort to generate the most

		complete and accurate assessment of the costs and benefits of the proposed strategies. Where additional data

		was not reasonably available, the Division utilized assumptions that are set forth in this analysis. This analysis

		builds upon the Rebuttal Economic Impact Analysis (Rebuttal EIA) submitted to the Commission on November 23, 2021,

		and the Cost Benefit Analysis requested by rulemaking parties and submitted to the Department of Regulatory

		Agencies on December 3, 2021, and provides additional detail as required by statute. The Division

		incorporates the content of the Rebuttal EIA and Cost Benefit Analysis into this Regulatory Analysis, and attaches

		copies of those materials hereto.6F  The Division also refers herein to filings by the Division and other parties in

		this rulemaking proceeding, incorporated into this RA by reference; these materials are available on the Commission’s website in the monthly materials folder for the December 2021 Commission meeting, at:

		https://drive.google.com/drive/folders/1iMgIcWPMMM-T94eNUovmalU3nNlCaxmn

		I. A description of the classes of persons who will be affected by the proposed rule, including classes that will bear the costs of the proposed rule and classes that will benefit from the proposed rule;

		The proposal affects the oil and gas industry and supporting businesses in Colorado. Companies that will bear the costs of this rule change include oil and gas companies that produce, transport, or process oil or natural gas in the state, including up...

		Local governments that receive revenue from oil and gas operations may also be impacted by the proposed rules, though there is no indication or evidence that this impact is likely to occur. Since the Commission adopted significant revisions to Regulat...

		The proposed revisions will benefit those companies that manufacture, distribute, or test flare control devices, manufacture and install flow meters, develop gas recovery technology (e.g., Zero Emissions Vacuum and Compressor units), as well as those ...

		Further, the proposal broadly benefits all persons in Colorado, especially those who live and work in DI Communities or within proximity of oil and gas operations. Residents of the 8-hour Ozone Control Area, Northern Weld County, and the remainder of ...

		II. To the extent practicable, a description of the probable quantitative and qualitative impact of the proposed rule, economic or otherwise, upon affected classes of persons;

		For each strategy, the Division’s assessments identify the cumulative costs for the affected industry, the estimated air pollution reduction, and the projected cost per unit of air pollution reduced, where such information was reasonably available to ...

		Surrebuttal Cost Analysis

		On December 8, 2021, the Joint Industry Working Group (JIWG) submitted a surrebuttal document alleging, for the first time, errors in the Division and Commission’s long-standing analysis of emission reductions from leak detection programs. The Divisio...

		The JIWG also suggests that the Division failed to provide “foundational” information regarding its leak calculations. This is incorrect. The Division provided the JIWG, and other parties, with any information requested that had not been previously pr...

		The JIWG also notes that EPA’s proposed costs are higher than the Division’s estimated costs. That is because the Division’s estimated costs are based largely on Colorado-specific data, and the long experience Colorado companies have had with leak det...

		The Division also notes that the proposed regulatory revisions prioritize reductions of greenhouse gas and co-pollutants in DI Communities in a comprehensive and far-reaching manner. In furtherance of this mission, the Division is proposing to require...

		 Perform more frequent leak detection and earlier repair of leaking components in DI Communities (Reg. 7, Pt. D, Section II.E.3);

		 Increase LDAR frequency at natural gas compressor stations that are located within DI Communities and within proximity of occupied areas (Reg. 7, Pt. D, Section II.E.3.d);

		 Perform monthly AIMM inspections at all well production facilities in DI Communities with uncontrolled actual VOC emissions at or over 12 tpy (Reg. 7, Pt. D, Section II.E.4);

		 Prioritize flow meter installation in DI Communities (Reg. 7, Pt. D, Section II.B.2.g);

		 Prioritize initial performance test schedule of enclosed combustion devices in DI Communities (Reg. 7, Pt. D, Section II.B.2.h);

		 Control more well liquids unloading and well swabbing activities in DI Communities (Reg. 7, Pt. D, Section II.G);

		 Comply with more stringent control requirements for midstream pigging and blowdown operations in DI Communities (Reg. 7, Pt. D, Section II.H);

		 Establish more stringent emission-based thresholds and earlier implementation timelines of capture and control measures in DI Communities for both GHG and co-pollutant emissions in company ERPs pursuant to the forthcoming Midstream Steering Committe...

		 Identify the midstream combustion equipment located within DI Communities and to prioritize reductions in those communities when preparing and submitting company ERPs (Reg. 22, Part B Section II.C.3); and

		 Submit GHG Intensity Plans that prioritize reductions in DI Communities and submit annual updates that quantify co-benefits (Reg. 22, Part B, Section IV).

		These rules are designed to reduce emissions in DI Communities, and therefore reduce the local health and environmental impacts of oil and gas operations. The Division consulted with community members, community organizations, and parties representing...

		III. The probable costs to the agency and to any other agency of the implementation and enforcement of the proposed rule and any anticipated effect on state revenues;

		The Division references the discussion of this issue found in the Cost Benefit Analysis, beginning on page 4 thereof. The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. The Division believes that thi...

		The Division does not anticipate material impacts upon state revenues. State revenues from oil and gas development are largely derived from permitting fees and emissions fees. Neither the Division nor any party presented evidence that the Division’s p...

		IV. A comparison of the probable costs and benefits of the proposed rule to the probable costs and benefits of inaction;

		The Division references the discussion of this issue found in the Cost Benefit Analysis, beginning on page 43 thereof. Inaction to the proposed rule has several disbenefits. First, inaction could place the CDPHE in violation of its statutory duties to...

		The benefits of inaction include cost savings for owners and operators of oil and gas operations. The costs of inaction outweigh the costs of the Division’s proposed rule.

		V. A determination of whether there are less costly methods or less intrusive methods for achieving the purpose of the proposed rule; and a description of any alternative methods for achieving the purpose of the proposed rule that were seriously consi...

		The primary purposes of this proposal are threefold:

		1) Achieve the state’s GHG reduction targets for the oil and gas industry;

		2) Pursue environmental justice and reduce GHG and co-pollutants in DI Communities; and

		3) Reduce ozone forming precursor emissions (a co-benefit of GHG reduction, but nonetheless a standalone priority of the state).

		As noted above, oil and gas activities are the largest source of methane in the state, and one of the largest (if not the largest) anthropogenic sources of VOC emissions in the state - both inside and outside the state’s current ozone nonattainment ar...

		As set forth in more detail in the materials available on the Division’s stakeholder process webpage13F , and submitted to the Commission as part of this rulemaking process, the Division evaluated other methods for achieving the purpose(s) of the prop...

		The Division evaluated:

		1. Direct regulation of equipment or processes

		2. Greenhouse gas intensity program

		3. Emission reduction programs

		In its August 2021 submission to the Commission, the Division proposed a combination of these approaches to achieve the necessary, and statutorily-mandated reductions, in a cost-effective manner. The Division determined that it could not predict that ...

		As for the specific regulations that form the Division’s proposal reflected in its Rebuttal Statement, the Division’s Rebuttal EIA and the Cost Benefit Analysis outline, in detail, the analyses undertaken by the Division. The Division did evaluate alt...



		RA Attachment 1

		Cost-Benefit Analysis

		In performing a cost-benefit analysis, each rulemaking entity must provide the information requested for the cost-benefit analysis to be considered a good faith effort. The cost-benefit analysis must be submitted to the Office of Policy, Research and ...
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		2. The anticipated economic benefits of the rule or amendment, which shall include economic growth, the creation of new jobs, and increased economic competitiveness;

		INDUSTRY-WIDE BENEFITS

		Many of the proposed revisions are designed to require or incentivize best management practices at oil and gas operations. This benefits Colorado-based energy companies in the current marketplace, in which end users increasingly demand sustainable ene...

		Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more than 15% of the natural gas value chain, and numerous Colo...

		These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on August 10, the U.S. Energy Information Administration...

		STATEWIDE ECONOMIC BENEFITS

		Colorado already has a reputation as a leader in methane detection and monitoring technology and in control strategies. The Division believes its proposal will result in significant growth in this area along with job creation and opportunities for ind...

		3. The anticipated costs of the rule or amendment, which shall include the direct costs to the government to administer the rule or amendment and the direct and indirect costs to business and other entities required to comply with the rule or amendment;

		Cost to Government



		The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. The Division believes that this workload impact will be handled by current and anticipated staff. The Division has hired or is hiring an Air Quality...

		Cost to Businesses



		The Division herein incorporates by reference and attaches the Rebuttal Economic Impact Analysis (“EIA”) filed with the Commission in this proceeding on November 23, 2021.

		I. Better Performance of Air Pollution Control Equipment

		The Division is proposing regulations to optimize and verify performance of air pollution control equipment. This proposal includes:

		● Increased monitoring requirements for some air pollution control equipment;

		● Use of flow meters; and

		● Performance testing of enclosed combustion devices (“ECDs” or “combustion devices”).

		Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require reductions in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, including ECDs. The Division is proposing the additio...

		Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries statewide that are subject to the control requirements...

		These requirements would also apply to midstream operations. The Division has identified 20510F  compressor stations. Of the 205 compressor stations, 59 are in the 9-County area11F  and 146 are outside the 9-County area. Information provided by operat...

		Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63 natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the Division’s data shows that 32 are in the 9-County...

		I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f

		In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual inspections of air pollution control equipmen...

		Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly subject to these inspection requirements. The Division has reached out to the industry to understand how many such devices would be subject to the rul...

		Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to be absorbed into current operation and maintenance practices and carried out by existing personnel. No additional significant equipment or labor costs ...

		I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g

		The Division proposes that operators install and operate flow meters on most ECDs used to comply with Section II control requirements. In the Initial EIA, the Division assumed that most of the state’s combustion devices will require the installation o...

		The Division’s proposal does not prescribe any specific brands or types of flow meters that can be used. Based on the analysis of the equipment costs for 22 different flow meters currently on market, the Division used an average cost of $2,439 as the ...

		The Division did not receive any information from operators between the date of the Initial EIA and the Final EIA. The Division determined the annualized cost of a flow meter would therefore be $389.68. It is estimated that, based on the estimated cou...

		The Division has heard from industry a suggestion that there are other associated costs with the use of flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that industry provide information about these co...

		I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D, Section II.B.2.h

		The Division’s proposal will require performance testing of most ECDs used to comply with Regulation Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI communities, second in the 8-hour Ozone Control ...

		The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus Northern Weld) (and not in a DI community), and...

		The Division assumes that all performance testing of combustion devices will be conducted by third-party testing companies.16F  The Division collected information from flare performance testing companies, testing personnel, operators, and historical D...

		Test protocol preparation and test report preparation are each estimated to take one day to complete. As the test methodology and testing equipment used vary between combustors, the Division used the average hourly equipment rental and preparation cos...

		The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December 2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be required to be tested each year, for the first five ye...

		The Division does not have performance test results for every ECD in the field, from which it can calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits of its proposal, the Division undertook an analys...

		To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported for all controlled tank batteries over 2 tpy VOC (from the Division’s database).19F  The Division estimated that its proposal would result in a VOC...

		The Division received revised information in the Prehearing Statements from industry that suggest there is additional facility prep required to complete stack tests. A summary of the information provided and a comparison to previously developed costs ...

		The Division stands behind its cost analysis, and offers the Alternative Cost to demonstrate that even making the adjustments suggested as necessary by the JIWG: 1) the proposal remains cost-effective; and 2) cost per ton figures (for VOC/GHG) are now...

		I.D. Reporting

		The cost of preparing a performance test report is included in the cost information above. The Division is proposing that operators would submit information about the performance tests conducted each year with the existing annual reports required unde...

		I.E.  Enclosed Combustion Device Performance Cost Effectiveness

		Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. Based on this analysis, the Division has determined t...

		The Division reviewed information provided by industry groups in their Prehearing Statements, including the Joint Industry Workgroup (JIWG) and others27F , and prepared an alternative analysis adjusting the costs associated with the proposed requireme...

		The JIWG also included emission estimates that were far below those of the Division.28F  The JIWG’s revised emissions benefit analysis appears to have been based on survey responses received from a few testing companies (but not actual test reports, n...

		While the Division stands by the analysis from the Final EIA, even with the alternative calculations made, the requirement to install and operate flow meters and conduct performance tests on enclosed combustion devices remains cost effective.

		I.F.  Combustion Device Performance in Section I.

		As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new addition from the Request Proposal and are included to address concerns raised by EPA with previously submitted State Implementation Plan (“SIP”) revis...

		For the potential 124 combustion devices estimated to be controlling emissions from storage vessels, the Division assumes the costs would be the same or similar to the costs of performance testing and flow meters described above and, in fact, would be...

		The Division, as staff to the Commission, requested additional information from stakeholders on the costs associated with this component of its proposal, but did not receive any such information.

		II. Midstream Program(s)

		The Division is proposing several new regulatory provisions to directly address GHG emissions (and co-pollutants) from the midstream segment of the oil and gas industry. The proposals include the following additional requirements for oil and gas opera...

		● Increased leak detection and repair (“LDAR”) inspections for natural gas compressor stations;

		● Increased leak detection and repair inspections and valve requirements for gas plants outside of the 8-hour Ozone Control Area;

		● Capture and control strategies for certain midstream operations, including pigging and blowdowns;

		● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour Ozone Control Area;

		● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone Control Area; and

		● Long-term planning for GHG reductions from midstream engines and other combustion equipment.

		II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E32F

		According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were completed at well production facilities (comprised of 525,433 Audio, Visual Olfactory (“AVO”) inspections and 26,354 Approved Instrument Monitoring Method (“AI...

		The Division used the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019 rulemaking EIAs supporting LDAR requirements.33F  For in-house inspections, it is assumed that operators use existing personnel to conduct LDAR inspec...

		The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor Statistics (“U.S. BLS”) CPI Inflation Calculator....

		The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR inspection. The total annualized cost identified in Table 7 of $198,020 is divided by an assumed 1,880 annual working hours37F  to produce a value for an ...

		II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d

		The Division’s proposal would require compressor stations to have a minimum inspection frequency of quarterly, regardless of location. Given that compressor stations inside the 8-hour Ozone Control Area are already at a quarterly frequency, this propo...

		Further, the Division is also proposing to require inspections bimonthly (six times per year) at compressor stations inside the 8-hour Ozone Control Area with emissions between 12 and 50 tpy VOC where located in a DI Community or within 1,000 feet of ...

		● The number of facilities affected by the rule has changed.

		● The incremental change to costs associated with repair time39F  is reflected in this analysis.

		● The estimated VOC emission reductions per facility were recalculated for the 9-County, Piceance, and remainder of the state, to account for incorrect use of VOC emission factors in the Final EIA.

		● The Division estimated the repair hours and emission reductions associated with a new category of LDAR frequency (bimonthly).

		The new proposal would require all compressor stations within a disproportionately impacted community or within 1000 feet of an occupied area40F  to be inspected six times per year (across the year, bimonthly). The new proposal also increases all rema...

		Inspections

		For this analysis, unlike in the Final EIA, the Division assumed that operators would use only infrared (IR) cameras to meet this increased inspection requirement. Table 9 includes a breakdown and analysis of the estimated leak inspection time and cos...

		At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total cost to operators for completing the new LDAR inspections would therefore be $430,409.78 per year; or $3,948.71 per compressor station per year. Anot...

		Leak Repair

		The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this analysis uses the incremental change in repair hours associated with the proposed revisions. The Division also made a scaled assumption of leak rate...

		Using these assumed repair hours and the incremental change in frequency as outlined in Table 8, the Division calculated an increase of 600.8 repair hours. At a cost of $82.06/hour, the total repair cost is $49,301.65.

		Emission Reductions

		The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate emission reductions from this program, though broken out by basin as opposed to by compressor station tier.44F  Further, the Division assumes that the i...

		The total expected emission reductions from this program is outlined in Table 12, below.

		In its Rebuttal EIA, EDF estimated that this proposal would achieve additional emission reductions of 189.2 tpy VOC and 314.2 tpy methane.

		Cost Effectiveness

		Combining the annual cost of inspections, $430,409.78, with the annual cost of repairs, $49,301.65, incorporating a recovered natural gas value of $92,904.27, the effectiveness of this requirement is $2,747.89 per ton VOC and $56.36 per mtCO2e. The sp...

		EDF also analyzed the Division’s proposal and determined a net cost effectiveness of $208.16 per ton methane and $8.33 per ton CO2e.

		II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I

		Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas processing plants outside the 8-hour Ozone Control Area...

		The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS OOOO or NSPS OOOOa. The Division has identified ...

		The Division utilized technical supporting information from the Oil and Gas CTG46F  in the analysis of this proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure relief devices, sampling connection system...

		In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars was between $2,010 - 2,844 per ton VOC48F . In t...

		The Division’s proposal would also require operators to complete repair within specified time frames (within 2 years or the timeframe under the applicable federal program, whichever is earlier). The Division’s proposal also requires operators to mitig...

		II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation Number 7, Part D, Section II.H

		II.B.1. Pigging Operations

		In Permit Section (PS) Memo 20-0451F , the Division explained pigging operations as follows:

		Raw natural gas is transported from production wells to processing plants through networks of gathering pipelines. Although liquid separation may occur at the well pad, much of the raw natural gas passing through the gathering pipelines is saturated w...

		The Division is proposing that midstream owners and operators with pigging operations must capture and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators may apply to the Division to utilize air pollutio...

		All midstream owners or operators with pigging operations must additionally employ best practices to reduce emissions associated with pigging. Some of the proposed best management practices are specified in PS Memo 20-04, and therefore should not resu...

		The Division used gas speciation data collected by the Division, guidance from the EPA52F  and information received from operators and manufacturers to estimate emissions from pigging events.

		Cost - Pig Ramps

		Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to drain before the pig is pulled from the chamber.53F  The inventor of pig ramps, Mark West, has made the schematics available freely on its websi...

		Cost - Capture: ZEVAC unit and Jumper Lines

		In order to comply with the requirement to capture and reduce emissions during pigging operations, for the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit.54F  The Division assumes that a pig launcher and receiver ar...

		The Division has recognized that capture may also be effectuated “by routing the gases to a lower pressure system before venting the remaining gases to the atmosphere or to control equipment. Routing to a lower pressure system is achieved with a depre...

		Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 per jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line installed during mainline construction are taken...

		The Division gathered information from a manufacturer of ZEVAC units on the costs associated with ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have reasonably available information about actual pigging...

		High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an estimated 3,900 scf of gas, for a total annual poten...

		Table 15 below demonstrates potential gas recovery (emissions reductions) and cost per ton of pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness analysis does not account for the economic benefit to operato...

		Amount and Value of Recovered Natural Gas

		If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming low-frequency use, the Division calculates n...

		In its Initial EIA, the Division, as staff to the Commission, requested additional information from stakeholders on the costs associated with this component of its proposal. The Division did receive some additional cost data from operators, associated...

		II.B.2. Blowdowns of Equipment and Piping

		The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions from blowdowns from equipment and piping at compressor stations and gas plants where those emissions exceed specified thresholds. The Division also pro...

		Based on information collected from operators, some operators will be able to route emissions from blowdowns to existing control equipment on-site. One operator indicated that costs to combust blowdown emissions could include the building of a blowdow...

		Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to the Commission - requested additional information from operators on the costs of implementing controls and other practicable best management pra...

		Emission Reductions from Pigging and Blowdowns

		The Division does not have complete data from operators on how often pigging and blowdown activities are conducted, particularly as differentiated between pigging and other maintenance activities that result in venting of emissions. In order to calcul...

		First, the Division looked at EPA FLIGHT data for 201961F , and identified the total amount of emissions in CO2e reported by the natural gas gathering and boosting segment and the natural gas processing segment for pigging, venting and blowdowns (to t...

		Initial EIA Analysis

		The Division then looked at the emissions reported to the Division by operators in the midstream segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream operators reported 35,184 events in “venting or blowdow...

		Not accounting for any reductions from pipeline emissions,62F  the Division’s proposal could reduce venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking only at VOC emissions from total venting and blowdown...

		Update for Final EIA

		The Division updated its analysis for the Final EIA based upon data reported for the second half of 2020, broken out by applicability category, reported emissions are as follows:

		Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they expect the pigging applicability thresholds to result in capture or control of more than 85% of the natural gas emitted during pigging operations.63F  The...

		Thus, under this updated analysis, assuming that the Division’s proposal would result in capture or control of 85% of pigging operations (with a 95% capture/control efficiency), and 95% capture/control efficiency of remaining blowdown emissions, the D...

		Cost of Pigging and Blowdown Emission Reduction

		Based upon information reported to the Division in the annual emission reports under Regulation Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that blowdowns take place only on business days), there are appro...

		The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per mtCO2e/year. These costs, however, do not separate out pigging emissions or specific types of blowdowns (such as compressor blowdowns), but do exclude pipeline emi...

		II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.B.3.d

		Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. The Division’s proposed regulation would expand that requirement to natural gas...

		According to the Oil and Gas CTG, EPA estimated the emission reductions by “comparing the average rod packing emissions with the average emissions from newly installed and worn-in rod packing.”69F  The Oil and Gas CTG, Table 5-4, estimates a reduction...

		The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars using the U.S. BLS CPI Inflation Calculator, resul...

		In addition, there may be minimal costs related to the proposed monitoring and recordkeeping requirements, as discussed above, where an owner or operator is not currently monitoring and keeping compressor records. Throughout the rulemaking process, th...

		II.D.  Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation Number 7, Part D, Section III

		The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone Control Area. See Regulation Number 7, Part D, Section I...

		Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of converting the pneumatic controller at $2,000 and...

		The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area, but does not have data on the number of natural gas actuated pneumatic controllers at these natural gas processing plants. The Oil and Gas CTG assu...

		II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel Combustion Equipment: Regulation Number 22, Part B, Section III

		Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015 baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas emissions from fuel combustion equipment at midstre...

		The Division has not identified a significant economic impact on any industry or party from this proposal. The JIWG complained in its prehearing statement that the Division did not include cost associated with participation.73F  As an initial matter, ...

		II.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.

		To align with the new leak detection and repair frequencies for compressor stations, the Division proposed to update the inspection frequency for gas-driven pneumatic controllers in Section III.F. The proposed revisions build upon the statewide LDAR p...

		III. Upstream Program

		The Division has proposed several new regulatory provisions to directly address greenhouse gas emissions from the upstream segment of the oil and gas industry. The proposals include the following additional requirements for oil and gas operators in th...

		● Increased leak detection and repair (LDAR) inspections for well production facilities;

		● Greenhouse gas intensity program; and

		● Emission reduction requirements for well maintenance and unloading activities.

		III.A. Leak Detection and Repair Inspections at Well Production Facilities: Regulation Number 7, Part D, Section II.E.4.e.(i)

		The Division has proposed additional requirements for existing well production facilities, statewide and in disproportionately impacted communities. The proposal, if adopted, would require more inspections at most well production facilities, and - con...

		Outside the NAA, the Division assumed that 9.2% of well production facilities were located within 1,000 feet of an occupied area. From there the Division was able to determine how many well production facilities would be affected, especially where exi...

		The Division’s proposal also allows for specified design alternatives - like pressure management systems and tankless facility design - to take the place of the additional inspections at well production facilities undertaking those design modification...

		Inspections

		The Division’s analysis as set forth above results in an increase in 24,320 inspections, statewide, per year. However, this analysis is conservative, as it does not account for the number of sites with design alternatives as described above. For this ...

		At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total cost to operators for completing the new LDAR inspections would therefore be $9,861,662.72.

		Leak Repair

		The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except applied an incremental change in repair hours associated with the proposed revisions. The Division also made a scaled assumption of leak rate for the new...

		Using these assumed repair hours and the incremental change in frequency as outlined in Table 20, the Division calculated an increase of 113,191 repair hours. At a cost of $82.06/hour, the total repair cost is $9,288,452.64. The Division’s estimated r...

		Emission Reductions

		The Division used the same model well production facilities for the development of emissions per facility that it used for the Final EIA. Table 23 includes emissions assumed from model facilities for well production facilities with emissions greater t...

		However, the model facilities developed for Table 23 were not appropriate to use for well production facilities with emissions less than 2 tpy VOC. The model well production facilities in Table 23 were developed based on data from compressor stations ...

		Cost Effectiveness

		Combining the annual cost of inspections, $9,861,662.72, with the annual cost of repairs, $9,288,452.64, yields a total gross annual cost of $19,150,115.36. Based on these reductions and associated costs, incorporating a recovered natural gas value of...

		EDF estimated methane reductions from the Division’s proposal of 54,000 metric tons by 2025 and 65,000 metric tons by 2030. EDF’s analysis assumes that “abnormal operating conditions” or “superemitters” would be reduced significantly through additiona...

		III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production Facilities: Regulation Number 7, Part D, Section II.E.4.e(ii)

		Inspections

		Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As production decreases, and resulting VOC emissions f...

		Table 25 below identifies how many additional inspections would be required on average each year, for the first five years of a newly constructed well production facility’s operation as a result of the Division’s proposal, assuming every facility stay...

		The Division looked at COGCC data for 2020 to determine how many new facilities are constructed each year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 2020 - 74 in the 8-hour Ozone Control Area and 17 outs...

		The Division took the same approach to estimate inspection time, inspection costs, and repair costs as with the midstream segment leak detection program for compressor stations. Table 26, below demonstrates the total inspection costs for years 1 throu...

		Leak Repair

		In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on EPA data.82F  Using a similar approach as before to estimate component repair time and component repair cost, the Division estimates that a total of 1...

		Emission Reductions

		The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate emission reductions from this program (using updated gas speciation data). The Division calculated emission reductions achieved in each area of the stat...

		Value of Natural Gas Recovered

		In Table 29, the Division estimates the value of natural gas recovered from these additional leak inspections.

		Reporting

		The Division’s proposal also requires operators to submit information about leaks detected in their monthly reports under Section VI, for their air quality monitoring during preproduction and early production. This will enable the Division to better e...

		Cost Effectiveness

		As noted before, the total cost of inspections across operators is estimated to be $570,742.01 per year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This results in a total annual net cost of $750,905.85, af...

		As outlined in Table 30, the Division estimates an overall cost effectiveness of $2,823.52 per ton VOC and $105.47 per mtCO2e. Operators and industry parties to this rulemaking have not objected to this component of the Division’s proposal.

		III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions: Regulation Number 22, Part B, Section IV

		The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined on an operator-level basis. The GHG intensity va...

		Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the Division determined that there is currently an extremely wide range of GHG intensities across upstream operators. The reports show operator GHG intensities ...

		To calculate the intensity targets in the proposed regulation, the Division started with the data for the 2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in the 2015 baseline in the GHG Roadmap inventory...

		The Division first used the 2005 baseline emissions for the O&G Sector from the GHG Roadmap, a total of 20,205,859 mtCO2e84F , and determined what portion of those emissions were attributable to upstream operations. The Division added up the venting a...

		Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The Division then calculated an average intensity in the years...

		From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the oil and gas industry in the following amounts:

		These numbers in Table 32 include reductions achieved under other components of the Division proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the intensity program alone. In fact, these estimates assum...

		● Additional storage tank controls adopted in late 2019;

		● Requirements for storage tank measurement systems and truck liquids loadout adopted in late 2019;

		● New reporting and permitting requirements for routine or predictable emissions (ROPE);

		● Engine retrofits and reductions adopted in 2020;

		● Preproduction flowback controls adopted in 2020;

		● Non-emitting pneumatic controller requirements adopted in 2021;

		● The impact of COGCC’s new regulations, including Rules 303 and 903; or

		● Any of the Division’s direct regulation proposals in this rulemaking.

		The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The Division has proposed an even more stringent inte...

		Cost Effectiveness of Intensity

		The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA provides recommendations for technologies to reduce methane emissions.87F  There are multiple studies and presentations available to operators to fi...

		The Division reasons that costs associated with reaching intensity targets will be at least as cost effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on pneumatic controllers, the Final EIA estimated a cost per...

		Some parties to the rulemaking proceeding, including EDF, presented evidence that current regulatory programs and provisions put the state on track to meet the state’s 2025 greenhouse gas goals. These same parties note that meeting the 2030 greenhouse...

		Second, because EDF’s analysis did not, as the Division understands it, take into account the following additional reductions that the Division expects from either its Rebuttal proposal or other regulatory or voluntary programs in Colorado, without li...

		● Emissions from “super emitters” or “abnormal operating conditions” at compressor stations;

		● Emissions that will be reduced by the Division’s proposals in Section II.H that require the use of electrical power for capture and recovery equipment;

		● Emissions from improperly operating pneumatics addressed by the increased frequency of inspections in Section III.F of this Rebuttal proposal;

		● Emission reductions from voluntary measures;

		● Emission reductions from the COGCC mission change rulemaking, such as venting and flaring requirements, permitting provisions, or best management practices.

		However, the Division is using (for this analysis) the 60% assumption as well as the undercounted emission reductions listed above as we lack quantifiable data related to the emissions reductions achieved through recent rulemaking activities. The emis...

		Based on EDF’s analysis, the cost of the intensity program between adoption and 2025 would be $0, because the implication of EDF’s analysis is that operators will meet their 2025 intensity targets by virtue of regulatory revisions already adopted by t...

		Implementation of methane control technologies can result in realized benefits to operators associated with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or combusted, can be sold. At a nominal gas price, operators co...

		III.D. Emission Reductions from Well Maintenance and Liquids Unloading Activities, Regulation Number 7, Part D, Section II.G

		The Division’s proposal would augment existing requirements for best practices to be employed during all well maintenance activities. The Division’s proposal would also require the use of technology to minimize the need to conduct well unloading activ...

		III.D.1. Best Practices

		Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management practices when conducting well maintenance operations. The Division assumes no significant additional costs will be incurred as a result of the Divisio...

		Plunger Lift Systems

		Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without the need to vent the gas to the atmosphere.91F  Plunger lifts have a significant economic benefit to the operator - boosting gas production. Aut...

		Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring unloading. Smart automation controllers can also avoid the need for site visits associated with unloading activities, further reducing costs to operators. ...

		Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas production. The Division estimated revenue from avoided emissions by calculating the market value of the gas by the volume of avoided emissions. The Di...

		However, assuming that at wells where plunger lift is not currently installed it is installed, and that plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will achieve emission reductions using a techn...

		III.D.2.  Well Unloading Emission Reductions

		Under the Division’s proposal, operators will be required to capture and recover emissions from well liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during liquids unloading. Well swabbing is included in th...

		Control Equipment

		The Division’s proposal would require the capture or control of emissions from unloading through the use of control equipment. In the Initial EIA, the Division assumed that operators would use a temporary open flare to control emissions during well un...

		After multiple discussions, the Division now understands that operators will likely comply by purchasing open flares. Then, depending on whether the site configuration has room for a dedicated flare, the operator will either install a dedicated flare ...

		To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a statewide average gas composition in Table 34. ...

		Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC and 103,128.16 mtCO2e/yr (calculated only by looking at methane reductions; this number would be significantly higher if the Division took into account ...

		Based on the COGCC data, the Division’s proposal would require capture or control at approximately 29% of well production facilities with unloadings and would cover 75.5% of the total unloading events at very cost-effective.

		III.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.

		To align with the new leak detection and repair frequencies for well production facilities, the Division has proposed to update the inspection frequency for pneumatic controllers to match. The proposed revisions build upon the statewide LDAR program i...

		IV. Annual Emissions Inventory Reporting Updates

		The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual emissions inventory reports. The majority of these updates have no associated additional cost and are absorbable costs associated with the existing re...

		The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will use site-specific factors and therefore b...

		All composition analyses are assumed to be completed by a third party-testing company. Based upon information provided by operators, the Division estimates an average cost per sample of $535. The Division assumes that two samples will be required per ...

		Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requested additional information on the costs and other regulatory impacts on these and any other potentially impacted supporting businesses or industrial sectors. Aside from the information discuss...

		V. Summary of Costs to Businesses

		The Division has determined that there may be costs related to the proposed revisions potentially impacting owner or operators of oil and gas operations including costs related to additional LDAR inspections, responsive actions, recordkeeping, and rep...

		V.A. Summary of Cost Analyses

		The Division projects that the Commission’s regulations, as modified by this proposal, will reduce greenhouse gas emissions (in CO2e) by approximately 4,878,765 mtCO2e per year94F  at a cost range of approximately $58,230,645 to $141,037,270 per year.

		The overall cost effectiveness for the entire package is between $28.91 and $87.61 per metric ton of CO2e reduced (and the social cost of greenhouse gas as set forth in the Final EIA is $82.95, reflecting a significant benefit to Colorado and the clim...

		The Division also estimates its proposal will reduce at least 13,261 tpy of VOC, not including VOC reduced by the intensity program (even though this program will certainly reduce VOC emissions as well). This results in an overall cost effectiveness f...

		Based on this analysis, the Division believes the current rule proposal is cost effective. The Division has provided an estimate of costs based on reasonably available information and will consider any additional information provided by stakeholders.

		Cost to General Public



		The Division additionally assessed whether any of the proposed programs would impose any direct costs on the general public, and determined that based on available data, there will be no direct costs to the general public for any of the programs. The ...

		I. Social Cost of Greenhouse Gas Analysis

		The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB 21-1266 states “for a rule that implements § 25-7-105(...

		Table 37 presents expected annual emission reductions through 2030. The annual emission reductions are multiplied by the social cost of carbon in each respective year to determine a monetized value of the stream of future damages produced by emissions...

		As Table 38 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions are significant. Table 38 below incorporates both the total estimated annual costs (in present, 2021 dollars) and total estimated annual social benefits...

		4. Any adverse effects on the economy, consumers, private markets, small businesses, job creation, and economic competitiveness; and

		The oil and gas industry plays an important role in Colorado’s economy. The industry is a significant employer of highly skilled and well-paid employees. It produces valuable domestic resources that help keep prices low while adding to national stabil...

		As discussed above, the Division’s proposal is projected to result in a total annual cost to industry of between $58,230,645 to $141,037,270. As with any increase in costs, the costs associated with the Division’s proposal could have some adverse impa...

		The Division’s proposal is unlikely to have any appreciable negative impact on the economic competitiveness of the industry as a whole. In fact, with the Division’s proposed intensity program, the Division believes that its proposal is likely to impro...

		While it is unlikely that the costs associated with the proposed revisions will have any meaningfully adverse impacts on the competitiveness of the industry as a whole in Colorado, the costs could incrementally add to the current costs associated with...

		Finally, it does not appear that the costs associated with the Division’s proposal will have any meaningful impact on the general public or small businesses that purchase natural gas and other petroleum products. Oil and natural gas are sold on intern...

		5. At least two alternatives to the proposed rule or amendment that can be identified by the submitting agency or a member of the public, including the costs and benefits of pursuing each of the alternatives identified.

		No Action Alternative



		If the Commission declines to adopt the proposal, the potential emission reductions achievable under the proposed requirements are unlikely to occur. The legislature has acknowledged that climate change impacts Colorado’s economy and directed that GHG...

		21-1266. The no action alternative could also result in other negative consequences, related to ozone attainment (i.e. this proposal meaningfully reduces VOC emissions, an ozone precursor), litigation costs (if the state fails to comply with statutory...

		EDF and Conservation Groups Alt Proposal



		On October 28, 2021, parties - including the Environmental Defense Fund and the Conservation Groups - submitted an alternate proposal with two components: 1) monthly leak detection at all well production facilities and natural gas compressor stations ...

		These parties also estimated a potential cost of up to $135,030,593, over and above the Division’s proposal (EDF’s proposal was additional to the Division’s proposal, not “instead of”). While EDF’s alternate proposal certainly would have resulted in a...

		The Division has in good faith developed this Cost-Benefit Analysis that complies with all requirements of 24-4-103(2.5), C.R.S.
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NOTICE OF RULEMAKING HEARING 


 
Regarding proposed revisions to: 


 
Regulation Number 7 and Regulation Number 22 


5 CCR 1001-9 and 5 CCR 1001-26 
 


SUBJECT: 
The Air Quality Control Commission will hold a rulemaking hearing to consider revisions to 
Regulation Number 7 and Regulation Number 22 to address legislative and policy directives, 
that: reduce emissions from the upstream and midstream segments of the oil and gas industry 
as identified in the oil and gas sector and industrial sector of the Greenhouse Gas (GHG) 
Roadmap, including potential requirements for Leak Detection and Repair, natural gas 
processing plants, pigging and blowdown system maintenance operations, midstream fuel 
combustion equipment, well maintenance operations, and upstream GHG intensity; impose 
additional practices to ensure the efficacy of air pollution control equipment; impose 
additional reporting requirements to ensure the verifiability and enforceability of the 
regulatory requirements; and achieve reductions of GHG and co-pollutants in 
disproportionately impacted communities.  


These revisions to Regulation Numbers 7 and 22 are currently proposed on a state-wide and 
state-only basis, but the Commission may consider State Implementation Plan (SIP) revisions 
to Regulation Number 7, specific to flare performance, as necessary to address Ozone 
Nonattainment Area requirements related to previously submitted SIP revisions. Further, 
these revisions will include any typographical, grammatical and formatting errors throughout 
each of the regulations. Alternative proposals to achieve additional GHG reductions or 
compliance verification from sources and source categories affected by the Division’s 
proposal may also be considered.   


All required documents for this rulemaking can be found on the Commission website at: 
https://cdphe.colorado.gov/aqcc 
 
PUBLIC COMMENT SESSION 
DATE: December 14, 2021 
TIME: 4:30 p.m. to 7:30 p.m. 
PLACE: The hearing will be held online only; there will be no in-person participation. 


Details related to participation and registration can be found at: 
https://cdphe.colorado.gov/aqcc 


NOTE:  The public comment session may end early if all commenters that are registered 
and in attendance before 6:30 have had an opportunity to speak prior to 7:30. 
 
PARTY TESTIMONY & DELIBERATIONS 
DATE: December 15-17, 2021 
TIME: To begin at or after 9:00 a.m. 
PLACE: The hearing will be held online only; there will be no in-person participation. 


Details related to participation and registration can be found at: 
https://cdphe.colorado.gov/aqcc 


NOTE:  No additional public comment will be taken during this time.  
 



https://cdphe.colorado.gov/aqcc

https://cdphe.colorado.gov/aqcc

https://cdphe.colorado.gov/aqcc





IMPORTANT: As Colorado begins to re-open from COVID-19, the Commission may reestablish 
conducting meetings at the Colorado Department of Public Health and Environment in its 
entirety or structured as a hybrid meeting. Any such changes will be noticed on the 
Commission’s website at: https://cdphe.colorado.gov/aqcc 
 
The hearing may be continued at such places and time as the Commission may announce. Any 
such changes will be noticed on the Commission’s website. Interested parties may contact 
the Commission Office at cdphe.aqcc-comments@state.co.us to confirm meeting details. 
 
PUBLIC COMMENT: 
The Commission encourages input from the public, either orally during the public comment 
session or in writing prior to the hearing. However, oral public comment will generally not be 
permitted by persons who offer comment on behalf of an entity that is a party. Those persons 
may, however, submit written public comment. Instructions for registering to provide oral 
public comment will be posted in the agenda on the Commission’s website at 
https://cdphe.colorado.gov/aqcc on December 3, 2021.  
 
Written comments should be submitted no later than November 30, 2021 by emailing 
cdphe.aqcc-comments@state.co.us or mailing to: 


 
Colorado Air Quality Control Commission 
Colorado Department of Public Health and Environment 
4300 Cherry Creek Drive South, EDO-AQCC-A5 
Denver, Colorado 80246 


 
IMPORTANT DATES AND DEADLINES: 
 


PROCESS DESCRIPTION DUE DATE & TIME NOTES 


Request for Party Status October 12, 2021 by 5:00 p.m. Additional information below 


Status Conference October 14, 2021 at 8:00 a.m. Virtual Meeting or as noticed on the 
Commission website at: 
https://cdphe.colorado.gov/aqcc 
 


Alternate Proposal October 28, 2021 by 11:59 p.m. 
 


Additional information below 


Prehearing Statement October 28, 2021 by 11:59 p.m. 
 


Additional information below 


Prehearing Conference November 10, 2021 at 1:00 p.m. Virtual Meeting or as noticed on the 
Commission website at: 
https://cdphe.colorado.gov/aqcc 
 


Rebuttal Statement November 22, 2021 by 12:00 p.m. 
 


Additional information below 


Written Public Comments November 30, 2021 by 11:59 p.m. Additional information above 


 
Submittals for this hearing should be emailed to cdphe.aqcc-comments@state.co.us unless an 
exception is granted pursuant to Subsection III.I.3. of the Commissions Procedural Rules. 
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REQUEST FOR PARTY STATUS: 
A request for party status must: 
  


1) identify the applicant (this could be a company and/or contact name);  
2) provide the name, address, telephone and email address of the applicant’s 


representative or counsel; and  
3) briefly summarize what, if any, policy, factual, and legal issues the applicant has with 


the proposal(s) as of the time of filing the application.  
 
In addition, requests for party status should indicate whether the applicant intends to file an 
alternate proposal and, if so, describe the scope and nature of the alternate proposal.  
 
The request for party status must be electronically mailed to: 
 


• Air Quality Control Commission staff: theresa.martin@state.co.us 
• Air Quality Control Commission attorney: tom.roan@coag.gov 
• Air Pollution Control Division staff: stefanie.rucker@state.co.us 
• Air Pollution Control Division attorney: jackie.calicchio@coag.gov   


 
Requests received beyond the stated deadline shall only be considered upon a written motion 
for good cause shown. The Commission reserves the right to deny party status to anyone that 
does not comply with the Commission’s Procedural Rules. 
 
STATUS CONFERENCE: 
Attendance at the status conference is mandatory for anyone who has requested party status, 
though each party need only have one representative present. The status conference is 
intended to ascertain and discuss the issues involved, and to ensure that parties are making 
all necessary efforts to discuss and resolve such issues prior to the submission of prehearing 
statements. Parties will be confirmed and a party list will be generated and distributed. The 
status conference will be held virtually via video conference. A registration link will be 
provided by the Commission’s office prior to the status conference. Note that if the Hearing 
Officer deems the status conference unnecessary, the status conference may be cancelled.  
Concerns about the scope of alternate proposals as described in a request for party status 
should be raised at the status conference. 
 
ALTERNATE PROPOSAL: 
Alternate proposals will be considered by the Commission “only if the subject matter of the 
alternative proposal is consistent with and fits within the scope of the notice.” 5 CCR § 1001-
1, Section (V)(E)(4)(b). The submittal of an alternate proposal must be accompanied by a 
separate electronic copy of the alternate proposed rule and statement of basis and purpose 
language and all other associated documents as required by the Commission’s Procedural 
Rules, including an economic impact analysis. Alternate proposals and associated exhibits 
must be emailed to all persons listed on the party status list or otherwise provided through an 
approved method of electronic transmission.  Alternate proposals that do not comply with this 
Notice and the Commission’s Procedural Rules will not be considered by the Commission. 
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PREHEARING STATEMENTS: 
Each party and the Division must submit a prehearing statement. Exhibits to a prehearing 
statement must be submitted in a separate electronic transmission. Prehearing statements 
and associated exhibits must be emailed to all persons listed on the party status list or 
otherwise provided through an approved method of electronic transmission. Prehearing 
statements must contain all the necessary elements described in subsection V.E.6.c of the 
Commission’s Procedural Rules (5 CCR § 1001-1). 
 
PREHEARING CONFERENCE: 
Attendance at the prehearing conference is mandatory for all parties to this hearing, though 
each party need only have one representative present. The prehearing conference will be 
held virtually, and registration information will be provided by the Commission’s office prior 
to the prehearing conference.  
 
REBUTTAL STATEMENTS:  
Rebuttal statements may be submitted by the Division and any party to the hearing to 
respond to issues and arguments identified in prehearing statements. Rebuttal statements 
may not raise any issues, or be accompanied by alternate proposals, that could have been 
raised in the party’s prehearing statement. Rebuttal statements and associated exhibits must 
be emailed to all persons listed on the party status list or otherwise provided through an 
approved method of electronic transmission. The filing of rebuttal statements is optional.  
 
DELIBERATION AND FINAL ACTION: 
The Commission intends to deliberate and take final action on the proposed changes to these 
Regulations at the conclusion of the testimony. 
 
STATUTORY AUTHORITY FOR THE COMMISSION'S ACTIONS: 
The Colorado Air Pollution Prevention and Control Act, § 25-7-101, C.R.S., et seq. (the State 
Air Act or the Act), specifically § 25-7-105(1), directs the Commission to promulgate such 
rules and regulations as are consistent with the legislative declaration set forth in § 25-7-102 
and that are necessary for the proper implementation and administration of Article 7. The Act 
broadly defines air pollutant to include essentially any gas emitted into the atmosphere and 
provides the Commission broad authority to regulate air pollutants.  
 
Section 25-7-106 provides the Commission maximum flexibility in developing an effective air 
quality program and promulgating such combination of regulations as may be necessary or 
desirable to carry out that program. Section 25-7-106 also authorizes the Commission to 
promulgate emission control regulations applicable to the entire state, specified areas or 
zones, or a specified class of pollution. Section 25-7-106(6) further authorizes the Commission 
to require owners and operators of any air pollution source to monitor, record, and report 
information. Section 25-7-109(10) directs the Commission to adopt emission control 
regulations to minimize emissions of methane, other hydrocarbons, VOC, and NOx from oil 
and gas operations. 
 
Pursuant to HB 21-1266, the Commission must, by January 1, 2022, adopt regulations to 
ensure that the state meets its greenhouse gas reduction targets for the oil and gas sector 
(36% by 2025 and 60% by 2030). The Commission must also ensure that industrial sector 
emissions (including those from oil and gas fuel combustion equipment) are reduced by 20% 
from the 2015 baseline by 2030. These revisions will, taking into account other relevant laws 
and rules (including the revisions to Regulation Numbers 7 and 22 adopted as part of this 
rulemaking action), as well as voluntary actions taken by local communities and the private 
sector, achieve the state’s GHG reduction goals through 2030 for the oil and gas industry.  
 







The rulemaking hearing will be conducted in accordance with Sections 24-4-103 and 25-7-110, 
25-7-110.5 and 25-7-110.8 C.R.S., as applicable and amended, the Commission’s Procedural 
Rules, all other applicable rules and regulations, and as otherwise stated in this notice. This 
list of statutory authority is not intended as an exhaustive list of the Commission’s statutory 
authority to act in this matter. 
 
Dated this 20th day of September 2021 at Denver, Colorado 
 


Colorado Air Quality Control Commission 
 


 
 
Jeremy Neustifter, Administrator 


 


 







DEPARTMENT OF PUBLIC HEALTH AND ENVIRONMENT 


Air Quality Control Commission 


REGULATION NUMBER 7 


CONTROL OF OZONE VIA OZONE PRECURSORS AND CONTROL OF HYDROCARBONS VIA OIL 
AND GAS EMISSIONS  
(EMISSIONS OF VOLATILE ORGANIC COMPOUNDS AND NITROGEN OXIDES) 


5 CCR 1001-9 
[Editor’s Notes follow the text of the rules at the end of this CCR Document.] 


_________________________________________________________________________ 


Outline of Regulation 


PART A Applicability and General Provisions 


I. Applicability 


II. General Provisions 


Appendix A Colorado Ozone Nonattainment or Attainment Maintenance Areas 


PART B Storage, Transfer, and Disposal of Volatile Organic Compounds and Petroleum Liquids 
and Petroleum Processing and Refining 


I. General Requirements for Storage and Transfer of Volatile Organic Compounds 


II. Storage of Highly Volatile Organic Compounds 


III. Disposal of Volatile Organic Compounds 


IV. Storage and Transfer of Petroleum Liquid 


V. Crude Oil 


VI. Petroleum Processing and Refining 


VII. Control of Volatile Organic Compound Leaks from Vapor Collection Systems and Vapor 
Control Systems Located at Gasoline Terminals, Gasoline Bulk Plants, and Gasoline 
Dispensing Facilities 


Appendix B Criteria for Control of Vapors from Gasoline Transfer to Storage Tanks 


Appendix C Criteria for Control of Vapors from Gasoline Transfer at Bulk Plants 







PART C Surface Coating, Solvents, Asphalt, Graphic Arts and Printing, and Pharmaceuticals 


I. Surface Coating Operations 


II. Solvent Use 


III. Use of Cutback Asphalt 


IV. Graphic Arts and Printing 


V. Pharmaceutical Synthesis 


Appendix D Minimum Cooling Capacities for Refrigerated Freeboard Chillers on Vapor Degreasers 


Appendix E Emission Limit Conversion Procedure 


PART D Oil and Natural Gas Operations 


I. Volatile Organic Compound Emissions from Oil and Gas Operations 


II.  (State Only) Statewide Controls for Oil and Gas Operations 


III. (State Only) Natural Gas-Actuated Pneumatic Controllers Associated with Oil and Gas 
Operations 


IV. (State Only) Control of Emissions from the Natural Gas Transmission and Storage 
Segment 


V. (State Only) Oil and Natural Gas Operations Emissions Inventory 


VI. (State Only) Oil and Natural Gas Pre-Production and Early-Production Operations 


PART E Combustion Equipment and Major Source RACT 


I. Control of Emissions from Engines 


II. Control of Emissions from Stationary and Portable Combustion Equipment in the 8-Hour 
Ozone Control Area 


III. Control of Emissions from Specific Major Sources of VOC and/or NOx in the 8-Hour 
Ozone Control Area 


IV. Control of Emissions from Breweries in the 8-hour Ozone Control Area 


PART F  Statements of Basis, Specific Statutory Authority and Purpose 


_________________________________________________________________________ 


Pursuant to Colorado Revised Statutes Section 24-4-103 (12.5), materials incorporated by reference are 
available for public inspection during normal business hours, or copies may be obtained at a reasonable 
cost from the Air Quality Control Commission (the Commission), 4300 Cherry Creek Drive South, Denver, 
Colorado 80246-1530. The material incorporated by reference is also available through the United States 
Government Printing Office, online at www.govinfo.gov. Materials incorporated by reference are those 
editions in existence as of the date indicated and do not include any later amendments. 


>>>>>>> 


PART D Oil and Natural Gas Operations 


>>>>>>> 
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II. (State Only) Statewide Controls for Oil and Gas Operations 


II.A. (State Only) Definitions 


II.A.1.  “Air Pollution Control Equipment,” as used in this Section II., means a combustion device 
or vapor recovery unit. Air pollution control equipment also means alternative emissions 
control equipment and pollution prevention devices and processes intended to reduce 
uncontrolled actual emissions that comply with the requirements of Section II.B.2.e. 


II.A.2. “Approved Instrument Monitoring Method,” means an infra-red camera, EPA Method 21, 
or other Division approved instrument based monitoring method or program. If an owner 
or operator elects to use Division approved continuous emission monitoring, the Division 
may approve a streamlined inspection and reporting program for such operations, 
including approved instrument monitoring method and/or AVO inspections. 


II.A.3. “Auto-Igniter” means a device which will automatically attempt to relight the pilot flame in 
the combustion chamber of a control device in order to combust VOC emissions. 


II.A.4. “Blowdown” as used in Section II.H., means the depressurization of equipment to reduce 
system pressure for shutdowns or for maintenance, safety, or cessations of operations. 
Blowdown includes venting as defined in Section II.C.2.a.(i)(B) where the venting was 
intentional. 


II.A.45. “Centrifugal Compressor” means any machine used for raising the pressure of natural 
gas by drawing in low pressure natural gas and discharging significantly higher pressure 
natural gas by means of mechanical rotating vanes or impellers. Screw, sliding vane, and 
liquid ring compressors are not centrifugal compressors. 


II.A.56. “Class II Disposal Well Facility” means a facility that injects underground fluids which are 
brought to the surface in connection with natural gas storage operations or oil or natural 
gas production and that may be commingled with waste waters from gas plants which are 
an integral part of production operations, unless those waters are classified as a 
hazardous waste at the time of injection. Class II disposal well facilities do not include 
wells which inject fluids for enhanced recovery of oil or natural gas or for storage of 
hydrocarbons which are liquid at standard temperature and pressure. 


II.A.67. “Commencement of oOperation” means when a source first conducts the activity that it 
was designed and permitted for. In addition, for oil and gas well production facilities, 
commencement of operation is the date any permanent production equipment is in use 
and product is consistently flowing to sales lines, gathering lines, or storage tanks from 
the first producing well at the stationary source, but no later than end of well completion 
operations (including flowback). 


II.A.78. “Component” means each pump seal, flange, pressure relief device (including thief 
hatches or other openings on a controlled storage tank), connector, and valve that 
contains or contacts a process stream with hydrocarbons, except for components in 
process streams consisting of glycol, amine, produced water, or methanol. 


II.A.89. “Connector” means flanged, screwed, or other joined fittings used to connect two pipes or 
a pipe and a piece of process equipment or that close an opening in a pipe that could be 
connected to another pipe. Joined fittings welded completely around the circumference of 
the interface are not considered connectors. 


II.A.10. “Disproportionately Impacted Community” (DI community) means a community that is in a 
census block group, as determined in accordance with the most recent United States 
census, where the proportion of households that are low income (meaning the median 
household income is less than or equal to two hundred percent of the federal poverty 
guideline) is greater than forty percent; the proportion of households that identify as 
minority is greater than forty percent, or the proportion of households that are housing 
cost-burdened (meaning a household that spends more than thirty percent of its income 
on housing) is greater than forty percent; or is any other community as identified or 
approved by a state agency, if: the community has a history of environmental racism 







perpetuated through redlining, anti-indigenous, anti-immigrant, anti-Hispanic, or anti-
black laws; or the community is one where multiple factors, including socioeconomic 
stressors, disproportionate environmental burdens, vulnerability to environmental 
degradation, and lack of public participation, may act cumulatively to affect health and the 
environment and contribute to persistent disparities. 


II.A.911. “Dump Valve” means a liquid-control valve in a separator that controls liquid level 
within the separator vessel. 


II.A.1012. “Dump Event” means the opening of a dump valve allowing liquid to flow from a 
separator equipped with a dump valve to a storage tank. 


II.A.1113. “Glycol Natural Gas Dehydrator” means any device in which a liquid glycol 
(including ethylene glycol, diethylene glycol, or triethylene glycol) absorbent directly 
contacts a natural gas stream and absorbs water. 


II.A.1214. “Infra-red Camera” means an optical gas imaging instrument designed for and 
capable of detecting hydrocarbons. 


II.A.1315. “Hydrocarbon Liquid” means any naturally occurring, unrefined petroleum liquid. 
Hydrocarbon liquid does not include produced water. 


II.A.16. “Hot Tapping” means a procedure that makes a new pipeline connection while the 
pipeline remains in service, flowing natural gas under pressure. The procedure involves 
attaching a branch connection and valve on the outside of an operating pipeline and then 
cutting out the pipe-line wall within the branch and removing the wall section through the 
valve. 


II.A.17. “Jumper Line” means an enclosed piping system attached to the vent line of a pig 
launcher or receiver that routes the contents of a pig launcher or receiver into a lower 
pressure gathering system. 


II.A.18. “Midstream Pipeline” means the pipeline and metering and regulating equipment 
delivering oil or natural gas from an oil or gas well or well production facility to a natural 
gas compressor station, natural gas processing plant, transmission pipeline, or direct 
use. Midstream pipeline also means the pipeline and metering and regulating equipment 
delivering oil or natural gas from a natural gas compressor station to a natural gas 
processing plant, transmission pipeline, or direct use. 


II.A.19. “Midstream Segment” means the oil and natural gas compression segment and the 
natural gas processing segment upstream of the natural gas transmission and storage 
segment. 


II.A.1420. “Natural Gas Compressor Station” means a facility, located downstream of well 
production facilities, which contains one or more compressors designed to compress 
natural gas from well pressure to gathering system pressure prior to the inlet of a natural 
gas processing plant. 


II.A.21. “Natural Gas Processing Segment” means the operations engaged in the separation of 
natural gas liquids (NGLs) or non-methane gases from produced natural gas, or the 
separation of NGLs into one or more component mixtures. Separation includes one or 
more of the following: forced extraction of natural gas liquids, sulfur and carbon dioxide 
removal, fractionation of NGLs, or the capture of CO2 separated from natural gas 
streams. This segment also includes all residue gas compression equipment owned or 
operated by the natural gas processing plant. 


II.A.22. “Natural Gas Transmission and Storage Segment” means onshore natural gas 
transmission pipelines, onshore natural gas transmission compression, underground 
natural gas storage, and liquefied natural gas (LNG) storage, as these terms are defined 
in 40 CFR Part 98, Section 98.230 (October 22, 2015), that are physically located in 
Colorado. 







II.A.1523. “Normal Operation” means all periods of operation, excluding malfunctions as 
defined in Section I.G. of the Common Provisions regulation. For storage tanks at well 
production facilities, normal operation includes but is not limited to liquid dumps from the 
separator. 


II.A.24. “Northern Weld County” means the portion of the county that does not lie south of a line 
described as follows: Beginning at a point on Weld County’s eastern boundary and Logan 
County’s western boundary intersected by 40 degrees, 42 minutes, 47.1 seconds north 
latitude, proceed west on 40 degrees, 42 minutes, 47.1 seconds north latitude until this 
line intersects Weld County’s western boundary and Larimer County’s eastern boundary. 


II.A.1625. “Occupied Areas” means (1) a building or structure designed for use as a place 
of residency by a person, a family, or families. The term includes manufactured, mobile, 
and modular homes, except to the extent that any such manufactured, mobile, or modular 
home is intended for temporary occupancy or for business purposes; (2) indoor or 
outdoor spaces associated with a school that students use commonly as part of their 
curriculum or extracurricular activities; (3) five thousand (5,000) or more square feet of 
building floor area in commercial facilities that are operating and normally occupied 
during working hours; and (4) an outdoor venue or recreation area, such as a playground, 
permanent sports field, amphitheater, or other similar place of outdoor public assembly. 


II.A.26. “Oil and Natural Gas Compression Segment” means the gathering pipelines and other 
equipment used to collect oil and/or natural gas from gas or oil wells and used to 
compress, dehydrate, sweeten, or transport the oil and/or natural gas to a natural gas 
processing facility, a natural gas transmission pipeline, or to a natural gas distribution 
pipeline. For purposes of Section II., equipment located within the boundaries of a well 
production facility, including but not limited to compressors, is excluded from the oil and 
natural gas compression segment. 


II.A.1727. “Open-Ended Valve or Line” means any valve, except safety relief valves, having 
one side of the valve seat in contact with process fluid and one side open to the 
atmosphere, either directly or through open piping. 


II.A.28. “Pig Ramp” means a device installed inside the barrel of a pig receiver designed and 
intended to prevent liquid accumulation in the barrel and minimize release of volatile 
liquids into the environment during retrieval of the pig. 


II.A.29. “Pigging” means the process of introducing and subsequently removing a specialized 
device (a “pig”) into a natural gas pipeline to push liquids through the pipeline into a slug 
catcher and/or designated system. 


II.A.30. “Pigging Facility” means the upstream or downstream facility where a pig is launched or 
received, including standalone pigging stations, natural gas compressor stations, natural 
gas processing plants, well sites, or well production facilities.  


II.A.31. “Pigging Pipeline” means a midstream segment pipeline connected to a pig launcher or 
receiver.  


II.A.1832. “Produced Water” means water that is extracted from the earth from an oil or 
natural gas production well, or that is separated from crude oil, condensate, or natural 
gas after extraction. 


II.A.1933. “Reciprocating Compressor” means a piece of equipment that increases the 
pressure of process gas by positive displacement, employing linear movement of the 
piston rod. 


II.A.2034. “Stabilized” when used to refer to crude oil, condensate, intermediate 
hydrocarbon liquids, or produced water means that the vapor pressure of the liquid is 
sufficiently low to prevent the production of vapor phase upon transferring the liquid to an 
atmospheric pressure in a storage tank, and that any emissions that occur are limited to 
those commonly referred to within the industry as working, breathing, and standing 
losses. 







II.A.2135. “Storage Tank” means any fixed roof storage vessel or series of storage vessels 
that are manifolded together via liquid line. Storage tanks may be located at a well 
production facility or other location. 


II.A.2236. “Storage Tank Measurement System” means equipment and methods used to 
determine the quantity and quality of the liquids inside a storage tank without requiring 
direct access through the storage tank thief hatch. 


II.A.2337. “Storage Vessel” means a tank or other vessel that contains an accumulation of 
hydrocarbon liquids or produced water and is constructed primarily of nonearthed 
materials (such as wood, concrete, steel, fiberglass, or plastic) which provide structural 
support. A well completion vessel that receives recovered liquids from a well after 
commencement of operation for a period which exceeds 60 days is considered a storage 
vessel. Storage vessel does not include vessels that are skid-mounted or permanently 
attached to something that is mobile (such as trucks, railcars, barges, or ships) and are 
intended to be located at the site for less than 180 consecutive days; process vessels 
such as surge control vessels, bottom receivers, or knockout vessels; or pressure 
vessels designed to operate in excess of 204.9 kilopascals and without emissions to the 
atmosphere. 


II.A.2538. “Vapor Collection and Return System” means a closed system designed to 
control the release of VOCs displaced from a vessel during transfer of hydrocarbon 
liquids by using the transferred hydrocarbon liquids for direct displacement to force 
vapors from the vessel being loaded into either the storage tank being unloaded or to air 
pollution control equipment. 


II.A.2439. “Visible Emissions” means observations of smoke for any period or periods of 
duration greater than or equal to one (1) minute in any fifteen (15) minute period during 
normal operation, pursuant to EPA Method 22. Visible emissions do not include radiant 
energy or water vapor. 


II.A.2640. “Well Production Facility” means all equipment at a single stationary source 
directly associated with one or more oil wells or natural gas wells upstream of the natural 
gas processing plant. This equipment includes, but is not limited to, equipment used for 
storage, separation, treating, dehydration, artificial lift, combustion, compression, 
pumping, metering, monitoring, and flowline. 


II.B. (State Only) General Provisions 


II.B.1. General requirements for prevention of emissions and good air pollution control practices 
for all oil and gas exploration and production operations,; Class II disposal well facilities,; 
well production facilities,; and midstream segment operations, including natural gas 
compressor stations, and natural gas processing plants. 


II.B.1.a. All hydrocarbon liquids and produced water collection, storage, processing, and 
handling operations, regardless of size, must be designed, operated, and 
maintained so as to minimize emission of VOCs and other hydrocarbons to the 
atmosphere to the extent reasonably practicable. 


II.B.1.b. At all times, including periods of start-up and shutdown, the facility and air 
pollution control equipment must be maintained and operated in a manner 
consistent with good air pollution control practices for minimizing emissions. 
Determination of whether or not acceptable operation and maintenance 
procedures are being used will be based on information available to the Division, 
which may include, but is not limited to, monitoring results, opacity observations, 
review of operation and maintenance procedures, and inspection of the source. 


II.B.2. General requirements for air pollution control equipment used to comply with Section II. 


II.B.2.a. All air pollution control equipment must be operated and maintained pursuant to 
the manufacturing specifications or equivalent to the extent practicable, and 
consistent with technological limitations and good engineering and maintenance 







practices. The owner or operator must keep manufacturer specifications or 
equivalent on file. In addition, all such air pollution control equipment must be 
adequately designed and sized to achieve the control efficiency rates and to 
handle reasonably foreseeable fluctuations in emissions of VOCs and other 
hydrocarbons during normal operations. Fluctuations in emissions that occur 
when the separator dumps into the tank are reasonably foreseeable. 


II.B.2.b. If a combustion device is used to control emissions of VOCs and other 
hydrocarbons, it must be enclosed, have no visible emissions during normal 
operation, and be designed so that an observer can, by means of visual 
observation from the outside of the enclosed combustion device, or by other 
means approved by the Division, determine whether it is operating properly. 


II.B.2.c. Any of the effective dates for installation of controls on storage tanks, 
dehydrators, and/or internal combustion engines may be extended at the 
Division’s discretion for good cause shown. 


II.B.2.d. Auto-igniters: All combustion devices used to control emissions of hydrocarbons 
must be equipped with and operate an auto-igniter as follows 


II.B.2.d.(i) All combustion devices installed on or after May 1, 2014, must 
be equipped with an operational auto-igniter upon installation of 
the combustion device. 


II.B.2.d.(ii) All combustion devices installed before May 1, 2014, must be 
equipped with an operational auto-igniter by or before May 1, 
2016, or after the next combustion device planned shutdown, 
whichever comes first. 


II.B.2.e. Alternative emissions control equipment will qualify as air pollution control 
equipment, and may be used in lieu of, or in combination with, combustion 
devices and vapor recovery units to achieve the emission reductions required by 
this Section II., if the Division approves the equipment, device, or process. As 
part of the approval process the Division, at its discretion, may specify a different 
control efficiency than the control efficiencies required by this Section II. 


II.B.2.f. Owners or operators must conduct weekly visual inspections of air pollution 
control equipment. 


II.B.2.f.(i) Visual inspections must begin  


II.B.2.f.(i)(A) February 14, 2022, for owners or operators of storage 
tanks subject to Section II.C.1. 


II.B.2.f.(i)(B) May 1, 2022, for air pollution control equipment that 
commenced operation before February 14, 2022, unless subject 
to Section II.B.2.f.(i)(A). 


II.B.2.f.(i)(C) Within thirty (30) days of commencement of operation for 
air pollution control equipment constructed on or after February 
14, 2022. 


II.B.2.f.(ii) Weekly visual inspections must include, at a minimum 


II.B.2.f.(ii)(A) Inspection or monitoring of each combustion device to 
ensure that it is operating, including that the pilot light is lit and 
the auto-igniter is properly functioning. 


II.B.2.f.(ii)(B) Inspection or monitoring of each combustion device to 
ensure that the valves for the piping of gas to the pilot light are 
open and functioning properly. 







II.B.2.f.(ii)(C) Inspection or monitoring of each combustion device to 
ensure the burner tray is not visibly clogged. 


II.B.2.f.(ii)(D) Inspection of each combustion device for the presence 
or absence of smoke. If smoke is observed, either the equipment 
must be immediately shut-in to investigate the potential cause for 
smoke and perform repairs, as necessary, or EPA Method 22 
must be conducted to determine whether visible emissions are 
present for a period of at least one (1) minute in fifteen (15) 
minutes. 


II.B.2.f.(ii)(E) Inspection or monitoring of each vapor recovery unit to 
ensure that the unit is operating and that vapors are being routed 
to the unit. 


II.B.2.f.(ii)(F) Inspection or monitoring of air pollution control 
equipment to ensure that valves for the piping of gas to the air 
pollution control equipment are open. 


II.B.2.f.(ii)(G) Recording the flow meter readings, once installed 
pursuant to Section II.B.2.g.(i). An owner or operator may use 
automation to continuously record flow to the air pollution control 
equipment for which flow meters are required under Section 
II.B.2.g. 


II.B.2.g. Owners or operators must install and operate a flow meter at the inlet to the air 
pollution control equipment. 


II.B.2.g.(i) Flow meters must be installed and operating by  


II.B.2.g.(i)(A) May 1, 2022, for air pollution control equipment that 
commenced operation before February 14, 2022. 


II.B.2.g.(i)(B) Commencement of operation for air pollution control 
equipment that commences operation on or after February 14, 
2022. 


II.B.2.g.(ii) The owner or operator must calibrate and maintain the flow 
meter in accordance with the manufacturer’s specifications and 
schedule.  


II.B.2.g.(iii) Flow meters are not required to be installed  


II.B.2.g.(iii)(A) On portable air pollution control equipment used at a 
location for less than 180 consecutive days. 


II.B.2.g.(iii)(B) On vapor recovery units used in connection with 
separation equipment or dehydrators, or on air pollution control 
equipment used during vapor recovery unit downtime associated 
with dehydrators. 


II.B.2.g.(iii)(C) Where installation of the flow meter is technically or 
economically infeasible, as demonstrated by the owner or 
operator to the Division’s reasonable satisfaction, or where the 
Division approves the use of an alternate parameter (and 
associated recordkeeping and reporting).  


II.B.2.h. Beginning February 14, 2022, the owner or operator must conduct performance 
tests for each enclosed combustion device for which Regulation Number 7 
requires the device to achieve at least 95% control efficiency for hydrocarbons. A 
performance test that does not demonstrate that an enclosed combustion device 







is achieving at least 95% control efficiency for hydrocarbons is considered a 
failing test. 


II.B.2.h.(i) Performance test requirements. 


II.B.2.h.(i)(A) Performance tests are not required for enclosed 
combustion devices serving solely as control devices during 
vapor recovery unit downtime. 


II.B.2.h.(i)(B) Owners or operators must test all enclosed combustion 
devices used to control the same piece of equipment or 
operation (e.g., a bank of enclosed combustion devices 
controlling a storage tank) over the course of the same testing 
event, which may occur over multiple working days. 


II.B.2.h.(i)(C) Performance tests must be conducted in accordance 
with a Division-approved test protocol. 


II.B.2.h.(i)(D) For the calendar year of the performance test, owners or 
operators must calculate enclosed combustion device emissions 
(or the emissions for the source controlled) pursuant to Sections 
II.G. and V. with the results of the most recent performance test. 


II.B.2.h.(i)(E) Owners or operators of enclosed combustion devices 
that fail a performance test must follow the manufacturer's repair 
instructions, if available, or best combustion engineering 
practices to return the device to compliant operation within thirty 
(30) days or shut-in all equipment or operations controlled by the 
enclosed combustion device. 


II.B.2.h.(i)(F) Owners or operators must retest the enclosed 
combustion device within ninety (90) days of a failed test or upon 
return to operation if the equipment or operations controlled by 
the enclosed combustion device were shut-in as a response to a 
failed test. 


II.B.2.h.(i)(G) As an alternative to Section II.B.2.h.(i)(F), the owner or 
operator may replace the failing enclosed combustion device 
with a different enclosed combustion device and test the 
replacement enclosed combustion device upon commencement 
of operation. The owner or operator does not have to test the 
replacement enclosed combustion device if the device is newly 
manufactured (has never been in operation anywhere else) and 
has been tested by the manufacturer in accordance with the 
requirements of 40 CFR Part 60, Subpart OOOOa, Section 
60.5413a(d) (June 3, 2016). 


II.B.2.h.(ii) Initial performance test schedule. 


II.B.2.h.(ii)(A) Enclosed combustion devices that commenced 
operation before December 31, 2021, must be tested within the 
schedule in Table 1, unless the Division approves an alternative 
testing schedule. 


 


Table 1 – Enclosed Combustion Device Inspections 


Location of 
enclosed 
combustion 


Compliance deadlines 


Dec. 31, Dec. 31, Dec. 31, Dec. 31, Dec. 31, Dec. 31, 







device 2022 2023 2024 2025 2026 2027 


Percentage (%) of enclosed combustion devices that must be 
tested 


Within a DI 
community 


At least 
25% 


At least 
50% 


At least 
75% 


At least 
100% 


NA NA 


Within the 8-
hour ozone 
control area 
and northern 
Weld County 


At least 
20% 


At least 
40% 


At least 
60% 


At least 
80% 


100% NA 


Outside the 8-
hour ozone 
control area 
and northern 
Weld County  


At least 
10% 


At least 
20% 


At least 
35% 


At least 
50% 


At least 
75% 


100% 


II.B.2.h.(ii)(B) Enclosed combustion devices that commence operation 
on or after December 31, 2021, must be tested within two (2) 
years after commencement of operation, unless the enclosed 
combustion device is newly manufactured (has never been in 
operation) and has been tested by the manufacturer in 
accordance with the requirements of 40 CFR Part 60, Subpart 
OOOOa, Section 60.5413a(d) (June 3, 2016), in which case the 
enclosed combustion device must be tested within five (5) years 
after commencement of operation. 


II.B.2.h.(ii)(C) No enclosed combustion device located in the 8-hour 
ozone control area and northern Weld County or in a 
disproportionately impacted community can operate for more 
than five (5) years without a performance test. 


II.B.2.h.(ii)(D) No enclosed combustion device located outside the 8-
hour ozone control area and northern Weld County but not within 
a disproportionately impacted community can operate for more 
than ten (10) years without a performance test. 


II.B.2.h.(ii)(E) Owners or operators do not have to start up a source 
solely to perform a performance test on the enclosed combustion 
device if gas flow to the device is from a source or equipment 
that has been shut-in for more than thirty (30) consecutive days; 
however, a performance test is required within thirty (30) days of 
the enclosed combustion device once again receiving gas flow. 


II.B.2.h.(iii) Notification. No later than July 31, 2022, owners or operators of 
enclosed combustion devices subject to Section II.B.2.h.(ii) must submit 
a notification to the Division with the following information. 


II.B.2.h.(iii)(A) A list of all enclosed combustion devices that 
commenced operation before December 31, 2021, with 
associated facility name and location, AIRS ID (if assigned), 
manufacturer model, serial number (if available), and 
identification of equipment controlled by the enclosed 
combustion device. 


II.B.2.h.(iii)(B) The year in which each enclosed combustion device will 
be tested to meet the compliance schedule in Table 1. 







II.B.2.h.(iv) Subsequent performance tests. 


II.B.2.h.(iv)(A) Enclosed combustion devices located in the 8-hour 
ozone control area and northern Weld County must be tested 
within five (5) years following the previous performance test, 
unless the enclosed combustion device is newly manufactured 
(has never been in operation) and has been tested by the 
manufacturer in accordance with the requirements of 40 CFR 
Part 60, Subpart OOOOa, Section 60.5413a(d) (June 3, 2016), 
in which case the enclosed combustion device must be tested 
within eight (8) years following the previous performance test. 


II.B.2.h.(iv)(B) Enclosed combustion devices located within a 
disproportionately impacted community must be tested within 
five (5) years following the previous performance test, unless the 
enclosed combustion device is newly manufactured (has never 
been in operation) and has been tested by the manufacturer in 
accordance with the requirements of 40 CFR Part 60, Subpart 
OOOOa, Section 60.5413a(d) (June 3, 2016), in which case the 
enclosed combustion device must be tested within eight (8) 
years following the previous performance test. 


II.B.2.h.(iv)(C) Enclosed combustion devices located outside the 8-hour 
ozone control area and northern Weld County and not within a 
disproportionately impacted community must be tested within ten 
(10) years following the previous performance test. 


II.B.2.i. Recordkeeping. Except as specified in Section II.B.2.i.(ix), the owner or operator 
must maintain records for a period of five (5) years and make them available to 
the Division upon request, including 


II.B.2.i.(i) Notifications submitted in accordance with Section II.B.2.h.(iii). 


II.B.2.i.(ii) Records of the make, model, serial number, and AIRS ID (if 
assigned) of each enclosed combustion device and associated facility 
name and location. 


II.B.2.i.(iii) Records of visual inspections conducted pursuant to Section 
II.B.2.f., including the time and date of each inspection and a description 
of any problems observed, description and date of any corrective 
action(s) taken, and name of employee or third party performing 
corrective action(s). 


II.B.2.i.(iv) Records of the date and result of any EPA Method 22 test or 
investigation. 


II.B.2.i.(v) Records of the date and duration of any period where the air 
pollution control equipment is not operating. 


II.B.2.i.(vi) Monthly records of the total hours the vapor recovery unit is not 
operating, the total condensate throughput volume, and total condensate 
throughput volume during the time the vapor recovery unit is not 
operating. 


II.B.2.i.(vii) Records of inlet gas flow rate, as required by Section 
II.B.2.f.(iii)(G). 


II.B.2.i.(viii) Records supporting the delay of any performance test pursuant 
to Section II.B.2.h.(i)(E). 


II.B.2.i.(ix) Records of performance tests must be maintained for the life of 
the equipment that the enclosed combustion device is used to control 







(even if ownership or control of the device is transferred), including 
manufacturer model and serial number(s) of devices tested; the date of 
the test; a copy of the test protocol followed; a certification by a 
responsible official that the performance test was conducted in 
accordance with a Division-approved test protocol; the enclosed 
combustion device parameters outlined in the test protocol; and 
documentation of the methods and results of the test. 


II.B.2.j. Reporting. The owner or operator must submit the following information to the 
Division. 


II.B.2.j.(i) Within fourteen (14) days of a failing performance test, the owner 
or operator must submit a notification of the failing test, including: facility 
AIRS ID and equipment or operation controlled; the date of test; the 
results of the test; monthly methane and VOC emission calculations 
using the test results for the calendar year of the test; monthly production 
(if enclosed combustion device is controlling a storage tank) or gas flared 
(if enclosed combustion device is controlling separation equipment) for 
the calendar year of the test; the proposed corrective action to return the 
enclosed combustion device to proper operation, including the timing 
thereof; and the proposed date of the retest. 


II.B.2.j.(ii) On the same date at the annual emissions inventory report in 
Part D, Section V., the owner or operator must submit the date of each 
performance test, the results of the test, and copies of all performance 
test reports for testing performed during that year. 


II.B.2.j.(iii) By July 31 of each year (beginning 2023), owners or operators 
must submit an update to the notification provided under Section 
II.B.2.h.(iii) documenting changes to the list specified in Section 
II.B.2.h.(iii)(A) (e.g., an enclosed combustion device moved to a different 
facility (including transfer to another operator) or controlling more or less 
equipment or operations than specified) and changes to the performance 
testing schedule provided pursuant to Section II.B.2.h.(iii)(B). 


II.B.3. Requirements for compressor seals and open-ended valves or lines 


II.B.3.a. Beginning January 1, 2015, each open-ended valve or line at well production 
facilities and natural gas compressor stations must be equipped with a cap, blind 
flange, plug, or a second valve that seals the open end at all times except during 
operations requiring process fluid flow through the open-ended valve or line. 
Open-ended valves or lines in an emergency shutdown system which are 
designed to open automatically in the event of a process upset are exempt from 
the requirement to seal the open end of the valve or line. Alternatively, an open-
ended valve or line may be treated as if it is a “component” as defined in Section 
II.A.7., and may be monitored under the provisions of Section II.E. 


II.B.3.b. Beginning January 1, 2015, uncontrolled actual hydrocarbon emissions from wet 
seal fluid degassing systems on wet seal centrifugal compressors must be 
reduced by at least 95%, unless the centrifugal compressor is subject to 40 CFR 
Part 60, Subpart OOOO (February 23, 2014) or 40 CFR Part 60, Subpart 
OOOOa (June 3, 2016) on that date or thereafter. 


II.B.3.c. Beginning January 1, 2015, the rod packing on any reciprocating compressor 
located at a natural gas compressor station must be replaced every 26,000 hours 
of operation or every thirty-six (36) months, unless the reciprocating compressor 
is subject to the reciprocating compressor emission control, monitoring, 
recordkeeping, and reporting requirements of 40 CFR Part 60, Subpart OOOO 
(February 23, 2014) or 40 CFR Part 60, Subpart OOOOa (June 3, 2016) on that 
date or thereafter. The measurement of accumulated hours of operation (26,000) 
or months elapsed (36) begins on January 1, 2015. 







II.B.3.d. Beginning February 14, 2022, the rod packing on any reciprocating compressor 
located at a natural gas processing plant must be replaced every 26,000 hours of 
operation or every thirty-six (36) months, unless the reciprocating compressor is 
subject to the reciprocating compressor emission control, monitoring, 
recordkeeping, and reporting requirements of Section I.J.2., 40 CFR Part 60, 
Subpart OOOO (February 23, 2014), or 40 CFR Part 60, Subpart OOOOa (June 
3, 2016) on that date or thereafter. The measurement of accumulated hours of 
operation (26,000) or months elapsed (36) begins on February 14, 2022. 


>>>>>>> 


II.C. Emission reduction from storage tanks at oil and gas exploration and production operations, 
Class II disposal well facilities, well production facilities, natural gas compressor stations, and 
natural gas processing plants. 


II.C.1. Control and monitoring requirements for storage tanks 


>>>>>>> 


II.C.1.d. (State Only) Beginning May 1, 2014, or the applicable compliance date in 
Sections II.C.1.b.(i) or II.C.1.c.(i), whichever comes later, owners or operators of 
storage tanks subject to Section II.C.1. must conduct audio, visual, olfactory 
(AVO) and additional visual inspections of the storage tank and any associated 
equipment (e.g., separator, air pollution control equipment, or other pressure 
reducing equipment) at the same frequency as liquids are loaded out from the 
storage tank. These inspections are not required more frequently than every 
seven (7) days but must be conducted at least every thirty-one (31) days. 
Monitoring is not required for storage tanks or associated equipment that are 
unsafe, difficult, or inaccessible to monitor, as defined in Section II.C.1.e. The 
additional visual inspections must include, at a minimum: 


II.C.1.d.(i) Visual inspection of any thief hatch, pressure relief valve, or 
other access point to ensure that they are closed and properly 
sealed. 


II.C.1.d.(ii) Visual inspection or monitoring of the air pollution control 
equipment to ensure that it is operating, including that the pilot 
light is lit on combustion devices used as air pollution control 
equipment.Repealed. 


II.C.1.d.(iii) Repealed.If a combustion device is used, visual inspection of the 
auto-igniter and valves for piping of gas to the pilot light to 
ensure they are functioning properly. 


II.C.1.d.(iv) Repealed.Visual inspection of the air pollution control equipment 
to ensure that the valves for the piping from the storage tank to 
the air pollution control equipment are open. 


II.C.1.d.(v) Repealed.If a combustion device is used, inspection of the 
device for the presence or absence of smoke. If smoke is 
observed, either the equipment must be immediately shut-in to 
investigate the potential cause for smoke and perform repairs, as 
necessary, or EPA Method 22 must be conducted to determine 
whether visible emissions are present for a period of at least one 
(1) minute in fifteen (15) minutes. 


II.C.1.d.(vi) Beginning May 1, 2020, or the applicable compliance date in 
Section II.C.1.c.(i), whichever comes later, visual observation of 
the dump valve(s) of the last separator(s) before the storage 
tank(s) to ensure the dump valve is free of debris and not stuck 
open. The owner or operator is not required to observe the 
actuation of the dump valve during this inspection; however, if a 







dump event occurs during the inspection, the owner or operator 
must confirm proper operation of the valve. 


II.C.1.d.(vii) Beginning May 1, 2020, or the applicable compliance date in 
Section II.C.1.c.(i), whichever comes later, a check for the 
presence of liquids in liquid knockout vessels that do not drain 
automatically, underground lines, and aboveground piping. 


II.C.1.d.(vii)(A) For liquid knockout vessels for which a procedure exists 
to check liquid level, check for the presence of liquids. If 
liquids are present above the low level indication point, 
drain liquids. 


II.C.1.d.(vii)(B) For liquid knockout vessels for which no procedure 
exists to check liquid level, drain liquids. 


II.C.1.d.(vii)(C) For underground lines and aboveground piping that is 
not sloped to a liquid knockout or tank and for which a 
procedure exists to check for the presence of liquids 
accumulation, check for the presence of liquids and 
drain liquids as needed. 


II.C.1.d.(vii)(D) For underground lines and aboveground piping that is 
not sloped to a liquid knockout vessel or tank and for 
which no written procedure exists to check for the 
presence of liquids accumulation, drain liquids quarterly. 


>>>>>>> 


II.C.2. (State Only) Capture and monitoring requirements for storage tanks that are fitted with air 
pollution control equipment as required by Sections I.D. or II.C.1. 


II.C.2.a. Owners or operators of storage tanks must route all hydrocarbon emissions to air 
pollution control equipment, and must operate without venting hydrocarbon 
emissions from the thief hatch (or other access point to the tank) or pressure 
relief device during normal operation, . This requirement does not apply where 
unless venting is reasonably required for maintenance, unless the control of 
maintenance emissions is required pursuant to Section II.H.2.; gauging (, unless 
the use of a storage tank measurement system is required pursuant to and the 
operator compiles complies with Section II.C.4.;), or safety of personnel and 
equipment. Compliance must be achieved in accordance with the schedule in 
Section II.C.2.b.(ii). 


II.C.2.a.(i) Venting is emissions from a controlled storage tank thief hatch, 
pressure relief device, or other access point to the storage tank, 
which: 


II.C.2.a.(i)(A) Are primarily the result of over-pressurization, whether 
related to design, operation, or maintenance; or 


II.C.2.a.(i)(B) Are the result of an open, unlatched, or visibly unseated 
pressure relief device (e.g., thief hatch or pressure relief 
valve), an open vent line, or an unintended opening in 
the storage tank (e.g., crack or hole). 


II.C.2.a.(ii) When emissions from a controlled storage tank are observed, 
the Division may require the owner or operator to submit 
sufficient information demonstrating whether or not the 
emissions were primarily the result of over-pressurization. 
Absent a demonstration that such emissions were not primarily 
the result of over-pressurization, such emissions will be 
considered venting for purposes of Section II.C.2.a. 







II.C.2.a.(iii) When venting is observed, the owner or operator must confirm 
within twenty-four (24) hours of taking action to return the 
storage tank to operation without venting that the action(s) taken 
was effective. If the venting was observed using an approved 
instrument monitoring method, the confirmation must be made 
using an approved instrument monitoring method. 


II.C.2.b.  Owners or operators of storage tanks subject to the control requirements 
of Sections I.D., II.C.1.a, II.C.1.b., or II.C.1.c. must develop, certify, and 
implement a documented Storage Tank Emission Management System 
(STEM) plan to identify, evaluate, and employ appropriate control 
technologies, monitoring practices, operational practices, and/or other 
strategies designed to meet the requirements set forth in Section 
II.C.2.a. Owners or operators must update the STEM plan as necessary 
to achieve or maintain compliance. Owners or operators are not required 
to develop and implement STEM for storage tanks containing only 
stabilized liquids. The minimum elements of STEM are listed. 


>>>>>>> 


II.C.2.b.(ii) Owners or operators must achieve the requirements of Sections 
II.C.2.a. and II.C.2.b. and begin implementing the required 
approved instrument monitoring method in accordance with the 
following schedule 


>>>>>>> 


II.C.2.b.(ii)(I) Following the first approved instrument monitoring 
method inspection, owners or operators must continue 
conducting approved instrument monitoring method 
inspections in accordance with the inspection frequency 
in Table 12. 


 


Table 21 – Storage Tank Inspections 


Threshold: Storage Tank Uncontrolled 
Actual VOC Emissions (tpy) 


Approved Instrument Monitoring Method 
Inspection Frequency 


> 2 and < 12 Semi-annually  


> 12 and < 50 Quarterly  


> 50 Monthly 


>>>>>>> 


II.C.3. (State Only) Recordkeeping: The owner or operator of each storage tank subject to 
Sections I.D. or II.C. must maintain records of STEM, if applicable, including the plan, any 
updates, and the certification, and make them available to the Division upon request. In 
addition, for a period of two (2) years, the owner or operator must maintain records of any 
required monitoring and make them available to the Division upon request, including 


II.C.3.a. The AIRS ID for the storage tank. 


II.C.3.b. The date and duration of any period where the thief hatch, pressure relief device, 
or other access point are found to be venting hydrocarbon emissions, except for 
venting that is reasonably required for maintenance (unless the control of 
maintenance emissions is required pursuant to Section II.H.2.), gauging (unless 
use of a storage tank measurement system is required pursuant to and the 
operator complies with Section II.C.4.), or safety of personnel and equipment. 







II.C.3.c. The date and duration of any period where the air pollution control equipment is 
not operating. 


II.C.3.d. Records of the inspections required in Sections II.C.1.d. and II.C.2.b.(ii), 
including the time and date of each inspection and a description of any problems 
observed, description and date of any corrective action(s) taken, and name of 
employee or third party performing corrective action(s). 


II.C.3.e.  RepealedWhere a combustion device is being used, the date and result 
of any EPA Method 22 test or investigation pursuant to Section II.C.1.d.(v). 


>>>>>>> 


II.E. (State Only) Leak detection and repair program for well production facilities and natural gas 
compressor stations 


II.E.1. The following provisions of Section II.E. apply in lieu of any directed inspection and 
maintenance program requirements established pursuant to Regulation Number 3, Part 
B, Section III.D.2. 


II.E.2. Owners or operators of well production facilities or natural gas compressor stations that 
monitor components as part of Section II.E. may estimate uncontrolled actual emissions 
from components for the purpose of evaluating the applicability of component fugitive 
emissions to Regulation Number 3 by utilizing the emission factors defined as less than 
10,000 ppmv of Table 2-8 of the 1995 EPA Protocol for Equipment Leak Emission 
Estimates (Document EPA-453/R-95-017). 


II.E.3. Beginning January 1, 2015, owners or operators of natural gas compressor stations must 
inspect components for leaks using an approved instrument monitoring method, in 
accordance with the following schedule 


II.E.3.a. Approved instrument monitoring method inspections must begin within ninety 
(90) days after January 1, 2015, or the date the natural gas compressor station 
commences operation if such date is after January 1, 2015, for natural gas 
compressor stations with fugitive VOC emissions greater than zero (0) but less 
than or equal to fifty (50) tons per year, based on a rolling twelve-month total. 


II.E.3.a.(i) Annual approved instrument monitoring method inspections at 
natural gas compressor stations with fugitive VOC emissions 
greater than zero (0) but less than or equal to twelve (12) tons 
per year, based on a rolling twelve-month total, must begin within 
ninety (90) days after January 1, 2015, or the date the natural 
gas compressor station commences operation if such date is 
after January 1, 2015. Annual inspections must be conducted 
through calendar year 2019. 


II.E.3.a.(ii) Beginning calendar year 2020, owners or operators of natural 
gas compressor stations with fugitive VOC emissions greater 
than zero (0) but less than or equal to twelve (12) tons per year, 
based on a rolling twelve-month total, must conduct semi-annual 
approved instrument monitoring method inspections. 


II.E.3.b. Approved instrument monitoring method inspections must begin within thirty (30) 
days after January 1, 2015, or the date the natural gas compressor station 
commences operation if such date is after January 1, 2015, for natural gas 
compressor stations with fugitive VOC emissions greater than fifty (50) tons per 
year. 


II.E.3.c. Following the first approved instrument monitoring method inspection, owners or 
operators must continue conducting approved instrument monitoring method 
inspections in accordance with the Inspection Frequency in Table 23. 







II.E.3.d. Beginning January 1, 2023, owners or operators of natural gas compressor 
stations located within a disproportionately impacted community must inspect 
components for leaks using an approved instrument monitoring method in 
accordance with the inspection frequency in Table 3. 


II.E.3.de. For purposes of Section II.E.3., fugitive emissions must be calculated 
using the emission factors of Table 2-4 of the 1995 EPA Protocol for Equipment 
Leak Emission Estimates (Document EPA-453/R-95-017), or other Division 
approved method. 


 


Table 2 3 – Natural Gas Compressor Station Component Inspections 


Fugitive VOC Emissions (rolling twelve-
month tpy) 


Inspection Frequency 


> 0 and < 12 Semi-annually 


> 0 and < 12, located within a 
disproportionately impacted community 


Quarterly 


> 12 and < 50 Quarterly 


> 50 Monthly 


II.E.4. Requirements for well production facilities 


II.E.4.a. Owners or operators of well production facilities constructed on or after October 
15, 2014, must identify leaks from components using an approved instrument 
monitoring method no sooner than fifteen (15) days and no later than thirty (30) 
days after the facility commences operation. This initial test constitutes the first, 
or only for facilities subject to a one time approved instrument monitoring method 
inspection, of the periodic approved instrument monitoring method inspections. 
Thereafter, approved instrument monitoring method and AVO inspections must 
be conducted in accordance with the Inspection Frequencies in Table 34. 


II.E.4.b. Owners or operators of well production facilities constructed before October 15, 
2014, must identify leaks from components using an approved instrument 
monitoring method within ninety (90) days of the Phase-In Schedule in Table 34; 
within thirty (30) days for well production facilities subject to monthly approved 
instrument monitoring method inspections; or by January 1, 2016, for well 
production facilities subject to a one time approved instrument monitoring method 
inspection. Thereafter, approved instrument monitoring method and AVO 
inspections must be conducted in accordance with the inspection frequencies in 
Table 34. 


II.E.4.c. Beginning calendar year 2020, owners or operators of well production facilities 
with estimated uncontrolled actual VOC emissions greater than or equal to two 
(2) but less than or equal to twelve (12) tons per year as calculated in 
accordance with Section II.E.4.e., based on a rolling twelve-month total, must 
inspect components for leaks using an approved instrument monitoring method 
at least semi-annually. 


II.E.4.d.  Beginning calendar year 2020, owners or operators of well production facilities 
with estimated uncontrolled actual VOC emissions greater than or equal to two 
(2) tons per year as calculated in accordance with Section II.E.4.eg., based on a 
rolling twelve-month total, and located within 1,000 feet of an occupied area must 
inspect components for leaks using an approved instrument monitoring method 
in accordance with the inspection frequency in Table 34. 







II.E.4.e. Beginning January 1, 2023, owners or operators of well production facilities 
located within a disproportionately impacted community must inspect 
components for leaks using an approved instrument monitoring method in 
accordance with the inspection frequency in Table 4. 


II.E.4.f. Owners or operators of well production facilities that commence operation on or 
after May 1, 2022, must inspect components for leaks using an approved 
instrument monitoring method at least monthly, unless the owner or operator 
meets the requirements of Sections II.E.4.f.(i) or (ii), in which case the owner or 
operator must inspect components for leaks using an approved instrument 
monitoring method in accordance with the inspection frequency in Table 4.  


II.E.4.f.(i) The owner or operator installs and operates an automatic 
pressure management and pilot light system, consistent with a 
Division-approved protocol, on each storage tank at a well 
production facility with storage tanks subject to the requirements 
of Section II.C. The Division-approved protocol must ensure that 
the automatic pressure management and pilot light system  


II.E.4.f.(i)(A) Is capable of continuously tracking the pressure in the 
storage tank(s) and monitoring the pilot light on 
combustion devices used as air pollution control 
equipment;  


II.E.4.f.(i)(B) Accurately identifies when storage tank pressure levels 
both drop and rise substantially to indicate venting (e.g., 
both when a thief hatch is open and when pressure rises 
above the level where venting might occur);  


II.E.4.f.(i)(C) Accurately identifies when a pilot light is out and 
subsequently re-lit; 


II.E.4.f.(i)(D) Will shut-in flow to the storage tank(s) under the 
circumstances in Sections II.E.4.f.(i)(B) and II.E.4.f.(i)(C); 


II.E.4.f.(i)(E) Triggers a site investigation by the owner or operator 
upon the occurrence of potential venting and pilot light 
outages; and 


II.E.4.f.(i)(F) Includes sufficient recordkeeping and reporting 
requirements to demonstrate compliance. 


II.E.4.f.(ii) The owner or operator installs and operators an approved air 
quality monitoring plan pursuant to Section VI. to detect, 
evaluate, and reduce, as necessary, VOC or methane 
emissions. Except as further specified in Sections II.E.4.f.(ii)(A) 
and II.E.4.f.(ii)(B), owners or operators must continue to comply 
with Sections VI.C.2. and VI.C.3. for as long as the monitoring 
system is in use. 


II.E.4.f.(ii)(A) Owners or operators must keep records of the air quality 
monitoring plan for as long as the monitoring system is 
in use and provide records to the Division upon request. 


II.E.4.f.(ii)(B) Owners or operators must submit and keep records of 
the monthly reports of monitoring conducted that meet 
the requirements of Section VI.C.2.b. for as long as the 
monitoring system is in use and provide records to the 
Division upon request.  


II.E.4.eg. The estimated uncontrolled actual VOC emissions from the highest 
emitting storage tank at the well production facility determines the frequency at 







which inspections must be performed. If no storage tanks storing oil or 
condensate are located at the well production facility, owners or operators must 
rely on the facility emissions (controlled actual VOC emissions from all 
permanent equipment, including emissions from components determined by 
utilizing the emission factors defined as less than 10,000 ppmv of Table 2-8 of 
the 1995 EPA Protocol for Equipment Leak Emission Estimates). 


 
 


Table 43 – Well Production Facility Component Inspections 


Thresholds (per II.E.4.dg.)  


Well production facilities 
without storage tanks (rolling 


twelve-month tpy) 


Well production facilities with 
storage tanks (rolling twelve-


month tpy) 


Approved 
Instrument 
Monitoring 


Method 
Inspection 
Frequency 


AVO 
Inspection 
Frequency 


Phase-In 
Schedule 


> 0 and < 2 > 0 and < 2 One time  Monthly January 1, 2016 


> 2 and < 12 > 2 and < 12 Semi-annually Monthly * begins in 2020 


> 2 and < 12, located within 
1,000 feet of an occupied 
area 


> 2 and < 12, located within 
1,000 feet of an occupied 
area 


Quarterly Monthly * begins in 2020 


> 2 and < 12, located within a 
disproportionately impacted 
community 


> 2 and < 12, located within 
a disproportionately 
impacted community 


Quarterly Monthly * begins January 
1, 2023 


> 12 and < 20 > 12 and < 50 Quarterly  Monthly January 1, 2015 


> 12, located within 1,000 
feet of an occupied area 


> 12, located within 1,000 
feet of an occupied area 


Monthly  * begins in 2020 


> 12, located within a 
disproportionately impacted 
community 


> 12, located within a 
disproportionately impacted 
community 


Monthly  * begins January 
1, 2023 


> 20 > 50 Monthly  January 1, 2015 


 


II.E.5. If a component is unsafe, difficult, or inaccessible to monitor, the owner or operator is not 
required to monitor the component until it becomes feasible to do so. 


II.E.5.a. Difficult to monitor components are those that cannot be monitored without 
elevating the monitoring personnel more than two (2) meters above a supported 
surface or are unable to be reached via a wheeled scissor-lift or hydraulic type 
scaffold that allows access to components up to 7.6 meters (25 feet) above the 
ground. 


II.E.5.b. Unsafe to monitor components are those that cannot be monitored without 
exposing monitoring personnel to an immediate danger as a consequence of 
completing the monitoring. 


II.E.5.c. Inaccessible to monitor components are those that are buried, insulated, or 
obstructed by equipment or piping that prevents access to the components by 
monitoring personnel. 







II.E.6. Leaks requiring repair: Leaks must be identified utilizing the methods listed in Section 
II.E.6. Only leaks from components exceeding the thresholds in Section II.E.6. require 
repair under Section II.E.7. 


II.E.6.a. For EPA Method 21 monitoring, at facilities constructed before May 1, 2014, 
repair is required for leaks with any concentration of hydrocarbon above 2,000 
parts per million (ppm) not associated with normal equipment operation, such as 
pneumatic device actuation and crank case ventilation, except for well production 
facilities where a leak is defined as any concentration of hydrocarbon above 500 
ppm not associated with normal equipment operation, such as pneumatic device 
actuation and crank case ventilation. 


II.E.6.b. For EPA Method 21 monitoring, at facilities constructed on or after May 1, 2014, 
repair is required for leaks with any concentration of hydrocarbon above 500 ppm 
not associated with normal equipment operation, such as pneumatic device 
actuation and crank case ventilation. 


II.E.6.c. For infra-red camera and AVO monitoring, repair is required for leaks with any 
detectable emissions not associated with normal equipment operation, such as 
pneumatic device actuation and crank case ventilation. 


II.E.6.d. For other Division approved instrument monitoring methods or programs, leak 
identification requiring repair will be established as set forth in the Division’s 
approval. 


II.E.6.e. Except as provided in Sections II.E.6.f. or II.E.6.g., for leaks identified using an 
approved non-quantitative instrument monitoring method or AVO, owners or 
operators have the option of either repairing the leak in accordance with the 
repair schedule set forth in Section II.E.7.a. or conducting follow-up monitoring 
using EPA Method 21 within five (5) working days of the leak detection. If the 
follow-up EPA Method 21 monitoring shows that the emission is a leak requiring 
repair as set forth in Section II.E.6., the leak must be repaired in accordance with 
Section II.E.7.a. and remonitored in accordance with Section II.E.7.c. 


II.E.6.f. Beginning on March 1, 2021, for leaks identified using an approved non-
quantitative instrument monitoring method or AVO at a well production facility 
located within 1,000 feet of an occupied area, owners or operators have the 
option of either repairing the leak in accordance with the repair schedule set forth 
in Section II.E.7.b. or conducting follow-up monitoring using EPA Method 21 
within five (5) working days of the leak detection. If the follow-up EPA Method 21 
monitoring shows that the emission is a leak requiring repair as set forth in 
Sections II.E.6.a. through II.E.6.d., the leak must be repaired as follows and 
remonitored in accordance with Section II.E.7.c. 


II.E.6.f.(i) If EPA Method 21 indicates a leak greater than 500 ppm and 
less than 10,000 ppm hydrocarbons, the leak must be repaired in 
accordance with Section II.E.7.a. 


II.E.6.f.(ii) If EPA Method 21 is not performed or indicates a leak greater 
than or equal to 10,000 ppm hydrocarbons, the leak must be 
repaired in accordance with Section II.E.7.b. 


II.E.6.g. Beginning January 1, 2023, for leaks identified using an approved non-
quantitative instrument monitoring method or AVO at a well production facility 
located within a disproportionately impacted community, owners or operators 
have the option of either repairing the leak in accordance with the repair 
schedule set forth in Section II.E.7.b. or conducting follow-up monitoring using 
EPA Method 21 within five (5) working days of the leak detection. If the follow-up 
EPA Method 21 monitoring shows that the emission is a leak requiring repair as 
set forth in Sections II.E.6.a. through II.E.6.d., the leak must be repaired as 
follows and remonitored in accordance with Section II.E.7.c. 







II.E.6.g.(i) If EPA Method 21 indicates a leak greater than 500 ppm and 
less than 10,000 ppm hydrocarbons, the leak must be repaired in 
accordance with Section II.E.7.a. 


II.E.6.g.(ii) If EPA Method 21 is not performed or indicates a leak greater 
than or equal to 10,000 ppm hydrocarbons, the leak must be repaired in 
accordance with Section II.E.7.b. 


II.E.7. Repair and remonitoring 


II.E.7.a. Except as provided in Section II.E.7.b., the first attempt to repair a leak must be 
made no later than five (5) working days after discovery and repair of a leak 
discovered on or after January 1, 2018, completed no later than thirty (30) 
working days after discovery, unless parts are unavailable, the equipment 
requires shutdown to complete repair, or other good cause exists. 


II.E.7.a.(i) If parts are unavailable, they must be ordered promptly and the 
repair must be made within fifteen (15) working days of receipt of 
the parts. 


II.E.7.a.(ii) If shutdown is required, a repair attempt must be made during 
the next scheduled shutdown and final repair completed within 
two (2) years after discovery. 


II.E.7.a.(iii) If delay is attributable to other good cause, repairs must be 
completed within fifteen (15) working days after the cause of 
delay ceases to exist. 


II.E.7.a.(iv) Beginning January 1, 2023, the owner or operator must take 
action(s) where technically feasible to mitigate emissions from 
leaks placed on delay of repair.  


II.E.7.b. For leaks requiring repair pursuant to Sections II.E.6.f. and II.E.6.g., the first 
attempt to repair must be made as soon as practicable but no later than five (5) 
working days after discovery and completed within five (5) working days after 
discovery. If repair is not completed within five (5) working days after discovery, 
the owner or operator must use other means to stop the leak including, but not 
limited to, isolating the component or shutting in the well, unless such other 
means will cause greater emissions. 


II.E.7.b.(i) If the owner or operator cannot repair or stop the leak within five 
(5) working days after discovery, the owner or operator must 
notify the local government with jurisdiction over the location and 
the Division as soon as possible, but no later than seven (7) 
working days after the leak is discovered. The notice must 
include 


II.E.7.b.(i)(A) Identification of the facility, the leaking component, and 
contact information of the owner or operator 
representative; 


II.E.7.b.(i)(B) The concentration of hydrocarbons using EPA Method 
21, if available; 


II.E.7.b.(i)(C) Instructions to access the infrared camera video footage 
of the leak, if available; 


II.E.7.b.(i)(D) The approximate distance of the facility to the closest 
occupied area that is not an outdoor area; 


II.E.7.b.(i)(E) The basis for the delay of repair and justification for not 
isolating the component or shutting in the well; and 







II.E.7.b.(i)(F) The estimated date of repair. 


II.E.7.c. Within fifteen (15) working days of completion of a repair, the leak must be 
remonitored using an approved instrument monitoring method to verify that the 
repair was effective. 


II.E.7.d. Leaks discovered pursuant to the leak detection methods of Section II.E.6. are 
not subject to enforcement by the Division unless the owner or operator fails to 
perform the required repairs in accordance with Section II.E.7. or keep required 
records in accordance with Section II.E.8. 


II.E.8. Recordkeeping: The owner or operator of each facility subject to the leak detection and 
repair requirements in Section II.E. must maintain the following records for a period of 
two (2) years and make them available to the Division upon request. 


II.E.8.a. Documentation of the initial approved instrument monitoring method inspection 
for new well production facilities; 


II.E.8.b. The date, facility name, and facility AIRS ID or facility location if the facility does 
not have an AIRS ID for each inspection; 


II.E.8.c. A For each inspection, a list of the leaking components requiring repair and the 
monitoring method(s) used to determine the presence of the leak; 


II.E.8.d. The date and result of any EPA Method 21 monitoring relied upon to 
demonstrate a leak is not subject to Section II.E.7.b.; 


II.E.8.e. The date of first attempt to repair the leak and, if necessary, any additional 
attempt to repair the leak; 


II.E.8.f. The date the leak was repaired and for leaks discovered and repaired on or after 
January 1, 2018, the type of repair method applied; 


II.E.8.g. Documentation of actions taken pursuant to Section II.E.7.b. to stop a leak that 
was not repaired within five (5) working days after discovery or documentation 
that such actions would cause greater emissions; 


II.E.8.h. Copies of all notices submitted pursuant to Section II.E.7.b.(i) and the infrared 
camera video footage of leaks that required notice pursuant to Section II.E.7.b.(i); 


II.E.8.i. The delayed repair list, including the basis for placing leaks on the list; 


II.E.8.i.(i) For leaks discovered on or after January 1, 2018, the delayed 
repair list must include the date and duration of any period where 
the repair of a leak was delayed due to unavailable parts, 
required shutdown, or delay for other good cause, the basis for 
the delay, and the schedule for repairing the leak. Delay of repair 
beyond thirty (30) days after initial discovery due to unavailable 
parts must be reviewed, and a record kept of that review, by a 
representative of the owner or operator with responsibility for 
leak detection and repair compliance functions. This review will 
not be made by the individual making the initial determination to 
place a part on the delayed repair list. 


II.E.8.i.(ii) For leaks discovered after March 1, 2021, that require repair 
pursuant to Section II.E.7.b., the delayed repair list must include 
the date and duration of leaks for which repairs were not 
completed within five (5) working days after discovery, and the 
schedule for repairing the leak. 







II.E.8.i.(iii) For leaks discovered after January 1, 2023, pursuant to Section 
II.E.6.g., that require repair pursuant to Section II.E.7.b., the 
delayed repair list must include the date and duration of leaks for 
which repairs were not completed within five (5) working days 
after discovery, and the schedule for repairing the leak, 
including, but not limited to, the date upon which necessary parts 
were ordered and the estimated delivery date. 


II.E.8.i.(iv) For leaks discovered after January 1, 2023, the delayed repair 
list must include a description of action(s) taken to mitigate the 
emissions from the leak or the reasons why mitigation was not 
technically feasible, as required under Section II.E.7.a.(iv). 


II.E.8.j. The date the leak was remonitored and the results of the remonitoring;  


II.E.8.k. A list of components that are designated as unsafe, difficult, or inaccessible to 
monitor, as described in Section II.E.5., an explanation stating why the 
component is so designated, and the schedule for monitoring such 
component(s); and 


II.E.8.l. Documentation of the owner or operator’s proximity analysis, if applicable, 
including the date of the initial and any subsequent analysis and a description of 
the methodology used for the analysis. 


II.E.9. Reporting. The owner or operator of each facility subject to the leak detection and repair 
requirements in Section II.E. must submit a single annual report using the Division-
approved format on or before May 31st of each year (beginning May 31st, 2019) that 
includes, at a minimum, the following information regarding leak detection and repair 
activities at their subject facilities conducted the previous calendar year.: 


II.E.9.a. The total number of well production facilities and total number of natural gas 
compressor stations inspected; 


II.E.9.b. The total number of inspections performed per inspection frequency tier of well 
production facilities, including the number of facilities inspected in accordance 
with Section II.E.4.d., and inspection frequency tier of natural gas compressor 
stations; 


II.E.9.c. The total number of identified leaks requiring repair, broken out by component 
type, monitoring method, and inspection frequency tier of well production 
facilities, as reported in Section II.E.9.b., or inspection frequency tier of natural 
gas compressor stations; 


II.E.9.d. The total number of leaks repaired for each inspection frequency tier of well 
production facilities, as reported in Section II.E.9.b., or inspection frequency tier 
of natural gas compressor stations; 


II.E.9.e. The total number of leaks on the delayed repair list as of December 31st broken 
out by component type, inspection frequency tier of well production facilities, as 
reported in Section II.E.9.b., or inspection frequency tier of natural gas 
compressor stations, and the basis for each delay of repair. This total does not 
include leaks that have been stopped through other means, as specified in 
Section II.E.7.b.; 


II.E.9.f. The record of all reviews conducted for delayed repairs due to unavailable parts 
extending beyond 30 days for the previous calendar year; and 


II.E.9.g. Each report must be accompanied by a certification by a responsible official that, 
based on information and belief formed after reasonable inquiry, the statements 
and information in the document are true, accurate, and complete. 


II.F. Control of emissions from well production facilities 







Well Operation and Maintenance:  


II.F.1. On or after August 1, 2014, gas coming off a separator, produced during normal 
operation from any newly constructed, hydraulically fractured, or recompleted oil and gas 
well, must either be routed to a gas gathering line or controlled from commencement of 
operation by air pollution control equipment that achieves an average hydrocarbon 
control efficiency of 95%.  


II.F.2. On or after February 14, 2022, gas coming off a separator, produced during normal 
operation from any oil and gas well, must either be routed to a gas gathering line or 
controlled by air pollution control equipment that achieves an average hydrocarbon 
control efficiency of 95%, unless emitting to the atmosphere is authorized pursuant to a 
variance issued by the Colorado Oil and Gas Conservation Commission. 


II.F.3. If a combustion device is used, it must have a design destruction efficiency of at least 
98% for hydrocarbons. 


II.G. (State Only) Emissions during downhole well maintenance, well liquids unloading events, and 
well plugging 


II.G.1. Beginning May 1, 2014, owners or operators must use best management practices to 
minimize hydrocarbon emissions and the need for emissions from the well associated 
with downhole well maintenance, well liquids unloading, and well plugging (beginning 
January 31, 2020), unless emitting is necessary for safety. The emitting as necessary for 
safety exemption does not apply to Section II.G.1.c. 


II.G.1.a. During Prior to January 1, 2023, during liquids unloading events, any means of 
creating differential pressure must first be used to attempt to unload the liquids 
from the well without emitting. If these methods are not successful in unloading 
the liquids from the well, the well may emit in order to create the necessary 
differential pressure to bring the liquids to the surface. 


II.G.1.b. The owner or operator must be present on-site during any planned downhole well 
maintenance, well liquids unloading, or well plugging event and must ensure that 
any emissions from the well associated with the event are limited to the 
maximum extent practicable. 


II.G.1.c. Beginning January 1, 2023, owners or operators must use the following best 
management practices to minimize hydrocarbon emissions and the need for 
emissions from the well associated with all downhole well maintenance and well 
liquids unloading, including well swabbing, consistent with well site conditions 
and good engineering practices 


II.G.1.c.(i) Use best engineering practices in the design and construction of 
oil and gas wells and well production facilities to minimize the 
need for well liquids unloading and other downhole well 
maintenance as the well ages. 


II.G.1.c.(ii) Attempt to create differential pressure to unload the liquids from 
the well without emitting. 


II.G.1.c.(iii) Monitor wellhead pressure and flow rate of the vented natural 
gas.  


II.G.1.c.(iv) Reduce wellhead pressure before releasing gas to the 
atmosphere. 


II.G.1.c.(v) Close wellhead vents to the atmosphere and return the well to 
normal production operation as soon as practicable. 


II.G.1.c.(vi) Use one of the following methods to reduce emissions during 
well liquids unloading, including well swabbing 







II.G.1.c.(vi)(A) Installation and use of artificial lift, such as a plunger lift, 
with an automated lift controller where automation is 
technically feasible. 


II.G.1.c.(vi)(B) Installation and use of a control device that achieves at 
least 95% control of hydrocarbon emissions. Portable 
combustion devices may be used to comply with Section 
II.G.1.c.(vi)(B). 


II.G.2. Recordkeeping 


II.G.2.a. Through January 31, 2020, the owner or operator must keep records of the 
cause, date, time, and duration of venting events under Section II.G. Records 
must be kept for two (2) years and made available to the Division upon request. 


II.G.2.b. Beginning January 31, 2020, or the date specified in Section II.G.2.b.(iii), the 
owner or operator must keep the following records for two (2) years and make 
records available to the Division upon request. 


II.G.2.b.(i) The cause of emissions (i.e., downhole well maintenance, well 
liquids unloading, well plugging), date, time, and duration of 
emissions under Section II.G. 


II.G.2.b.(ii) The best management practices used to minimize hydrocarbon 
emissions or the safety needs that prevented the use of best 
management practices. 


II.G.2.b.(iii) Beginning July 1, 2020, the emissions associated with well 
liquids unloading, downhole well maintenance, and well 
plugging. 


II.G.2.c. Beginning January 1, 2023, the owner or operator must keep the following 
records for two (2) years and make records available to the Division upon 
request.  


II.G.2.c.(i) The volume of gas vented during each downhole well 
maintenance, well liquids unloading, and well plugging event. 


II.G.2.c.(ii) The method(s) used to reduce emissions pursuant to Section 
II.G.1.c.(vi). 


II.G.2.c.(iii) For wells with artificial lift, the number of cycles of that lift and the 
number of well liquids unloading events resulting in emissions. 


II.G.3. Reporting 


II.G.3.a. The owner or operator must submit a single annual report using a Division-
approved format on or before June 30th of each year (beginning June 30th, 
2021) that includes the following information regarding each downhole well 
maintenance, well liquids unloading, and well plugging event conducted the 
previous calendar year that resulted in emissions. 


II.G.3.a.(i) The API number of the well and the AIRS number of any 
associated storage tanks. 


II.G.3.a.(ii) Whether the emissions occurred due to downhole well 
maintenance, well liquids unloading, or well plugging. 


II.G.3.a.(iii) The date, time, and duration of the downhole well maintenance, 
well liquids unloading, or well plugging event. 







II.G.3.a.(iv) The best management practices used to minimize emissions, 
including the method used pursuant to Section II.G.1.c.(vi) 
beginning January 1, 2023. 


II.G.3.a.(v) Safety needs that prevented the use of best management 
practices to minimize emissions, if applicable. 


II.G.3.a.(vi) An estimate of the volume of natural gas, VOC, NOx, N2O), 
CO2, CO, ethane, and methane emitted from the well associated 
with well liquid unloading activities, downhole well maintenance, 
and well plugging event and the emission factor or calculation 
methodology used to determine the volume of natural gas and 
emissions. 


II.G.3.a.(vii) Beginning June 30th of 2024 (for calendar year 2023), whether 
the well identified in Section II.G.3.a.(i) is equipped with artificial 
lift.  


II.H. Emission reduction from midstream segment operations. 


II.H.1. Pigging operations 


II.H.1.a. Beginning January 1, 2023, midstream segment owners or operators must 
capture and recover hydrocarbon emissions from pigging operations where 
owners or operators conduct pigging operations more than one time per month. 


II.H.1.a.(i) If capture and recovery of the hydrocarbon emissions emitted 
during pigging operations is not feasible, the owner or operator may 
request Division approval to use air pollution control equipment to control 
hydrocarbon emissions from pigging operations. Such air pollution 
control equipment is subject to Section II.B. 


II.H.1.b. Beginning January 1, 2023, where capture and recovery is not required under 
Section II.A.1.a., midstream segment owners or operators must use best 
management practices to reduce emissions associated with pigging operations, 
including, but not limited to 


II.H.1.a.(i) Keeping pipeline access openings to the pig receiver closed at 
all times except when a pig is being placed into or removed from the 
receiver or during active pipeline maintenance activities. 


II.H.1.a.(ii) Installing a pig ramp inside the pig receiver to prevent liquid 
accumulation in the pig barrel and minimize the release of volatile liquids 
during retrieval of the pig. 


II.H.1.a.(iii) Where feasible, connecting each high pressure pig launcher and 
receiver by jumper lines to a low pressure gathering line and operate 
jumper lines to depressurize such pig launchers and receivers prior to 
opening the pig launcher or receiver hatch. 


II.H.1.a.(iv) Using short pig barrels, which reduce the gas volume for 
potential release.  


II.H.1.a.(v) The Division can approve alternatives to the best management 
practices in Sections II.H.1.a.(i) through II.H.1.a.(iv) where the owner or 
operator demonstrates that the alternatives will achieve equivalent or 
better emission reductions.  


II.H.2. Blowdowns 







II.H.2.a. Beginning January 1, 2023, midstream segment owners or operators must 
capture or control hydrocarbon emissions from blowdowns of equipment and 
piping at natural gas compressor stations and natural gas processing plants. Air 
pollution control equipment used to comply with this requirement is subject to 
Section II.B.2.  


II.H.2.b. Beginning January 1, 2023, midstream segment owners or operators of 
midstream pipelines (not within the boundaries of the natural gas compressor 
station or natural gas processing plant) must use best management practices to 
reduce emissions from blowdowns, including, but not limited to, where 
practicable 


II.H.2.b.(i) Planning for venting-reduction steps, such as pipeline pump-
downs techniques (e.g., in-line compressors, portable compressors, 
ejector), when large vessels and pipelines need to be isolated and 
depressurized. 


II.H.2.b.(ii) Rerouting gas to the low-pressure system using existing piping 
connections between high- and low-pressure systems, temporarily 
resetting or bypassing pressure regulators to reduce system pressure 
prior to maintenance, or installing temporary connections between high- 
and low-pressure systems. 


II.H.2.b.(iii) Minimizing the volume that must be released. For example, add 
stops to isolate a smaller section of a pipeline to reduce the length of 
pipe that must be vented.  


II.H.2.b.(iv) Using inert gases and pigs to perform pipeline purges. 


II.H.2.b.(v) Using hot taps to make new connections to pipelines to avoid the 
need to depressurize the pipeline.  


II.H.2.b.(vi) Using non-intrusive inspection, such as inline inspection tools, to 
avoid the need to purge a pipeline prior to inspection. 


II.H.2.b.(vii) Coordinating operational repairs and routine maintenance to 
minimize the number of emissions released. 


II.H.3. Recordkeeping. The owner or operator must maintain records for a period of two (2) 
years and make them available to the Division upon request, including 


II.H.3.a. Records of pigging operations. 


II.H.3.a.(i) The number of pigging events, including the locations of the 
pigging event, pigging facility (including AIRS ID, if applicable), and 
pigging pipeline; date and time; volume of gas recovered and released; 
type and volume of liquid cleared; and duration of emissions. 


II.H.3.a.(ii) The monthly VOC and methane emissions associated with the 
pigging operations, in accordance with Division-approved calculation 
methodology, including the VOC and methane percent composition of 
the fluid transported by the pigging pipeline in percent VOC and methane 
by weight at normal pipeline operating conditions. 


II.H.3.a.(iii) If subject to Section II.H.1.a., documentation of the methods 
used to comply with Section II.H.1.a.  


I.H.3.a.(iv) If subject to Section II.H.1.b., documentation of best 
management practices employed pursuant to Section II.H.1.b. 


II.H.3.b. Records of blowdowns. 







II.H.3.b.(i) For blowdowns subject to Section II.H.2.a., the cause of 
blowdown emissions, including the location (by equipment, facility, and 
AIRS ID), date, time, and duration of emissions. 


II.H.3.b.(ii) For blowdowns subject to Section II.H.2.b., the cause of 
blowdown emissions and the location (by equipment and coordinates if 
no AIRS ID), date, time, and duration of emissions. 


II.H.3.b.(iii) The monthly VOC and methane emissions associated with 
blowdowns. 


II.H.3.b.(iv) Records of best management practices employed pursuant to 
Section II.H.1.b. 


II.I. (State Only) Control of emissions from natural gas-processing plants 


II.I.1. Beginning January 1, 2023, owners or operators of natural gas-processing plants that are 
not subject to the requirements of Section I.G. must comply with the leak detection and 
repair (LDAR) program as provided at 40 CFR Part 60, Subpart OOOOa (June 3, 2016) 
unless subject to the LDAR program provided at 40 CFR Part 60, Subpart OOOO 
(August 16, 2012).  


II.I.1.a. The owner or operator must attempt drill and tap repair of leaking valves, if other 
repair methods are not successful, prior to placing the valve on delay of repair. 


III. Natural Gas-Actuated Pneumatic Controllers Associated with Oil and Gas Operations 


III.A.  Applicability 


This section applies to pneumatic controllers that are actuated by natural gas, and located at, or upstream 
of natural gas processing plants (upstream activities include: oil and gas exploration and production 
operations and natural gas compressor stations). 


>>>>>>> 


III.C. Emission Reduction Requirements 


Owners and operators of affected operations shall reduce emissions of volatile organic compounds from 
pneumatic controllers associated with affected operations as follows: 


>>>>>>> 


III.C.3. (State Only) Statewide: 


III.C.3.a. Owners or operators of all pneumatic controllers placed in service on or 
after May 1, 2014, and before May 1, 2021 except as otherwise provided 
in Section III.C.4., must: 


III.C.3.a.(i) Utilize no-bleed pneumatic controllers where on-site electrical 
grid power is being used and use of a no-bleed pneumatic 
controller is technically and economically feasible. 


III.C.3.a.(ii) If on-site electrical grid power is not being used or a no-bleed 
pneumatic controller is not technically and economically feasible, 
utilize pneumatic controllers that emit natural gas emissions in 
an amount equal to or less than a low-bleed pneumatic 
controller, unless allowed pursuant to Section III.C.3.c. 


III.C.3.a.(iii) For purposes of Section III.C.3.a.(ii), instead of a low-bleed 
pneumatic controller, owners or operators may utilize a natural 
gas-driven intermittent pneumatic controller. 







III.C.3.a.(iv) Utilizing self-contained pneumatic controllers satisfies Section 
III.C.3.a.(i). 


>>>>>>> 


III.C.3.d. Continuous bleed, natural gas-driven pneumatic controllers located at 
natural gas-processing plants that are not subject to the requirements of Section 
III.C.2. 


III.C.3.d.(i) All pneumatic controllers placed in service on or after January 1, 
2023, must have a natural gas bleed rate of zero, unless allowed 
pursuant to Section III.C.3.a.(iii). 


III.C.3.d.(ii) All pneumatic controllers with a bleed rate greater than zero in 
service prior to January 1, 2023, must be replaced or retrofit such that 
the pneumatic controller has a natural gas bleed rate of zero by January 
1, 2024, unless allowed pursuant to Section III.C.3.a.(iii). 


III.C.3.d.(iii) All pneumatic controllers with a natural gas bleed rate greater 
than zero that remain in service due to safety and/or process purposes 
must comply with Sections III.D. and III.E. 


III.C.3.d.(iii)(A) For pneumatic controllers with a natural gas bleed rate 
greater than zero in service prior to January 1, 2023, the owner 
or operator must submit justification for pneumatic controllers to 
remain in service due to safety and /or process purposes by 
March 1, 2023. 


III.C.3.d.(iii)(B) For pneumatic controllers with a natural gas bleed rate 
greater than zero placed in service on or after January 1, 2023, 
the owner or operator must submit justification for pneumatic 
controllers to be installed due to safety and /or process purposes 
thirty (30) days prior to installation. 


>>>>>>> 


III.C.4. (State Only) Non-Emitting Controller Requirements for Well Production Facilities and 
Natural Gas Compressor Stations 


>>>>>>> 


III.C.4.e. Pneumatic Controllers That Emit Natural Gas to the Atmosphere Not 
Subject to Non-Emitting Controller Requirements for Well Production 
Facilities and Natural Gas Compressor Stations. 


III.C.4.e.(i) Pneumatic controllers that emit natural gas to the atmosphere 
meeting any of the following conditions are not subject to the 
requirements in Section III.C.4.a. and are not required to be 
retrofit in order to count the facility or controller as non-emitting 
for compliance with the company-wide plans under Sections 
III.C.4.c. and III.C.4.d. 


 


>>>>>>> 


III.C.4.e.(i)(D) Pneumatic controllers that emit natural gas to the 
atmosphere that are used as emergency shutdown 
devices and or for artificial lift control located on a 
wellhead: (1) greater than one quarter mile from the 
associated production facilities for well production 







facilities that commenced operation on or after May 1, 
2021; or (2) not located on the same surface disturbance 
as the associated production facilities for well production 
facilities that commenced operation before May 1, 2021.  


>>>>>>> 


III.D. Monitoring 


This section applies to pneumatic controllers identified in Sections III.C.1.c. and III.C.2.c. (State Only: and 
in Section III.C.3.c.). 


>>>>>>> 


III.D.4. (State Only) Located at a natural gas processing plants not subject to Section III.D.2. 


III.D.4.a. Effective March 1, 2023, each pneumatic controller with a natural gas 
bleed rate greater than zero must be physically tagged by the owner or operator 
identifying it with a unique pneumatic controller number that is assigned and 
maintained by the owner or operator. 


III.D.4.b. Effective March 1, 2023, the owner or operator must inspect each 
pneumatic controller with a natural gas bleed rate greater than zero on a monthly 
basis, perform necessary maintenance (such as cleaning, tuning, and repairing 
leaking gaskets, tubing fittings, and seals; tuning to operate over a broader range 
of proportional band; eliminating unnecessary valve positioners), and maintain 
the pneumatic controller according to manufacturer specifications to ensure that 
the controller’s natural gas emissions are minimized. 


>>>>>>> 


III.F. (State Only) Pneumatic Controller Inspection and Enhanced Response 


>>>>>>> 


III.F.2. Pneumatic controller inspection 


>>>>>>> 


III.F.2.g. Beginning January 1, 2023, owners or operators of natural gas-driven 
pneumatic controllers located at natural gas-processing plants must 
inspect pneumatic controllers at, at least, the most frequent applicable 
LDAR monitoring frequency in 40 CFR Part 60, Subparts OOOO (August 
16, 2012) or OOOOa (June 3, 2016) using an approved instrument 
monitoring method. 


III.F.2.gh. Where detectable emissions from the pneumatic controller are observed, 
owners or operators must determine whether the pneumatic controller is 
operating properly within five (5) working days after detecting emissions. 
In making this determination, owners or operators may use techniques 
other than approved instrument monitoring methods. 


III.F.2.hi.  For pneumatic controllers not operating properly, the owner or 
operator must conduct enhanced response or follow manufacturer 
specifications to return the pneumatic controller to proper operation. 


>>>>>>> 


III.F.5. Owners or operators of pneumatic controllers at well production facilities or natural gas 
compressor stations must submit a single annual report on or before May 31st of each 
year (beginning May 31st, 2019 for facilities in the 8-Hour Ozone Control Area and May 







31st, 2021, for facilities outside the 8-Hour Ozone Control Area) that includes, at a 
minimum, the following information regarding pneumatic controller inspection and 
enhanced response activities at their subject facilities conducted the previous calendar 
year.: 


Owners or operators of pneumatic controllers at natural gas processing plants must 
submit the annual report on or before May 31st of each year beginning 2024. 


III.F.5.a. The total number and type of pneumatic controllers returned to proper 
operation, the types of actions taken to return the pneumatic controllers 
to proper operation, and the facility type (by inspection frequency tier of 
well production facility or natural gas compressor station); 


III.F.5.b. The number and type of pneumatic controllers on the delayed repair list 
as of December 31st broken out by the facility type (by inspection 
frequency tier of well production facility or natural gas compressor 
station), and the basis for each delay; and 


III.F.5.c. The record of all reviews conducted for delayed repairs due to 
unavailable parts extending beyond 30 days for the previous calendar 
year. 


III.F.6. The provisions in Section III.F. will be reassessed by the Division and stakeholders in 
2020. 


>>>>>>> 


V. (State Only) Oil and Natural Gas Operations Emissions Inventory 


V.A. Applicability 


V.A.1. On or before June 30th, 2021 (and on June 30th each year thereafter), the owner or 
operator of oil and natural gas operations and equipment at or upstream of a natural gas 
processing plant in Colorado must submit a single annual report that includes actual 
emissions and specified information in the Division-approved report format. 


V.A.2. On or before June 30th, 2022 (and on June 30th each year thereafter), the owner or 
operator or class II disposal well facilities that are not subject to reporting under Section 
IV. must submit a single annual report that includes actual emissions and specified 
information in the Division-approved report format. 


V.B. General reporting requirements 


V.B.1. The following information must be reported in accordance with Section V.A. 


V.B.1.a.  Company name, physical street address, and name and contact 
information of the company representative, for reporting purposes. 


V.B.1.b.  The date of submittal and the year covered by the report. 


V.B.1.c.  A list of the activities or equipment, as specified in Section V.C., for 
which emissions are reported. 


V.B.1.d.  Beginning with the June 2022 report for calendar year 2021, owners or 
operators of well production facilities must submit a list of each well 
production facility, all associated wells by API number and associated 
location ID as reported to the Colorado Oil and Gas Conservation 
Commission. 


V.B.1.de.  The company’s monthly actual emissions of volatile organic 
compounds (VOC), oxides of nitrogen (NOx), nitrous oxide (N2O), 







carbon dioxide (CO2), carbon monoxide (CO), methane, and ethane for 
each month of May through September, in accordance with Division-
approved calculation methods. 


V.B.1.ef.  The company’s annual actual emissions of VOCs, NOx, N2O, 
CO2, CO, methane, and ethane for the entire calendar year, in 
accordance with Division-approved calculation methods. 


V.B.1.fg.  The actual emissions of VOCs, NOx, N2O), CO2, CO, methane, 
and ethane for each activity or equipment listed in Section V.C. per 
facility, or per pipeline between facilities where the pipeline is not located 
at a stationary source, in accordance with Division-approved calculation 
methods. 


V.B.1.fg.(i) The report must include the actual emissions from each activity 
or equipment per month for each month of May through 
September. 


V.B.1.fg.(ii) The report must include the actual emissions from each activity 
or equipment for the entire calendar year. 


V.B.1.h.  Beginning with the June 2022 report for calendar year 2021, if the 
emissions reported for any activities or equipment, as specified in 
Section V.C., are calculated using a method other than what would be 
used to report to the U.S. EPA under the federal Greenhouse Gas 
Reporting Program (40 CFR Part 98) for the same activity or equipment, 
the owner or operator must include in the report the emissions 
information reported to the EPA, an explanation of the difference in 
emissions reported to the Division, the emission calculation method(s) 
used to report to the Division, and a justification and supporting 
documentation for using a method other than that for the Greenhouse 
Gas Reporting Program. If the Division determines that the use of a 
different calculation method was not justified, the owner or operator must 
revise the report accordingly, to use the same calculation method as that 
reported under the federal Greenhouse Gas Reporting Program. 


V.B.1.i.  Emission factors, beginning with the June 22 report for calendar year 
2021, where emission factors are used to calculate emissions reported 
pursuant to Section V.B.1. 


V.B.1.i.(i) Owners or operators submitting reports under this section must 
use a Division-approved emission factor. 


V.B.1.i.(ii) Owners or operators using a site-specific emission factor must 
submit documentation to the Division supporting the use of that 
emission factor. 


V.B.1.i.(iii) Owners or operators using a site-specific emission factor must 
conduct a gas speciation analysis every three (3) years to verify 
the ongoing accuracy of the site-specific emission factor 
pursuant to a Division-approved sampling method or protocol. 


V.B.1.gj.  A certification by the company representative that supervised the 
development and submission of the inventory report that, based on 
information and belief formed after reasonable inquiry, the statements 
and information in the document are true, accurate, and complete. 


V.B.2. The owner or operator must submit a revised annual report after discovering that an 
annual report submitted within the previous two (2) years contained one or more 
substantive errors. A substantive error is a mass of emissions of any individual pollutant 
subject to reporting under Section V. that is at least 10% higher or lower than the mass of 
emissions of the pollutant reported across the owner or operator’s activity or equipment, 







as listed in Section V.C., in Colorado. A refinement of or improvement to an emissions 
estimation technique or emission factor is not a substantive error but must be noted in the 
subsequent annual report after the refinement or improvement. Revised annual reports 
must be submitted by August 31 if the substantive error is discovered between January 1 
and June 30, and by February 28 if the substantive error is discovered between July 1 
and December 31 of the preceding calendar year. 


V.C. Beginning July 1, 2020, and each calendar year thereafter, owners or operators must maintain 
the following information for inclusion in the annual report, except that beginning January 1, 2021, 
owners or operators must maintain the information described in Sections V.C.2.g. and V.C.2.h. 
Beginning May 1, 2021, owners or operators of class II disposal well facilities must maintain the 
following information for inclusion in the annual report. 


V.C.1. AIRS number of the activity or equipment and associated facility or pipeline (if a pipeline 
between facilities) location, including latitude and longitude coordinates. If the activity or 
equipment does not have an AIRS number, a description of the activity or equipment. 


V.C.2. Actual emissions from each activity or equipment listed, unless otherwise specified in the 
Division-approved report format, and the emission factor(s), assumptions, and calculation 
methodology used to calculate the emissions, and other supporting information on the 
Division-approved form. 


V.C.2.a. Abnormal events, except those reported as malfunctions under the 
Common Provisions or in another activity or equipment. 


V.C.2.b. Acid gas removal units.  


V.C.2.c.  Associated gas venting and flaring, aggregated per facility. Beginning 
with the June 2023 report for calendar year 2022, owners or operators 
must measure or estimate the volume of natural gas that is vented or 
flared during drilling, completion, and production operations. 


V.C.2.d. Blowdowns from facility equipment piping where the physical volume of 
the piping between isolation valves is greater than or equal to 50 cubic 
feet, aggregated per activity below per facility. Beginning with the June 
2024 report for calendar year 2023, owners or operators must report this 
information for all blowdowns from facility equipment and piping, even 
where the physical volume between isolation valves is less than 50 cubic 
feet. 


V.C.2.d.(i) Pipeline venting within the facility boundary. 


V.C.2.d.(ii) Compressors. 


V.C.2.d.(iii) Scrubbers/strainers. 


V.C.2.d.(iv) Pig launchers and receivers, through the June 2022 report for 
calendar year 2021. 


V.C.2.d.(v) Emergency shutdowns (regardless of equipment type). 


V.C.2.d.(vi) All Until the June 2024 report for calendar year 2023, all other 
equipment (including pipelines, compressor case or cylinders, 
manifolds, suction bottles, discharge bottles, and vessels) with a 
physical volume between isolation valves greater than or equal 
to 50 cubic feet. 


V.C.2.d.(vii) Beginning with the June 2024 report for calendar year 2023, all 
other equipment (including pipelines, compressor case or 
cylinders, manifolds, suction bottles, discharge bottles, and 
vessels), regardless of the physical volume between isolation 
valves. 







V.C.2.d.(viii) Beginning with the June 2024 report for calendar year 2023, best 
management practices employed pursuant to Section II.H.2.b, 
per blowdown event. 


V.C.2.e. Boilers. 


V.C.2.f.  Centrifugal compressor leaks or vents, aggregated per facility. 


V.C.2.g. Class II disposal well facility fluids accepted for injection. Owners or 
operators will take periodic, representative samples of the liquids for 
estimating emissions for the annual report. 


V.C.2.h. Class II disposal well facility produced water ponds. 


V.C.2.i.  Drilling mud and mud pits. 


V.C.2.j.  Flares and enclosed combustion devices, where not otherwise reported 
in the emissions of another emissions source category. 


V.C.2.k.  Fugitive emissions from components, aggregated per facility. Beginning 
with the June 2022 report for calendar year 2021, gas composition data 
and component counts used in fugitive emissions calculations must be 
provided. 


V.C.2.l.  Hydrocarbon liquid storage tanks. 


V.C.2.m. Hydrocarbon liquid loadout. 


V.C.2.n. Maintenance and safety, where not otherwise reported in the emissions 
of another emissions source category. Beginning with the June 2023 
report for calendar year 2022, owners or operators must report the basis 
for each maintenance or safety event. 


V.C.2.o. Natural gas dehydration (glycol and desiccant). 


V.C.2.p. Natural gas pneumatic controllers, aggregated per facility. Pneumatic 
controllers at the wellhead must be aggregated with the associated 
facility. 


V.C.2.q. Natural gas pneumatic pumps, aggregated per facility. Pneumatic pumps 
at the wellhead must be aggregated with the associated facility. 


V.C.2.r.  Non-road internal combustion engines. 


V.C.2.s.  Pigging operations, including pig launchers and receivers. Beginning with 
the June 2023 report for calendar year 2022, emissions from pigging 
operations must be separately identified in the annual report from other 
operational activities. 


V.C.2.s.(i) Beginning with the June 2024 report for calendar year 2023, 
capture or control technology or best management practices 
employed pursuant to Sections II.H.1.a. or II.H.1.b. per pigging 
event. 


V.C.2.st.  Pipeline segments between facilities. 


V.C.2.tu. Process heaters. 


V.C.2.uv.  Produced water storage tanks. 


V.C.2.vw. Produced water loadout. 







V.C.2.wx.  Reciprocating compressor leaks or vents, aggregated per facility. 


V.C.2.xy.  Separators (e.g., two-phase separators, three-phase separators, 
high/low pressure separators, heater-treaters, vapor recovery towers, 
etc.). Beginning with the June 2022 report for calendar year 2021, stages 
of separation must be identified. 


V.C.2.yz.  Stationary combustion turbines. 


V.C.2.zaa. Stationary compression ignition internal combustion engines. 


V.C.2.aabb. Stationary spark ignition internal combustion engines. 


V.C.2.bbcc. Temporary completion and/or workover equipment (e.g., tanks). 


V.C.2.ccdd. Thermal oxidizing units, where not otherwise reported in the emissions of 
another emissions source category. 


V.C.2.ddee. Well completions (includes flowback). 


V.C.2.eeff. Well workovers. 


V.C.2.ffgg. Wellhead bradenhead. 


VI. (State Only) Oil and Natural Gas Pre-Production and Early Production Operations 


>>>>>>> 


VI.C.2. Recordkeeping and reporting 


>>>>>>> 


VI.C.2.b. Owners or operators must submit monthly reports of monitoring 
conducted to the Division by the last day of the month following the 
previous month of monitoring (e.g., by June 30 for the previous May 1-
31), including 


VI.C.2.b.(i) The month and year of the monitoring period. 


VI.C.2.b.(ii) A description of the monitoring equipment and the pollutant(s) 
monitored. 


VI.C.2.b.(iii) A description of the monitored operations including  


VI.C.2.b.(iii)(A) The phase of operation (e.g., prior to pre-production, 
during pre-production operations, early production) and 
activities occurring during the monitored period.  


VI.C.2.b.(iii)(B) API number of the well(s). 


VI.C.2.b.(iii)(C) Location of the operations, including latitude and 
longitude coordinates. 


VI.C.2.b.(iii)(D) Any associated facility or equipment AIRS number(s). 


VI.C.2.b.(iii)(E) The date, time, and duration of any monitoring 
equipment downtime. 


VI.c.2.b.(iii)(F) The date, time, and duration of operations malfunctions 
and shut-in periods or other events investigated for 
influence on monitoring. 







VI.C.2.b.(iv) For the first monthly report after beginning monitoring during pre-
production operations, a summary of air quality condition results 
monitored prior to beginning pre-production operations, including 
time series of the results at hourly or higher time resolution and a 
statistical summary of the air quality results monitored prior to 
beginning pre-production operations, including number of 
observations, maximum concentrations or levels, periodic 
averages, and data distributions including 5th, 25th, median, 75th 
and 95th percentile values.  


VI.C.2.b.(v) A summary of monitored air quality results, including time series 
plots as hourly or higher time resolution and a statistical 
summary including number of observations, maximum 
concentrations or levels, periodic averages, and date 
distributions including 5th, 25th, median, 75th and 95 percentile 
values. 


VI.C.2.b.(vi) A description of responsive action(s) taken as a result of 
monitoring results, including the date; concentration or level 
measured; correlations with specific events, activities, and/or 
monitoring thresholds; and any additional steps taken as a result 
of the responsive action. 


VI.C.2.b.(vii) The results of any speciated or other samples of chemical 
constituents identified by the Division and collected when site-
specific concentrations indicate such samples are necessary.  


VI.C.2.b.(viii) A summary of meteorological data, including in the time intervals 
identified for concentration readings in the air quality monitoring 
plan during the time period of responsive action(s). If 
meteorological data is collected on-site, the meteorological data 
assessed in as close to the sampling and/or measurement 
intervals as possible. 


VI.C.2.b.(ix) A description of how data will be processed, if available from the 
manufacturer, and summarized for purposes of fulfilling monthly 
reporting requirements, including whether and how data will be 
corrected, and how missing data and values that are below 
detection limits will be treated in statistical summaries. 


VI.C.2.b.(x) Beginning May 2023, a list of leaking components requiring 
repair and the monitoring method(s) used to determine the 
presence of the leak pursuant to Section II.E. 


VI.C.2.b.(xi) In the last monthly report, a certification by the company 
representative that supervised the development and submission 
of the monitoring reports that, based on information and belief 
formed after reasonable inquiry, the statements and information 
in the monthly reports are true, accurate, and complete. 


VI.C.3. Owners or operators must notify the Division and the local government with jurisdiction 
over the location of the operations, using the contact provided in Section VI.C.1.b.(iv), 
within forty-eight (48) hours of responsive action(s) taken as a result of recorded values 
in excess of the response level. 


 


>>>>>>> 


PART F Statements of Basis, Specific Statutory Authority, and Purpose 


X. Adopted: December 17, 2021 







Revisions to Part D, Sections II., III., V., and VI.   


This Statement of Basis, Specific Statutory Authority, and Purpose complies with the requirements of the 
State Administrative Procedure Act, § 24-4-103(4), C.R.S., the Colorado Air Pollution Prevention and 
Control Act, §§ 25-7-110 and 25-7-110.5., C.R.S., and the Air Quality Control Commission’s 
(Commission) Procedural Rules, 5 Code Colo. Reg. §1001-1. 


Basis 


During the 2019 legislative session, Colorado’s General Assembly adopted revisions to several Colorado 
Revised Statutes in Senate Bill 19-181 (SB 19-181) (Concerning additional public welfare protections 
regarding the conduct of oil and gas operations) that include directives for both the Oil and Gas 
Conservation Commission and the Air Quality Control Commission. Further, the General Assembly 
declared in House Bill 19-1261 (HB 19-1261) that “climate change adversely affects Colorado’s economy, 
air quality and public health, ecosystems, natural resources, and quality of life[,]” acknowledged that 
“Colorado is already experiencing harmful climate impacts[,]” and that “many of these impacts 
disproportionately affect” certain disadvantaged communities. Colorado’s statewide greenhouse gas 
(GHG) reduction goals seek a 26% reduction of statewide GHG emissions by 2025; 50% reduction by 
2030; and 90% reduction by 2050 as compared to 2005 levels. 


In October 2020, the Commission established a target for the O&G Sector of a 36% reduction from the 
2005 baseline by 2025 and a 60% reduction from the 2005 baseline by 2030 (an estimated 13 million 
metric tons (MMT) CO2e by 2025 and 8 MMT CO2e by 2030). Commission targets for the sector 
including residential, commercial, and industrial combustion emissions (RCI Sector) seek a 20% reduction 
from 2005 numbers by 2030. House Bill 21-1266 (HB 21-1266), signed into law on July 2, 2021, 
memorializes percentage reductions in statute, and provides additional requirements for the rulemakings 
to achieve these goals. The GHG Pollution Reduction Roadmap (“GHG Roadmap”) developed by the 
Colorado Energy Office and CDPHE identifies the largest contributors to state GHG emissions and 
quantifies the baselines from which these reduction percentages are to be estimated. The oil and gas 
industry is a large source of GHG emissions, and the largest anthropogenic source of methane in 
Colorado. For the oil and gas industry, not all of its emissions are found in the “O&G Sector”, also referred 
to as the “Oil & Gas Fugitive Emissions” category of the GHG Roadmap. Methane emissions from 
upstream and midstream activities, along with estimates of methane “leakage” from pipelines in the 
transmission & storage and distribution segments, are in the O&G Sector. In contrast, most of the 
emissions from fuel combustion at oil and gas sources in the upstream and midstream segments are 
actually found in the “RCI Sector” of the GHG Roadmap (specifically in the “industrial” category, which is 
the subject of new HB 21-1266).  


In this rulemaking action, the Commission has adopted requirements for upstream and midstream 
segment operations, to reduce GHG emissions from those operations, sufficient - when taken in 
combination with other regulatory and voluntary actions across the state - to achieve the GHG reduction 
requirements of HB 21-1266. The Commission did not adopt regulations applicable to the transmission 
and storage segment or the distribution segment. With regard to the transmission and storage segment, 
the Commission adopted a performance-based program for this segment in 2019 designed to materially 
reduce greenhouse gas emissions from transmission and storage operations; reporting of progress has 
not yet begun under that program and the Commission believes it reasonable to evaluate the progress of 
that program before modifying it. The Commission did not adopt regulations applicable to the distribution 
segment because legislation passed in the 2021 session invests the Colorado Public Utility Commission 
(PUC) with authority over this segment of the oil and gas industry. SB 21-264 requires that gas 
distribution utilities will submit a comprehensive clean heat plan that demonstrates projected reductions in 
methane and carbon dioxide emissions that meet prescribed reduction targets. Each clean heat plan 
must outline the utility’s proposal to reduce carbon dioxide and methane emission levels by 4% in 2025 
and 22% in 2030. Gas distribution utilities, depending on their size, must submit clean heat plans to the 
PUC by August 1, 2023, and January 1, 2024. Thus, the Commission believes that the transmission & 
storage performance program and the clean heat plans are likely to achieve reductions of emissions 
necessary from these segments to achieve the goals of §25-7-105(1)(e)(XII).  


In the 2021 legislative session, in HB 21-1266, the General Assembly determined that “state action to 
correct environmental injustice is imperative, and state policy can and should improve public health and 
the environment and improve the overall well-being of all communities… [and] efforts to right past wrongs 
and move toward environmental justice must focus on disproportionately impacted communities and the 
voices of their residents.” HB 21-1266 also requires the Commission to ensure that there are additional 







protections for, and reductions of co-pollutants in, disproportionately impacted communities. CDPHE 
developed a map of the disproportionately impacted communities that meet the definition of HB 21-1266. 
While this map is expected to change over time, the disproportionately impacted communities that have 
been identified at the time of this program’s adoption are as set forth in the following map: 


 


Specific Statutory Authority 


The Colorado Air Pollution Prevention and Control Act, § 25-7-101, C.R.S., et seq. (the State Air Act or 
the Act), specifically § 25-7-105(1), directs the Commission to promulgate such rules and regulations as 
are consistent with the legislative declaration set forth in § 25-7-102 and that are necessary for the proper 
implementation and administration of Article 7. The Act broadly defines air pollutant to include essentially 
any gas emitted into the atmosphere and provides the Commission broad authority to regulate air 
pollutants.  


Section 25-7-106 provides the Commission maximum flexibility in developing an effective air quality 
program and promulgating such combination of regulations as may be necessary or desirable to carry out 
that program. Section 25-7-106 also authorizes the Commission to promulgate emission control 
regulations applicable to the entire state, specified areas or zones, or a specified class of pollution. 
Section 25-7-106(6) further authorizes the Commission to require owners and operators of any air 
pollution source to monitor, record, and report information. Section 25-7-109(10) directs the Commission 
to adopt emission control regulations to minimize emissions of methane, other hydrocarbons, VOC, and 
NOx from oil and gas operations 


Pursuant to HB 21-1266, the Commission must, by January 1, 2022, adopt regulations to ensure that the 
state meets its greenhouse gas reduction targets for the oil and gas sector (36% by 2025 and 60% by 
2030). The Commission must also ensure that industrial sector emissions (including those from oil and 
gas fuel combustion equipment) are reduced by 20% from the 2015 baseline by 2030. These revisions to 
Regulation Number 7 will, taking into account other relevant laws and rules (including the revisions to 
Regulation Number 22 adopted as part of this rulemaking action), as well as voluntary actions taken by 
local communities and the private sector, achieve the state’s GHG reduction goals through 2030 for the 
oil and gas industry. The revisions include protections for disproportionately impacted communities that 
ensure reductions of pollutants other than GHGs, additional requirements for monitoring and leak 







detection and repair, and improve the state's current emission inventory reporting program in Regulation 
Number 7, Part D, Section V. 


Purpose 


The following section sets forth the Commission’s purpose in adopting the revisions to Regulation 
Number 7, Part D, and includes the technological and scientific rationale for the adoption of the revisions.  


Definitions: Section II.A. 


The Commission has adopted definitions for new terms to facilitate implementation of the new regulatory 
program. Where these terms are also proposed for definition in Regulation Number 22, these 
explanations are intended to address both regulations. 


The Commission has revised the definition of Approved Instrument Monitoring Method (AIMM) to clarify 
that when the Division approves an alternative AIMM, the Division’s approved AIMM may address both 
AIMM and AVO leak inspections.  


The Commission has defined “disproportionately impacted community” consistent with the definition in HB 
21-1266. However, the statute does not specifically identify which communities are considered 
disproportionately impacted. CDPHE is developing a tool, called “enviroscreen” that will be utilized for 
members of the public and the regulated community to understand which communities in Colorado are 
disproportionately impacted. However, this tool was not ready at the time of this rulemaking. Therefore, 
the Commission has determined that the disproportionately impacted communities existing at the time of 
adoption of this program, and therefore the communities in which provisions of this program apply, are 
identified in the map above.  


The Commission defined “midstream segment”, “natural gas processing segment”, “natural gas 
transmission and storage segment” and “oil and natural gas compression segment” in this regulation to 
be consistent with definitions in other regulations, including Regulation Number 7, Part D, Section IV. and 
Regulation Number 22, Part B, Sections III. and IV. 


Air Pollution Control Equipment: Section II.B. 


The Commission established updated maintenance and performance test requirements for air pollution 
control equipment in Section II.B. 


In Section II.B.2.f., the Commission set forth the weekly visual inspections required for all air pollution 
control equipment used to comply with Section II. In this context, the Commission intends “weekly” to 
mean every seven calendar days. These requirements - as they applied to air pollution control equipment 
controlling storage tanks - were previously located in Section II.C.1.d. of this regulation (in Section II.C.1. 
and II.C.3., the Commission repealed these provisions that moved to Section II.B.2.); however, to ensure 
requirements for air pollution control equipment were in one location, the Commission has repealed the 
provisions of Section II.C.1.d. that are now found in Section II.B.2.f. The Commission does not intend that 
there is any period of time where air pollution control equipment is not subject to either Section II.C.1.d. or 
II.B.2.f. 


Section II.B.2.g. requires owners and operators to install and operate a flow meter at the inlet to air 
pollution control equipment covered by this section, with some exceptions. A flow meter is a device that 
measures the amount of gas entering the enclosed combustion device and can be used to help determine 
whether an enclosed combustion device is functioning properly. The Commission believes that flow 
meters are an important tool to help the Division ensure that air pollution control equipment achieves at 
least 95% control efficiency for hydrocarbons. Flow meters also provide valuable information to help the 
Division verify the emission calculations for this equipment reported under Regulation Number 7, Part D, 
Section V. In Section II.B.3.g.(iii)(C), the Commission recognizes that the use of flow meters may not 
always be feasible; for example, flow meters can be less effective where the control device is a “low flow” 
device - i.e. where the flow to the device is not consistent or high enough to achieve generally accurate 
readings from the meter. The Commission encourages operators to provide alternative mechanisms for 
tracking flow data to air pollution control equipment for those situations in which flow meters are less 
efficient or accurate.  







In Section II.B.2.h., the Commission established performance testing requirements for enclosed 
combustion devices. Truly voluntary control equipment is not subject to these provisions. Historically, the 
Commission has assumed that enclosed combustion devices were achieving at least 95% control 
efficiency for hydrocarbons. However, the Commission determined that it was appropriate to promulgate 
regulatory requirements that will additionally ensure that enclosed combustion devices in the state are, in 
fact, operating at and achieving 95% control efficiency for hydrocarbons. Section II.B.2.h.(ii)(A) contains a 
table that sets forth the schedule for the initial testing of enclosed combustion devices that commenced 
operation before December 31, 2021 (unless the Division approves an alternative testing schedule). The 
Commission prioritized the testing of ECDs in disproportionately impacted communities and, after that, 
devices in the 8-hour Ozone Control Area/northern Weld County. Some stakeholders wanted the 
Commission to formally adopt these requirements as part of expanding the nonattainment area boundary 
for the 2015 ozone NAAQS; however, at the time of the proposal for this regulation, the state was still 
waiting on final action from the U.S. EPA, and such a change must be accomplished in the state 
implementation plan, not in Section II of Regulation Number 7, Part D, which contains state-only 
requirements.  


The Commission strongly encourages owners and operators to prioritize the testing of the enclosed 
combustion devices at the biggest sites and the oldest enclosed combustion devices. The Commission 
believes that underperforming, older enclosed combustion devices at large sites could be responsible for 
a larger portion of uncontrolled emissions and, therefore, such devices should be identified sooner rather 
than later in order to more effectively limit the amount of uncontrolled emissions. In addition, the 
Commission believes that, due to their age, older enclosed combustion devices are more likely to 
malfunction and, therefore, underperform than newer enclosed combustion devices. Thus, the 
Commission believes that a greater amount of uncontrolled emissions could be avoided by prioritizing the 
testing of higher capacity or older enclosed combustion devices, especially those in DI communities. 
However, the Commission also recognizes that older enclosed combustion devices may not have been 
manufactured or installed with appropriate ports for traditional stack test methods, which will affect timing 
for performance testing where modifications to existing equipment must first be made. Such 
considerations should be included as operators develop schedules to perform required testing. 


With regard to the testing schedule and other testing deadlines set forth in Section II.B.2.h.(ii) (see, for 
example, Section II.B.2.h.(ii)(C)), an enclosed combustion device that is relocated by an owner or 
operator to another facility that is also controlled by that same owner or operator may maintain the same 
testing schedule as if it had not been relocated. 


Section II.B.2.h.(iii) provides that owners or operators of enclosed combustion devices subject to Section 
II.B.2.h.(ii) must submit a notification to the Division with certain specified information no later than July 
31, 2022. Such notification must be submitted in writing and may be amended as long as the testing 
schedule set forth in Section II.B.2.h.(ii) is met. Section II.B.2.h.(iii)(A) identifies some of the specific 
information that must be included in the notification, including the location of the enclosed combustion 
device. When providing the location of the enclosed combustion device in a written notification, the owner 
or operator must also state whether or not the enclosed combustion device is located within a DI 
community and/or the 8-hour Ozone Control Area/northern Weld County. 


The Commission has determined that performance tests must be conducted pursuant to a Division-
approved protocol. The Commission intends that as an alternative to a site-specific protocol, operators 
may submit to the Division a company-specific protocol for approval for that company’s different types of 
site configurations, to which an operator would certify that it followed for each performance test conducted 
pursuant to that protocol. The Commission also anticipates that the U.S. EPA will be releasing a protocol 
for an outlet-only testing method; the Division is directed to consider publishing that protocol on its 
website as a pre-approved test protocol for ECD performance testing, to which operators would certify 
they followed in conducting a performance test. The Division may also develop a statewide protocol that 
may be followed by any owner or operator. If utilizing the Division’s statewide protocol, an owner or 
operator need only provide a notice prior to conducting testing pursuant to the protocol. The Commission 
also directs the Division to consider approving different protocols for different types of devices. For 
example, the Commission would support a different test protocol for devices operating at such low-flow 
that supplementing the gas stream to the device would be required for purposes of the test.  


In Section II.B.2.h.(i)(D), the Commission explained how operators should use the results of the 
performance test in calculating emissions for purposes of the annual emissions inventory reporting under 
Sections II.G and V. If a performance test is conducted on June 1, and the ECD fails the test, and a retest 
is conducted on July 1, and the ECD passes the test, the operator should use the results of the failing 







performance test for emission calculations from January 1 through June 30, and the results of the passing 
performance test from July 1 through December 31 of that year. 


In Section II.B.2.i and j, the Commission established recordkeeping and reporting requirements. The 
Commission deferred most of the reporting to the annual emission reports in Section V, but did require 
some additional reporting. When an ECD fails its performance test, the Commission believes it is critical 
that the Division be made aware as soon as possible, and so has required notification be provided within 
fourteen (14) days of a failing test.  


Rod packing at natural gas processing plants: Section II.B.3. 


In 2014, the Commission recognized that rod-packing replacement is an effective, and cost-effective, 
method for reducing emissions from this equipment - both VOC and other hydrocarbons. However, the 
Commission’s 2014 action applied only to reciprocating compressors at compressor stations, and not gas 
plants. In 2017, the Commission adopted rod-packing replacement requirements for compressors at gas 
plants in the 8-hour Ozone Control Area. In this rulemaking, in Section II.B.3., the Commission expands 
rod packing replacement requirements to natural gas processing plants statewide except where the 
reciprocating compressor is subject to the rod packing requirements of NSPS OOOO or NSPS OOOOa. 
Under these revisions, beginning upon the effective date, anticipated for February 14, 2022, operators will 
need to track hours of operation for purposes of compliance. 


In Section II.B.3.c., the Commission clarified that the rod packing requirements adopted in 2014 did not 
apply where the compressor was subject to the reciprocating compressor requirements of NSPS OOOO. 
The revision to specifically identify the rod packing requirements was not a change to the meaning of the 
provision. 


Leak Detection and Repair: Sections II.E. and II.I. 


Section II.E. of Regulation Number 7 establishes additional requirements under the leak detection and 
repair (LDAR) program for well production facilities and natural gas compressor stations. In 2014, 2017, 
and in 2019, the Commission established LDAR inspection frequencies to identify leaking components 
and require repairs in a timely fashion to eliminate excess emissions. LDAR inspection frequencies are 
typically based on the rolling twelve-month tons per year fugitive VOC emission rates of well production 
facilities and compressor stations and their location. 


In 2019, the Commission adopted more stringent inspection and repair requirements for well production 
facilities in proximity to an occupied area. In this rulemaking action, the Commission increased the 
frequency of inspections at compressor stations and well production facilities in disproportionately 
impacted communities (see map above for the specific communities in which these requirements apply). 
The Commission has determined that faster repair schedules and additional monitoring is required to 
protect public health and the environment within these disproportionately impacted communities. 


In Section II.E.4.f., the Commission has set a static frequency of AIMM inspections for newly constructed 
well production facilities - regardless of emissions. That is, any newly constructed well production facility 
will have a monthly AIMM inspection frequency. The Commission does want to encourage the use of 
alternative technologies, rather than just the traditional infrared (IR) camera. Technological advances in 
leak detection can outpace regulations. The Commission expects that many new technologies can be 
approved through the Division’s existing alternative AIMM review process. The Commission does note, 
however, that some alternative AIMM may be appropriate for statewide inspection requirements, but not 
to supersede SIP inspection requirements (e.g., requirements of Regulation Number 7, Part D, Section 
I.L.). The Commission encourages the Division to consider, where appropriate, approving technologies as 
alternative AIMM for purposes of this Section II.E even where the technology may not be approvable as 
alternative AIMM for Section I.L. The Commission has also recognized two scenarios where new well 
production facilities need only comply with Table 4 (formerly, Table 3) frequencies and need not conduct 
monthly AIMM inspections. These scenarios include: 1) where the operator installs and uses systems to 
continuously monitor and adjust pressures in the storage tanks to prevent venting and to ensure lit pilot 
lights; and 2) where the operator continues operation of its air quality monitoring plan approved under 
Regulation Number 7, Section VI., for VOC or methane. For the former, the Commission directs the 
Division to issue a protocol for the use of these automated systems, based on the Division’s work in 
evaluating closed loop vapor control systems. For both scenarios, if an operator were to cease using 
either of these scenarios, the facility would revert to a monthly AIMM schedule. 







In Section II.I, the Commission determined that natural gas processing plants state-wide must now have 
LDAR programs consistent with NSPS OOOO or OOOOa, rather than just the gas plants in the 8-hour 
Ozone Control Area.  


Separator Control Requirements: Section II.F. 


Section II.F had previously required capture or control of hydrocarbon emissions from separation 
equipment for a well-constructed, fracked, or recompleted after 2014; in this revision, the Commission 
required the capture or control of hydrocarbon emissions from all separation equipment, regardless of 
construction date. This is consistent with the recent Colorado Oil and Gas Conservation Commission 
(COGCC) mission change rulemaking, which essentially requires capture and prohibits the venting or 
even flaring of gas from the separation equipment unless a variance is obtained from the COGCC. Where 
the COGCC determines that a variance for venting (as that term is defined by the COGCC) is appropriate, 
that operation is exempt from this Section II.F.2. of the Commission’s regulation (though not from Section 
II.F.1. or other applicable provisions, such as Regulation Number 3 reporting and permitting or Regulation 
Number 7, Part D, Section V. annual emission reporting).  


Further, Section II.F. was revised to clarify that all control equipment controlling separators is subject to 
Section II.B.2. requirements (separators subject to Section II.F were already subject to II.B.1.). 


Well Maintenance Requirements: Section II.G. 


Certain activities - such as well liquids unloading, well maintenance events, and well plugging - can result 
in emissions to the atmosphere. The Commission has long required that operators use best management 
practices to reduce the need to emit during these activities, and to reduce the amount of gas emitted 
during these activities. However, the Commission has determined that it is necessary to specify some of 
the practices that must be employed. Section II.G. therefore identifies several best management practices 
that operators must use to reduce the need for emissions from all these activities. For example, the 
Commission intends that in constructing a new well production facility, operators must consider how to 
reduce the need for well liquids unloading or well maintenance over the life of the well, and design 
accordingly.  


The Commission also recognizes that well unloading occurs to remove liquid build-up to restore 
productivity. When attempting to relieve atmospheric pressure through emitting to the atmosphere to 
remove liquid buildup in these wells, particularly when the emissions occur multiple times each year over 
the life of a well, there can be significant hydrocarbon emissions. The Commission considers well 
swabbing to be a well liquids unloading event. Technology and practices have advanced such that it is 
possible to use equipment - including equipment more typically considered process equipment - to reduce 
the need to emit during well liquids unloading. For example, the use of an artificial lift, such as a plunger 
lift, can both reduce the need to emit during well liquids unloading and reduce the volume of gas emitted 
during a manual liquids unloading event.  


Pigging and Blowdown Requirements: Section II.H.  


The Commission was presented with data reported to EPA and to the Division that generally agrees that 
the largest sources of greenhouse gas emissions from the midstream segment is the fuel combustion 
equipment; however, these data sets also agree that emissions (particularly methane emissions) from 
operations and maintenance activities - such as pigging and blowdowns - are significant, and, the 
Commission has determined they are cost-effective to address. The Commission recognizes that 
depressurizing pig launchers and receivers in natural gas gathering operations can emit volatile organic 
compound (VOC) emissions. This gas released from pigging activities is under the same pressure as the 
pipeline and contains methane, ethane, and VOCs including benzene, toluene, ethylbenzene, and xylene. 
Pig receivers can also contain collected condensate liquid that had accumulated in the pipeline. 


The Commission mandated that owner/operators capture and recover gas from pigging activities, and if 
not possible, to request Division approval to install and operate air pollution control equipment, such as 
vapor recovery, flare/combustors, or a Division-approved alternative to achieve a 95% reduction in 
hydrocarbon emissions. The requirement to capture or control hydrocarbon emissions associated with 
pigging operations applies when the operator - across all its operations, not just at one facility - conducts 
pigging operations more than 12 times per year. Where capture and control are not required, the 
Commission directs operators to use best management practices to reduce emissions from pigging. The 
Commission understands from operators that design techniques can minimize the frequency of pigging 







and the volume of gas emitted during pigging. Because the value of the specific BMPs identified by the 
Commission may change depending on future design considerations, the Commission has authorized the 
Division to approve alternatives that achieve equal to or better emission reductions. The Division can 
issue one or more guidance documents with pre-approved alternatives as understanding of pigging 
emissions and technologies and practices to reduce them improve. 


The Commission mandated recordkeeping and reporting requirements in Sections II.H.3.a. and V. 
applicable to pigging operations to ensure compliance with and to track the efficacy of the established 
emission reduction measures. Emissions from pigging must be included in Regulation Number 7, Part D, 
Section V. annual reports. 


In Section II.H.2., the Commission established that midstream segment owners or operators must capture 
or control hydrocarbon emissions from blowdowns at natural gas compressor stations and natural gas 
processing plants. For blowdowns along midstream pipelines - where not located within the boundaries of 
a natural gas compressor station or gas plant - the Commission determined it was appropriate to require 
the use of BMPs. The Commission does not intend that operators will use each BMP during every 
midstream pipeline blowdown event, but does intend that these BMPs be used where practicable.  


The Commission also updated Section II.C.2.a. and III.C. to reflect that the “operate without venting” 
mandate, and associated recordkeeping, applies during pigging and blowdown activities where reductions 
are required. The venting from storage tanks resulting from these operations and maintenance activities 
at midstream operations are no longer automatically assumed to be appropriate or necessary.  


In addition to the recordkeeping and reporting requirements applicable to pigging events, the Commission 
also required records of blowdowns. The records must outline the cause of blowdowns, the location, date, 
time, and duration of the emissions and records of best management practices employed to capture or 
control these blowdown emissions. 


Pneumatic Controller Revisions: Section III. 


The rule also expands the applicability of controller requirements and inspection and enhanced response 
requirements state-wide to natural gas processing plants. The Commission’s proposal would require new 
gas plants to install, and existing gas plants to retrofit natural gas driven controllers with, zero-bleed 
controllers, unless certain safety exemptions are met. The Commission’s proposal also requires that any 
remaining gas-driven controllers be subject to the find and fix program.  


In Section III.C.3.a., the Commission clarified a revision made in February 2021. In February, the 
Commission revised this section to add an end-date of May 1, 2021, given the new requirements in 
III.C.4. However, the requirements of Section III.C.4. do not apply as widely as Section III.C.3.a., so the 
Commission here clarified that Section III.C.3.a. continues to apply unless a specific provision of Section 
III.C.4. is controlling (i.e., under the principle that the more specific controls over the general, in the event 
of a conflict between Section III.C.3.a. and III.C.4., Section III.C.4. would control). 


Annual Emissions Reporting: Section V. 


The Commission made several updates to Section V., some for clarification and some to better ensure 
the accuracy and verifiability of the annual emissions reports. In Sections V.B.1.e. through V.B.1.g., the 
Commission clarified that operators must use Division-approved calculation methods; the Commission 
considers this a clarification of the program adopted in 2019, which required operators to use the 
Division-approved form. The Commission adopted this clarification to ensure that operators are aware of 
the duty to recalculate and resubmit their annual emissions reports if the Division disapproves of a 
calculation methodology (if, for example, the methodology was not approved ahead of the report’s 
submission).  


In Section V.B.1.h., the Commission expressly required that operators who submit emissions information 
using a calculation methodology different from that used to submit the annual greenhouse gas reports to 
the U.S. EPA under the Greenhouse Gas Reporting Program also submit to the Division: 1) the emissions 
information using the same calculation method as used in the GHGRP program; and 2) a justification for 
the change in calculation methodology. The Commission believes that flexibility in calculation 
methodology is an important tool to ensure more accuracy across operations; however, it is necessary to 
understand deviations from EPA’s approved methodology to ensure appropriate comparisons and to 
provide transparency. The Commission has also recognized again the Division’s authority to require 







recalculation of emissions data if the alternative calculation methodology is not deemed approvable by 
the Division. 


In Section V.B.1.j., the Commission has required that operators using emission factors to calculate 
emissions must either use Division-approved emission factors or may use a site-specific emission factor. 
However, the Commission recognizes that gas composition may change over time, and therefore has 
determined to require periodic gas composition analysis to support the continued use of site-specific 
emission factors. The Commission expects that the Division will, as appropriate, update any default 
factors based upon collected gas composition data.  


In Section V.C.2., the Commission clarified the type of information that must be submitted. The 
requirements adopted in 2019 specified that operators must submit information including the emissions, 
emission factors, assumptions, and calculation methodology. And Section V.B.1.c. required submission of 
information about the activities and equipment covered by the report. The Commission now clarifies that 
other information the Division deems necessary to support the emissions reported must be included, to 
avoid operator reluctance to share this information based upon the previous regulatory language.  


In Section V.C.2.d., beginning with the June 2024 report for calendar year 2023, the Commission requires 
owners or operators to report emissions, along with other supporting information, resulting from 
blowdowns from facility equipment and piping where the physical volume of the piping between isolation 
valves is greater than or equal to 50 cubic feet. The Commission notes its interpretation that the 50 cubic 
foot exemption never applied to blowdowns of pipeline segments between facilities that were previously 
reported under Section V.C.2.s. (now Section V.C.2.t.). The Commission has also rearranged the 
requirement to report emissions and other supporting information for pigging operations such that it no 
longer falls under Section V.C.2.d. and now stands alone under Section V.C.2.s. The allowance to 
exclude blowdowns from facility equipment and piping as well as from pigging operations where the 
physical volume of the piping between isolation valves is greater than or equal to 50 cubic feet continues 
through the June 2023 report for the 2022 calendar year. The Commission understands that accurate 
tracking of gas volumes from equipment and piping where the physical volume of the piping between 
isolation valves is greater than or equal to 50 cubic feet can be difficult. Therefore, the Commission 
directs the Division to accept appropriate actual and approximated reported volumes for this subcategory 
of blowdowns. 


In Section V.C.2.k., the Commission specified that operators must report component counts and gas 
speciation data used to support fugitive emission calculations. The Commission acknowledges that 
component counts can be representative, and are not necessarily specific counts per facility. However, 
where operators are using representative component counts, that must be noted on the submittal.  


The Commission made other clarifications and updates, and included the date of both reporting year and 
year of report submittal where necessary to ensure that operators have adequate time to capture any new 
information.  


Miscellaneous 


In Section II.B.2. and II.B.3., the Commission updated the section regarding requirements for 
compressors (reciprocating and centrifugal) to reflect that compliance with either NSPS OOOO or NSPS 
OOOOa is sufficient.  


The revisions made to Regulation Number 7 also renumber tables and provisions to accommodate the 
new requirements, and correct typographical, grammatical, and formatting errors. 


Incorporation by Reference  


The Commission will update regulatory references as needed as opportunities arrive. 


Additional Considerations 


The following are additional findings of the Commission made in accordance with the Act: 


Section 25-7-110.5(5)(b), C.R.S. 







As these revisions exceed and may differ from the federal rules under the federal act, in accordance with 
Section 25-7-110.5(5)(b), C.R.S., the Commission determines: 


(I) Any federal requirements that are applicable to this situation with a commentary on those 
requirements;   


There are existing federal regulations that seek to identify and reduce methane emissions 
from the oil and gas industry, such as the Greenhouse Gas Reporting Program (Part 98) 
and NSPS KKK, OOOO, and OOOOa. The EPA will soon release proposals to address 
greenhouse gas emissions from oil and gas equipment, but EPA’s proposal does not 
address the particular situations addressed by the Commission’s revisions here.  


Under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-
hour Ozone Control Area must comply with the LDAR program in New Source 
Performance Standard (NSPS) OOOO or NSPS OOOOa. Natural gas processing plants 
outside the 8-hour Ozone Control Area may also be subject to NSPS OOOO or NSPS 
OOOOa, depending on the date of construction. In these revisions, the Commission 
subjected gas plants statewide to requirements that had previously only applied within 
the 8-hour Ozone Control Area. EPA also has regulations and guidance for compressors 
(e.g., rod packing replacement) and pneumatic controllers. Colorado’s requirements - 
both existing and as proposed herein - meet or exceed these federal requirements. For 
example, many federal requirements are applicable in ozone nonattainment areas, while 
Colorado’s provisions apply statewide.  


Through Part D, as revised, the Commission builds upon established federal LDAR 
requirements and closes additional monitoring gaps by eliminating limits on NSPS 
OOOOa applicability by location for certain natural gas sources and to establish a more 
robust LDAR program throughout the state.  


EPA also asks states to consider environmental justice as part of their actions, though 
there are no specific federal regulatory requirements at this time. In this revision, Part B, 
Sections III and IV expand on environmental justice considerations by incorporating the 
definition of “disproportionately impacted communities” (DI Community), and seeking to 
prioritize reductions in DI communities. 


(II) Whether the applicable federal requirements are performance-based or technology-
based and whether there is any flexibility in those requirements, and if not, why not; 


The federal requirements addressing methane reductions from the oil and gas sector 
(though not applicable in this situation) as described above are both performance-based 
and technology-based. Current federal requirements for methane reductions speak to 
achieving a control efficiency, with minimal flexibility. Some requirements also mandate 
the use of technology to detect methane emissions; however, EPA does provide some 
flexibility in the technology that can be used. 


(III) Whether the applicable federal requirements specifically address the issues that are of 
concern to Colorado and whether data or information that would reasonably reflect 
Colorado's concern and situation was considered in the federal process that established 
the federal requirements; 


There are federal requirements that seek to reduce greenhouse gas from oil and gas 
operations, though none that are addressed to the specific goals of these revisions. The 
Commission’s revisions address Colorado-specific requirements and needs, like those of 
HB 19-1261 and HB 21-1266, which were not considered in any federal process. 


(IV) Whether the proposed requirement will improve the ability of the regulated community to 
comply in a more cost-effective way by clarifying confusing or potentially conflicting 
requirements (within or cross-media), increasing certainty, or preventing or reducing the 
need for costly retrofit to meet more stringent requirements later; 







The proposed midstream and upstream requirements ensure that the regulated 
community can achieve required GHG emissions reductions in cost-effective ways and 
reduce the need for costlier retrofits later. 


(V) Whether there is a timing issue which might justify changing the time frame for 
implementation of federal requirements; 


This is a state-specific rule that is not implementing federal requirements. Thus, no timing 
issue exists with respect to implementation of federal requirements. 


(VI) Whether the proposed requirement will assist in establishing and maintaining a 
reasonable margin for accommodation of uncertainty and future growth; 


The regulatory provisions allow a reasonable amount of time for affected entities to 
comply with the new revisions. As such, affected businesses or industrial sectors are 
afforded a reasonable margin for accommodation of uncertainty and future growth. 


(VII) Whether the proposed requirement establishes or maintains reasonable equity in the 
requirements for various sources; 


The Commission’s revisions establish and maintain reasonable equity because they 
subject similar sources statewide with similar emitting activities to similar requirements. 
Climate change is not a local problem, and these rules demonstrate that the sources 
everywhere must contribute to the solution. 


(VIII) Whether others would face increased costs if a more stringent rule is not enacted; 


The Commission believes that the cost of inaction would be greater to industry and the 
public than the costs associated with the revisions to Regulation Number 7, Part D. Not 
only with respect to the social cost of climate change, but also more direct costs. These 
revisions are designed with the maximum flexibility for the regulated community. Under 
HB 21-1266, if the state is not on track to achieve the emission reduction goals, the 
Commission must adopt further regulations to achieve those goals. Future efforts are 
likely to be not as cost-effective as the flexible programs in these revisions. 


(IX) Whether the proposed requirement includes procedural, reporting, or monitoring 
requirements that are different from applicable federal requirements and, if so, why and 
what the “compelling reason” is for different procedural, reporting, or monitoring 
requirements; 


Reporting requirements beyond those required under federal Part 98 are necessary to 
effectively quantify and measure Colorado’s progress toward statewide GHG reductions 
and to achieve the public health, safety, and welfare goals set forth in Section 25-7-102, 
C.R.S. Many of the reporting requirements associated with these programs are in existing 
Commission regulations, in Regulation Number 7, Part D. However, these revisions do 
require some additional reporting. Under these requirements, owners and operators of 
these sources will be required to compile and report directly to the Division information 
collected by or available to them for business or other regulatory purposes. While this 
may overlap with some other federal reporting requirements, it is expected there will be 
reporting beyond what is required federally. 


(X) Whether demonstrated technology is available to comply with the proposed requirement; 


Demonstrated technology exists to enable compliance with the requirements of these 
revisions. The Commission has also embedded maximum flexibility to take advantage of 
future technological developments. 


(XI) Whether the proposed requirement will contribute to the prevention of pollution or 
address a potential problem and represent a more cost-effective environmental gain; 


These revisions will cost-effectively reduce statewide GHG emissions to meet the 
legislative directive of the State Air Act, as revised by SB 19-181, HB 19-1261, and HB 







21-1266. As noted above, the General Assembly has acknowledged that climate change 
impacts Colorado’s economy and directed that GHG emissions should be reduced across 
the many sectors of our economy. Colorado has established specific GHG reduction 
goals within its statutes. Programs established in this rulemaking action - in both 
Regulation Numbers 7 and 22 - provide mechanisms for GHG reductions to occur cost-
effectively across a specific, high-emitting sector of the state’s economy. 


(XII) Whether an alternative rule, including a no-action alternative, would address the required 
standard. 


The new regulatory requirements and amendments are needed to achieve the statutorily 
mandated emission reductions. As noted above, the State Air Act requires the 
Commission to implement GHG emission reduction strategies in order to secure 
reductions of pollution consistent with the statewide GHG emission reduction goals. 
Currently, emissions projections over the next decade demonstrate that a no-action 
alternative would fall short of achieving Colorado’s reduction goals. Additionally, no 
alternative combination of sector-specific regulations has been identified that is sufficient 
to meet the state’s GHG emissions reductions goals. 


Findings of Fact 


To the extent that § 25-7-110.8, C.R.S., requirements apply to this rulemaking, and after considering all 
the information in the record, the Commission hereby makes the determination that: 


(I) These rules are based upon reasonably available, validated, reviewed, and sound scientific 
methodologies, and the Commission has considered all information submitted by interested parties. 


(II) Evidence in the record supports the finding that the rules shall result in a demonstrable reduction of 
greenhouse gas and VOC emissions. 


(III) Evidence in the record supports the finding that the rules shall bring about reductions in risks to 
human health and the environment that justify the costs to implement and comply with the rules. 


(IV) The rules are the most cost-effective to achieve the necessary reduction in air pollution and provide 
the regulated entity flexibility. 


(V) The selected regulatory alternative will maximize the air quality benefits of regulation in the most cost-
effective manner. 
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Occidental Petroleum Corporation 
1099 18th Street 
Denver, CO 80202 
 
Angela Zivkovich 
Ph: 720-929-6573 
Email: angela_zivkovich@oxy.com 
 
5 Greenway Plaza, Suite 110 
Houston, TX 77046 
 
Mark Hamlin 
Ph: 832-217-8073 
Email: mark_hamlin@oxy.com 


Brownstein Hyatt Farber Schreck, LLP  
410 17th Street, Suite 2200 
Denver, CO 80202 
Ph: 303-223-1100 
 
Eric P. Waeckerlin 
Email: ewaeckerlin@bhfs.com 
 
Benjamin J. Saver 
Email: bsaver@bhfs.com 


 
 
TEP Rocky Mountain, LLC 
3050 Post Oak Boulevard, Suite 1500 
Houston, TX 77056 
 
Shawn Brennan 
 


Jewell Jimmerson Natural Resources Law 
24290 CO-74, Unit 1 
P.O. Box 656 
Kittredge, CO 80457 
Ph: 303-519-6619 
 
Michael Jewell 
Email: mjewell@jjnrlaw.com 
 
Kole Kelley 
Email: kkelley@jjnrlaw.com 


 
 
Weld County BOCC 
1150 O Street, P.O. Box 758 
Greeley, CO 80632 
 
Bruce T. Barker 
Ph: 970-400-4390 
Email: bbarker@co.weld.co.us 
 
 
 
West Slope Colorado Oil and Gas Association 
PO Box 89 
Grand Junction, CO 81502 
Ph: 970-773-2198 
 
Chelsie Miera 
Email: chelsie.miera@wscoga.org 
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Western & Rural Local Government Coalition 
Includes the following parties: 


• Counties Of: Cheyenne, Delta, Garfield, Jackson, Kit Carson, Logan, Mesa, Moffat, Montezuma, Morgan, Phillips, Rio Blanco, Sedgwick, 
Washington, Yuma,  


• Cities Of: Craig, Rifle 


• Towns Of: Collbran, Meeker, New Castle, Parachute, Rangley, Silt  
 
On behalf of Garfield County and Western & Rural Local Government Coalition: 
195 West 14th Street, Suite 306 
Rifle, CO 81650 
Ph: 970-987-2557 
 
Kirby Wynn 
Email: kwynn@garfield-county.com 
 
John F. Martin 
Email: jmartin@garfield-county.com 
 
 
Western Midstream Partners LP 
1099 18th Street, Suite 1800 
Denver, CO 80202 
 
Jason Zapalac 
Ph:  303-357-7835 
Email:  jason.zapalac@westernmidstream.com 
 
Joel Kenyon 
Ph: 303-357-7741 
Email: joel.kenyon@westernmidstream.com 
 
Candace Uduebor 
Ph:  346-786-3301 
Email:  candace.uduebor@westernmidstream.com 


Hogan Lovells 
1601 Wewatta Street, Suite 900 
Denver, CO  80202 
 
Ana Maria Gutiérrez 
Ph:  303-454-2514 
Email:  ana.gutierrez@hoganlovells.com 
 
Julia La Manna 
Ph: 303-454-2406 
Email: julia.lamanna@hoganlovells.com 


 
 
Western Resource Advocates 
2260 Baseline Road, Suite 200 
Boulder, CO 80302 
 
Ellen Howard Kutzer 
Ph: 720-763-3710 
Email: ellen.kutzer@westernresources.org 
 
Joro Walker 
Ph: 801-413-7353 
Email: joro.walker@westernresources.org 
 
Parks Barroso 
Ph: 720-927-3058 
Email: parks.barroso@westernresources.org 
 
 
WildEarth Guardians & GreenLatinos 
 
WildEarth Guardians 
3798 Marshall Street, Suite 8 
Wheat Ridge, CO 80033 
Ph: 303-437-7663 
 
Katherine Merlin 
Email: kmerlin@wildearthguardians.org 
 


GreenLatinos 
1203 K Street, NW, Suite 355 
Washington, D.C. 20005 
Ph: 720-621-8985 
 
Ean Thomas Tafoya 
Email: eantafoya@greenlatinos.org 


 
 
Williams 
2717 County Road 215, Suite 200 
Parachute, CO 81635 
Ph: 970-285-5435 
 
Kirsten Derr 
Ph: 303-475-0989 
Email: kirsten.derr@williams.com 
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Petitions for Party Status Due 
October 12, 2021 by 5:00 p.m. 
 
Status Conference 
October 14, 2021 at 8:00 a.m. 
Virtual Meeting via Zoom 
Party Representation Presence is Mandatory 
 
Prehearing Statements & Alternative Proposals Due 
October 28, 2021 by 11:59 p.m. (midnight) 


 
Prehearing Conference 
November 10, 2021 at 1:00 p.m. 
Virtual Meeting via Zoom 
Party Representation Presence is Mandatory 
 
Rebuttal Statements Due 
November 22, 2021 by 12:00 p.m. (noon) 
 
Written Public Comments Due 
November 30, 2021


 
 
HEARING SCHEDULE (December 14-17, 2021): 


PUBLIC COMMENT SESSION 
DATE: December 14, 2021 
TIME: 4:30 p.m. to 7:30 p.m. 
PLACE: The hearing will be held online only; there will be no in-person participation. Details related to 


participation and registration can be found at: https://cdphe.colorado.gov/aqcc 
NOTE:  The public comment session may end early if all commenters that are registered and in attendance before 
6:30 have had an opportunity to speak prior to 7:30. 
 
PARTY TESTIMONY & DELIBERATIONS 
DATE: December 15-17, 2021 
TIME: To begin at or after 9:00 a.m. 
PLACE: The hearing will be held online only; there will be no in-person participation. Details related to 


participation and registration can be found at: https://cdphe.colorado.gov/aqcc 
NOTE:  No additional public comment will be taken during this time. 
 
 
The hearing may be continued at such places and time as the Commission may announce. Any such changes will be noticed on the 
Commission’s website. Interested parties may contact the Commission Office at cdphe.aqcc-comments@state.co.us to confirm 
meeting details. 


 
 Instructions for registering for the oral public comment session will be posted with the final agenda on the Commission’s website at 


https://cdphe.colorado.gov/aqcc on December 3, 2021.  
 
Following is our website: https://cdphe.colorado.gov/aqcc where you can find other pertinent information related to the 
Commission and this upcoming hearing.  



https://cdphe.colorado.gov/aqcc

https://cdphe.colorado.gov/aqcc

mailto:cdphe.aqcc-comments@state.co.us

https://cdphe.colorado.gov/aqcc
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4300 Cherry Creek Drive South, EDO-AQCC-A5, Denver, CO 80246-1530 P 303-692-3476 https://cdphe.colorado.gov/aqcc 
Jared Polis, Governor | Jill Hunsaker Ryan, MPH, Executive Director 


Notice of Meeting and Agenda 
 


December 14-17, 2021 
 


ZOOM LINK: December 14-17, 2021 Meeting   
 


Public Comment Signup Forms - Active at 8:00 a.m. on December 7 
 
General Public Comment Signup Form (December 15, 2021 from 9:05 – 10:00 a.m.)   
 
Regulation Numbers 7 & 22 Hearing Public Comment Signup Form (December 14, 2021 
from 4:30 – 7:30 p.m.)    
 
 
This Air Quality Control Commission meeting will be held virtually, in accordance with 
guidance from the Colorado Department of Public Health and Environment and the 
Centers for Disease Control and Prevention, related to the COVID-19 pandemic.  
 
There will be no in-person participation for this December 14-17, 2021 meeting. For 
more information on the virtual meeting, please refer to the Air Quality Control 
Commission website https://cdphe.colorado.gov/aqcc. This meeting will be recorded. 
To register to attend this public meeting, please use the Zoom meeting link shown 
above.  
 


IMPORTANT: General Public Comment of approximately an hour will be held at 
the beginning of this meeting where you are invited to provide oral comments 
on any air pollution issue of your choosing and may end early if all commenters 
that are registered and in attendance have had an opportunity to speak. Oral 
public comments will not be accepted following agenda items for this meeting. 
General public comments. If you wish to provide oral public comment, in 
addition to registering to attend the meeting you must also fill out the Google 
Forms linked above, which will be activated at 8:00 a.m. on December 7, 2021. 


 
The commission will close registration for oral public comment if it fills to the 
maximum number of persons that can provide comment during the allotted 
timeframes, at which time notification will be posted on the commission website 
and the oral public comment registration form will be deactivated.  
 
The public is encouraged to provide written comments to the Commission’s email 
address at cdphe.aqcc-comments@state.co.us 
 
  



https://us06web.zoom.us/meeting/register/tZApf-6tpj0iHt2vD9F13FNa2nP-k0KqgddE

https://docs.google.com/forms/d/1JDZ-q4w1FLJEQWEXsBcLyQdt4jREAnRJEsicDZqq92U/edit?usp=sharing

https://docs.google.com/forms/d/1TtRZ3KEWxWdIk1P9h0ml2flVw673MpDWgnREL97jAhs/edit?usp=sharing

https://docs.google.com/forms/d/1TtRZ3KEWxWdIk1P9h0ml2flVw673MpDWgnREL97jAhs/edit?usp=sharing

https://cdphe.colorado.gov/aqcc

mailto:cdphe.aqcc-comments@state.co.us
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December 14 | 4:30 p.m. 
     


4:30 RULEMAKING HEARING 
 Regulation Numbers 7 & 22 – Public Comment Session 
 The Commission will accept oral comments on the proposed revisions to the 


Regulation Numbers 7 & 22 hearing. Oral comments provided during this 
time and written comments submitted in advance will be incorporated into 
the rulemaking record. The public comment session may end early if all 
commenters that are registered and in attendance before 6:30 have had 
an opportunity to speak prior to 7:30. 


 
Adjourn 
 
  


December 15 | 9:00 a.m. 
      
9:00 Call to Order:  Determination of a Quorum 
 
9:05 Public Comment:  At this time, the public is invited to provide oral public 


comment on any air pollution issue of their choosing, whether it is on the 
agenda or not. The Commission will not take action on issues discussed 
during this general public comment period; such matters may be scheduled 
for further discussion or action at a later date.  


 
CONSENT AGENDA 
The Commission will vote on Agenda Item 1 as part of the Consent Agenda. Adoption of the Consent 
Agenda allows the Commission to consolidate voting on agenda items that do not need to be discussed 
individually and for which presentation of additional information is not required or necessary.   


 
 APPROVAL OF MINUTES 


10:00 1. November 17-19, 2021 Meeting Minutes 
  Review and approval of the November 17-19, 2021 meeting minutes of 


the Commission. 
 
REGULAR AGENDA 
 


 RULEMAKING HEARING 
10:05 2. Regulation Numbers 7 & 22 
  The Commission will consider revisions to Regulation Number 7 and 


Regulation Number 22 to establish oil and gas reduction strategies, 
monitoring, reductions, recordkeeping and reporting in response to 
SB19-096, HB19-1261 and SB19-181. The Division may also make SIP Fix 
revisions necessary for EPA approval of Colorado’s Ozone SIP. 


 
12:30 Lunch 
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1:00 CONTINUATION OF RULEMAKING HEARING 
 Regulation Numbers 7 & 22 hearing  
 


 
 
Adjourn 
 


December 16, 2021 | 8:00 a.m. 
      
8:00 Call to Order:  Determination of a Quorum 
 
8:05 CONTINUATION OF RULEMAKING HEARING 
 Regulation Numbers 7 & 22 hearing  
 
12:00 Lunch 
 
12:30 CONTINUATION OF RULEMAKING HEARING 
 Regulation Numbers 7 & 22 hearing  
 
 
Adjourn 
 


December 17, 2021 | 8:00 a.m. 
      
8:00 Call to Order:  Determination of a Quorum 
 
8:05 CONTINUATION OF RULEMAKING HEARING 
 Regulation Numbers 7 & 22 hearing  
 
12:00 Lunch 
 
12:30 CONTINUATION OF RULEMAKING HEARING 
 Regulation Numbers 7 & 22 hearing  
 
 BRIEFINGS, DISCUSSIONS AND REPORTS 
 4. Commissioner Informational Items 
  Commissioners are invited to discuss activities that they have 


participated in over the past month and any issues relevant to 
Commission business. 


   
 5. Division Director’s Report – Michael Ogletree 


• Monthly activities report 
 
 6. Attorney General’s Report – Tom Roan 


• Update on legal issues and recent court actions 
 







 4 


 7. Administrator’s Report – Jeremy Neustifter 
• Review draft January meeting agenda 
• Draft Final Action regarding Regulation 23 and Regional Haze SIP 


based on preliminary final action taken November 19 ,2021.  
• Review of meeting action items 


 
 
Adjourn 
 
ANNOUNCEMENTS 
 
Next Executive Committee Meeting: January 27, 2022 at 8:00 a.m. 
This meeting will be held remotely via a conference call only. If members of the public 
would like to listen in on the call, please contact the Commission Office via email at 
cdphe.aqcc-comments@state.co.us at least 24 hours in advance of the meeting. Please 
note that public comment is not accepted at executive committee meetings. 



mailto:cdphe.aqcc-comments@state.co.us
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AICS for Regulations Number 7 and Number 22


AGENDA ITEM CONTROL SHEET 


 


      Item Title: 


Meeting Date: 


TYPES OF ACTION 


NON-HEARING ACTIONS REQUEST FOR HEARING HEARING 


 Administrative   Rulemaking   Rulemaking  


 Briefing   Public   Public 


 Policy   Adjudicatory   Adjudicatory 


  Other   Informational   Informational 


Is this action a Rule Review?          Yes          No 


RECOMMENDED ACTION 


 Adoption   Approval   Denial 


MOTION 


  Required   Attached   Not Applicable 


STATUTORY AUTHORITY 


  General   Specific 


EPA SUBMITTAL 


Is this issue considered a SIP revision? 


Which SIP?  


EPA submission deadline:  


Is this a delegated program?   
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ISSUE STATEMENT: 


ATTACHMENTS: 


 ________________________________________________________________________________________  


AICS for Regulations Number 7 and Number 22
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 ________________________________________________________________________________________  


AICS for Regulations Number 7 and Number 22


CONTACT: 


For questions, please contact the following:


Signatures


Preparer


Supervisor


Program Manager


Director





		Preparer Date

		Supervisor Date

		Program Manager Date

		Blank Page

		Untitled



		Item Title: Regulations Number 7 and Number 22

		Meeting Date: September 17, 2021

		Yes: Off

		No: On

		Adoption: Off

		Approval: On

		Denial: Off

		Required: On

		Attached: Off

		Not Applicable: Off

		General: Off

		Specific: On

		Informational_2: Off

		Adjudicatory_2: Off

		Public_2: Off

		Rulemaking_2: Off

		Informational: Off

		Adjudicatory: Off

		Rulemaking: On

		Public: Off

		Other: Off

		Policy: Off

		Briefing: Off

		Administrative: Off

		Text2: 

		Text3: 

		List Box4: [No]

		List Box1: [No]

		Text1: CRS § 25-7-102, -105, -106, -109, -140

		Text4: 

				2021-08-30T14:06:37-0600

		Stefanie E. Rucker





				2021-08-30T14:07:34-0600

		Stefanie E. Rucker





				2021-08-30T14:51:37-0600

		Robyn Wille





				2021-08-30T18:59:52-0600

		Garrison Kaufman





		Name: Stefanie Rucker

		Title: Office of Innovations

		Email: 303-692-3188

		Phone: stefanie.rucker@state.co.us

		Attachment List: Good Cause LetterAgenda Item Control SheetProposed Regulatory Language – Regulation Number 7 Proposed Regulatory Language – Regulation Number 22 Statement of Basis, Specific Statutory Authority and Purpose – Regulation Number 7Statement of Basis, Specific Statutory Authority and Purpose – Regulation Number 22Initial Economic Impact Analysis

		Issue Statement:   The Division is proposing revisions to Regulation Numbers 7 and 22 that continue to address the directives in § 25-7-109, C.R.S. as revised by Senate Bill (SB) 19-181 (Concerning Additional Public Welfare Protections Regarding the Conduct of Oil and Gas Operations). These revisions will also address the requirements established in SB 19-096 (Concerning the collection of greenhouse gas (GHG) emissions data), House Bill (HB) 19-1261 (Concerning the reduction of GHG pollution), and HB 21-1266 (Environmental Justice, Disproportionately Impacted Communities). The oil and gas (O&G) industry is a large source of GHG emissions, and the largest anthropogenic source of methane in Colorado. The Greenhouse Gas Pollution Reduction Roadmap (GHG Roadmap) prepared by the CDPHE and Colorado Energy Office with input from the public and other state agencies identifies economy sectors and their associated emissions to aid the state in establishing regulatory provisions to achieve the statutory GHG emissions reductions goals. In October 2020, the Commission further refined the state's goals for certain sectors, establishing a goal for the O&G Sector of the GHG Roadmap of 36% reduction by 2025 and 60% reduction by 2030. The Commission established a target for the O&G Sector of 13 million metric tons (MMT) CO2e by 2025 and 8 MMT CO2e by 2030. Commission targets for the sector including residential, commercial, and industrial combustion emissions (RCI Sector) include a 20% reduction by 2030. HB 21-1266 memorializes these goals in statute, and provides additional requirements for the rulemakings to achieve these goals. To address legislative and policy directives, the Division is proposing revisions to Regulation Numbers 7 and 22 that: reduce emissions from the upstream and midstream segments of the oil and gas industry as identified in the GHG Roadmap; require increased monitoring and leak detection and repair (LDAR) inspections; achieve reductions of GHG and co-pollutants in disproportionately impacted communities; and impose additional practices to ensure the efficacy of air pollution control equipment.  These revisions to Regulation Numbers 7 and 22 are proposed on a state-wide and state-only basis. The Division may also make renumbering, typographical, grammatical, and formatting corrections throughout Regulation Numbers 7 and 22. The proposed revisions to Regulation Numbers 7 and 22 are state-only rules.  The Division is requesting the Commission schedule a public hearing for December 2021 to consider new requirements in Regulation Numbers 7 and 22. 
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Dedicated to protecting and improving the health and environment of the people of Colorado 


 
 
 


August 31, 2021 
 
Air Quality Control Commission 
4300 Cherry Creek Drive South 
Denver, Colorado 80246 
 
Dear Commissioners: 
 
Please find attached the following request for hearing, which includes: 
 


 Agenda Item Control Sheet 
 Memorandum of Notice 
 Regulatory Language, Regulation No. 7 
 Statement of Basis and Purpose, Regulation No. 7 
 Regulation No. 22 
 Statement of Basis and Purpose, Regulation No. 22 
 Initial Economic Impact Analysis, Regulation No. 7 and 22 


 
Pursuant to section V.C.2 of the Commission’s Procedural Rules, petitions for rulemaking should be submitted 
to the Office of the Air Quality Control Commission by the close of business thirty days prior to the scheduled 
general meeting of the Commission at which the petitioner desires to have the Commission hear the petition. 
This section also provides that the Commission may grant a petitioner’s request to have a late petition heard 
upon showing of good cause. 
 
The Division recognizes that this petition was not submitted to the Office of the Air Quality Control Commission 
30 days prior to the September 17, 2021 meeting. The Division requests that the Commission grant this request 
and hear this petition on September 17, 2021. The Division and stakeholders have been working diligently to 
refine and improve the petition so that the Commission can review and notice the best petition possible. The 
Division believes that this constitutes good cause. Thank you for your assistance in this matter. 
 
 
Sincerely, 
 
 
 
Garry Kaufman 
Director, Air Pollution Control Division 


Garrison
Kaufman


Digitally signed by 
Garrison Kaufman 
Date: 2021.08.31 
12:48:23 -06'00'
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MEMORANDUM OF NOTICE 
 
 


 
Item Title: Regulation Numbers 7 and 22  


Meeting Date: September 17, 2021  


 


 
GENERAL DESCRIPTION 


During the 2019 legislative session, Colorado’s General Assembly adopted revisions to several Colorado 
Revised Statutes in Senate Bill 19-181 (SB 19-181) (Concerning additional public welfare protections 
regarding the conduct of oil and gas operations) that include directives for both the Oil and Gas 
Conservation Commission (OGCC) and this Commission. In the same session, the General Assembly 
adopted House Bill 19-1261 (HB 19-1261), setting statewide greenhouse gas (GHG) reduction goals. The 
General Assembly declared in HB 19-1261 that “climate change adversely affects Colorado’s economy, 
air quality and public health, ecosystems, natural resources, and quality of life[,]” acknowledged that 
“Colorado is already experiencing harmful climate impacts[,]” and that “many of these impacts 
disproportionately affect” certain disadvantaged communities. The goals set in HB 19-1261 seek a 26% 
reduction of statewide GHG emissions by 2025; 50% reduction by 2030; and 90% reduction by 2050 as 
compared to 2005 levels. The GHG Pollution Reduction Roadmap (GHG Roadmap) developed by the 
Colorado Energy Office and CDPHE identifies the largest contributors to state GHG emissions and 
quantifies the baselines from which these reduction percentages are to be estimated.  


In October 2020, this Commission established a target for the sector including oil and gas fugitive 
emissions (O&G Sector) of a 36% reduction from the 2005 baseline by 2025 and a 60% reduction from 
the 2005 baseline by 2030 (from an estimated 20.17 million metric tons (MMT) CO2e to 13 MMT CO2e by 
2025 and 8 MMT CO2e by 2030). Commission targets for the sector including residential, commercial, 
and industrial combustion emissions (RCI Sector) include a 20% reduction from 2005 numbers by 2030. 
House Bill 21-1266 (HB 21-1266), signed into law on July 2, 2021, memorializes these percentage 
reductions in statute, and provides additional requirements for the rulemakings to achieve these goals.  


In this rulemaking action, the Division is proposing requirements for upstream and midstream segment 
operations to reduce GHG emissions sufficient - when taken in combination with other regulatory and 
voluntary actions at operations across the state - to achieve the GHG reduction requirements of HB 21-
1266. In this action, the Division is not proposing additional regulations applicable to the transmission 
and storage segment or the distribution segment.  
 
The proposed revisions to Regulation Numbers 7 and 22 are state-only rules. The Division is proposing 
additional renumbering, typographical, grammatical, and formatting corrections throughout Regulation 
Numbers 7 and 22.  
  
The Division is requesting the Commission schedule a three-day public hearing for December 2021 to 
consider new requirements in Regulation Numbers 7 and 22. 
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WHAT IS IN THIS PACKAGE? 
Attachments to this Memorandum provide details on the proposal as follows: 
 


● Good Cause Letter 
● Agenda Item Control Sheet 
● Proposed Regulatory Language – Regulation Number 7  
● Proposed Regulatory Language – Regulation Number 22  
● Statement of Basis, Specific Statutory Authority and Purpose – Regulation Number 7 
● Statement of Basis, Specific Statutory Authority and Purpose – Regulation Number 22 
● Initial Economic Impact Analysis - Regulations Number 7 and 22 


 
EXPLANATION OF THE PROPOSED RULES 
 
The oil and gas industry is a large source of greenhouse gas emissions, and the largest anthropogenic 
source of methane in Colorado. Section 25-7-109(10)(a), C.R.S, directs the Commission to adopt rules 
to minimize emissions from natural gas exploration and production facilities and natural gas facilities in 
the processing, gathering and boosting, storage, and transmissions segments of the natural gas supply 
chain. This proposed program targets the 2025 and 2030 goals, resulting in a 36% and 60% reduction of 
O&G Sector emissions from a 2005 baseline, respectively. This proposed program also targets the 2030 
goal for oil and gas industry emissions from the RCI Sector, resulting in a 20% reduction in the 2015 
baseline emissions. Achieving the state’s 2050 goals will require more structural adjustments to how 
CDPHE and other agencies address the various emission source categories.  
 
In October 2020, the Commission refined the state’s goals for certain sectors, establishing reduction 
goals for the oil and gas industry, embedded into statute in HB 21-1266. The GHG Roadmap developed 
by the Colorado Energy Office and CDPHE identifies the largest contributors to state GHG emissions and 
quantifies the 2005 baseline from which these reduction percentages are to be estimated, as set forth 
in the graphic below.  
 


 
 
For the oil and gas industry, not all of its emissions are found in the “O&G Sector,” also referred to as 
the “Oil & Gas Fugitive Emissions” category of the GHG Roadmap. Methane emissions from upstream 
and midstream activities, along with estimates of methane “leakage” from pipelines in the 
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transmission & storage and distribution segments, are in the O&G Sector. In contrast, most of the 
emissions from fuel combustion at oil and gas sources in the upstream and midstream segments are 
actually found in the “RCI Sector” of the GHG Roadmap (specifically in the “industrial” category, which 
is the subject of new HB 21-1266). As between the O&G Sector and the RCI Sector, based on data 
estimated for 2005, approximately 87.8% of CO2e emissions from the oil and gas industry were in the 
O&G Sector; however, based upon 2015 estimates, 73.9% of CO2e emissions from the oil and gas 
industry are in the O&G Sector. These percentages do not account for the small portion of combustion 
emissions associated with inter- and intra-state pipelines found in the “Transportation Sector” of the 
GHG Roadmap and are not specifically addressed by HB 21-1266’s revision to § 25-7-105(1)(e), C.R.S. 
This rule package addresses the emissions associated with the oil and gas industry in both the O&G and 
RCI Sectors in the GHG Roadmap, but not the Transportation Sector. 
 
EPA considers the oil and gas industry to break down into four “segments” - upstream, midstream, 
transmission & storage, and distribution. Upstream is also called exploration and production, while 
midstream is also called gathering, boosting, and processing. For purposes of this analysis, the Division 
considers transmission & storage and distribution to be “downstream.” Most of the oil and gas 
stationary source rules in Colorado apply to facilities in the upstream and midstream segments, as they 
have the largest opportunity for emissions. The Division conducted an analysis of what portion of the 
2005 baseline - for the O&G Sector - and the 2015 baseline - for the RCI Sector - could be attributed to 
upstream, midstream, or downstream. The emissions and percentage contributions to the O&G Sector 
and RCI Sector are as set forth below: 
 


 


RCI Sector 
2015 Baseline 


Emissions 
(mtCO2e) 


RCI Sector 
% 


O&G Sector 
2005 Baseline 


Emissions 
(mtCO2e) 


O&G Sector 
% 


Total O&G and 
RCI Sector % 


Upstream 2,690,692 38.60% 15,184,909 75.30% 65.87% 


Midstream 4,279,308 61.40% 2,679,030 13.28% 25.64% 


Downstream   2,302,468 11.42% 8.48% 
 
The Division is not proposing regulations applicable to the downstream segment (the transmission and 
storage segment and the distribution segment). With regard to the transmission and storage segment, 
the Commission adopted a performance-based program for this segment in 2019 designed to materially 
reduce greenhouse gas emissions from transmission and storage operations; reporting of progress has 
not yet begun under that program and the Division believes it reasonable to evaluate the progress of 
that program before modifying it. The Division is not proposing regulations applicable to the 
distribution segment because legislation passed in the 2021 session invests the Colorado Public Utility 
Commission (PUC) with authority over this segment of the O&G industry. The emissions from 
distribution that are included in the GHG Roadmap for the oil and gas sector are “leaks” from 
distribution pipelines. Senate Bill (SB) 21-264 requires that gas distribution utilities will submit a 
comprehensive clean heat plan that demonstrates projected reductions in methane and carbon dioxide 
emissions that meet prescribed reduction targets. Each clean heat plan must outline the utility’s 
proposal to reduce carbon dioxide and methane emission levels by 4% in 2025 and 22% in 2030. Gas 
distribution utilities, depending on their size, must submit clean heat plans to the PUC by August 1, 
2023, and January 1, 2024. Thus, the Division believes that the transmission and storage performance 
program, together with the clean heat plans, are likely to achieve reductions of emissions necessary 
from these segments of the O&G Sector to achieve the goals of § 25-7-105(1)(e)(XII), C.R.S. 
 
The Division has proposed a number of requirements for sources in disproportionately impacted 
communities. HB 21-1266 defines disproportionately impacted community, but does not specifically 
identify those communities considered disproportionately impacted. CDPHE is developing a tool to 
track disproportionately impacted communities, but this tool will not be fully realized in 2021. For 
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purposes of the Division’s proposal, the Division is asking that the requirements for DI communities 
apply in those communities identified at the time of the December hearing. As of today’s date, the DI 
communities identified are as set forth on the map below: 
 


 
 
According to this map, the percentage of Colorado’s population that resides in a DI community is as 
follows: 


 Total Population Population  
in DI Communities 


% of Population  
in DI Communities 


Statewide 5,610,349 1,665,486 29.69% 
NAA 3,805,610 1,007,562 26.48% 
ROS 1,804,739 595,182 32.98% 
  
The Division expects a version of this map to be publicly available soon, and anticipates specifying in 
which communities the requirements of the Division’s proposal will apply. 


Air Pollution Control Equipment (Reg. 7, Part D, Sec. II.B, II.F): 
 
In addition to the GHG program discussed in more detail below, the Division is proposing additional 
requirements to ensure better performance of air pollution control equipment in both the upstream 
and midstream segments. The Division’s proposal would: expand inspection requirements; mandate the 
use of flow meters to ensure better monitoring and verification of emissions data; and require 
performance testing of enclosed combustion devices, prioritizing those devices in disproportionately 
impacted communities for earlier testing. This proposal is consistent with the directives of HB 21-1266 
which require the Commission to adopt direct emission control regulations and ensure reductions of co-
pollutants in disproportionately impacted communities. Regulation Number 7 has a number of 
maintenance and inspection requirements for air pollution control equipment to ensure that control 







 


August 31, 2021 Memorandum of Notice for Regulation Numbers 7 and 22 Page 5 of 11 
 


efficiency is accurate throughout the life of the use of that equipment. However, existing provisions do 
not uniformly apply to all air pollution control equipment, nor is there currently any performance 
testing required by regulation (though some performance testing is required by permit). The new 
requirements would ensure more even application of maintenance and inspection requirements, and 
would include a performance testing component on a periodic basis to ensure that emission reductions 
continue to be achieved by these combustion devices over the life of that device. The revisions to 
Section II.F ensure that devices controlling separation equipment are subject to this program. 
 
Enclosed combustion devices will be subject to ongoing, periodic performance test requirements. This 
rule creates a performance test approach that will allow the Division to manage testing required by the 
rule that is different than the current standard stack test oversight model. The Division is not proposing 
a specific test method that must be utilized, but is proposing that performance testing be conducted 
pursuant to a Division-approved protocol. The Division’s proposal includes more frequent testing for 
enclosed combustion devices that were not tested by the manufacturer in accordance with New Source 
Performance Standard (NSPS) OOOOa. The performance testing schedule has a focus on combustion 
devices in disproportionately impacted communities and in the 8-hour Ozone Control Area to ensure 
their efficacy in limiting and eliminating GHGs, hazardous air pollutants, and volatile organic 
compounds (VOCs).  
 
Midstream Segment (Reg. 7, Part D, Sec. II.B.3, II.C.2, II.C.3, II.E, II.H, II.I, Sec. III.C, III.D, III.F; Reg. 
22, Part B, Sec. III):  
 
The Division’s proposal addresses operations in the midstream segment of the oil and gas industry - 
made up of the natural gas gathering and boosting segment and natural gas processing segment - which 
includes natural gas compressor stations, natural gas processing plants, and associated equipment and 
pipeline systems. The Division’s proposal includes the following components: 
 


● Increased LDAR for compressor stations and gas plants; 
● Rod packing and pneumatic controller requirements for gas plants; 
● Capture/control requirements for pigging and blowdown operations; and 
● Long-term planning for midstream fuel combustion equipment. 


 
The Division is proposing new LDAR requirements. First, the Division is proposing to require quarterly – 
instead of semi-annual – inspections at compressor stations in disproportionately impacted 
communities. Second, the Division is proposing that all gas plants statewide have an LDAR program 
that, at a minimum, meets the standards of NSPS OOOO or OOOOa; currently, only gas plants in the 8-
hour Ozone Control Area must have an LDAR program that meets the requirements of NSPS OOOO or 
OOOOa (unless otherwise subject to those federal requirements). 
 
The Division is also proposing to expand requirements for pneumatic controllers at gas plants 
statewide. Currently, Regulation Number 7 requires that gas plants in the 8-hour Ozone Control Area 
have zero-emitting pneumatics; the Division’s proposal would expand this requirement statewide. The 
Division’s proposal also brings any remaining gas-driven pneumatic controllers at gas plants into the 
pneumatic controller find and fix program in Regulation Number 7, Part D, Section III.  
 
In Regulation Number 7, Part D, Section II.H, the Division is proposing capture and control requirements 
for pigging and blowdown operations. Based upon the limited set of data reported to the Division in 
June 2021 (for the second half of 2020), venting and blowdowns make up the largest set of methane 
emissions from the midstream segment (after combustion equipment, which is addressed in the fuel 
combustion equipment proposal below). The Division’s proposal includes a requirement to reduce 
emissions from pigging operations through gas recovery, and for operators to employ best management 
practices to reduce emissions from pigging operations statewide. The Division’s proposal sets an 
applicability threshold, above which the capture/control requirements would apply - where the 
midstream operator conducts more than one pigging operation per month (12 times per year). The 
Division does anticipate the potential for revisions to its proposed applicability threshold, as 
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appropriate. The Division’s proposal also would require that blowdowns from equipment at compressor 
stations and gas plants be reduced through capture or control. Operators must also employ best 
management practices to reduce blowdowns of midstream pipelines. The Division has also proposed 
meaningful recordkeeping provisions to ensure better tracking of these emissions and reduction 
measures. Reporting has been incorporated into the annual emission reports in Regulation Number 7, 
Part D, Section V. 
 
Midstream fuel combustion equipment – engines, heaters, boilers, turbines – together are the largest 
source of greenhouse gas emissions from midstream operations, according to data reported both to the 
EPA and to the Division. Unlike the emissions from activities discussed above, fuel combustion 
emissions are in the “RCI Sector” of the GHG Roadmap, and must meet the 20% reduction target (from 
the 2015 baseline) by 2030. In Regulation Number 22, Part B, Section III, the Division is proposing to 
establish a steering committee to develop guidance and a segment-wide emission reduction plan, 
which would be submitted as a regulatory proposal to the Commission for adoption in 2024.  
 
Upstream Segment (Reg. 7, Part D, Sec. II.E, II.G, Sec. VI.C; Reg. 22, Part B, Sec. IV):  
 
The Division is proposing to establish a GHG intensity program for upstream oil and gas operations and 
equipment in the RCI Sector and the O&G Sector. Intensity represents a ratio of how much greenhouse 
gas is emitted per unit of production (oil and gas produced). In order to ensure Colorado makes 
progress towards reduction of GHG on a mass basis, the Division is proposing to have stricter standards 
for larger operators, to have a strict “new facility” intensity target directed at newly constructed well 
production facilities, and to augment the intensity program with additional requirements consistent 
with the requirements of HB 21-1266. The Division refers to its proposal as “Intensity Plus.” The 
Division’s “Intensity Plus” proposal for upstream oil and gas operations has three primary components: 
 


● Increased LDAR for facilities in disproportionately impacted communities and for newly 
constructed facilities; 


● Emission reduction requirements for well maintenance operations, including well liquids 
unloading; and 


● Greenhouse gas intensity. 
 
In Regulation Number 7, Part D, Section II.E, the Division is proposing that well production facilities in 
disproportionately impacted communities should be inspected for leaks on the same schedule as well 
production facilities within 1,000 feet of an occupied area. The Division is also proposing that newly 
constructed well production facilities will have a monthly AIMM frequency. Currently, the inspection 
frequency for well production facilities is set based upon the facility’s VOC emissions (from storage 
tanks). Under this proposal, a newly constructed facility will always be inspected monthly, unless a 
different program is approved as alternative AIMM or other advanced technologies are employed. 
Section 25-7-109(10)(b)(I)(C), C.R.S., directs the Commission to consider a requirement that “oil and 
natural gas operators must install and operate continuous methane emissions monitors at facilities with 
large emissions potential, at multi-well facilities, and at facilities in close proximity to occupied 
dwellings.” The Commission adopted preproduction and early production monitoring requirements in 
2020. This proposal builds off that program by recognizing that operators may, instead of the new 
monthly AIMM inspections, continue their early production monitoring programs.  
 
The Division is also proposing requirements to address emissions from well maintenance activities 
covered by Regulation Number 7, Part D, Section II.G. The Division’s proposal expands on the current 
requirement to employ best management practices (BMPs) by identifying some of those required BMPs. 
The Division’s proposal would also require the use of plunger lift or other artificial lift, or air pollution 
control equipment to minimize emissions specifically from well unloading activities.  
 
In Regulation Number 22, Part B, Section IV, the Division is asking the Commission to set targets for 
greenhouse gas intensity that step-down over time to achieve the GHG reductions applicable to the 
O&G Sector and RCI Sector of the GHG Roadmap by 2030. There is currently no regulatory methane 
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intensity program in the United States. However, there are a number of voluntary programs, including 
ONE Future, the Natural Gas Sustainability Initiative, etc. Multiple Colorado operators are already 
participating in voluntary methane intensity programs.  
 
The GHG intensity targets in the Division’s proposal were developed based on achieving reductions in 
the O&G Sector of 36% by 2025 and 60% by 2030 from the final 2005 baseline established by the 
Division’s climate change unit, and reductions in the RCI Sector of 20% from the 2015 baseline. The 
O&G Sector numbers are based off of the 2005 baseline as set forth in the October 2020 Commission 
resolution of 20.17 million metric tons of greenhouse gas (in CO2e). The Division utilized the 
production forecasts from the GHG Roadmap development process to identify the GHG intensity 
necessary to achieve the reductions from upstream operations to satisfy § 25-7-105(1)(e)(XII) and (XIII), 
C.R.S. To ensure steady progress, the Division calculated an interim target for 2027, based upon 
achieving a 50% reduction from the O&G Sector by 2027 and a 10% reduction from the RCI Sector by 
2027.  
 
Under the Division’s proposal, upstream sources would be required to submit GHG Intensity Plans by 
2023 to set forth how the operators intend to meet the 2025 targets. The Division intends to use the 
new annual emission reports required by Regulation Number 7, Part D, Sections II.G and V to evaluate 
compliance with the intensity targets. However, the Division does not believe it has enough 
information about these annual emission reports to specify exactly how compliance will be 
demonstrated at this time. For example, the Division believes it will be necessary to adjust the 
reported emissions to account for the large hydrocarbon emission events detected in this fall’s aerial 
and ground survey work that may be missing or under-reported in the Reg. 7 reports. Therefore, the 
Division is proposing to return to the Commission in 2023 with a verification proposal. Because the first 
intensity target in Section IV.B does not apply until 2025, there is sufficient time to allow for a year to 
study the annual emission reports and account for the aerial and ground survey work, and bring a 
verification proposal back to the Commission before compliance with the new GHG intensity targets 
must be demonstrated. 
 
Inventory Revisions 
 
The Division is also proposing revisions to Regulation Number 7, Part D, Section V (the annual emissions 
reporting program) to ensure the verifiability and enforceability of the proposals described above. 
 
MATERIALS CONTAINED IN THE PROPOSED RULE 
 
The redline-strikeout versions of the proposed revisions to Regulation Numbers 7 and 22 are attached. 
 
PUBLIC MEETINGS/STAKEHOLDER PROCESS 
 
The Division commenced the stakeholder process for this rulemaking in November 2020. The Division 
held multiple public meetings and listening sessions on November 5, 2020, March 4, March 25, May 11, 
July 7, August 16 and 31, 2021. On March 17, the Division published an analysis of the strategies under 
consideration, and received feedback thereon. The Division also held numerous individual meetings 
with a variety of stakeholders throughout this process, including industry (small and large operators), 
local governments, environmental groups, community groups, residents and representatives of 
disproportionately impacted communities, and other air agencies. The Division gave presentations 
during the development of this rulemaking proposal to the Southern Ute Indian Tribe and the Mountain 
Ute Tribe in formal consultations. The Division discussed these rulemaking proposals in meetings held 
with Front Range and Western Slope communities. The Division began sharing draft rule language in 
July, and received significant feedback from stakeholders prior to submitting this proposal to the 
Commission.  
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The Division intends to hold additional public information meetings during the rulemaking process to 
provide information on the proposed revisions and new requirements as well as provide information 
about participation in the rulemaking process.  
 
In HB 21-1266, signed into law on July 2, 2021, the General Assembly, determined that “state action to 
correct environmental injustice is imperative, and state policy can and should improve public health 
and the environment and improve the overall well-being of all communities… [and] efforts to right past 
wrongs and move toward environmental justice must focus on disproportionately impacted 
communities and the voices of their residents.” Thus, the state must meaningfully engage 
disproportionately impacted communities as partners and stakeholders in government decision-making, 
especially when evaluating potential environmental and climate threats to these communities. In 
addition to the meetings described, the Division met with leaders and members of communities 
impacted by oil and gas development. The Division recognizes that much of the analysis and outreach 
leading up to this proposal occurred prior to HB 21-1266 taking effect, or immediately thereafter; and 
the Division commits to refining and improving outreach as it works to realize the directives of that bill 
in the coming months. 
 
The Division will also meet with Division staff as necessary to educate them on the impact and effect of 
these rule revisions. 
 
BACKGROUND ON THE DEVELOPMENT OF THE RULEMAKING PROPOSAL 
 
What is the problem? 
 
The oil and gas industry is a large source of GHG emissions, and the largest anthropogenic source of 
methane in Colorado. The proposed revisions will further reduce emissions from Colorado’s oil and gas 
sector, as directed by SB 19-181, SB 19-096, HB 19-1261 and HB 21-1266, through reducing emissions 
from the midstream and upstream segments, specifically well production facilities, compressor 
stations, natural gas processing plants, and pipeline systems (gathering/boosting) associated with 
compressor stations and gas processing plants.  
 
How does this proposed rule help solve the problem?  
 
The proposed rules seek to reduce greenhouse gas (and co-pollutant) emissions from the midstream 
segment of the O&G sector by requiring control of maintenance emissions, specifically from blowdown 
events and pigging events. It also seeks to reduce emissions through increased monitoring and LDAR. 
The Division’s proposal will also result in a rulemaking hearing in 2024 to adopt a regulatory program 
for midstream fuel combustion equipment.  
 
The proposed rules will also reduce greenhouse gas (and co-pollutant) emissions from the upstream 
segment of the oil and gas sector through the Intensity Plus program. The proposal will also improve 
the quality of data reported to the Division under 2019’s new annual emission reporting program. 
 
Colorado also struggles with ozone pollution, primarily in the front range area (the 8-hour Ozone 
Control Area). The Division’s proposal will meaningfully reduce VOC emissions, which are ozone 
precursors. The Division’s proposal will also significantly reduce ethane emissions. While ethane is not 
considered a “greenhouse gas” as defined by the EPA or Commission regulations, ethane does have a 
significant global warming potential. Further, though ethane is not considered a “VOC” as that term is 
defined by the Clean Air Act or Commission regulations, ethane will react to form ozone. Thus, 
reductions of VOC and other pollutants such as ethane will address ozone pollution.  
 
How was the rule developed? 
 
Stakeholder input from representatives from industry, consultants, local government agencies, 
environmental groups, and EPA representatives informed this proposal. 
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What is the fiscal and economic impact of the proposed rule? 
 
The fiscal and economic impacts of the proposed rule are further detailed in the Initial Economic 
Impact Analysis. 
 
How does the rule compare to federal requirements or adjacent state requirements? 
 
 Federal requirements: 
 


Federal law does not prescribe state greenhouse GHG reduction goals. EPA’s NSPS OOOOa (40 
CFR Part 60, Subpart OOOOa), requires oil and gas operators to reduce VOC and greenhouse gas 
(in the form of methane) emissions from well facilities, centrifugal compressors, reciprocating 
compressors, pneumatic controllers, pneumatic pumps, storage vessels, fugitive emissions, and 
natural gas processing plants. In June 2021, a joint Congressional resolution disapproved 2020 
final policy amendments to NSPS OOOO (40 CFR Part 60, Subpart OOOO) and NSPS OOOOa that 
rescinded all NSPS (regulating emissions of VOCs and methane) from sources in the natural gas 
transmission and storage segment of the O&G industry and NSPS regulating methane from 
sources in the industry’s production and processing segments. Therefore, these provisions 
remain in effect. EPA’s NSPS Kb, NSPS KKK, NESHAP HH, and NESHAP HHH, may also apply to 
O&G equipment and operations, but do not specifically require the reduction of GHGs. The 
Commission’s Regulation Number 7 already includes provisions for pneumatic controllers, 
compressors, pneumatic pumps (in the 8-hour Ozone Control Area), natural gas processing 
plants (in the 8-hour Ozone Control Area), storage tanks, and LDAR. However, the proposed 
revisions expand upon some of those requirements and include additional requirements to 
achieve further reductions in VOCs and GHGs.  


 
 Other State (Arizona, New Mexico, Utah) requirements: 
 


Arizona has adopted NSPS Kb, NSPS KKK, NSPS OOOO, NSPS OOOOa, NESHAP HH, and NESHAP 
HHH as of August 10, 2018. The duties of the Arizona Oil and Gas Conservation Commission 
(e.g., well drilling and well completions) were transferred to the Arizona Department of 
Environmental Quality in 2016. The US Bureau of Land Management regulates Arizona’s oil and 
gas production located on Navajo Nation territory. 
 
Utah has adopted NSPS Kb, NSPS KKK, NSPS OOOO, NSPS OOOOa, NESHAP HH, and NESHAP HHH 
as of May 6, 2021. Utah’s Department of Environmental Quality regulates natural gas 
exploration and production operations, well production facilities, natural gas compressor 
stations, and natural gas processing plants. Specifically, Utah’s Department of Environmental 
Quality requires existing pneumatic controllers to meet standards established for new 
equipment in NSPS OOOO, the use of auto-igniters on flares, bottom or submerged filling for 
the transfer of intermediate hydrocarbon liquid or produced water at well sites after January 
1, 2015, and bottom or submerged filling and vapor capture lines for the transfer of 
intermediate hydrocarbon liquid or produced water from storage vessels that are required to 
control emissions under R307-506 (NSPS OOOOa defined storage vessels and centralized tank 
batteries) after January 1, 2018. Utah also requires some oil and gas sources to submit a 
triennial emissions inventory. Utah’s Division of Natural Resources Oil and Gas Program 
regulates well drilling and well completions. Utah’s Department of Environmental Quality 
requires self-igniters on flares. 
 
New Mexico has adopted NSPS Kb, NSPS KKK, NSPS OOOO, NSPS OOOOa, NESHAP HH, and 
NESHAP HHH as of January 15, 2017. The New Mexico Oil Conservation Division regulates well 
drilling and production. New Mexico also recently adopted a program similar to an intensity 
program – requiring 98% capture of emissions from oil and gas operations (i.e., allowing a 2% 
“emission rate”), though New Mexico’s requirements include several exceptions for activities 
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that the Division believes should not be exempt from reduction requirements. New Mexico is 
currently considering proposed regulations targeting emissions of ozone precursor pollutants 
from the oil and natural gas sector, including certain provisions similar to the Division’s 
proposal in this action (e.g., the Division’s proposals for well unloading and 
pigging/blowdowns). 


 
How will the rule be implemented? 
 
The amended rules will be published on the Commission’s website and emailed to subscribers to the 
Division’s email lists. Division staff will be informed of the revisions to ensure the changes will be 
reflected in applicable permitting and regulatory actions. The Division staff developing these proposals 
have been consulting with other Division units and programs to ensure efficient implementation of 
these new requirements. 
 
Are there time constraints? 
 
Yes, there are time constraints. In the 2019 legislative session, Colorado passed HB 19-1261, the 
Climate Action Plan to Reduce Pollution (Climate Action Plan), which includes targets of reducing 
statewide GHG pollution 26% by 2025, 50% by 2030, and 90% by 2050 from 2005 levels. These targets 
are now statutory requirements that must be met. In HB 21-1266, the Legislature required that the 
Commission have in place – by January 1, 2022 – regulations to achieve the requirements of 25-7-
105(1)(e)(XII), C.R.S., for certain operations in the oil and gas sector. This proposal contains key pieces 
identified in the Colorado GHG Roadmap to achieve these targets. HB21-1266 also mandates reductions 
from the 2015 baseline for industrial emissions, which includes certain oil and gas sector emissions. 
These reductions must be achieved by 2030.  
 
There are also time constraints on the regulated community of the proposed revisions as subject 
sources will have to implement controls, conduct inspections, and compile records. 
 
What if the Air Quality Control Commission does not adopt the proposed rule? 
 
If the Commission declines to adopt the proposal, the potential emission reductions achievable under 
the proposed requirements are unlikely to occur. The legislature has acknowledged that climate 
change impacts Colorado’s economy and directed that GHG emissions should be reduced across the 
many sectors of our economy. Colorado has established specific GHG reduction goals. If Colorado does 
not adopt the proposed rule, other strategies would need to be identified to meet the statutory 
directives set forth in Sections 25-7-102(2)(g) and -105(e)(1), C.R.S., established by HB 19-1261 and HB 
21-1266. 
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Range of Regulatory Alternatives 
 
The Commission could choose to adopt the proposal in full, adopt only certain elements of the 
proposal, adopt different elements, or not adopt the proposal at all. 
 
The Division considered a number of different regulatory approaches. As was described in the Division’s 
March 25, 2021 stakeholder meeting, the Division considered direct regulation approaches, an intensity 
program, and two different types of emission reduction programs. 
https://drive.google.com/drive/folders/1yvgVG06N57kyCO1GpTgEgsNb6oMJA5Z_ 
 
The Division ultimately determined to adopt a hybrid approach to greenhouse gas emission reductions, 
as calculated to best achieve the state’s GHG reduction goals in § 25-7-105(1)(e)(XII) and (XIII), C.R.S. 
The Division incorporated direct regulations (LDAR, well unloading, pigging/blowdowns, ECD 
performance testing) and a performance based program (GHG intensity), to provide operators the 
maximum amount of flexibility in achieving the required reductions, while ensuring the state is on 
track to meet its GHG targets.      
 
Contact for more information: 
 
Please contact Stefanie Rucker, Supervisor of the Office of Innovation and Planning with the Air 
Pollution Control Division at 303-692-3188 or at stefanie.rucker@state.co.us with any questions. 
 
Sign up for notifications through the Division’s email lists at 
https://www.colorado.gov/pacific/cdphe/air-mailing-lists. 
 
 
 
 
 
 



https://drive.google.com/drive/folders/1yvgVG06N57kyCO1GpTgEgsNb6oMJA5Z_

mailto:stefanie.rucker@state.co.us
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Initial Economic Impact Analysis 
Per § 25-7-110.5(4)(c), C.R.S. 


Proposed AQCC Regulation Number 7, Part D, Sections II and III 
Proposed AQCC Regulation Number 22, Part B, Sections III and IV 


August 31, 2021 
Before the Air Quality Control Commission 
Request for Hearing, September 17, 2021 


 


INTRODUCTION 


The Division is proposing revisions to Regulation Numbers 7 and 22 that continue to address the 
directives in § 25-7-109, C.R.S. as revised by Senate Bill (SB) 19-181 (Concerning Additional Public 
Welfare Protections Regarding the Conduct of Oil and Gas Operations). These revisions will also address 
the requirements established in SB 19-096 (Concerning the collection of greenhouse gas (GHG) 
emissions data), House Bill (HB) 19-1261 (Concerning the reduction of GHG pollution), and recent HB 
21-1266 (Environmental Justice, Disproportionately Impacted Communities). 


The oil and gas (O&G) industry is a large source of GHG emissions, and the largest anthropogenic source 
of methane in Colorado. The GHG Roadmap identifies these sectors and their associated emissions to 
aid the state in establishing regulatory provisions to achieve the statutory GHG emissions reductions 
goals. In October 2020, the Commission further refined the state’s goals for certain sectors, 
establishing a goal for the O&G Sector of the GHG Roadmap of 36% reduction by 2025 and 60% 
reduction by 2030. The Commission established a target for the O&G Sector of 13 million metric tons 
(MMT) CO2e by 2025 and 8 MMT CO2e by 2030. Commission targets for the sector including residential, 
commercial, and industrial combustion emissions (RCI Sector) include a 20% reduction from 2005 
numbers by 2030. HB 21-1266 memorializes these goals in statute, and provides additional 
requirements for the rulemakings to achieve these goals.  


To address these directives, the Division is proposing revisions to Regulation Numbers 7 and 22 that: 
limit emissions from the upstream and midstream segments of the oil and gas industry as identified in 
the state GHG Pollution Reduction Roadmap (the GHG Roadmap) through a combination of direct 
regulations and performance based programs; require increased monitoring and leak detection and 
repair (LDAR) inspections; achieve reductions of GHG and co-pollutants in disproportionately impacted 
communities; and impose additional best management practices and performance testing schedules to 
ensure the efficacy of air pollution control equipment, specifically enclosed combustion devices 
(ECDs).  These revisions to Regulation Numbers 7 and 22 are proposed on a state-wide and state-only 
basis. 
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REQUIREMENTS FOR ECONOMIC IMPACT ANALYSIS (EIA) 
 
Section 25-7-110.5(4)(a), C.R.S. sets forth the requirements for the initial and final EIA, as stated 
below: 
 


Before any permanent rule is proposed pursuant to this section, an initial 
economic impact analysis shall be conducted in compliance with this 
subsection (4) of the proposed rule or alternative proposed rules. Such 
economic impact analysis shall be in writing, developed by the 
proponent, or the Division in cooperation with the proponent and made 
available to the public at the time any request for hearing on a proposed 
rule is heard by the Commission. A final economic impact analysis shall 
be in writing and delivered to the technical secretary and to all parties 
of record five working days prior to the prehearing conference. If no 
prehearing conference is scheduled, the economic impact analysis shall 
be submitted at least ten working days before the date of the rule- 
making hearing. The proponent of an alternative proposal will provide, 
in conjunction with the Division, a final economic impact analysis five 
working days prior to the prehearing conference. The economic impact 
analyses shall be based upon reasonably available data. Except where 
data is not reasonably available, or as otherwise provided in this section, 
the failure to provide an economic impact analysis of any noticed 
proposed rule or any alternative proposed rule will preclude such 
proposed rule or alternative proposed rule from being considered by the 
Commission. Nothing in this section shall be construed to restrict the 
Commission's authority to consider alternative proposals and alternative 
economic impact analyses that have not been submitted prior to the 
prehearing conference for good cause and so long as parties have 
adequate time to review them. 


 
Section 25-7-110.5(4)(c), C.R.S. further provides that: 
 


The proponent and the Division shall select one or more of the following 
economic impact analyses. The Commission may ask affected industry to 
submit information with regard to the cost of compliance with the 
proposed rule, and, if it is not provided, it shall not be considered 
reasonably available. The economic impact analysis required by this 
subsection (4) shall be based upon reasonably available data… 
 


For the purposes of this Initial Economic Analysis the Division has chosen to use the methodology set 
forth in § 25-7-110.5(4)(c)(I), C.R.S. 
 
 Additionally: Section 25-7-110.5(4)(f), C.R.S. states:  
 


For a rule that implements section 25-7-105 (1)(e) that may materially 
affect greenhouse gas emissions, the economic impact analysis required 
by this subsection (4) must include an analysis of the social cost of 
greenhouse gases related to the estimated emission reductions from the 
proposed rule. The analysis must use the most recent assessment of the 
social cost for those greenhouse gases for which the federal government 
has determined the cost, and the consideration of the social cost of 
greenhouse gases must be consistent with existing law and include use 
of a discount rate of no more than two and one-half percent; except that 
the social cost of greenhouse gases that is used may not be lower than 
that established in 2016, using a two and one-half percent discount rate, 
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by the federal interagency working group on the social cost of carbon or 
than the final social cost of greenhouse gases, using a two and one-half 
percent or lower effective discount rate, established by the federal 
interagency working group on the social cost of greenhouse gases 
pursuant to federal executive order 13990, dated January 20, 2021, 
whichever is higher. 
 


For the purposes of the Initial Economic Analysis, the Division conducts an analysis of the social cost of 
carbon using a two and one-half percent (2.5%) discount rate. 
 


INDUSTRY‐WIDE BENEFITS 
 
Many of the proposed revisions are designed to require or incentivize best management practices at oil 
and gas operations. This benefits Colorado-based energy companies in the current marketplace, in 
which end users increasingly demand sustainable energy. A recent study of industry-wide efforts in this 
transitional space has identified twenty non-regulatory initiatives related to emissions reductions 
applicable to the oil and gas industry, in four different categories: certification programs, company-
specific commitments, guidelines, and ratings based on “environmental, social, governance” (ESG) 
factors.1  
 
Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to 
reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more 
than 15% of the natural gas value chain, and numerous Colorado operators are members. Another 
example is the effort led by MiQ, developed by the Rocky Mountain Institute and SystemIQ Ltd., which 
proposes a “globally-applicable certification system [that] enables all oil and gas producers to be 
assessed according to the same universal standard.”2 These standards provide a metric by which 
“responsibly-sourced gas” can be a driving market factor, and - when combined with the value of the 
gas recovered through use of these practices and controls - can off-set increases in the cost associated 
with the production of that gas. These economic benefits are challenging to measure in the context of 
a particular regulatory proposal. However, looking at the MiQ standard, which relies on three pillars 
(methane intensity, company culture, and monitoring programs3), Colorado’s regulatory program 
ensures that Colorado operators should easily qualify for the most rigorous MiQ certification. Leaving 
Colorado operators primed to reap the maximum economic benefit from the new consumer demand for 
sustainable energy sources.  
 
These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of 
natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on 
August 10, the U.S. Energy Information Administration raised its forecast for third-quarter 2021 natural 
gas prices to $3.71/MMBtu (or $3.80/MCF).4 The Division has attempted to account for the economic 
benefits of additional gas recovery from some of the proposed revisions, but generally notes that 
collectively, as a whole, there is a significant economic benefit to industry - and royalty owners - from 
innovative regulatory programs designed to minimize the loss of natural gas during the production 
process. 
 
 
                                                 
1 See Highwood Emissions Management, An Overview of Voluntary Emissions Reduction Initiatives for 
Responsibly Sourced Oil and Gas, May 2021. https://highwoodemissions.com/the-highwood-
bulletin/2021-voluntary-initiatives-report/ 
2 Why certification?, MIQ 
3 The Standard, MIQ 
4 Short-Term Energy Outlook - US Energy Information Administration; Natural Gas Price Forecast: 2021, 
2022 and Long Term to 2050 - knoema.com 
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COST‐EFFECTIVENESS ANALYSIS 
 
The Division’s assessment of the costs associated with each of the proposed revisions is set forth below. 
A cost-effectiveness methodology is employed that identifies cumulative costs for the affected 
industry, costs for the Division, the estimated air pollution reduction, the projected cost per unit of air 
pollution reduced, and the resulting social benefit per unit of air pollution reduced. The primary driver 
of the Division’s proposal is the direction and need to reduce greenhouse gas emissions from the oil and 
gas industry. However, where the Division had information, the Division also attempted to quantify 
reductions in co-pollutants, such as volatile organic compounds (VOC) that would be realized by these 
proposals.  
 
The Division additionally assessed whether any of the proposed programs would impose any direct costs 
on the general public, and determined that based on available data, there will be no direct costs to the 
general public for any of the programs.  
 
Pursuant to §25-7-110.5(4)(c), C.R.S., the Division, as staff to the Commission, requests additional 
information on the costs and other regulatory impacts described in this initial EIA on these and any 
other potentially impacted supporting businesses or industrial sectors. 
 


I.  Better Performance of Air Pollution Control Equipment 
 


The Division is proposing regulations to optimize and verify performance of air pollution control 
equipment. This proposal includes: 
 


● Increased monitoring requirements for some air pollution control equipment; 
● Use of flow meters; 
● Performance testing of enclosed combustion devices. 


 
Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require 
reductions in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, 
including enclosed combustion devices (“ECDs” or “combustion devices”). The Division is proposing the 
addition of new inspection, maintenance, and performance monitoring requirements of air pollution 
control equipment in order to ensure that air pollution control equipment is meeting performance 
efficiency standards.  
 
Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s 
December 2019 Reg. 7 rulemaking, the Division identified 4,573 storage tank batteries statewide that 
are subject to the control requirements of Section II.C (i.e. have emissions greater than 2 tpy VOC). 
The Division undertook an analysis to determine the average number of combustion devices per tank 
battery. The Division conducted inspections of 3,312 unique storage tank batteries and identified 5,943 
enclosed combustion devices, for an average of 1.79 ECDs per tank battery. For purposes of this 
analysis, the Division assumed an average of 2 ECDs per storage tank battery, for a total of 9,146 
storage tank ECDs as part of this program. 
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These requirements would also apply to midstream operations. The Division has identified 2055 
compressor stations. Of the 205 compressor stations, 59 are in the 9-County area6 and 146 are outside 
the 9-County area. Information provided by operators suggests an average of 1 ECD at a compressor 
station outside the 8-hour Ozone Control Area and 2 ECDs at a compressor station inside the 8-hour 
Ozone Control Area. Therefore, the Division determined that there are an additional 264 ECDs to be 
tested at compressor stations as part of this program.  
 
Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63 
natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the 
Division’s data shows that 32 are in the 9-County area, while 31 are outside.  Information received 
from operators suggests that a gas plant in the 9-County area has between 1-3 ECDs, while a gas plant 
outside the 9-County area has between 0 and 1 ECD. For purposes of this analysis, the Division assumes 
gas plants in the 9-County area have 2 ECDs (32 x 2 = 64 ECDs) and gas plants outside the 9-County area  
have 1 ECD (31 ECDs). Therefore, the Division determined that there are an additional 95 ECDs to be 
tested at gas plants as part of this program. The Division determined there are a total of 9,505 ECDs 
subject to this proposal.7 
 
The Division, as staff to the Commission, requests additional information from stakeholders on the 
costs associated with this component of its proposal. 


 
I.A.  Monitoring: Reg. 7, Part D, Sec. II.B.2.f 
 


In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment 
at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual 
inspections of air pollution control equipment. Because the required inspections are visual, no 
additional monitoring equipment will be required in order to fulfill the inspection requirements. Most, 
if not all, air pollution control equipment is already subject to weekly inspection requirements under 
Reg. 7, Part D, Section II.C. However, some air pollution control equipment controlling other 
equipment is not currently subject to all these requirements (though a number of ECDs have permit 
conditions setting forth a similar level of inspection). The Division is proposing to subject controls on 
separation equipment to these requirements in revisions to Section II.F, though no new costs are 
expected from that revision because new Colorado Oil and Gas Conservation Commission (COGCC) rules 
mandate capture of gas coming off separation equipment, and only permit use of control equipment 
where granted a variance from the COGCC.  
 
Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly 
subject to these inspection requirements. The Division has reached out to the industry to understand 
how many such devices would be subject to the rules, and of those, how many are not currently 


                                                 
5 The Division does not currently have the ability to identify compressor stations in the state in the 
same way as it can identify gas plants or well production facilities. To create a list of compressor 
stations, the Division started with facilities classified as compressor stations in COGIS and the Division’s 
SIP inventories. The Division merged these lists, removed duplicates, and, where possible, screened 
permit records to remove those that were misclassified. Based upon information collected during the 
Statewide Hydrocarbon Emission Reduction (SHER) process and information from the industry, the 
Division estimates that approximately one-third of the compressor stations operate in the transmission 
and storage segment (as opposed to the midstream segment), leaving 207 midstream compressor 
stations statewide.  The Division also reviewed the number of unique compressor stations reported 
pursuant to leak detection and repair (LDAR) reports required by Regulation Number 7 for calendar 
year 2020, and determined that there are 205 unique compressor stations on non-tribal lands.  
6 The 9-County area includes the 8-hour Ozone Control Area, and all of Larimer and Weld counties. 
7 These numbers do not include ECDs controlling separation equipment or upstream dehydration units. 
However, the new COGCC regulations should result in a complete phase-out of separator control 
devices. The Division does not have reasonably available data on the number of ECDs controlling 
upstream dehydration units. 
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inspected at this frequency, but has not yet received a response. Based on the Reg. 7, Part D, Section 
V annual reports, there are one hundred and forty five (145) dehydration units, sixty-three (63) at 
upstream operations and eighty-two (82) at midstream operations. Under Section I.H.5, though, air 
pollution control equipment controlling dehydration units is already subject to weekly inspection 
requirements, covering the majority of reported dehydration units.  
 
Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to 
be absorbed into current operation and maintenance practices and carried out by existing personnel. 
No additional significant equipment or labor costs are expected to be imposed on operators to comply 
with the proposed inspection and monitoring requirements. 


 
I.B.  Flow Meters: Reg. 7, Part D, Sec. II.B.2.g 
 


The Division proposes that operators install and operate flow meters on most air pollution control 
equipment used to comply with Section II control requirements. The Division assumes that most of the 
state’s combustion devices will require the installation of a flow meter, though flow meters are already 
required for combustion devices controlling separation equipment in most permits. The Division’s 
proposal does not prescribe any specific brands or types of flow meters that can be used. Based on the 
analysis of the equipment costs for 22 different flow meters currently on market, the Division uses the 
average cost of $2,439 as the estimate per flow meter in this economic analysis. The useful life of a 
flow meter varies significantly based on the type and usage of the device, and can range from as few as 
5 years to as many as 25. The Division uses the estimated useful life of an ECD, 15 years, as a 
reasonable assessment of useful life for flow meters. The Division has no information on installation 
costs or annual maintenance or calibration costs for flow meters, and has requested that such 
information be provided by operators. The annualized cost of a flow meter would therefore be 
$389.68. It is estimated that based on the estimated count of affected combustion devices, 9,505, 
total annualized costs to the industry for flow meters will be approximately $3,703,908.40. For 
operators with flares subject to performance testing requirements, the cost of flow meters is included 
in that analysis.  
 
The Division has heard from industry a suggestion that there are other associated costs with the use of 
flow meters, such as a potential need for site reconfiguration, and therefore - as staff to the 
Commission - requests that industry provide information about these costs and the necessity therefore.  


 
I.C.  Performance Testing of Enclosed Combustion Devices: Reg. 7, Part D, Sec. II.B.2.h 
 


The Division’s proposal will require performance testing of most ECDs used to comply with Regulation 
Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI 
communities, second in the 8-hour Ozone Control Area (or northern Weld) and last, the remaining 
devices. 
 
The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are 
located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus 
Northern Weld) (and not in a DI community), and 21.56% or 2,049 are located outside of the 8-hour 
Ozone Control Area (plus Northern Weld) (and not in a DI community).8 Table 2 includes the projected 
number of flares that will be required to be tested in each compliance deadline year for each location 
for the first 5 years of the program, as provided for in section II.B.2.h of the proposed rule. For ECDs in 
DI communities and inside the 8-hour Ozone Control Area, plus Northern Weld, the final year includes 
devices that will be undergoing a subsequent periodic test.  


                                                 
8 The Division does not yet have complete data pertaining to each well production facility’s location as 
it relates to the identification of a DI Community. However, based upon the Department’s 
“enviroscreen” tool, which maps DI communities, the Division was able to determine that these 
percentages relate to the percent of population residing within a DI community, whether within or 
without the nonattainment area. The Division applied those percentages to the number of facilities. 
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Table 1: ECD Testing Schedule 


Location of 
Combustion Devices 


Compliance Deadlines (on or before December 31) 


2022 2023 2024 2025 2026 20279 


Number of ECDs that must be tested by each year end 


Inside DI Community 679 679 679 679 - 679 


Inside NAA  
(Not in DI Community) 


948 948 948 948 948 948 


Outside NAA  
(Not in DI Community) 205 205 307 307 512 512 


 
The Division assumes that all performance testing of combustion devices will be conducted by third-
party testing companies. The Division collected information from flare performance testing companies, 
testing personnel, operators, and historical Division data to estimate the costs associated with 
conducting a destruction efficiency test for a combustion device through a third-party testing 
company. Table 2, below, includes a breakdown of the costs associated with the completion of a 
performance test for one combustion device; the Division assumes that a performance test for one 
combustion device can be completed in one day (eight work hours). The figure for labor includes three 
testing personnel, at an estimated average labor rate of $96 per hour, for eight hours each. Test 
protocol preparation and test report preparation are each estimated to take one day to complete. As 
the test methodology and testing equipment used vary between combustors, the Division uses the 
average hourly equipment rental and preparation costs from a set of potential rates10 as the estimate 
for equipment costs. It is assumed that four units of testing equipment will be used for each test. 
Possible testing equipment used includes, but is not limited to, ionization detectors, O2/CO2 monitors, 
gas chromatographs, and sampling bags. Consistent with the 2014 and 2019 Regulation 7 rulemakings, 
the Division estimated travel cost as 15% of the labor cost. As set forth in Table 2, the total cost of a 
performance test for one ECD is estimated to be $6,326.60. For the purposes of this Initial EIA, the 
Division assumes that one ECD will be tested per trip. In some cases, testing companies may be able to 
test multiple ECDs at a site during one trip. In such an instance, the travel time cost would only be 
applied once, while costs associated with labor, test administration, and equipment could potentially 
increase. In order to standardize the costs associated with testing one ECD, the Division bases cost 
estimates on the assumption that one ECD is tested per trip and that testing takes one day. 
 
The proposed rule requires that 100% of the total existing ECDs (i.e. those operating as of December 
2021) be tested by 2027. The Division calculated that an average of 1,855 ECDs would be required to be 
tested each year, for the first 5 years. As noted below, in Table 2, the cost per year of testing 1,855 
ECDs is estimated at $11,736,757.83. 
 


  


                                                 
9 The estimate of ECDs tested in 2027 also includes those ECDs that were tested in 2022 and are 
required to complete testing again after 5 years, per the rule proposal, assuming all ECDs tested in 
2022 have to be tested again in 2027 (a conservative assumption). 
10 Equipment rental and preparation rates were provided by companies that offer ECD testing services.  
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Table 2: ECD Performance Improvement Costs 


ECD Performance Testing 


Parameter Units Cost Per Unit 
Units Required Per 


Test 
Cost Per Test 


Labor hours $96.00 24 $2,304.00 


Test Protocol days $700.00 1 $700.00 


Test Report days $695.00 1 $695.00 


Equipment Rental components/day $352.50 4 $1,410.00 


Equipment Prep components $290.00 4 $1,160.00 


Travel hours $14.40 4 $57.60 


TOTAL ECD Performance Testing Costs  


 Cost per test 
Average 
Tests per 


Year 


 
Total Annual Cost 


Total Performance Test $6,326.60 1,855 $11,736,757.83 


     
The Division does not have performance test results for every ECD in the field, from which it can 
calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits 
of its proposal, the Division undertook an analysis of failing performance test results collected by the 
Division to quantify both the percentage of failing tests as compared to devices tested and the scale of 
a failing test - i.e. when a device fails the test, what is the average of the delta between the test 
result and the applicable control efficiency requirement. The Division estimates that 9.61% of ECD 
performance tests fail to demonstrate compliance with the applicable control efficiency requirement. 
The Division’s analysis suggests that an average scale of failure is 11.36% (i.e. based upon an average of 
failing performance tests, the test results are 11.36% lower than the applicable control efficiency 
requirement). The Division calculated a performance improvement of 1.09% from its proposal 
(representing the difference between 93.91% control and 95%).  
 
To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported 
for all controlled tank batteries over 2 tpy VOC (from the Division’s database).11 The Division estimated 
that its proposal would result in a VOC benefit of 539.59 tpy. Using an assumed methane to VOC ratio 
of 1.01:1 for storage tanks, the Division estimated a greenhouse gas benefit of 13,843.18 mtCO2e/yr.  
 


I.D.  Reporting 
 


The cost of preparing a performance test report is included in the cost information above. The Division 
is proposing that operators would submit information about the performance tests conducted each year 
with the existing annual reports required under Section V, which is an absorbable cost. Additional 


                                                 
11 When the Division looked at emissions reported in the annual emissions reports, the Division also 
calculated uncontrolled emissions reported from separators and dehydrators for July - December 2020. 
The Division doubled those emissions to account for a full year, and all emissions from separators and 
dehydrators reported were assumed to reflect 95% control. Based on these inventories, this rule may 
also reduce emissions from 2,230 separators and 145 dehydrators for an additional 253.48 tpy VOC and 
20,390.38 mtCO2e/year. 
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reports would be submitted if an operator fails a performance test; however, the cost of these 
additional reports is presumed to be negligible and absorbable.  
 


I.E.   Enclosed Combustion Device Performance Cost Effectiveness 
 
Based on an annual cost of its performance test requirements as $11,736,757.83, and an annualized 
cost of flow meters of $3,703,908 per year, the Division estimates a total annual cost of 
$15,440,666.23. Based on this analysis, the Division has determined that this proposal will result in a 
cost effectiveness of $28,615.78 per ton VOC and $1,115.40 per mtCO2e. 


 


Table 3: ECD Performance Improvement Cost Effectiveness 


Annual and Total ECD Performance Improvement Costs 


 
Cost per test or 


meter Annualized Cost Total Annual Cost 


Total Performance Test $6,326.60  $11,736,757.83 


Flow meter $2,439.00 $389.68 $3,703,908.40 


Total   $15,440,666.23 


ECD Performance Improvement Cost Per Ton 


 VOC (tpy) Methane (tpy) Methane (mtCO2e/yr) 


Emission Reductions 539.59 544.98 13,843.18 


Cost per ton Emission Reduction $28,615.78  $1,115.40 


 
The Division, as staff to the Commission, requests additional information from stakeholders on the 
costs associated with this component of its proposal. 


 


II.  Midstream Program(s) 
 


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions 
(and co-pollutants) from the midstream segment of the oil and gas industry. The proposals include the 
following additional requirements for oil and gas operators in the midstream segment: 


 
● Increased leak detection and repair (LDAR) inspections for compressor stations outside of the 8-


hour Ozone Control Area; 
● Increased leak detection and repair inspections and valve requirements for gas plants outside 


of the 8-hour Ozone Control Area; 
● Capture and control strategies for certain midstream operations, including pigging and 


blowdowns; 
● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour 


Ozone Control Area;  
● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone 


Control Area; and 
● Long-term planning for greenhouse gas reductions from midstream engines and other 


combustion equipment. 
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II.A.  Leak Detection and Repair: Reg. 7, Part D, Sec. II.E12 
 


According to the Division’s 2020 state-wide LDAR annual reporting, 537,233 inspections were 
completed at well production facilities (comprised of 510,946 AVO inspections and 26,287 AIMM 
inspections) and 701 inspections were completed at natural gas compressor stations (all AIMM 
inspections). From these inspections, 20,966 leaks were discovered at well production facilities (1,822 
from AVO and 15,556 from AIMM) and 1,273 leaks were discovered at natural gas compressor stations 
(all from AIMM). In an analysis of LDAR reporting, it is estimated that across the industry, 
approximately 86% of LDAR inspections are completed “in-house” by the operator, and 14% are 
completed by an outside contractor. The costs between completing LDAR in-house and completing 
LDAR through a contractor differ, as discussed in more detail below.  
 
The Division uses the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019 
rulemaking EIAs supporting LDAR requirements.13 For in-house inspections, it is assumed that operators 
use existing personnel to conduct LDAR inspections, but must purchase the leak detection equipment. 
The majority of leak detection is conducted using either EPA Method 21 or by using an infrared (IR) 
camera (by itself or as a screening tool before Method 21). The Division assumes that it takes 50% less 
time to conduct leak detection using an IR camera, than using solely Method 21. LDAR inspections using 
Method 21 take approximately 21.2 hours to complete, while LDAR inspections utilizing an IR camera 
take  10.6 hours (per facility). It is estimated that 90% of inspections (in-house and contracted) are 
completed using an IR camera, while 10% are completed using only Method 21.  
 
The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and 
other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor 
Statistics CPI Inflation Calculator. The Division found the current capital cost of an IR camera to be 
between $100,430 - $163,366.14 For the purposes of this analysis, the Division uses the median cost, of 
$131,898, as the capital cost of one IR camera. Further, IR cameras have an annual maintenance and 
repair cost of $8,38715. All equipment, including IR cameras, are assumed to have a lifespan of 5 
years16. Table 4 provides an estimate of the capital and recurring costs required for LDAR inspections.   
  


                                                 
12 The cost analysis of this section is also relevant to the upstream LDAR costs evaluated later in this 
Initial EIA. 
13 See the Colorado Department of Public Health and Environment Air Pollution Control Division Final 
Economic Impact Analyses for proposed revisions to Colorado Air Quality Control Commission Regulation 
Number 7 (5 CCR 1001-9), dated January 30, 2014, September 14, 2017, and December 17-19, 2019. 
14 IR camera capital cost is based on historical Division data as well as current market rates for 
commercial IR cameras. 
15 Cost is inflated to 2021 dollars from the 2014 value of $7,500/year, using the U.S. Bureau of Labor 
Statistics CPI Inflation Calculator.  
16 Capital costs are annualized over a five-year period and adjusted for inflation.  
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Table 4: LDAR Annualized Costs 


Parameter Capital Costs Annual Costs 
Annualized Total 


Cost 


FLIR Camera: $131,898   


FLIR Camera Maint/Repair:  $ 8,387  


Photo Ionization Detector $5,591   


Vehicle $24,602   


Inspection Staff:  $ 75,000  


Supervision (@20%):  $ 15,000  


Overhead (@10%):  $ 7,500  


Travel(@15%):  $ 11,250  


Recordkeeping (@10%):  $ 7,500  


Reporting (@10%):  $ 7,500  


Fringe (@30%):  $ 22,500  


Subtotal Costs: $162,091 $154,637  


Annualized Costs: $43,382.9 $154,637 $198,020 


   
The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR 
inspection. The total annualized cost identified in Table 4 of $198,020 is divided by an assumed 1,880 
annual working hours17 to produce a value for an inspection rate for in-house inspections of $105/hour. 
Operators also have the option of hiring third-party contractors to complete LDAR inspections, instead 
of completing the inspections in-house. The hourly cost of using a third-party contractor to complete 
leak detection is estimated at $137/hour. This estimate is based on the premise that contractors would 
realize a 30% profit margin above the cost to operators of completing the inspections in-house.  
 


II.A.1.  Compressor Station LDAR: Reg. 7, Part D, Sec. II.E.3.d 
 
Inspections 
 


Currently, compressor stations inside the 8-Hour Ozone Control Area are subject to a quarterly LDAR 
frequency. See Reg. 7, Part D, Sec. I.L.1. Compressor stations outside the 8-Hour Ozone Control Area 
are also subject to a quarterly LDAR frequency if emissions are greater than 12 tpy VOC. See Reg. 7, 
Part D, Sec. II.E.3, Table 2. As set forth earlier in this Initial EIA, the Division determined that there 
were 205 compressor stations in the midstream segment on non-tribal lands in the state. Based upon 
operator-provided LDAR reports for 2020, which include inspection frequency, the Division determined 
that there are approximately 75 natural gas compressor stations located outside of the 8-hour Ozone 


                                                 
17 This assumes a 40 hour work week, ten holidays, two weeks of vacation, and one week of sick leave. 
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Control Area with emissions under 12 tpy VOC.18 That is, 75 compressor stations currently do not have 
an existing quarterly leak inspection requirement.  
 
Of these 75 compressor stations, the Division is proposing to increase LDAR frequency where the 
compressor station is located within a DI community. The Division estimates that ~33%, or 25 
compressor stations, are located within a DI community and therefore subject to the proposed 
quarterly inspection requirements. As a result, each of the affected 25 facilities will have an additional 
2 LDAR inspections a year, for a total of 50 annual inspections. The Division does not have reason to 
believe that additional IR cameras would be necessary to purchase to conduct these inspections, but 
has included the cost of purchasing an additional camera in the per-hour inspection cost to recognize 
that the timeline for IR camera replacement may be advanced as a result of these additional 
inspections. 
 
Table 5 includes a breakdown and analysis of the estimated leak inspection time and costs under the 
different possible conditions mentioned in the preceding section. Assuming that 86% of LDAR 
inspections are completed in-house and 14% are completed by a contractor, of the 50 total inspections, 
about 43 inspections are expected to be completed in-house and 7 contracted out. At 21.2 hours per IR 
inspection and 10.6 hours per Method 21 inspection, this equates to 576.82 total inspection hours for 
all operators.  


 


Table 5: LDAR Inspection Costs 


# Inspections 
Inspection 


type 
Inspection 


method 
Result: Inspection 


hours Cost per hour Result: Total cost 


50 


In-house 
Method 21 90.19 $105.00 $9,470.34 


FLIR 405.87 $105.00 $42,616.53 


Contractor 
Method 21 14.68 $137.00 $2,011.53 


FLIR 66.07 $137.00 $9,051.88 


Totals 576.81  $63,149.05 


 
At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total 
cost to operators for completing the new LDAR inspections would therefore be $63,149.05 per year; or 
$2,525.96 per compressor station per year. 
 


Leak Repair 
 


The Division estimated the costs associated with the repair of leaks discovered as a result of the 
proposed regulation’s increased leak detection and repair requirements. The methodology for 
estimating leak frequency, repair time, and repair cost are consistent with the Division’s prior EIAs. 
The Division uses a quarterly leak frequency rate of 1.77% to estimate the number of leaking 
components discovered through inspections. This figure is based on an EPA-estimated annual leak 
frequency of 1.18%19, scaled for a quarterly leak frequency (similar analyses used by the Division in 
earlier rulemakings, in 2014 and 2019). Using information provided to the EPA by industry20, as used in 


                                                 
18 Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR 
frequency.   
19 See Oil and Gas CTG, Id. at p. 8-7. 
20 See “Analysis of Emissions Reduction Techniques for Equipment Leaks,” Cindy Hancy, December 21, 
2011. 
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previous EIAs, component repair times are estimated at 0.63 hours for connectors, 0.63 hours for 
flanges, 0.63 hours for open-ended lines, 16 hours for pump seals, 1.13 hours for valves, and 0.63 hours 
for any other components. The Division assumes an hourly repair rate of $82.0621 for all components. 
Using the estimate for the number of expected leaks per component, the Division estimates that a 
total of 34.75 repair hours per year per facility will be required to address leaks discovered by the new 
inspection requirements. At $82.06 per hour, total annual repair cost is estimated at $2,851.82 per 
facility. Multiplying this estimate by 25 total affected facilities yields an industry-wide annual leak 
repair cost of $71,295.55. 
 


Emission Reductions 
 


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission 
reductions from this program. The estimated emission reductions from increasing the frequency of 
LDAR at compressor stations outside of the 8-hour Ozone Control Area and within a DI Community is 
41.0 tpy VOC and 2,897.64 mtCO2e/year (methane).  
 


Table 6: Emission Reductions for Compressor Stations ≤ 12 tpy in a DI Community 


Number 
of CS 


Incremental LDAR Program 
Reduction % (semi annual 


to quarterly) 


VOC Emission 
Reductions 


per CS  


Total VOC 
Emission 


Reductions  


Methane 
Emissions 


per CS 


Total Methane 
Reduction  


25 10% 1.64 tpy 41.00 tpy 4.56 tpy 114.08 tpy 


TOTAL Emission Reductions 41 tpy VOC 2,897.64 mtCO2e/yr 


 
Value of Natural Gas Recovered 


 
In Table 7, the Division estimates the value of natural gas recovered from these additional leak 
inspections.  
 


Table 7: Compressor Station Recovered Natural Gas Value from Leak Repairs 


Compressor Station Fugitive 
VOC Tier (tpy) 


Number of 
Compressor 


Stations 


Total Recovered 
Natural Gas 


(tons CH4/year) 


Value of 
Natural Gas 


($/ton 
methane)22 


Total Annual 
Value of 


Recovered 
Natural Gas 


≤ 12 tpy in a DI Community 25 114.084 $222.69 $25,402.90 


 
 
 
 


                                                 
21 Based on the hourly repair rate of $66.24 from 2009, used in the Division’s 2019 Regulation 7 EIA, 
adjusted for inflation to 2021 using the U.S. Bureau of Labor Statistics CPI Inflation Calculator. 
22 Based on the most recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as 
provided for by the U.S. Energy Information Administration, using an average molecular weight of 19.17 
lb/lb-mol of natural gas and 72.69% methane by weight for the Piceance basin.   
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Cost Effectiveness 
 


Combining the annual cost of inspections, $63,150.28, with the annual cost of repairs, $71,295.55, 
yields a total gross annual cost of $134,445.83.  Based on these reductions and associated costs, the 
effectiveness of this requirement is $3,279.14 per ton VOC and $46.04 per mtCO2e, without 
incorporating the estimated annual value of recovered gas of $20,279.62. 
 


Table 8: Compressor Station LDAR Cost Effectiveness 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $63,149.05 $71,295.55 $134,444.60 


Recovered Natural Gas -- -- -$25,402.90 


Net Cost -- -- $109,041.70 


Compressor Station Emissions Reduction and Cost 


Total VOC Emission 
Reduction (VOC) 


Cost per ton VOC (w/o 
recovered nat gas) 


Total GHG Emission 
Reduction 


(mtCO2e/year) 


Cost per mtCO2e 
(w/o recovered nat gas) 


41.00 $3,279.14 2,897.64 $46.40 


 
New Mexico recently did a cost analysis of increasing LDAR inspections across different facility types, 
and likewise concluded that quarterly LDAR is cost effective at compressor stations.23 New Mexico’s 
analysis demonstrates the cost effectiveness (for VOC) of additional IR camera inspections at 
compressor stations as follows: 
 


Table 9: New Mexico Summary of the VOC Cost of Control  
for the Quarterly OGI Monitoring Option based on Model Plants 


Facility Type 
Annual VOC 


Emission Reduction 
(tpy) 


Annual Cost (2019$) 
$/ton VOC 
reduced 
(2019$) 


Gathering and Boosting 
Station 


7.81 $26,030 $3,331 


Reference: Table 9-13 of the 2016 CTG. 


 
The Division, as staff to the Commission, requests additional information from stakeholders on the 
costs associated with this component of its proposal.  


 
II.A.2.  LDAR at Natural Gas Processing Plants: Reg. 7, Part D, Sec. II.I 


 
Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour 
Ozone Control Area must comply with the LDAR program in New Source Performance Standard (NSPS) 
OOOO or NSPS OOOOa. Natural gas processing plants outside the 8-hour Ozone Control Area may also 


                                                 
23 See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC 5-27-
21_erg (06-08-2021)). 
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be subject to NSPS KKK, NSPS OOOO, NSPS OOOOa, depending on the date of construction. Natural gas 
processing plants statewide that have storage tanks subject to Section II.C.1 must also conduct AIMM 
inspections of the storage tanks and associated equipment in accordance with Table 1 in Section II.C.2. 
Those inspections range from semi-annual to monthly, depending on the VOC emissions estimated from 
the storage tanks. 
 
The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in 
the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS 
OOOO or NSPS OOOOa. The Division has identified 25 gas plants outside of the DJ Basin - 18 in the 
Piceance basin and 7 in the remainder of the state. These numbers do not include gas plants the 
Division was able to determine are on tribal lands. Based on the Division’s review of the Regulation 
Number 7 annual emissions reports, and the information submitted for fugitive emissions, it appears 
that many natural gas processing plants outside the 8-hour Ozone Control Area are already subject to 
NSPS OOOO or NSPS OOOOa for LDAR. However, for purposes of this initial EIA, the Division assumed 
that all 25 gas plants outside the DJ Basin will need to adjust LDAR frequency to comply with the 
Division’s proposal. This makes the Division’s cost analysis overly conservative. 
 
The Division utilized technical supporting information from the Control Techniques Guidelines for the 
Oil and Natural Gas Industry (Oil and Gas CTG)24 in the analysis of this proposal. Under the Division’s 
proposal, these gas plants would monitor pumps, compressors, pressure relief devices, sampling 
connection systems, open-ended lines, valves, and connectors to determine if a component is leaking. 
Under this program, “[v]alves are monitored monthly, connectors are monitored annually, and open-
ended lines and pressure relief valves must be monitored within five days after a pressure release 
event to ensure they are operating without any detectable emissions (e.g. at a concentration less than 
500 ppm above background).”25  
 
In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to 
a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars 
was between $2,010 - 2,844 per ton VOC26. In today’s dollars, based upon a gas processing model plant, 
and assuming a correlation of VOC to methane of 1:1.81, the Division estimates the cost of this 
proposal as follows: 
 


Table 10: Cost and Emissions Reductions for LDAR at Gas Plants 


Pollutant 
Annual Emission 
Reductions Per 


Gas Plant 


Capital 
Cost 


(2021$) 


Annual 
Cost 


(2021$) 


Cost of Control 
(without 
savings) 
$/ton 


Cost of 
Control (with 


savings) 
$/ton 


VOC 4.56 tpy $10,062.60 $15,343.12 $3,367.22 $2,379.79 


Methane 8.27 tpy 


$10,062.60 $15,343.12 $72.99 $51.63 


Greenhouse Gas 210.2 mtCO2e/yr 


 


                                                 
24 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA. New Mexico also 
utilized this data in preparing its economic impact analysis of gas plant LDAR in its recent rule. 
proposal. See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC 
5-27-21_erg (06-08-2021)).  
25 Oil and Gas CTG, pp.8-9, 8-10. 
26 Oil and Gas CTG, p. 8-11. 
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The Division’s proposal would also require operators to - prior to placing a leak on the delay of repair 
list - attempt a “drill and tap” repair of a leaking valve. Drill and tap reduces the need for a process 
shut-down to effect a leak repair, and can reduce fugitive emissions. The Division does not have 
information to suggest a significant additional cost associated with this proposal, because the Division 
has no information regarding how many valves cannot be repaired through other means prior to being 
placed on the delay of repair list. The Division understands that “drill and tap” is an accepted and 
effective repair method for valves, and that this proposal generally reflects best practice.27 
 
The Division, as staff to the Commission, requests additional information from stakeholders on the 
costs associated with this component of its proposal. 


 
II.B.  Midstream Emission Reductions ‐ Pigging and Blowdown Operations: Reg. 7, Part D, Sec. II.H 
 


II.B.1.  Pigging Operations 
 
In Permit Section (PS) Memo 20-04, the Division explained pigging operations as follows: 
 


Raw natural gas is transported from production wells to processing plants through 
networks of gathering pipelines. Although liquid separation may occur at the well 
pad, much of the raw natural gas passing through the gathering pipelines is 
saturated with hydrocarbons other than methane and may contain other 
components such as water, carbon dioxide, and hydrogen sulfide. During the 
transportation of this gas through gathering pipeline systems, the gas often 
experiences a temperature drop and pressure change that causes the 
hydrocarbons and other components to condense to a liquid phase. These natural 
gas condensates can accumulate in low elevation segments of the gathering 
pipelines, impeding the flow of natural gas. To maintain gas flow and operational 
integrity of the gathering pipelines, operators mechanically push these 
condensates out of the low elevations and down the pipeline by an operation 
called “pigging,” which involves first inserting a device called a pig into a pig 
launcher upstream of the pipeline segment where condensates have 
accumulated. The gas flowing through the pipeline then pushes the pig through 
the pipeline, allowing the pig to sweep along the accumulated condensates. The 
pig is removed from the pipeline segment when it is caught in a pig receiver. 


 
The Division is proposing that midstream owners and operators with pigging operations must capture 
and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators 
may apply to the Division to utilize air pollution control equipment to control those emissions.  
 
All midstream owners or operators with pigging operations must additionally employ best management 
practices to reduce emissions associated with pigging. Some of the proposed best management 
practices are specified in PS Memo 20-04, and therefore should not result in additional costs to 
operators. See PS Memo 20-04, Section 6.5 and 6.6. 
 
The Division used gas speciation data collected by the Division, guidance from the EPA28 and 
information received from operators and manufacturers to estimate emissions from pigging events.  


 
Cost - Pig Ramps 


                                                 
27 See EPA’s LDAR: A Best Practices Guide, Leak Detection and Repair Compliance Assistance Guidance 
Best Practices Guide; see also EPA December 1, 2015 Memorandum from Joseph Wilderwing to Cynthia 
Reynolds, re: Drill-and-Tap. 
28 “Quantifying The Potential Impact Of Natural Gas Condensate Holdup On Uncontrolled Volatile 
Organic Compound Emissions From Pig Receivers During Depressurization In Wet Gas Gathering 
Operations”, EPA Discussion Draft, May 16, 2016. 
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Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to 
drain before the pig is pulled from the chamber.29 The inventor of pig ramps, Mark West, has made the 
schematics available freely on its website. The Division has received cost estimates for each pig ramp 
of $800-$1300 per ramp. Taking the median ($1,050) and applying a 6% interest rate results in an 
annualized cost of $188 per pig ramp. The Division does not have reasonably available information as to 
how many pig ramps would be necessary to comply with this proposal, and - as staff to the Commission 
- requests that information from operators. The Division otherwise assumes this minimal cost to be 
absorbable. 


 
Cost - Depressurization 


 
The Division would also require operators to employ a best management practice of depressurizing pig 
launcher and receiver chambers prior to opening, in order to reduce the volume of gas vented to the 
atmosphere. According to the EPA, “[t]he depressurization emissions from high pressure launchers and 
receivers can be reduced by routing the gases to a lower pressure system before venting the remaining 
gases to the atmosphere or to control equipment. Routing to a lower pressure system is achieved with 
a depressurization line (or, "jumper line") exiting the top of the barrel ... or exiting the top of the pig 
ball valve. Compressor stations and gas plants have low pressure lines on the site that can receive 
these depressurization gases and recycle them through the process. Similarly, launchers and receivers 
along high pressure pipelines are occasionally located near low pressure pipelines that can receive 
depressurization gases exiting the barrel or pig ball valve.”30 One operator who employed the two best 
management practices described above (pig ramps and depressurization) and ZEVAC units reported 
significant reductions in gas vented and emissions as a result.31 The Division does not have reasonably 
available information as to the cost of this best management practice nor how widely deployed it is 
already. The Division as staff to the Commission - requests that information from operators. The 
Division otherwise assumes this cost to be absorbable. 


 
Cost - ZEVAC unit 


 
In order to comply with the requirement to capture and reduce emissions during pigging operations, 
the Division assumes operators will use a Zero Emission Vacuum And Compressor (ZEVAC) unit.32 The 
Division assumes that a pig launcher and receiver are already on-site.  
 
The Division gathered information from a manufacturer of ZEVAC units on the costs associated with 
ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have 
reasonably available information about actual pigging operations in Colorado to specify the frequency 
of pigging operations or the size of the ZEVAC unit that would be necessary for each operator.  In its 
annual emission reports to the Division, one operator submitted its annual emissions reporting 1,343 
pigging events in the second half of 2020 alone, for a total of 13,806,040 scf vented. That operator also 
reported venting 7,557,500 scf of natural gas from pipeline blowdown events during the same period. 
However, the Division did not get this level of detailed reporting consistently across all operators; 
several midstream operators reported no pigging operations. Therefore, an analysis was conducted on 
three different sized ZEVAC units, small, medium, and large, under both a high frequency and low 


                                                 
29 Pipeline Launcher/Receiver Emission Reduction Systems 
30 EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement 
Alert 
31 See Methane Reductions in Pigging, September 2019, Methane Reductions in Pigging 
32 The Division’s proposal also contemplates use of control devices as an option where recovery of the 
gas from pigging operations is not feasible. According to EPA, “[l]arge, high capacity combustion 
devices are typically available at compressor stations and processing plants and can be used to control 
pigging gases while meeting the other flaring needs of the facility. There are also numerous low 
capacity combustion devices available for serving remote launcher/receiver sites.” EPA Enforcement 
Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert 
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frequency use of the equipment.  The size of the unit affects the speed of the gas recovery process; 
larger units taking less time.  All units are assumed to have a useful life of 10 years. The capital cost of 
a small ZEVAC unit was found to be $30,000 with maintenance and repair costs of $2,400 per year. 
Annualizing the capital cost across 10 years, and assuming a 6% interest rate, yields a total annualized 
cost of $7,773. Under the same assumptions, the capital cost of a medium sized unit is $135,000 with 
annual maintenance costs of $10,800, for a total annualized cost of $34,976; and the capital cost of a 
large unit is $245,000 with annual maintenance costs of $19,600, and a total annualized cost of 
$63,476. In estimating the composition of pollutants in the gas, the Division applied weight percentages 
of total hydrocarbons of 29.35% VOC, 53.31% methane, and 17.34% ethane.33      
 
High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per 
year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an 
estimated 3,900 scf of gas, for a total annual potential emitted gas of 4,875,000 scf. As noted above, 
with at least one operator reporting 1,343 pigging events in just the second half of 2020, it is 
reasonable to assume at least some operators engage in high-frequency pigging operations.   Low 
frequency pigging assumes the use of 1 pig barrel per day, for 3 days per week, at 50 weeks per year. 
With low frequency pigging, there are an estimated 150 events per year, each releasing an estimated 
3,900 scf of gas, for a total annual potential emitted gas of 585,000 scf. 
 
Table 11 below demonstrates potential gas recovery (emissions reductions) and cost per ton of 
pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness 
analysis does not account for the economic benefit to operators from selling the recovered gas. 
  


                                                 
33 As with elsewhere in this Initial EIA, the Division utilized gas speciation data submitted to the 
Division from multiple operators, reviewing over 100 samples of sales gas analysis from across the 
state, and creating a weighted average by location.  
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Table 11: Cost and Emission Reductions of ZEVAC Units 


Small ZEVAC unit 


 Annualized cost 
VOC captured 


(tpy) 


Greenhouse Gas34 
captured 


(mtCO2e/yr) 
$/ton VOC $/mtCO2e 


High frequency $7,773.00 40.02 1,844.44 $194.21 $4.21 


Low frequency $7,773.00 4.80 221.33 $1,618.44 $35.12 


Medium ZEVAC unit 


 Annualized cost 
VOC captured 


(tpy) 


Greenhouse Gas 
captured 


(mtCO2e/yr) 
$/ton VOC $/mtCO2e 


High frequency $34,976.00 40.02 1,844.44 $873.90 $18.96 


Low frequency $34,976.00 4.80 221.33 $7,282.47 $158.02 


Large ZEVAC unit 


 Annualized cost 
VOC captured 


(tpy) 


Greenhouse Gas 
captured 


(mtCO2e/yr) 
$/ton VOC $/mtCO2e 


High frequency $63,476.00 40.02 1,844.44 $1,585.99 $34.41 


Low frequency $63,476.00 4.80 221.33 $13,216.54 $286.79 


 
The Division, as staff to the Commission, requests additional information from stakeholders on the 
costs associated with this component of its proposal. 
 
Amount and Value of Recovered Natural Gas 


 
If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC 
unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming 
low-frequency use, the Division calculates natural gas savings (at a price of $4/MCF) of $19,000 per 
ZEVAC unit per year, for a high frequency use, and $2,340 per ZEVAC unit per year for a low-frequency 
use. That would materially improve the cost-effectiveness as set forth above.  


 
II.B.2.  Blowdowns 


 
The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions 
from blowdowns from equipment at compressor stations and gas plants. The Division also proposes 
requiring best management practices for blowdowns of midstream gathering pipelines.  
 
Based on information collected from operators, some operators will be able to route emissions from 
blowdowns to existing control equipment on-site. One operator indicated that costs to combust 
blowdown emissions could include the building of a blowdown header and taking blowdowns back to 
the field or a series of VRUs to draw down the pressure/volume such that it can be handled by the 


                                                 
34 Converted from methane to CO2e. 
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existing ECD or a new combustion device. Others, however, will drawdown line pressure, either 
naturally with alternative lower pressure gas lines or using ZEVAC units35 as discussed under the 
previous section, to capture and retain the natural gas. Some operators may also install ejector units to 
force gas out of off-line compressors36 or other equipment and route the gas to a lower pressure fuel 
gas line.  
 
Many best management practices are already identified in PS Memo 20-04. The Division - as staff to the 
Commission - requests additional information from operators on the costs of implementing controls and 
other practicable best management practices specified in the Division’s proposal. 
 
Emission Reductions from Pigging and Blowdowns 
 
The Division does not have complete data from operators on how often pigging activities are 
conducted, particularly as differentiated between pigging and other maintenance activities that result 
in venting of emissions. In order to calculate reductions associated with this proposal, therefore, the 
Division looked at two sources of data. First, the Division looked at EPA FLIGHT data for 2019, and 
identified the total amount of emissions in CO2e reported by the natural gas gathering and boosting 
segment and the natural gas processing segment for pigging, venting and blowdowns (to the extent 
possible). The Division looked at emissions from the 20 natural gas processing plants in Colorado (on 
non-tribal lands) that reported to EPA and calculated 6,007.84 mtCO2e per year from venting/pipeline 
blowdown activities. It was more difficult to separate out gathering and boosting facilities that are in 
Colorado, and on non-tribal lands, but the Division ultimately calculated about 76,000 mtCO2e per year 
from venting/pipeline blowdown activities reported to EPA.  
 
The Division then looked at the emissions reported to the Division by operators in the midstream 
segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream 
operators reported 35,184 events in “venting or blowdowns” and “pipeline” emission activities. From 
these events, operators reported a total of 184,495 mtCO2e for 2020. Operators also reported 3,584 
tons VOC from venting or blowdowns and pipelines for 2020. 
 


Table12: Emissions from Venting/Blowdowns/Pigging and Pipelines 


Reported 2020 Emissions with No Control 


Emission Category 
Reg. 7 EI 2020 CO2e 


(mtCO2e/yr) 
Reg. 7 EI 2020 VOC 


(tpy) 
# Events 


Total Venting/Blowdowns (includes pigging)  164,758.15 1,690.08 69,770 


Total Pipeline Venting 19,736.72 1,893.70 598 


Total Venting/Blowdowns/Pipeline Venting 184,494.87 3,583.78 70,368 


Emissions after 95% Reduction of Venting/Blowdown Emissions 


Total Venting/Blowdowns (includes pigging)  8,237.91 84.50 69,770 


Total Pipeline Venting 19,736.72 1,893.70 598 


Total Venting/Blowdowns/Pipeline Venting 27,974.63 1,978.20 70,368 


Emission Reductions with this Rule 


Total Emission Reductions 156,520.24 1,605.58 70,368 


                                                 
35 Blowdown Emission Reduction White Paper, American Gas Association, August 5, 2020. 
36 Reducing Emissions When Taking Compressors Off-Line, Natural Gas Star, EPA, October 2006. 
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Not accounting for any reductions from pipeline emissions,37 the Division’s proposal could reduce 
venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking 
only at VOC emissions from total venting and blowdowns (and not including pipeline venting reported), 
If the Division’s proposal also reduces VOC by 95%, that results in a reduction of 1,606 tpy VOC, a 
significant and meaningful co-benefit. These numbers are likely conservative because not all 
midstream operators reported their emissions to the Division.  
 
Cost of Blowdown Emission Reduction 
 
Based upon information reported to the Division in the annual emission reports under Regulation 
Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that 
blowdowns take place only on business days), there are approximately 139 events per day38 that would 
be required to be captured or controlled by this rule. Using an annualized portable enclosed 
combustion device cost of $9,286.78, as well as the annualized ZEVAC costs depicted in Table 11 
above, and assuming that each event over a business day requires its own portable piece of equipment 
(such as an ECD or ZEVAC unit), for a total of 139 units reuqired, the average cost per ton of emission 
reductions is $3,825.55 per tpy VOC and $39.24 per mtCO2e/year. These costs, however, do not 
separate out pigging emissions or specific types of blowdowns (such as compressor blowdowns), but do 
exclude pipeline emissions which are subject to BMPs but not control requirements in the proposal. 
Table 13 contains the emissions and costs associated with venting and blowdown emissions, including 
pigging emissions as described in more detail in Section II.B.1. of this EIA. These costs also do not 
account for the recovered gas savings from using a ZEVAC or other capture unit. 
 


Table 13: Cost and Emission Reductions for Venting/Blowdown Activities 


Control or Capture 
Device Option 


Annualized cost 
VOC reduced 


(tpy) 
GHG reduced 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


Portable Enclosed 
Combustion Device 


$2,591,753.91 1,605.58 156,520.24 $1,614.22 $16.56 


Small ZEVAC unit $2,169,288.84 1,690.08 164,758.15 $1,283.54 $13.17 


Medium ZEVAC unit $3,249,607.52 1,690.08 164,758.15 $1,922.75 $19.72 


Large ZEVAC unit $17,714,882.08 1,690.08 164,758.15 $10,481.68 $107.52 


Overall Average Cost Effectiveness $3,825.55 $39.24 


 
II.C.  Rod Packing Replacement at Natural Gas Processing Plants: Reg. 7, Part D, Sec. II.B.3.d 


Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour 
Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. This proposed regulation would 
expand that requirement to natural gas processing plants statewide. There may be additional costs of 
the proposed requirement for owners or operators of reciprocating compressors at natural gas 
processing plants to replace the rod packing. The Division estimates that there are 31 natural gas 
processing plants outside the 8-hour Ozone Control Area, with an estimated total of 258 engines.39 
                                                 
37 The Division’s proposal would require either capture, control or use of BMPs to reduce emissions from 
pigging pipelines. The Division’s proposal would require only the use of BMPs to reduce emissions from 
other pipeline blowdowns. 
38 Operators reported 35,184 events in the second half of 2020, as well as emissions for only July - 
December 2020. The Division assumed that the annual emissions are double those reported for the 6 
month period of July - December 2020. 
39 In 2017, the Division estimated 133 reciprocating compressors at the identified 16 natural gas 
processing plants. Assuming the same ratio of compressors per gas plant, and using the identified 31 
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Conservatively assuming all engines existing at the natural gas processing plants are  reciprocating 
engines and would be subject to the proposed requirements, and none of the owners or operators are 
currently voluntarily replacing rod packing or capturing engine emissions, each of these engines will 
incur additional costs to comply with the Division’s proposal. According to the Oil and Gas CTG, EPA 
estimated the emission reductions by “comparing the average rod packing emissions with the average 
emissions from newly installed and worn-in rod packing.”40 The Oil and Gas CTG, Table 5-4, estimates a 
reduction from rod packing replacement in accordance with these requirements of 4.89 tpy VOC per 
engine and 17.58 tpy methane. With the number of engines estimated by the Division to be subject to 
this proposal, the proposal would realize 1,261.62 tpy VOC and 126,997.92 mtCO2e. 


The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without 
factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars 
using the U.S. BLS CPI inflation calculator, resulting in an updated capital cost of $5,067. Using the 
same process as the Oil and Gas CTG, the Division determined that the annual cost would be $1,931.79 
per engine. Applying this estimate to the emissions estimate reductions noted before yields cost per 
ton reduced of $394.84 per ton of VOC and $109.84 per ton of CH4 ($3.92 per ton of CO2e). With 
natural gas savings, the Division concludes - consistent with the Oil and Gas CTG - that this measure is 
an economic benefit to the operator of a natural gas processing plant.  


In addition, there may be minimal costs related to the proposed monitoring and recordkeeping 
requirements, as discussed above, where an owner or operator is not currently monitoring and keeping 
compressor records.  


II.D.   Pneumatic Controller Requirements at Natural Gas Processing Plants: Reg. 7, Part D, Sec. III 


The Division’s proposal would expand current requirements to use zero-bleed controllers to natural gas 
processing plants statewide. Current requirements apply inside the 8-hour Ozone Control Area. See  
Regulation Number 7, Part D, Section III.C.2. Regulation Number 7 also required that pneumatic 
controllers placed in service between 2014 and May 1, 2021 be no-bleed where feasible, which applies 
to gas plants. See Regulation Number 7, Part D, Section III.C.3. There may be costs related to the 
proposed requirement for owners or operators of natural gas processing plants to ensure that natural 
gas-driven pneumatic controllers have a bleed rate of zero.  


Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven 
pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of 
converting the pneumatic controller at $2,000 and the cost per ton of VOC reduced between $6 and 
$68 per pneumatic controller.41 A VOC emissions reduction ranging from 4.18 to 48.7 tpy, depending on 
the size of the instrument air system, is associated with each natural gas processing plant, or a range 
of 790.97 to 9,215.40 mtCO2e/year of methane. Because the Division assumed that most of the natural 
gas processing plants in the 8-hour Ozone Control Area would probably require a medium-to-large air 
system, an annual VOC emission reduction of 17.5 tpy and methane reduction of 3,311.49 mtCO2e/year 
represents an average associated with converting pneumatic controllers to system air.42 


The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area, 
but does not have data on the number of natural gas actuated pneumatic controllers at these natural 
gas processing plants. The Oil and Gas CTG assumes that existing natural gas processing plants have 
already replaced pneumatic controllers with other types of control, such as an instrument air system, 


                                                 
gas plants, the Division estimates 266 reciprocating compressors covered by this rule. These numbers 
do not reflect that some number of the subject compressors will already be performing the rod-packing 
replacement. 
40 Oil and Gas CTG, p.5-10. 
41 Id. at p.6-16. 
42 Id. at p.6-17, Table 6-7. 
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and any pneumatic controllers with a bleed rate greater than zero are required due to safety reasons.43 
The Division also checked pneumatic controller data reported to EPA in 2019 under the Greenhouse Gas 
Reporting Rule, and no Colorado gas plant reported any emissions from pneumatic controllers. The 
Division also reviewed the submittals from midstream operators to the Division for 2020; only 11 
midstream operators reported having any natural gas driven pneumatic controllers, and the Division’s 
review did not identify any natural gas processing plants reporting having gas driven pneumatic 
controllers. Therefore, the Division believes the cost to owners or operators of natural gas processing 
plants of the proposed requirements are minimal and limited to documenting, tagging, and maintaining 
any natural gas-driven pneumatic controllers with a bleed rate greater than zero that are required for 
safety and/or process purposes.  


II.E.  Long‐Term Planning for CO2e Reduction from Midstream Engines and Other Fuel Combustion 
Equipment: Reg. 22, Part B, Sec. III 


 
Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015 
baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas 
emissions from fuel combustion equipment at midstream facilities, such as engines, boilers, turbines, 
and heaters. In its efforts to address greenhouse gas emissions from fuel combustion equipment in the 
midstream segment, the Division is proposing a long-term planning process. By long-term, the Division 
proposes that operators will have until 2023 to develop their plans, and that additional rulemaking 
before the Air Commission would not be required until 2024.  The program establishes a steering 
committee that will guide and aid midstream segment operators in the development of plans to meet 
emission reduction targets.  


 
The Division has not identified a significant economic impact on any industry or party from this 
proposal. Participation in the steering committee is voluntary and the Division has not identified any 
costs imposed on midstream segment operators, the Division, or any other potential steering 
committee participants for the operation and administration of the committee. Compliance with the 
rule includes development of a plan to reduce emissions only, and not implementation of the plan. 
Individual operators may choose to hire third-party consultants to help develop their emission 
reduction plans, but because this is not required directly by the rule proposal and hiring of any 
consulting services would be completely voluntary, those potential costs are not considered in this 
analysis. Additionally, the Division does not anticipate any costs to the Division for oversight or the 
review of proposed guidance documents and emissions reduction plans. Administration of this rule will 
be carried out by existing and anticipated Division staff.  


 


III.  Upstream Program 
 
The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions 
from the upstream segment of the oil and gas industry. The proposals include the following additional 
requirements for oil and gas operators in the upstream segment: 


 
● Increased leak detection and repair (LDAR) inspections for well production facilities; 
● Greenhouse gas intensity program; and 
● Emission reduction requirements for well maintenance and unloading activities. 


 
III.A.   Leak Detection and Repair Inspections at Well Production Facilities in Disproportionately 


Impacted Communities: Reg. 7, Part D, Sec. II.E.4.e 
 
Regulation Number 7, Part D, Section II.E.4.d requires well production facilities located within 1,000 
feet of an occupied area to inspect in accordance with the frequency specified in Table 3. The 
Division’s proposal in this rulemaking would expand those requirements to all well production facilities 


                                                 
43 Id. at p.6-16. 
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in a disproportionately impacted community, whether or not located within 1,000 feet of an occupied 
area. The Division does not currently have reasonably available data on how many additional facilities 
would be inspected as a result of this proposal, though it anticipates having that analysis by the 
submission of the Division’s final EIA in this action. Based on information submitted in the 2019 
rulemaking, the Division does not expect many facilities in the 8-hour Ozone Control Area to require 
additional inspections as a result; the Division expects that the majority of new inspections will be at 
facilities outside the 8-hour Ozone Control Area, given the large size of disproportionately impacted 
communities as set by HB 21-1266. The Division - as staff to the Commission - requests information 
from stakeholders to assist in evaluating the costs of this proposal. 
 


III.B.  Leak Detection and Repair Inspections at Newly Constructed Well Production Facilities: Reg. 7, 
Part D, Sec. II.E.4.f 


 
Inspections 
 
Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC 
emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As 
production decreases, and resulting VOC emissions from storage tanks decrease, the inspection 
frequency also decreases. The Division’s proposal would “freeze” newly constructed well production 
facilities at a monthly AIMM frequency. The Division’s proposal would also provide for exceptions where 
operators are using automated systems that are designed to minimize emissions from storage tanks and 
combustion devices, and where operators continue use of monitoring technology approved by the 
Division under Regulation Number 7, Section VI, for VOC and methane. 
 
The Division looked at COGCC data for 2020 to determine how many new facilities are constructed each 
year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 2020 - 
74 in the 8-hour Ozone Control Area and 17 outside the 8-hour Ozone Control Area.44 Because current 
AIMM inspection tier is based upon proximity to an occupied area (see Section II.E, Table 3), the 
Division applied the percentage of population in a DI community both inside and outside the 8-hour 
Ozone Control Area to determine how many new well production facilities might be expected to be 
subject to the proximity requirements. Ultimately, the Division determined that each year, it was 
assumed that 31 new well production facilities would be constructed in proximity to an occupied area, 
55 new well production facilities would be constructed in the 8-hour Ozone Control Area but not in 
proximity to an occupied area, and five new well production facilities would be constructed outside the 
8-hour Ozone Control Area and not in proximity to an occupied area. 
 
Table 14 below identifies how many additional inspections would be required in each of the first five 
(5) years of a newly constructed well production facility’s operation as a result of the Division’s 
proposal, assuming every facility stays at the proposed monthly schedule.45 
  


                                                 
44 The Division also reviewed data submitted through its APEN system, and also identified 91 APENs 
submitted for the first time in 2020, though the Division’s data shows 59 new sites in the 9-county area 
and the remaining 32 sites outside the 9-county area.   
45 The Division conducted an analysis of a small sample of wells spud in 2016 based upon COGCC data 
(for both inside and outside the 8-hour Ozone Control Area) and compared the year over year decrease 
in production. The Division then applied this decline rate to estimate how quickly a newly constructed 
well production facility would drop AIMM frequencies, assuming that in year 1 uncontrolled actual VOC 
emissions would be over 50 tpy. 
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Table 14: AIMM Inspection Schedule by Area of State 


Proposed AIMM Inspection Schedule in Years 1 - 5 


Existing Regulation 
Frequency under Section II.E 


AIMM Frequency 8-hour 
Ozone Control Area 
(not Proximity to 
Occupied Area) 


AIMM Frequency 
Proximity to 


Occupied Area 


AIMM Frequency ROS 
(not Proximity to 
Occupied Area) 


Year 1 Monthly Monthly Monthly 


Year 2 Quarterly Monthly Quarterly 


Year 3 Semi-annual Quarterly Semi-annual 


Year 4 Semi-annual Quarterly Semi-annual 


Year 5  
Annual (NAA) 


One-time (ROS) 
Annual (NAA) 


One-time (ROS) 


Summary of New Upstream AIMM Inspections Required 


 


AIMM Frequency 8-hour 
Ozone Control Area 
(not Proximity to 
Occupied Area) 


AIMM Frequency 
Proximity to 


Occupied Area 


AIMM Frequency ROS 
(not Proximity to 
Occupied Area) 


Additional AIMM Inspections 
Through Year 5 Per Facility 


39 27 40 


Number of New Facilities per 
year 


55 31 5 


Average # of Total 
Inspections Required Per 


Year 
429 167 40 


 
The Division took the same approach to estimate inspection time, inspection cost, and repair cost as 
with the midstream segment leak detection program for compressor stations. Tables 15, 16, and 17, 
below demonstrate the number of required inspection hours required and the resulting cost in each 
area. The total cost across locations is found to be $811,877.40 per year. 
 


Table 15 -- AIMM - 8-hour Ozone Control Area (not Proximity to Occupied Area) 


# 
Inspections 


Inspection 
type 


Inspection 
method 


Result: Inspection 
hours 


Cost per hour Result: Total cost 


429 


In-house 
Method 21 782.15 $105.00 $82,126.04 


FLIR 3519.69 $105.00 $369,567.20 


Contractor 
Method 21 127.33 $137.00 $17,443.83 


FLIR 572.97 $137.00 $78,497.22 


Totals 5,002.14  $547,634.29 
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Table 16 -- AIMM - Outside 8-hour Ozone Control Area (not Proximity to Occupied Area) 


# 
Inspections 


Inspection 
type 


Inspection 
method 


Result: Inspection 
hours 


Cost per hour Result: Total cost 


40 


In-house 
Method 21 72.93 $105.00 $7,657.44 


FLIR 328.18 $105.00 $34,458.48 


Contractor 
Method 21 11.87 $137.00 $1,626.46 


FLIR 53.42 $137.00 $7,319.09 


Totals 466.40  $51,061.47 


 
 


Table 17 -- AIMM - Proximity to Occupied Area 


# 
Inspections 


Inspection 
type 


Inspection 
method 


Result: Inspection 
hours Cost per hour Result: Total cost 


167 


In-house 
Method 21 304.47 $105.00 $31,969.81 


FLIR 1370.13 $105.00 $143,864.15 


Contractor 
Method 21 49.57 $137.00 $6,790.49 


FLIR 223.05 $137.00 $30,557.19 


Totals 1,947.22  $213,181.65 


 
Leak Repair 
 
Because the frequency-per-year of inspections changes over time, the Division uses an average scaled 
leak frequency rate of 1.77%, based on EPA data that suggests an annual leak frequency of 1.18%, a 
quarterly leak frequency of 1.77% and a monthly leak frequency of 2.36%. Using the previous estimates 
for component repair time and component repair cost in terms of an hourly rate, the Division estimates 
that a total of 13.02 repair hours per year per facility will be required to address leaks discovered by 
the new inspection requirements. At $82.06 per hour, total annual repair cost is therefore estimated at 
$1,485.26 per facility. Multiplying this estimate by the number of total affected facilities in each year 
yields an industry-wide annual leak repair cost. Total repair hours and costs under each AIMM 
frequency requirement are demonstrated in Table 18, below. The total repair cost to all affected 
newly constructed well production facilities is estimated to be $135,149.53 per year. 
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Table 18: Repair Costs for Well Production Facility Monthly AIMM 


 


Facility location 


AIMM - 8-hour OCA 
(not Proximity to OA) 


AIMM -  
Proximity to OA 


AIMM - ROS 
(not Proximity to OA) 


# of new facilities per year 55 31 5 


Repair hours per facility 18.1 18.1 18.1 


Total repair hours 995.48 561.08 90.5 


Repair cost per hour $82.06 $82.06 $82.06 


Total repair cost $81,689.22 $46,034.02 $7,426.29 


TOTAL $135,149.53 


 
Emission Reductions 
 
The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission 
reductions from this program (using updated gas speciation data). The estimated emission reductions 
from increasing the frequency of locking the LDAR frequency at monthly for the life of new well 
production facilities is 126.42 tpy VOC and 4,657.32 mtCO2e/year (methane).  
 


Table 19: LDAR Emission Reductions 


Area of State 


Annual 
Number 
of New 


Facilities 


Average Emission Reduction  
per Facility 


Total Emission Reduction 


VOC (tpy) 
Methane 


(tpy) 


GHG 
(mtCO2e/


yr) VOC (tpy) 
Methane 


(tpy) 


GHG 
(mtCO2e/


yr) 


8-hour Ozone Control 
Area (not Proximity 
to Occupied Area 


55 1.22 1.09 27.80 67.19 60.19 1,528.95 


Proximity to 
Occupied Area 


31 0.65 0.95 24.14 20.19 29.46 748.38 


ROS (not Proximity to 
Occupied Area) 


40 0.98 2.34 59.50 39.04 93.70 2,379.99 


Statewide Total Emission Reduction 126.42 183.35 4,657.32 


 
Value of Natural Gas Recovered 
 
In Table 20, the Division estimates the value of natural gas recovered from these additional leak 
inspections.  
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Table 20: Upstream Recovered Natural Gas Value from Leak Repairs 


Total Recovered Methane (tpy) 
Value of Natural Gas ($/ton 


methane)46 
Total Annual Value of 
Recovered Natural Gas 


183.35 $274.48 $50,325.65 


 
Reporting 
 
The Division’s proposal also requires operators to submit information about leaks detected in their 
monthly reports under Section VI, for their air quality monitoring during preproduction and early 
production. This will enable the Division to better evaluate the capability of the air quality monitoring 
plan to detect leaks. The Division assumes no additional costs associated with this reporting. 
 
Cost Effectiveness 
 
As noted before, the total cost of inspections across operators is estimated to be $811,877.40 per year, 
and the total cost of repairs across operators is estimated to be $135,149.53 per year. This results in a 
total annual cost of $947,026.93. As outlined in Table 21, the Division estimates an overall cost 
effectiveness of $7,491.12 per ton VOC and $203.34 per mtCO2e. 
 


Table 21: Upstream LDAR Total Annual Cost 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $811,877.40 $135,149.53 $947,026.93 


Reporting -- -- $0.00 


Recovered Natural Gas -- -- -$50,325.65 


Net Cost -- -- $896,701.28 


Upstream Emissions Reduction and Cost 


Total VOC Emission 
Reduction (VOC) 


Cost per ton VOC (w/o 
recovered nat gas) 


Total GHG Emission 
Reduction 


(mtCO2e/year) 


Cost per mtCO2e 
(w/o recovered nat gas) 


126.42 $7,491.12 4,657.32 $203.34 


 
III.C.  Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions: Reg. 22, Part 


B, Sec. IV 
 


The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of 
the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined on 
an operator-level basis. The GHG intensity value is a product of total GHG emissions divided by oil and 
gas throughput. The intensity program will cover preproduction emissions and production emissions.  
 


                                                 
46 Based on the most recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as 
provided for by the U.S. Energy Information Administration, using an average molecular weight of 24.01 
lb/lb-mol of natural gas and 47.08% statewide average of methane by weight.   
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Based on an analysis of emissions and production data reported to the EPA under the Greenhouse Gas 
Reporting Rule (GHGRP), the Division determined that there is currently an extremely wide range of 
GHG intensities across upstream operators. The reports show operator GHG intensities across the 
industry that range from 3 to over 100. The Division also calculated GHG intensities based upon 2020 
production reported to COGCC and the emissions reported to the Division pursuant to Regulation 
Number 7, Part D, Sections II.G and V, and found an even broader range of intensities. The Division 
determined that a GHG intensity program will result in meaningful reduction, while providing operators 
with the flexibility to identify and achieve cost-effective reductions across their facilities and 
operations.  
 
To calculate the intensity targets in the proposed regulation, the Division started with the data for the 
2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in the 
2015 baseline in the GHG Roadmap inventory for the RCI sector. The Division first used the 2005 
baseline emissions for the O&G Sector from the GHG Roadmap, a total of 20,166,407 mtCO2e, and 
determined what portion of those emissions were attributable to upstream operations. The Division 
added up the venting and flaring emissions statewide, with the well production facility fugitive 
emissions statewide, with 84% of the total “catchall” emissions covering both the upstream and 
midstream segment.47 The Division therefore calculated that the upstream baseline in 2005 was 
15,184,909 mt CO2e. From there, the Division applied a 36% reduction for 2025, a 50% reduction for 
2027, and a 60% reduction for 2030. As it pertains to the RCI sector, the Division determined that the 
2015 baseline for oil and gas emissions in the industrial sector was 2,690,692 mtCO2e, based upon a 
split of 44/56% (upstream/midstream) of the emissions associated with lease fuel consumption as 
reported to EPA, and attributing all the natural gas processing fuel consumption to midstream. Based 
on GHG Roadmap values, the Division also assumed all diesel emissions in the industrial segment from 
oil and gas activities were associated with upstream operations (880,000 mtCO2e in 2015). The Division 
assumed no emission reductions were required in 2025, a 10% reduction would be required by 2027, 
and a 20% reduction is required by 2030.  
 
Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division 
calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The 
Division then calculated an average intensity in the years 2025, 2027, and 2030 (using the emissions as 
determined in the preceding paragraph as the numerator and the production forecasts as the 
denominator). These intensities are shown in Table 22, below in the “Overall Upstream Intensity” 
column. The Division then calculated majority operator and minority operator targets. Majority 
operators were defined by production levels of 10,000,000 BOE in calendar year 2022; in 2020, the 
operators with this level of production represented over 80% of the total production in the state. The 
majority operator targets were calculated by multiplying the overall upstream intensity target by 70%; 
the operators with the largest production, and therefore the largest share of the emissions on a mass 
basis, should have more stringent intensity targets. The Division then multiplied the overall upstream 
intensity target by 2.2, to get the minority operator target.  
  


                                                 
47 To generate a 84/16% split (upstream/midstream) of these catch-all emissions, the Division 
developed a ratio based on the emissions for covered equipment as reported to EPA under the GHGRP 
for upstream as compared to midstream gathering and boosting. The Division then applied that ratio to 
the catch-all emissions (but not the downstream catch-all). 
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Table 22: Calculated Intensities 


Year 
Overall Upstream 


Intensity 
Majority Operator 


Target 
Minority Operator 


Target 


2005 80.3356   


2025 15.6329 10.94 34.39 


2027 12.0906 8.46 26.60 


2030 9.7186 6.80 21.38 


 
From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program will 
reduce GHG emissions from the upstream segment of the oil and gas industry in the following amounts: 
 


Table 23: Total Intensity GHG Reductions 


Year Total CO2e Reductions from 202048 (mtCO2e per year) 


by 2025 5,326,723 


by 2027 6,251,946 


by 2030 6,922,358 


 
The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the 
upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The 
Division has proposed an even more stringent intensity target for new well production facilities, at 
78.5% of the majority operator target. The Division has, as discussed in more detail in other sections of 
this Initial EIA, proposed additional requirements for LDAR inspections and well maintenance emission 
reductions that - when taken together with the suite of regulations adopted by the Commission over 
the past several years (e.g., the 2021 pneumatics rule, the 2020 flowback control rule) and the COGCC 
mission change provisions - keep Colorado on track to meet its GHG goals. 
 
The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA 
provides recommendations for technologies to reduce methane emissions49. There are multiple studies 
and presentations available to operators to find cost effective and technically feasible reductions at 
different types of well production facilities. The actual costs incurred by implementation of emission 
control technologies will depend on the amount of emissions that need to be reduced by each operator 
(at each facility), the technical feasibility of implementing available technologies, and the cost-
effectiveness and economic feasibility of the technology. Some operators will make meaningful 
progress towards the intensity targets through compliance with existing and proposed Commission 
regulations (e.g., the 2021 pneumatics rule, or this well unloading proposal). However, the Division has 
determined that the flexibility inherent in an intensity program renders this strategy cost-effective. 
Implementation of methane control technologies can result in realized benefits to operators associated 


                                                 
48 Emission reductions calculated from the reported July - December 2020 emissions, rolled into year 
long emissions by multiplying reported emissions by 2, assuming 2020 production throughput in 2025, 
2027, and 2030 with the required intensities applied to majority and minority operators. 
49 Recommended Technologies to Reduce Methane Emissions | US EPA 







 


August 31, 2021       Economic Impact Analysis (Initial) for Regs. 7 and 22         Page 32 of 37 


with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or combusted, 
can be sold. At a nominal gas price, operators could achieve significant additional revenue from the 
sale of reclaimed gas. Further, significant economic benefits for operators are derived from this GHG 
intensity program, because participation in an intensity program can qualify an operator for 
certification of its product as “green” or “responsibly sourced”, thus allowing operators to charge a 
premium.  
 
Pursuant to §25-7-110.5(4)(c), C.R.S., the Division - as staff to the Commission - requests additional 
information on the costs and other regulatory impacts of an intensity program as described in this 
initial EIA on these and any other potentially impacted supporting businesses or industrial sectors.   
 


III.D.  Emission Reductions From Well Maintenance and Liquids Unloading Activities, Reg. 7, Part D, 
Sec. II.G 


 
The Division’s proposal would augment existing requirements for best management practices to be 
employed during all well maintenance activities. The Division’s proposal would also require the use of 
technology to minimize the need to conduct well unloading activities or would require the control of 
unloading emissions.  
 
Thus far in 2021, 22 operators have reported conducting well unloading events to the COGCC, and 
these 22 operators reported a total of 13,593 events by June 30, 2021.50 Of these events 3,670 are in 
the 9-County area across 12 operators, while the remaining 9,923 events are outside the 9-County area, 
across 11 operators (9,829 in the Piceance and 93 in the remainder of the state). 
 
The Division conducted an analysis of average scf of gas vented per event, and determined that there is 
a statewide average of 14,000 scf of natural gas emitted per well unloading event.51 The Division 
analyzed data submitted with registrations for General Permit 11, as well as results from operators 
that used flow meters to directly measure the amount of gas emitted during well unloading.  


 
III.D.1.  Best Management Practices 


 
Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management 
practices when conducting well maintenance operations. The Division assumes no significant additional 
costs will be incurred as a result of the Division’s proposal for the use of best management practices. 
 


III.D.2.   Well Unloading Emission Reductions 
 
Under the Division’s proposal, operators would have to either: (1) install artificial lift, such as plunger 
lift, to reduce/avoid the need for liquids unloading and/or reduce the volume of gas vented during an 
unloading event; or (2) use air pollution control equipment to combust the hydrocarbons emitted 
during liquids unloading.  
 
 
 
                                                 
50 This is based upon data received by the Division from COGCC in early July 2021. Based upon data 
reported to the Division directly from operators, over 40 operators identified conducting well 
maintenance events - such as well unloading or well swabbing - in their annual emission reports to the 
Division for 2020. This suggests that the number of events reported to the COGCC is low, because some 
operators may not have reported. The Division has not yet been able to determine which operators 
reporting events to the Division did not report to COGCC.  
51 Based upon studies of well unloading activities, this number is likely very conservative. See Allen et 
al., Methane Emissions from Process Equipment at Natural Gas Production Sites in the United States: 
Liquids Unloading (2014), Methane Emissions from Process Equipment at Natural Gas Production Sites in 
the United States: Liquid Unloadings. 
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Plunger Lift Systems 
 


Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without 
the need to vent the gas to the atmosphere.52 Plunger lifts have a significant economic benefit to the 
operator - boosting gas production. Automation can further enhance the performance of plunger lifts 
by monitoring wellhead parameters and thereby optimizing plunger operations.53 The Division 
understands that even where the use of plunger lifts does not entirely avoid the need for unloading, 
the use of the plunger lift can reduce the volume of gas vented per well unloading event. 
Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring 
unloading.  Smart automation controllers can also avoid the need for site visits associated with 
unloading activities, further reducing costs to operators. Maintenance costs are also reduced; plunger 
lifts can prevent particulate buildup inside the tubing, avoiding or reducing the need to conduct 
swabbing operations. Based upon information from EPA and other Natural Gas STAR materials, the 
Division estimates basic plunger lift installation costs of approximately $1900-$7800 (for this analysis, 
the Division used a median figure of $4,850). This figure includes installing the piping, valves, 
controller and power supply. Annual maintenance costs are estimated at $700-$1300 (the Division again 
used a median figure of $1,000), and smart automation controllers are estimated at $11,000 per 
controller. Assuming a life of 10 years for the plunger lift and automation controller, the annualized 
cost of a plunger lift system is $3,838. 
 
Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas 
production. The Division estimated revenue from avoided emissions by calculating the market value of 
the gas by the volume of avoided emissions. The Division’s analysis suggests a conservative average of 
14,000 scf per well unloading event. The Division does not have data on how many events could be 
entirely avoided - instead of just minimized - through the use of plunger lifts. However, assuming that 
fifty percent of operators comply through installing plunger lifts, and the use of those plunger lifts 
avoids the need for unloading fifty (50%) of the time and reduces the volume unloaded by half the 
other fifty percent of the time, the Division’s proposal would result in natural gas avoided of 142,716 
MCF. At a gas price of $4 per MCF, that results in a savings of $570,864.  
 
With these same assumptions (i.e. that plunger lifts would completely avoid the emissions from ⅛ of 
unloading events), the Division’s proposal would reduce 389.24 tpy VOC and 17,961.80 tpy CO2e just 
from unloading events avoided, with a cost per ton reduced of $10 per ton VOC, $6 per ton methane, 
and a negligible cost (<$1/ton) for reductions of CO2e.  
 
Control Equipment 
 
As a final option, the Division’s proposal would require the capture or control of emissions from 
unloading through the use of control equipment. For purposes of this analysis, the Division assumes 
that operators would use a temporary open flare to control emissions during well unloading. The 
Division assumed that operators would have to rent an open flare for each unloading event. If operators 
conducting multiple unloading events purchased an open flare, costs would be significantly reduced. 
Based upon information collected by the Division, the Division assumes a cost per well unloading event 
(including flare rental, delivery fees, installation, engineering, labor, and preparation) of $3,565 per 
event. Taking the number of events reported to COGCC for the first half of 2021, and extrapolating 
across the full year, the Division estimates a total of 27,184 well unloading events per year. At a cost 
of $3,565 per event, the Division estimates an annual cost of $96,910,960 for the use of air pollution 
control equipment during well unloading events. 
 


                                                 
52 See Liquids Unloading Options for Natural Gas Wells, 2012 Natural Gas STAR Annual Implementation 
Workshop, April 12, 2012. Liquids Unloading Options for Natural Gas Wells (pdf) 
53 Id. See also Lessons Learned from Natural Gas STAR Partners: Installing Plunger Lift Systems in Gas 
Wells, Installing Plunger Lift Systems In Gas Wells. 
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To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales 
gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a 
statewide average gas composition as a percentage of total hydrocarbons in Table 24. From this gas 
composition, and using the calculated average scf/event described above, the Division calculated an 
estimated average lb/event for the following pollutants. 
 


Table 24: Well Unloading Emissions Data 


Well Unloading wt% of TOC DJ Basin (lb/event) Piceance (lb/event) 


Methane 53.31% 421.5 516.9 


VOC (NMNE) 29.35% 237.5 64.9 
 
Assuming 95% reduction in emissions from well unloading results in a reduction of 2,958.23 tpy VOC and 
136,509.64 CO2e (calculated only by looking at methane reductions; this number would be significantly 
higher if the Division took into account the global warming potential of ethane). The Division estimates 
the cost effectiveness of control as set forth below: 
 


Table 25: Well Unloading Emission Reductions 


Cost of 
Control 


VOC 
Reduced (tpy) Cost/Ton VOC 


GHG 
Reduced 


(mtCO2e/year) Cost/mtCO2e 


$96,910,960 2,958.23 $32,760 136,509.64 $710 
 
The cost of control here is estimated assuming operators will need to rent an open flare each time they 
conduct a well unloading event with venting to atmosphere. The Division believes this to be a very 
conservative estimate of cost effectiveness because not all operators will use air pollution control 
equipment to comply, and of those who do, some will purchase open flares, resulting in significant cost 
savings. 
 
The Division - as staff to the Commission - requests information from stakeholders to inform the costs 
associated with this proposal. 
 


IV.  Annual Emissions Inventory Reporting Updates 
 
The Division’s proposal also includes updates to Regulation 7, Part D requirements for annual emissions 
inventory reports. The majority of these updates have no associated additional cost and are absorbable 
costs associated with the existing requirements to prepare and submit annual emission inventory 
reports. However, the Division is proposing that owners and operators who choose not to use Division-
approved default emission factors, and who choose to use site-specific emission factors, must 
undertake periodic sampling analyses - every three years - to verify the efficacy of those factors on an 
ongoing basis. These are avoidable costs, because operators may use state default factors.  
 
The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes 
that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will 
use site-specific factors and therefore be subject to the periodic sampling requirements. As noted 
above, the Division has determined there are 5,808 storage tank batteries statewide, and therefore 
assumes that operators will conduct periodic sampling at 2,904 locations. The Division assumes that 
each sampling event will require two samples - one sample of sales gas and one sample of tank vapors.  
 
All composition analyses are assumed to be completed by a third party-testing company. Based upon 
information provided by operators, the Division estimates an average cost per sample of $535. The 
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Division assumes that two samples will be required per tank battery, for a per-tank battery cost, every 
three years, of $1,070, which the Division believes is absorbable by operators. Assuming every tank 
battery in the state chooses to use a site-specific emission factor and therefore must conduct this 
sampling, the Division estimates an annualized cost (across a 3 year sampling period) of $2,467,213. If 
fifty percent of tank batteries choose the site-specific option, the annualized cost is $1,233,607.  
 
Pursuant to §25-7-110.5(4)(c), C.R.S., the Division requests additional information on the costs and 
other regulatory impacts described in this initial EIA on these and any other potentially impacted 
supporting businesses or industrial sectors. 
 


V.    Social Cost of Greenhouse Gas Analysis 
 
The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the 
dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB 21-
1266 states “for a rule that implements §25-7-105(1)(e) that may materially affect greenhouse gas 
emissions, the economic impact analysis required by this subsection (4) must include an analysis of the 
social cost of greenhouse gases related to the estimated emission reductions from the proposed rule.” 
Pursuant to HB21-1266, this analysis uses the social cost of greenhouse gas estimates, using a 2.5 
percent discount rate, provided by the Federal Interagency Working Group on the Social Cost of 
Greenhouse Gases, pursuant to Federal Executive Order 13990.54 It is important to note that the social 
cost of greenhouse gases increases over time, to account for projected increases in the incremental 
damages and resulting economic impacts of climate change in the future. Table 26 below presents the 
estimated social benefits of emissions reductions that will result from this proposal over five years. 
Emission reductions are expected to begin being achieved in 2023. The estimated benefits are 
discounted to present (2021) dollars using the same discount rate of 2.5 percent.  
 


Table 26: Social Cost of Greenhouse Gases 


Year 
Social Cost of 


Carbon ($/mtCO2e) 
Emission Reductions 


(mtCO2e) 
Social Benefit 


Present Value  
(2021 $) 


2023 $80.34 7,369,038.70 $592,021,200.12 $563,494,301.12 


2024 $81.65 7,369,038.70 $601,645,164.66 $558,687,345.49 


2025 $82.95 7,369,038.70 $611,269,129.20 $553,779,661.75 


2026 $84.26 7,369,038.70 $620,893,093.75 $548,779,023.05 


2027 $85.56 7,369,038.70 $630,517,058.29 $543,692,883.30 


 
This analysis assumes that the total estimated annual emission reduction of 7,369,038.70 mtCO2e will 
be the same in every year. The annual emissions reduction is multiplied by the social cost of carbon in 
each respective year to determine a monetized value of the stream of future damages produced by 
emissions in each year. As these emissions are being reduced, however, this value also represents the 
monetized benefit to society of a decrease in emissions and avoided future damages. As the social cost 
of greenhouse gas increases in each respective year, so does the resulting economic benefit to society. 
Because the social benefit estimate in each year is from the respective year’s perspective, the 
estimated social benefit in each future year is then discounted to present (2021) dollars in order to 


                                                 
54 Interagency Working Group on Social Cost of Greenhouse Gases, Technical Support Document: Social 
Cost of Carbon, Methane, and Nitrous Oxide Interim Estimates under Executive Order 13990 (Feb. 
2021)), 5-6, Tables ES-1, ES2, and ES3. Technical Support Document: Social Cost of Carbon, Methane, 
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account for inflation and understand the value of future benefits from today’s perspective. As Table 26 
demonstrates, the benefits to society of avoided damages from greenhouse gas emissions are 
significant. Table 27 below incorporates both the total estimated annual costs (in present, 2021 
dollars) and total estimated annual social benefits (in present, 2021 dollars) to determine a net present 
value in each respective year. The Division anticipates that in every year, the benefits to society from 
reducing emissions far outweigh the costs to operators in achieving the reductions. It is important to 
note, however, that the scope of the realized benefits is not limited to the areas most impacted by the 
proposed rules, nor only the State of Colorado, but rather, society as a whole. Over the first five years 
that emission reductions would occur (2023-2027), the total net present value is estimated to be 
$2,215,631,359.09; all a benefit to society. 
 


Table 27: Net Benefits to Society 


Year 
Emission Reductions 


(mtCO2e) 
Present Value of 
Costs (2021 $) 


Present Value of 
Benefits (2021 $) 


Net Present Value 
(2021 $) 


2023 7,369,038.70 $116,086,696.71 $563,494,301.12 $447,407,604.42 


2024 7,369,038.70 $113,255,313.86 $558,687,345.49 $445,432,031.62 


2025 7,369,038.70 $110,492,989.13 $553,779,661.75 $443,286,672.61 


2026 7,369,038.70 $107,798,038.18 $548,779,023.05 $440,980,984.87 


2027 7,369,038.70 $105,168,817.74 $543,692,883.30 $438,524,065.56 


 


IMPACTS TO DIVISION  
 
The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. 
The Division believes that this workload impact will be handled by current and anticipated staff. The 
Division is also currently building a database to manage the annual emission reports submitted by 
operators under Regulation Number 7, Part D, Section V. 
 


SUMMARY AND CONCLUSION 


The Division prepared this Initial Economic Impact Analysis in accordance with the requirements of §25-
7-110.5), C.R.S. Specifically, the Division utilized the methodology identified in §25-7-110.5(4)(c)(III), 
C.R.S. 


The Division has determined that there may be costs related to the proposed revisions potentially 
impacting owner or operators of oil and gas operations including costs related to additional LDAR 
inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance 
of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well as 
associated recordkeeping and reporting. 
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Table 28: Cumulative Cost Effectiveness 


Total Annual Cost $121,963,585.73 


 GHG (mtCO2e) VOC (tons) 


Total Emissions Reduced Per Year 7,369,038.70 6,646.86 


Total Cost Effectiveness $16.55 $18,349.05 


The Division projects that the proposal will reduce greenhouse gas emissions (In CO2e) by 
approximately 7,459,343 mtCO2e per year at a cost of approximately $120,729,978.73 per year.  The 
overall cost effectiveness for the entire package is approximately $16.19 per ton of CO2e reduced. The 
Division also estimates its proposal will reduce at least 6,645 tpy of VOC, not including VOC reduced by 
the intensity program (even though this program will certainly reduce VOC emissions as well). The 
proposal will also have additional unquantified emission benefits through reductions of ethane (which 
has a significant global warming potential and ozone benefits) and hazardous air pollutants such as 
benzene. The Table 28 cumulative cost-effectiveness analysis does not take into account the social 
cost of greenhouse gas as discussed in the Section V of this Initial EIA. 


Based on the above analyses, the Division believes the proposed revisions are cost-effective. The 
Division has provided an estimate of costs based on reasonably available information and will consider 
any additional information provided by stakeholders. The Division as staff to the Commission requests 
that affected industry or any interested party submit information with regard to the cost of compliance 
with these proposed rule revisions. 
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INTRODUCTION


The Division is proposing revisions to Regulation Numbers 7 and 22 that continue to address the


directives in § 25-7-109, C.R.S., as revised by Senate Bill (SB) 19-181 (Concerning Additional Public


Welfare Protections Regarding the Conduct of Oil and Gas Operations). These revisions will also address


the requirements established in SB 19-096 (Concerning the collection of greenhouse gas (GHG)


emissions data), House Bill (HB) 19-1261 (Concerning the reduction of GHG pollution), and recent HB


21-1266 (Environmental Justice, Disproportionately Impacted Communities).


The oil and gas (O&G) industry is a large source of GHG emissions, and the largest anthropogenic source


of methane in Colorado. The state GHG Pollution Reduction Roadmap (the GHG Roadmap) identifies


sectors and their associated emissions to aid the state in establishing regulatory provisions to achieve


the statutory GHG emissions reductions goals. In October 2020, the Commission further refined the


state’s goals for certain sectors, establishing a goal for the O&G Sector of the GHG Roadmap of 36%


reduction by 2025 and 60% reduction by 2030. The Commission established a target for the O&G Sector


of 13 million metric tons (MMT) CO2e by 2025 and 8 MMT CO2e by 2030. Commission targets for the


sector including residential, commercial, and industrial combustion emissions (RCI Sector) include a


20% reduction from 2005 numbers by 2030. HB 21-1266 memorializes percentage reduction goals for the


Industrial Sector in statute, and provides additional requirements for the rulemakings to achieve these


goals.


To address these directives, the Division is proposing revisions to Regulation Numbers 7 and 22 that:


limit emissions from the upstream and midstream segments of the oil and gas industry as identified in


the GHG Roadmap through a combination of direct regulations and performance based programs;


require increased monitoring and leak detection and repair (LDAR) inspections; achieve reductions of


GHG and co-pollutants in disproportionately impacted (DI) communities; and impose additional best


management practices and performance testing schedules to ensure the efficacy of air pollution


control equipment, specifically enclosed combustion devices (ECDs). These revisions to Regulation


Numbers 7 and 22 are primarily proposed on a state-wide and state-only basis; however there is one


revision proposed to the State Implementation Plan, which is discussed in Section I.F. of this Final EIA.
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REQUIREMENTS FOR ECONOMIC IMPACT ANALYSIS (EIA)


Section 25-7-110.5(4)(a), C.R.S., sets forth the requirements for the initial and final EIA, as stated


below:


Before any permanent rule is proposed pursuant to this section, an


initial economic impact analysis shall be conducted in compliance with


this subsection (4) of the proposed rule or alternative proposed rules.


Such economic impact analysis shall be in writing, developed by the


proponent, or the Division in cooperation with the proponent and made


available to the public at the time any request for hearing on a


proposed rule is heard by the Commission. A final economic impact


analysis shall be in writing and delivered to the technical secretary and


to all parties of record five working days prior to the prehearing


conference. If no prehearing conference is scheduled, the economic


impact analysis shall be submitted at least ten working days before the


date of the rule-making hearing. The proponent of an alternative


proposal will provide, in conjunction with the Division, a final economic


impact analysis five working days prior to the prehearing conference.


The economic impact analyses shall be based upon reasonably available


data. Except where data is not reasonably available, or as otherwise


provided in this section, the failure to provide an economic impact


analysis of any noticed proposed rule or any alternative proposed rule


will preclude such proposed rule or alternative proposed rule from


being considered by the Commission. Nothing in this section shall be


construed to restrict the Commission’s authority to consider alternative


proposals and alternative economic impact analyses that have not been


submitted prior to the prehearing conference for good cause and so


long as parties have adequate time to review them.


Section 25-7-110.5(4)(c), C.R.S., further provides that:


The proponent and the Division shall select one or more of the


following economic impact analyses. The Commission may ask affected


industry to submit information with regard to the cost of compliance


with the proposed rule, and, if it is not provided, it shall not be


considered reasonably available. The economic impact analysis


required by this subsection (4) shall be based upon reasonably available


data…


For the purposes of this Final Economic Impact Analysis the Division has chosen to use the methodology


set forth in § 25-7-110.5(4)(c)(I), C.R.S.


Additionally: Section 25-7-110.5(4)(f), C.R.S., states:


For a rule that implements section 25-7-105(1)(e) that may materially


affect greenhouse gas emissions, the economic impact analysis required


by this subsection (4) must include an analysis of the social cost of


greenhouse gases related to the estimated emission reductions from


the proposed rule. The analysis must use the most recent assessment of


the social cost for those greenhouse gases for which the federal


government has determined the cost, and the consideration of the


social cost of greenhouse gases must be consistent with existing law
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and include use of a discount rate of no more than two and one-half


percent; except that the social cost of greenhouse gases that is used


may not be lower than that established in 2016, using a two and


one-half percent discount rate, by the federal interagency working


group on the social cost of carbon or than the final social cost of


greenhouse gases, using a two and one-half percent or lower effective


discount rate, established by the federal interagency working group on


the social cost of greenhouse gases pursuant to federal executive order


13990, dated January 20, 2021, whichever is higher.


For the purposes of the Final Economic Impact Analysis, the Division conducts an analysis of the social


cost of greenhouse gas using a two and one-half percent (2.5%) discount rate.


INDUSTRY-WIDE BENEFITS


Many of the proposed revisions are designed to require or incentivize best management practices at oil


and gas operations. This benefits Colorado-based energy companies in the current marketplace, in


which end users increasingly demand sustainable energy. A recent study of industry-wide efforts in this


transitional space has identified twenty non-regulatory initiatives related to emissions reductions


applicable to the oil and gas industry, in four different categories: certification programs,


company-specific commitments, guidelines, and ratings based on “environmental, social, governance”


(ESG) factors.
1


Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to


reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more


than 15% of the natural gas value chain, and numerous Colorado operators are members. Another


example is the effort led by MiQ, developed by the Rocky Mountain Institute and SystemIQ Ltd., which


proposes a “globally-applicable certification system [that] enables all oil and gas producers to be


assessed according to the same universal standard.” These standards provide a metric by which
2


“responsibly-sourced gas” can be a driving market factor, and - when combined with the value of the


gas recovered through use of these practices and controls - can off-set increases in the cost associated


with the production of that gas. These economic benefits are challenging to measure in the context of


a particular regulatory proposal. However, looking at the MiQ standard, which relies on three pillars


(methane intensity, company culture, and monitoring programs ), Colorado’s regulatory program
3


ensures that Colorado operators should easily qualify for the most rigorous MiQ certification. Leaving


Colorado operators primed to reap the maximum economic benefit from the new consumer demand for


sustainable energy sources.


These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of


natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on


August 10, the U.S. Energy Information Administration raised its forecast for third-quarter 2021 natural


gas prices to $3.71/MMBtu (or $3.80/MCF). The Division has attempted to account for the economic
4


benefits of additional gas recovery from some of the proposed revisions, but generally notes that


collectively, as a whole, there is a significant economic benefit to industry - and royalty owners - from


4
Short-Term Energy Outlook - US Energy Information Administration; Natural Gas Price Forecast: 2021,


2022 and Long Term to 2050 - knoema.com


3
The Standard, MIQ


2
Why certification?, MIQ


1
An Overview of Voluntary Emissions Reduction Initiatives for Responsibly Sourced Oil and Gas,


Highwood Emissions Management, May 2021.
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innovative regulatory programs designed to minimize the loss of natural gas during the production


process.


COST-EFFECTIVENESS ANALYSIS


The Division’s assessment of the costs associated with each of the proposed revisions is set forth below.


A cost-effectiveness methodology is employed that identifies cumulative costs for the affected


industry, costs for the Division, the estimated air pollution reduction, the projected cost per unit of air


pollution reduced, and the resulting social benefit per unit of air pollution reduced. The primary driver


of the Division’s proposal is the direction and need to reduce greenhouse gas emissions from the oil and


gas industry. However, where the Division had information, the Division also attempted to quantify


reductions in co-pollutants, such as volatile organic compounds (VOC) that would be realized by these


proposals.


The Division additionally assessed whether any of the proposed programs would impose any direct costs


on the general public, and determined that based on available data, there will be no direct costs to the


general public for any of the programs.


I. Better Performance of Air Pollution Control Equipment


The Division is proposing regulations to optimize and verify performance of air pollution control


equipment. This proposal includes:


● Increased monitoring requirements for some air pollution control equipment;


● Use of flow meters; and


● Performance testing of enclosed combustion devices.


Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require reductions


in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, including


enclosed combustion devices (“ECDs” or “combustion devices”). The Division is proposing the addition


of new inspection, maintenance, and performance monitoring requirements of air pollution control


equipment in order to ensure that air pollution control equipment is meeting performance efficiency


standards.


Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s


December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries


statewide that are subject to the control requirements of Section II.C (i.e., have emissions greater


than 2 tpy VOC). The Division undertook an analysis to determine the average number of combustion


devices per tank battery. The Division conducted inspections of 3,312 unique storage tank batteries and


identified 5,943 enclosed combustion devices, for an average of 1.79 ECDs per tank battery. For


purposes of this analysis, the Division assumed an average of 2 ECDs per storage tank battery, for a


total of 9,146 storage tank ECDs as part of this program.


October 28, 2021 Economic Impact Analysis (Final) for Regs. 7 and 22 Page 6 of 44







These requirements would also apply to midstream operations. The Division has identified 205
5


compressor stations. Of the 205 compressor stations, 59 are in the 9-County area and 146 are outside
6


the 9-County area. Information provided by operators suggests an average of 1 ECD at a compressor


station outside the 8-hour Ozone Control Area and 2 ECDs at a compressor station inside the 8-hour


Ozone Control Area. Therefore, the Division determined that there are an additional 264 ECDs to be


tested at compressor stations as part of this program.


Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63


natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the


Division’s data shows that 32 are in the 9-County area, while 31 are outside. Information received from


operators suggests that a gas plant in the 9-County area has between 1-3 ECDs, while a gas plant


outside the 9-County area has between 0 and 1 ECD. For purposes of this analysis, the Division assumes


gas plants in the 9-County area have 2 ECDs (32 x 2 = 64 ECDs) and gas plants outside the 9-County area


have 1 ECD (31 ECDs). Therefore, the Division determined that there are an additional 95 ECDs to be


tested at gas plants as part of this program. The Division determined there are a total of 9,505 ECDs


subject to this proposal.
7


I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f


In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment


at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual


inspections of air pollution control equipment. Because the required inspections are visual, no


additional monitoring equipment will be required in order to fulfill the inspection requirements. Most,


if not all, air pollution control equipment is already subject to weekly inspection requirements under


Regulation Number 7, Part D, Section II.C. However, some air pollution control equipment controlling


other equipment is not currently subject to all these requirements (though a number of ECDs have


permit conditions setting forth a similar level of inspection). The Division is proposing to subject


controls on separation equipment to these requirements in revisions to Section II.F, though no new


costs are expected from that revision because new Colorado Oil and Gas Conservation Commission


(COGCC) rules mandate capture of gas coming off separation equipment, and only permit use of control


equipment where granted a variance from the COGCC.


Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly


subject to these inspection requirements. The Division has reached out to the industry to understand


how many such devices would be subject to the rules, and of those, how many are not currently


inspected at this frequency, but has not yet received a response. Based on the Regulation Number 7,


7
These numbers do not include ECDs controlling separation equipment or upstream dehydration units.


However, the new COGCC regulations should result in a complete phase-out of separator control


devices. The Division does not have reasonably available data on the number of ECDs controlling


upstream dehydration units.


6
The 9-County area includes the 8-hour Ozone Control Area, and all of Larimer and Weld counties.


5
The Division does not currently have the ability to identify compressor stations in the state in the


same way as it can identify gas plants or well production facilities. To create a list of compressor


stations, the Division started with facilities classified as compressor stations in COGIS and the Division’s


SIP inventories. The Division merged these lists, removed duplicates, and, where possible, screened


permit records to remove those that were misclassified. Based upon information collected during the


Statewide Hydrocarbon Emission Reduction (SHER) process and information from the industry, the


Division estimates that approximately one-third of the compressor stations operate in the transmission


and storage segment (as opposed to the midstream segment), leaving 207 midstream compressor


stations statewide. The Division also reviewed the number of unique compressor stations reported


pursuant to leak detection and repair (LDAR) reports required by Regulation Number 7 for calendar


year 2020, and determined that there are 205 unique compressor stations on non-tribal lands.
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Part D, Section V annual reports, there are one hundred and forty five (145) dehydration units,


sixty-three (63) at upstream operations and eighty-two (82) at midstream operations. Under Section


I.H.5, though, air pollution control equipment controlling dehydration units is already subject to


weekly inspection requirements, covering the majority of reported dehydration units.


Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to


be absorbed into current operation and maintenance practices and carried out by existing personnel.


No additional significant equipment or labor costs are expected to be imposed on operators to comply


with the proposed inspection and monitoring requirements.


I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g


The Division proposes that operators install and operate flow meters on most air pollution control


equipment used to comply with Section II control requirements. In the Initial EIA, the Division assumed


that most of the state’s combustion devices will require the installation of a flow meter, though flow


meters are already required for combustion devices controlling separation equipment in most permits.


However, in the Division’s revisions to its proposal, the Division specified that a single flow meter could


be installed under this Section of the rule as long as all streams to the bank of ECDs are captured. That


will substantially reduce the economic impact of this proposal.


The Division’s proposal does not prescribe any specific brands or types of flow meters that can be used.


Based on the analysis of the equipment costs for 22 different flow meters currently on market, the


Division uses the average cost of $2,439 as the estimate per flow meter in this economic analysis. The


useful life of a flow meter varies significantly based on the type and usage of the device, and can range


from as few as 5 years to as many as 25. The Division uses the estimated useful life of an ECD, 15


years, as a reasonable assessment of useful life for flow meters. The Division has no information on


installation costs or annual maintenance or calibration costs for flow meters, and, in the Initial EIA


requested that such information be provided by operators. The Division did not receive any information


from operators between the date of the Initial EIA and this Final EIA. The annualized cost of a flow


meter would therefore be $389.68. It is estimated that based on the estimated count of affected


combustion devices, 9,505, total annualized costs to the industry for flow meters will be approximately


$3,703,908.40. For operators with flares subject to performance testing requirements, the cost of flow


meters is included in that analysis.


The Division has heard from industry a suggestion that there are other associated costs with the use of


flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that


industry provide information about these costs and the necessity therefore. The Division did have some


discussions with industry about its proposal for flow meters that resulted in a number of revisions.


However, the Division did not receive any cost information or data regarding the cost of or need for site


reconfiguration.


I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D,


Section II.B.2.h


The Division’s proposal will require performance testing of most ECDs used to comply with Regulation


Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI


communities, second in the 8-hour Ozone Control Area (or northern Weld) and last, the remaining


devices.


The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are


located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus


Northern Weld) (and not in a DI community), and 21.56% or 2,049 are located outside of the 8-hour
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Ozone Control Area (plus Northern Weld) (and not in a DI community). Table 2 includes the projected
8


number of flares that will be required to be tested in each compliance deadline year for each location


for the first 5 years of the program, as provided for in section II.B.2.h of the proposed rule. For ECDs in


DI communities and inside the 8-hour Ozone Control Area, plus Northern Weld, the final year includes


devices that will be undergoing a subsequent periodic test.


Table 1: ECD Testing Schedule


Location of


Combustion Devices


Compliance Deadlines (on or before May 1)


2023 2024 2025 2026 2027 2028
9


Number of ECDs that must be tested by each year end


Inside DI Community 407 679 815 815 - 407


Inside NAA


(Not in DI Community)
474 948 948 1422 948 474


Outside NAA


(Not in DI Community)
102 205 307 410 512 512


The Division assumes that all performance testing of combustion devices will be conducted by


third-party testing companies. The Division collected information from flare performance testing


companies, testing personnel, operators, and historical Division data to estimate the costs associated


with conducting a destruction efficiency test for a combustion device through a third-party testing


company. Table 2, below, includes a breakdown of the costs associated with the completion of a


performance test for one combustion device; the Division assumes that a performance test for one


combustion device can be completed in one day (eight work hours). The figure for labor includes three


testing personnel, at an estimated average labor rate of $96 per hour, for eight hours each. Test


protocol preparation and test report preparation are each estimated to take one day to complete. As


the test methodology and testing equipment used vary between combustors, the Division uses the


average hourly equipment rental and preparation costs from a set of potential rates as the estimate
10


for equipment costs. It is assumed that four units of testing equipment will be used for each test.


Possible testing equipment used includes, but is not limited to, ionization detectors, O2/CO2 monitors,


gas chromatographs, and sampling bags. Consistent with the 2014 and 2019 Regulation Number 7


rulemakings, the Division estimated travel cost as 15% of the labor cost. As set forth in Table 2, the


total cost of a performance test for one ECD is estimated to be $6,326.60. For the purposes of this EIA,


the Division assumes that one ECD will be tested per trip. In some cases, testing companies may be


able to test multiple ECDs at a site during one trip. In such an instance, the travel time cost would only


be applied once, while costs associated with labor, test administration, and equipment could


potentially increase. In order to standardize the costs associated with testing one ECD, the Division


bases cost estimates on the assumption that one ECD is tested per trip and that testing takes one day.


The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December


2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be


10
Equipment rental and preparation rates were provided by companies that offer ECD testing services.


9
The estimate of ECDs tested in 2028 also includes those ECDs that were tested in 2023 and are


required to complete testing again after 5 years, per the rule proposal, assuming all ECDs tested in


2023 have to be tested again in 2028 (a conservative assumption).


8
The Division does not yet have complete data pertaining to each well production facility’s location as


it relates to the identification of a DI Community. However, based upon the Department’s climate data


viewer tool, which maps DI communities, the Division was able to determine that these percentages


relate to the percent of population residing within a DI community, whether within or without the


nonattainment area. The Division applied those percentages to the number of facilities.
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required to be tested each year, for the first 5 years. As noted below, in Table 2, the cost per year of


testing 1,731 ECDs is estimated at $10,951,715.


Table 2: ECD Performance Improvement Costs
11


ECD Performance Testing


Parameter Units Cost Per Unit
Units Required Per


Test
Cost Per Test


Labor hours $96.00 24 $2,304.00


Test Protocol days $700.00 1 $700.00


Test Report days $695.00 1 $695.00


Equipment Rental components/day $352.50 4 $1,410.00


Equipment Prep components $290.00 4 $1,160.00


Travel hours $14.40 4 $57.60


TOTAL ECD Performance Testing Costs


Cost per test


Average


Tests per


Year
Total Annual Cost


Total Performance Test $6,326.60 1,731 $10,951,715


The Division does not have performance test results for every ECD in the field, from which it can


calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits


of its proposal, the Division undertook an analysis of failing performance test results collected by the


Division to quantify both the percentage of failing tests as compared to devices tested and the scale of


a failing test - i.e., when a device fails the test, what is the average of the delta between the test


result and the applicable control efficiency requirement. The Division estimates that 9.61% of ECD


performance tests fail to demonstrate compliance with the applicable control efficiency requirement.


The Division’s analysis suggests that an average scale of failure is 11.36% (i.e., based upon an average


of failing performance tests, the test results are 11.36% lower than the applicable control efficiency


requirement). The Division calculated a performance improvement of 1.09% from its proposal


(representing the difference between 93.91% control and 95%).


To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported


for all controlled tank batteries over 2 tpy VOC (from the Division’s database). The Division estimated
12


that its proposal would result in a VOC benefit of 2,211 tpy. Using an assumed methane to VOC ratio
13


of 1.01:1 for storage tanks, the Division estimated a greenhouse gas benefit of 56,734 mtCO2e/yr.


13
The majority of these emission reductions are realized from those ECDs controlling tank systems with


VOC emissions over 12 tpy.


12
When the Division looked at emissions reported in the annual emissions reports, the Division also


calculated uncontrolled emissions reported from separators and dehydrators for July - December 2020.


The Division doubled those emissions to account for a full year, and all emissions from separators and


dehydrators reported were assumed to reflect 95% control. Based on these inventories, this rule may


also reduce emissions from 2,230 separators and 145 dehydrators for an additional 253.48 tpy VOC and


20,390.38 mtCO2e/year.


11
The change in cost from the Initial EIA is primarily due to the decreased number of annual


inspections resulting from an adjustment to the timeline for completing required performance tests.
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I.D. Reporting


The cost of preparing a performance test report is included in the cost information above. The Division


is proposing that operators would submit information about the performance tests conducted each year


with the existing annual reports required under Section V, which is an absorbable cost. Additional


report submittals might be required if an operator fails a performance test; however, the cost of these


additional reports is presumed to be negligible and absorbable.


I.E. Enclosed Combustion Device Performance Cost Effectiveness


Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost


of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. Based


on this analysis, the Division has determined that this proposal will result in a cost effectiveness of


$6,627 per ton VOC and $258 per mtCO2e.


Table 3: ECD Performance Improvement Cost Effectiveness
14


Annual and Total ECD Performance Improvement Costs


Cost per test or


meter Annualized Cost Total Annual Cost


Total Performance Test $6,326.60 $10,951,715


Flow meter $2,439.00 $389.68 $3,703,908
15


Total $14,655,253


ECD Performance Improvement Cost Per Ton


VOC (tpy) Methane (tpy) Methane (mtCO2e/yr)


Emission Reductions 2,211 2,234 56,734


Cost per ton Emission Reduction $6,627 $258


I.F. Combustion Device Performance in Section I.


As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new


addition from the Request Proposal and are included to address concerns raised by EPA with previously


submitted State Implementation Plan (SIP) revisions. Based on the analysis done at the time of


adoption of those previously submitted SIP revisions in 2017, the Division estimated that a potential of


62 emission points could include a single storage vessel that could have the potential to emit greater


15
These flow meter costs are overly conservative, because under the Division’s proposal a permanent


flow meter is not required to be installed on each ECD. However, the Division’s proposal does require a


flow meter be installed and operating during a performance test (but it can be temporary), so has


maintained this assumption in the cost analysis.


14
The emission reduction estimate in Table 3 is a significant increase from the emissions estimate in


the initial EIA of 539.59 tpy VOC and 13,843.18 mtCO2e/year. In the initial EIA, the division made an


assumption about the emissions based on the counts of storage tanks between 2-6 tpy VOC, 6-12 tpy,


12-20 tpy, and > 20 tpy. For this final EIA, the Division summed the total uncontrolled VOC emissions


reported for each of the above categories to determine the impact of this rule revision. See Storage


Tank Inventory 8-12-2021.
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than six tpy VOC. Assuming, as done above, that each point used two combustion devices to control


emissions, owners or operators may have to conduct performance tests of 124 combustion devices


under the proposed revisions to require performance testing of devices controlling emissions from


storage vessels, as such vessels are defined under the recommendations in EPA’s Control Techniques


Guidelines for the Oil and Natural Gas Industry (Oil and Gas CTG). The Division does not have
16


sufficient information to estimate the potential number of combustion devices controlling emissions


from wet seat centrifugal compressors that would require performance testing but, according to EPA’s


Greenhouse Gas Reporting Rule (GHGRP), no owners or operators report emissions from such


compressors in the ozone nonattainment area. For the potential 124 combustion devices estimated to


be controlling emissions from storage vessels, the Division assumes the costs would be the same or


similar to the costs of performance testing and flow meters described above and, in fact, would be


included in those cost estimates as these devices would be included in the percentage tested under the


proposed requirements in Regulation 7, Section II. Further, because EPA’s Oil and Gas CTG and EPA’s


New Source Performance Standards (NSPS) OOOOa use the same storage vessel applicability threshold,


it is possible that some combustion devices are already tested under the requirements of NSPS OOOOa


and, therefore, would not have additional expenditures related to combustion device performance


testing.


The Division, as staff to the Commission, requested additional information from stakeholders on the


costs associated with this component of its proposal, but did not receive any such information.


II. Midstream Program(s)


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions


(and co-pollutants) from the midstream segment of the oil and gas industry. The proposals include the


following additional requirements for oil and gas operators in the midstream segment:


● Increased leak detection and repair (LDAR) inspections for compressor stations outside of the


8-hour Ozone Control Area;


● Increased leak detection and repair inspections and valve requirements for gas plants outside


of the 8-hour Ozone Control Area;


● Capture and control strategies for certain midstream operations, including pigging and


blowdowns;


● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour


Ozone Control Area;


● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone


Control Area; and


● Long-term planning for greenhouse gas reductions from midstream engines and other


combustion equipment.


II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E
17


According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were completed


at well production facilities (comprised of 525,433 AVO inspections and 26,354 AIMM inspections) and


757 inspections were completed at natural gas compressor stations (all AIMM inspections). From these


inspections, 15,617 leaks were discovered at well production facilities and 1,273 leaks were discovered


at natural gas compressor stations (all from AIMM). In an analysis of LDAR reporting, it is estimated that


across the industry, approximately 86% of LDAR inspections are completed “in-house” by the operator,


17
The cost analysis of this section is also relevant to the upstream LDAR costs evaluated later in this


Final EIA.


16
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA.
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and 14% are completed by an outside contractor. The costs between completing LDAR in-house and


completing LDAR through a contractor differ, as discussed in more detail below.


The Division uses the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019


rulemaking EIAs supporting LDAR requirements. For in-house inspections, it is assumed that operators
18


use existing personnel to conduct LDAR inspections, but must purchase the leak detection equipment.


The majority of leak detection is conducted using either EPA Method 21 or by using an infrared (IR)


camera (by itself or as a screening tool before Method 21). The Division assumes that it takes 50% less


time to conduct leak detection using an IR camera, than using solely Method 21. LDAR inspections using


Method 21 take approximately 21.2 hours to complete, while LDAR inspections utilizing an IR camera


take 10.6 hours (per facility). It is estimated that 90% of inspections (in-house and contracted) are


completed using an IR camera, while 10% are completed using only Method 21.


The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and


other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor


Statistics (U.S. BLS) CPI Inflation Calculator. The Division found the current capital cost of an IR camera


to be between $100,430 - $163,366. For the purposes of this analysis, the Division uses the median
19


cost, of $131,898, as the capital cost of one IR camera. Further, IR cameras have an annual


maintenance and repair cost of $8,387. All equipment, including IR cameras, are assumed to have a
20


lifespan of 5 years. Table 4 provides an estimate of the capital and recurring costs required for LDAR
21


inspections.


21
Capital costs are annualized over a five-year period and adjusted for inflation.


20
Cost is inflated to 2021 dollars from the 2014 value of $7,500/year, using the U.S. BLS CPI Inflation


Calculator.


19
IR camera capital cost is based on historical Division data as well as current market rates for


commercial IR cameras.


18
See the Colorado Department of Public Health and Environment Air Pollution Control Division Final


Economic Impact Analyses for proposed revisions to Colorado Air Quality Control Commission Regulation


Number 7 (5 CCR 1001-9), dated January 30, 2014, September 14, 2017, and December 17-19, 2019.
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Table 4: LDAR Annualized Costs


Parameter Capital Costs Annual Costs
Annualized Total


Cost


FLIR Camera: $131,898


FLIR Camera Maint/Repair: $ 8,387


Photo Ionization Detector $5,591


Vehicle $24,602


Inspection Staff: $ 75,000


Supervision (@20%): $ 15,000


Overhead (@10%): $ 7,500


Travel(@15%): $ 11,250


Recordkeeping (@10%): $ 7,500


Reporting (@10%): $ 7,500


Fringe (@30%): $ 22,500


Subtotal Costs: $162,091 $154,637


Annualized Costs: $43,382.9 $154,637 $198,020


The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR


inspection. The total annualized cost identified in Table 4 of $198,020 is divided by an assumed 1,880


annual working hours to produce a value for an inspection rate for in-house inspections of $105/hour.
22


Operators also have the option of hiring third-party contractors to complete LDAR inspections, instead


of completing the inspections in-house. The hourly cost of using a third-party contractor to complete


leak detection is estimated at $137/hour. This estimate is based on the premise that contractors would


realize a 30% profit margin above the cost to operators of completing the inspections in-house.


II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d


Inspections


Currently, compressor stations inside the 8-Hour Ozone Control Area are subject to a quarterly LDAR


frequency. See Reg. 7, Part D, Sec. I.L.1. Compressor stations outside the 8-Hour Ozone Control Area


are also subject to a quarterly LDAR frequency if emissions are greater than 12 tpy VOC. See Reg. 7,


Part D, Sec. II.E.3, Table 2. As set forth earlier in this Final EIA, the Division determined that there


were 205 compressor stations in the midstream segment on non-tribal lands in the state. Based upon


operator-provided LDAR reports for 2020, which include inspection frequency, the Division determined


that there are approximately 75 natural gas compressor stations located outside of the 8-hour Ozone


Control Area with emissions under 12 tpy VOC. That is, 75 compressor stations currently do not have
23


an existing quarterly leak inspection requirement.


23
Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR


frequency.


22
This assumes a 40 hour work week, ten holidays, two weeks of vacation, and one week of sick leave.
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Of these 75 compressor stations, the Division is proposing to increase LDAR frequency where the


compressor station is located within a DI community. The Division estimates that ~33%, or 25


compressor stations, are located within a DI community and therefore subject to the proposed


quarterly inspection requirements. As a result, each of the affected 25 facilities will have an additional


2 LDAR inspections a year, for a total of 50 annual inspections. The Division does not have reason to


believe that additional IR cameras would be necessary to purchase to conduct these inspections, but


has included the cost of purchasing an additional camera in the per-hour inspection cost to recognize


that the timeline for IR camera replacement may be advanced as a result of these additional


inspections.


Table 5 includes a breakdown and analysis of the estimated leak inspection time and costs under the


different possible conditions mentioned in the preceding section. Assuming that 86% of LDAR


inspections are completed in-house and 14% are completed by a contractor, of the 50 total inspections,


about 43 inspections are expected to be completed in-house and 7 contracted out. At 10.6 hours per IR


inspection and 21.2 hours per Method 21 inspection, this equates to 576.82 total inspection hours for


all operators.


Table 5: LDAR Inspection Costs


# Inspections
Inspection


type


Inspection


method


Result: Inspection


hours
Cost per hour Result: Total cost


50


In-house


Method 21 90.19 $105.00 $9,470.34


FLIR 405.87 $105.00 $42,616.53


Contractor


Method 21 14.68 $137.00 $2,011.53


FLIR 66.07 $137.00 $9,051.88


Totals 576.81 $63,149.05


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $63,149.05 per year; or


$2,525.96 per compressor station per year.


Leak Repair


The Division estimated the costs associated with the repair of leaks discovered as a result of the


proposed regulation’s increased leak detection and repair requirements. The methodology for


estimating leak frequency, repair time, and repair cost are consistent with the Division’s prior EIAs. The


Division uses a quarterly leak frequency rate of 1.77% to estimate the number of leaking components


discovered through inspections. This figure is based on an EPA-estimated annual leak frequency of


1.18% , scaled for a quarterly leak frequency (similar analyses used by the Division in earlier
24


rulemakings, in 2014 and 2019). Using information provided to the EPA by industry , as used in previous
25


EIAs, component repair times are estimated at 0.63 hours for connectors, 0.63 hours for flanges, 0.63


hours for open-ended lines, 16 hours for pump seals, 1.13 hours for valves, and 0.63 hours for any other


components. The Division assumes an hourly repair rate of $82.06 for all components. Using the
26


estimate for the number of expected leaks per component, the Division estimates that a total of 34.75


26
Based on the hourly repair rate of $66.24 from 2009, used in the Division’s 2019 Regulation Number 7


EIA, adjusted for inflation to 2021 using the U.S. BLS CPI Inflation Calculator.


25
See “Analysis of Emissions Reduction Techniques for Equipment Leaks,” Cindy Hancy, December 21,


2011.


24
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7.
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repair hours per year per facility will be required to address leaks discovered by the new inspection


requirements. At $82.06 per hour, total annual repair cost is estimated at $2,851.82 per facility.


Multiplying this estimate by 25 total affected facilities yields an industry-wide annual leak repair cost


of $71,295.55.


Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program. The estimated emission reductions from increasing the frequency of


LDAR at compressor stations outside of the 8-hour Ozone Control Area and within a DI Community is


41.0 tpy VOC and 2,897.64 mtCO2e/year (methane).


Table 6: Emission Reductions for Compressor Stations ≤ 12 tpy in a DI Community


Number


of CS


Incremental LDAR Program


Reduction % (semi annual


to quarterly)


VOC Emission


Reductions


per CS


Total VOC


Emission


Reductions


Methane


Emissions


per CS


Total Methane


Reduction


25 10% 1.64 tpy 41.00 tpy 4.56 tpy 114.08 tpy


TOTAL Emission Reductions 41 tpy VOC 2,897.64 mtCO2e/yr


Value of Natural Gas Recovered


In Table 7, the Division estimates the value of natural gas recovered from these additional leak


inspections.


Table 7: Compressor Station Recovered Natural Gas Value from Leak Repairs


Compressor Station Fugitive


VOC Tier (tpy)


Number of


Compressor


Stations


Total Recovered


Natural Gas


(tons CH4/year)


Value of


Natural Gas


($/ton


methane)
27


Total Annual


Value of


Recovered


Natural Gas


≤ 12 tpy in a DI Community 25 114.084 $222.69 $25,402.90


Cost Effectiveness


Combining the annual cost of inspections, $63,149.05, with the annual cost of repairs, $71,295.55,


yields a total gross annual cost of $134,444.60.  Based on these reductions and associated costs, the


effectiveness of this requirement is $3,279.14 per ton VOC and $46.04 per mtCO2e, without


incorporating the estimated annual value of recovered gas of $20,279.62.


27
Based on the most recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as


provided for by the U.S. Energy Information Administration, using an average molecular weight of 19.17


lb/lb-mol of natural gas and 72.69% methane by weight for the Piceance basin.
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Table 8: Compressor Station LDAR Cost Effectiveness


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $63,149.05 $71,295.55 $134,444.60


Recovered Natural Gas -- -- -$25,402.90


Net Cost -- -- $109,041.70


Compressor Station Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


41.00 $2,659.55 2,897.64 $37.63


New Mexico recently did a cost analysis of increasing LDAR inspections across different facility types,


and likewise concluded that quarterly LDAR is cost effective at compressor stations. New Mexico’s
28


analysis demonstrates the cost effectiveness (for VOC) of additional IR camera inspections at


compressor stations as follows:


Table 9: New Mexico Summary of the VOC Cost of Control


for the Quarterly OGI Monitoring Option based on Model Plants


Facility Type


Annual VOC


Emission Reduction


(tpy)


Annual Cost (2019$)


$/ton VOC


reduced


(2019$)


Gathering and Boosting


Station
7.81 $26,030 $3,331


Reference: Table 9-13 of the 2016 CTG.


The Division, as staff to the Commission, requests additional information from stakeholders on the


costs associated with this component of its proposal.


II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I


Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour


Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas


processing plants outside the 8-hour Ozone Control Area may also be subject to NSPS KKK, NSPS OOOO,


NSPS OOOOa, depending on the date of construction. Natural gas processing plants statewide that have


storage tanks subject to Section II.C.1 must also conduct AIMM inspections of the storage tanks and


associated equipment in accordance with Table 1 in Section II.C.2. Those inspections range from


semi-annual to monthly, depending on the VOC emissions estimated from the storage tanks.


The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in


the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS


28
See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC


5-27-21_erg (06-08-2021)).
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OOOO or NSPS OOOOa. The Division has identified 25 gas plants outside of the DJ Basin - 18 in the


Piceance basin and 7 in the remainder of the state. These numbers do not include gas plants the


Division was able to determine are on tribal lands. Based on the Division’s review of the Regulation


Number 7 annual emissions reports, and the information submitted for fugitive emissions, it appears


that many natural gas processing plants outside the 8-hour Ozone Control Area are already subject to


NSPS OOOO or NSPS OOOOa for LDAR. However, for purposes of this Final EIA, the Division assumed that


all 25 gas plants outside the DJ Basin will need to adjust LDAR frequency to comply with the Division’s


proposal. This makes the Division’s cost analysis overly conservative.


The Division utilized technical supporting information from the Oil and Gas CTG in the analysis of this
29


proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure


relief devices, sampling connection systems, open-ended lines, valves, and connectors to determine if


a component is leaking. Under this program, “[v]alves are monitored monthly, connectors are


monitored annually, and open-ended lines and pressure relief valves must be monitored within five


days after a pressure release event to ensure they are operating without any detectable emissions (e.g.


at a concentration less than 500 ppm above background).”
30


In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to


a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars


was between $2,010 - 2,844 per ton VOC . In today’s dollars, based upon a gas processing model plant,
31


and assuming a correlation of VOC to methane of 1:1.81, the Division estimates the cost of this


proposal as follows:


Table 10: Cost and Emissions Reductions for LDAR at Gas Plants


Pollutant


Annual Emission


Reductions Per


Gas Plant


Capital


Cost


(2021$)


Annual


Cost


(2021$)


Cost of Control


(without


savings)


$/ton


Cost of


Control (with


savings)


$/ton


VOC 4.56 tpy $10,062.60 $15,343.12 $3,367.22 $2,379.79


Methane 8.27 tpy


$10,062.60 $15,343.12 $72.99 $51.63


Greenhouse Gas 210.2 mtCO2e/yr


The Division’s proposal would also require operators to - prior to placing a leak on the delay of repair


list - attempt a “drill and tap” repair of a leaking valve. Drill and tap reduces the need for a process


shut-down to effect a leak repair, and can reduce fugitive emissions. The Division does not have


information to suggest a significant additional cost associated with this proposal, because the Division


has no information regarding how many valves cannot be repaired through other means prior to being


placed on the delay of repair list. The Division understands that “drill and tap” is an accepted and


effective repair method for valves, and that this proposal generally reflects best practice.
32


32
See EPA’s LDAR: A Best Practices Guide, Leak Detection and Repair Compliance Assistance Guidance


Best Practices Guide; see also EPA December 1, 2015 Memorandum from Joseph Wilderwing to Cynthia


Reynolds, re: Drill-and-Tap.


31
Oil and Gas CTG, p. 8-11.


30
Oil and Gas CTG, pp.8-9, 8-10.


29
New Mexico also utilized this data in preparing its economic impact analysis of gas plant LDAR in its


recent rule. proposal. See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions


and Costs VOC 5-27-21_erg (06-08-2021)).
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The Division, as staff to the Commission, requests additional information from stakeholders on the


costs associated with this component of its proposal.


II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation Number


7, Part D, Section II.H


II.B.1. Pigging Operations


In Permit Section (PS) Memo 20-04 , the Division explained pigging operations as follows:
33


Raw natural gas is transported from production wells to processing plants


through networks of gathering pipelines. Although liquid separation may occur


at the well pad, much of the raw natural gas passing through the gathering


pipelines is saturated with hydrocarbons other than methane and may contain


other components such as water, carbon dioxide, and hydrogen sulfide. During


the transportation of this gas through gathering pipeline systems, the gas often


experiences a temperature drop and pressure change that causes the


hydrocarbons and other components to condense to a liquid phase. These


natural gas condensates can accumulate in low elevation segments of the


gathering pipelines, impeding the flow of natural gas. To maintain gas flow and


operational integrity of the gathering pipelines, operators mechanically push


these condensates out of the low elevations and down the pipeline by an


operation called “pigging,” which involves first inserting a device called a pig


into a pig launcher upstream of the pipeline segment where condensates have


accumulated. The gas flowing through the pipeline then pushes the pig through


the pipeline, allowing the pig to sweep along the accumulated condensates.


The pig is removed from the pipeline segment when it is caught in a pig


receiver.


The Division is proposing that midstream owners and operators with pigging operations must capture


and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators


may apply to the Division to utilize air pollution control equipment to control those emissions.


All midstream owners or operators with pigging operations must additionally employ best practices to


reduce emissions associated with pigging. Some of the proposed best management practices are


specified in PS Memo 20-04, and therefore should not result in additional costs to operators. See PS


Memo 20-04, Sections 6.5 and 6.6. For other proposed best practices, the Division has proposed a


feasibility off-ramp, that includes some sensitivity to cost.


The Division used gas speciation data collected by the Division, guidance from the EPA and
34


information received from operators and manufacturers to estimate emissions from pigging events.


Cost - Pig Ramps


Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to


drain before the pig is pulled from the chamber. The inventor of pig ramps, Mark West, has made the
35


35
Pipeline Launcher/Receiver Emission Reduction Systems


34
“Quantifying The Potential Impact Of Natural Gas Condensate Holdup On Uncontrolled Volatile


Organic Compound Emissions From Pig Receivers During Depressurization In Wet Gas Gathering


Operations”, EPA Discussion Draft, May 16, 2016.


33
Memo 20-04 - Routine or Predictable Gas Venting Emissions Calculation and Instructions on Permitting


for Oil and Natural Gas Operations, Permit Section Memo 20-04, APCD, CDPHE, November 6, 2020.
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schematics available freely on its website. The Division has received cost estimates for each pig ramp


of $800-$1,300 per ramp. Taking the median ($1,050) and applying a 6% interest rate results in an


annualized cost of $188 per pig ramp. The Division does not have reasonably available information as to


how many pig ramps would be necessary to comply with this proposal, and - as staff to the Commission


- requests that information from operators. The Division otherwise assumes this minimal cost to be


absorbable. The Division also amended its proposal to allow for other liquids containment systems, such


as process drains. This expansion of compliant practices further reduces the impact.


Cost - Depressurization


The Division would also require operators to employ a best management practice of depressurizing pig


launcher and receiver chambers prior to opening, in order to reduce the volume of gas vented to the


atmosphere. According to the EPA, “[t]he depressurization emissions from high pressure launchers and


receivers can be reduced by routing the gases to a lower pressure system before venting the remaining


gases to the atmosphere or to control equipment. Routing to a lower pressure system is achieved with a


depressurization line (or, "jumper line") exiting the top of the barrel ... or exiting the top of the pig


ball valve. Compressor stations and gas plants have low pressure lines on the site that can receive


these depressurization gases and recycle them through the process. Similarly, launchers and receivers


along high pressure pipelines are occasionally located near low pressure pipelines that can receive


depressurization gases exiting the barrel or pig ball valve.” One operator who employed the two best
36


management practices described above (pig ramps and depressurization) and Zero Emission Vacuum


and Compressor (ZEVAC) units reported significant reductions in gas vented and emissions as a result.
37


Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 per


jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line


installed during mainline construction are taken into account, the cost is more in the neighborhood of


$1,511 per jumper line. However, the Division acknowledges that it does not have access to other


associated costs, such as engineering costs. In the Initial EIA, the Division requested additional cost


information from operators. While the Division has heard verbally from operators that costs for a


jumper line can theoretically be in the range of $50,000, to date, no such supporting materials or any


data have been provided.


Cost - ZEVAC unit


In order to comply with the requirement to capture and reduce emissions during pigging operations, for


the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit. The Division
38


assumes that a pig launcher and receiver are already on-site.


The Division gathered information from a manufacturer of ZEVAC units on the costs associated with


ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have


reasonably available information about actual pigging operations in Colorado to specify the frequency


of pigging operations or the size of the ZEVAC unit that would be necessary for each operator. In its


annual emission reports to the Division, one operator submitted its annual emissions reporting 1,343


pigging events in the second half of 2020 alone, for a total of 13,806,040 scf vented, an average of


38
The Division’s proposal also contemplates use of control devices as an option where recovery of the


gas from pigging operations is not feasible. According to EPA, “[l]arge, high capacity combustion


devices are typically available at compressor stations and processing plants and can be used to control


pigging gases while meeting the other flaring needs of the facility. There are also numerous low


capacity combustion devices available for serving remote launcher/receiver sites.” EPA Enforcement


Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert


37
See Methane Reductions in Pigging, September 2019, Methane Reductions in Pigging


36
EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement


Alert
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10,280 scf vented per pigging event. The Division recognizes that not all pigging events vent the same


amount of gas; pigging of larger, higher pressure pipelines emit more gas to atmosphere than pigging of


smaller, low-pressure pipelines. That operator also reported venting 7,557,500 scf of natural gas from


pipeline blowdown events during the same period. However, the Division did not get this level of


detailed reporting consistently across all operators; several midstream operators reported no pigging


operations. Therefore, an analysis was conducted on three different sized ZEVAC units, small, medium,


and large, under both a high frequency and low frequency use of the equipment. The size of the unit


affects the speed of the gas recovery process; larger units taking less time. All units are assumed to


have a useful life of 10 years. The capital cost of a small ZEVAC unit was found to be $30,000 with


maintenance and repair costs of $2,400 per year. Annualizing the capital cost across 10 years, and


assuming a 6% interest rate, yields a total annualized cost of $7,773. Under the same assumptions, the


capital cost of a medium sized unit is $135,000 with annual maintenance costs of $10,800, for a total


annualized cost of $34,976; and the capital cost of a large unit is $245,000 with annual maintenance


costs of $19,600, and a total annualized cost of $63,476. In estimating the composition of pollutants in


the gas, the Division applied weight percentages of total hydrocarbons of 29.35% VOC, 53.31%


methane, and 17.34% ethane.
39


High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per


year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an


estimated 3,900 scf of gas, for a total annual potential emitted gas of 4,875,000 scf. As noted above,


with at least one operator reporting 1,343 pigging events in just the second half of 2020, it is


reasonable to assume at least some operators engage in high-frequency pigging operations. Low


frequency pigging assumes the use of 1 pig barrel per day, for 3 days per week, at 50 weeks per year.


With low frequency pigging, there are an estimated 150 events per year, each releasing an estimated


3,900 scf of gas, for a total annual potential emitted gas of 585,000 scf.


Table 11 below demonstrates potential gas recovery (emissions reductions) and cost per ton of


pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness analysis


does not account for the economic benefit to operators from selling the recovered gas.


39
As with elsewhere in this Final EIA, the Division utilized gas speciation data submitted to the Division


from multiple operators, reviewing over 100 samples of sales gas analysis from across the state, and


creating a weighted average by location.
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Table 11: Cost and Emission Reductions of ZEVAC Units


Small ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured
40


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $7,773.00 40.02 1,844.44 $194.21 $4.21


Low frequency $7,773.00 4.80 221.33 $1,618.44 $35.12


Medium ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $34,976.00 40.02 1,844.44 $873.90 $18.96


Low frequency $34,976.00 4.80 221.33 $7,282.47 $158.02


Large ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $63,476.00 40.02 1,844.44 $1,585.99 $34.41


Low frequency $63,476.00 4.80 221.33 $13,216.54 $286.79


Amount and Value of Recovered Natural Gas


If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC


unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming


low-frequency use, the Division calculates natural gas savings (at a price of $4/MCF) of $19,000 per


ZEVAC unit per year, for a high frequency use, and $2,340 per ZEVAC unit per year for a low-frequency


use. That would materially improve the cost-effectiveness.


In the Initial EIA, the Division, as staff to the Commission, requested additional information from


stakeholders on the costs associated with this component of its proposal. The Division did receive some


additional cost data from operators, associated with the rental of a ZEVAC unit, that included 2 hours


labor, driving costs, and rental costs for an engine-driven air compressor. Industry noted annualized


costs of about $556 per pigging event. The Division believes these costs are inappropriately inflated for


most pigging events for the following reasons. First, purchasing a ZEVAC unit (or compressor) is more


cost-effective than a per-event rental. Second, the Division understands from industry that a large


portion of pigging events take place at a natural gas compressor station or natural gas processing plant,


in which case there would be no need for travel time or additional labor hours. The cost per ton and


emission reductions expected from the Division’s PHS Proposal is set forth below.


40
Converted from methane to CO2e using AR5.
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II.B.2. Blowdowns of Equipment and Piping


The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions


from blowdowns from equipment and piping at compressor stations and gas plants. The Division also


proposes requiring best practices for blowdowns including along midstream pipelines. The Division’s


proposal with the Prehearing Statement identifies with more specificity which blowdown emissions


must be captured or controlled, focusing on blowdowns of compressors, and aggregating emissions from


blowdowns of all other equipment and piping (with a physical volume of equal to or greater than 50


cf).


Based on information collected from operators, some operators will be able to route emissions from


blowdowns to existing control equipment on-site. One operator indicated that costs to combust


blowdown emissions could include the building of a blowdown header and taking blowdowns back to


the field or a series of VRUs to draw down the pressure/volume such that it can be handled by the


existing ECD or a new combustion device. Others, however, will drawdown line pressure, either


naturally with alternative lower pressure gas lines or using ZEVAC units as discussed under the
41


previous section, to capture and retain the natural gas. Some operators may also install ejector units to


force gas out of off-line compressors or other equipment and route the gas to a lower pressure fuel
42


gas line.


Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to


the Commission - requested additional information from operators on the costs of implementing


controls and other practicable best management practices specified in the Division’s proposal. The


Division did not receive any additional data or materials other than as described above.


Emission Reductions from Pigging and Blowdowns


The Division does not have complete data from operators on how often pigging activities are


conducted, particularly as differentiated between pigging and other maintenance activities that result


in venting of emissions. In order to calculate reductions associated with this proposal, therefore, the


Division looked at two sources of data. First, the Division looked at EPA FLIGHT data for 2019, and


identified the total amount of emissions in CO2e reported by the natural gas gathering and boosting


segment and the natural gas processing segment for pigging, venting and blowdowns (to the extent


possible). The Division looked at emissions from the 20 natural gas processing plants in Colorado (on


non-tribal lands) that reported to EPA and calculated 6,007.84 mtCO2e per year from venting/pipeline


blowdown activities. It was more difficult to separate out gathering and boosting facilities that are in


Colorado, and on non-tribal lands, but the Division ultimately calculated about 76,000 mtCO2e per year


from venting/pipeline blowdown activities reported to EPA.


Initial EIA Analysis


The Division then looked at the emissions reported to the Division by operators in the midstream


segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream


operators reported 35,184 events in “venting or blowdowns” and “pipeline” emission activities. From


these events, operators reported a total of 184,495 mtCO2e for 2020. Operators also reported 3,584


tons VOC from venting or blowdowns and pipelines for 2020.


42
Reducing Emissions When Taking Compressors Off-Line, Natural Gas Star, EPA, October 2006.


41
Blowdown Emission Reduction White Paper, American Gas Association, August 5, 2020.
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Table 12: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines


Reported 2020 Emissions with No Control


Emission Category
Reg. 7 EI 2020 CO2e


(mtCO2e/yr)


Reg. 7 EI 2020 VOC


(tpy)
# Events


Total Venting/Blowdowns (includes pigging) 164,758.15 1,690.08 69,770


Total Pipeline Venting 19,736.72 1,893.70 598


Total Venting/Blowdowns/Pipeline Venting 184,494.87 3,583.78 70,368


Emissions after 95% Reduction of Venting/Blowdown Emissions


Total Venting/Blowdowns (includes pigging) 8,237.91 84.50 69,770


Total Pipeline Venting 19,736.72 1,893.70 598


Total Venting/Blowdowns/Pipeline Venting 27,974.63 1,978.20 70,368


Emission Reductions with this Rule


Total Emission Reductions 156,520.24 1,605.58 70,368


Not accounting for any reductions from pipeline emissions, the Division’s proposal could reduce
43


venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking


only at VOC emissions from total venting and blowdowns (and not including pipeline venting reported),


If the Division’s proposal also reduces VOC by 95%, that results in a reduction of 1,606 tpy VOC, a


significant and meaningful co-benefit. These numbers are likely conservative because not all


midstream operators reported their emissions to the Division.


Update for Final EIA


The Division updated its analysis for this Final EIA based upon data reported for the second half of


2020, broken out by applicability category, reported emissions are as follows:


Table 13: Emissions from Venting/Blowdowns/Pigging and Pipelines


Activity
Number of


Events
VOC (tpy)


CO2


(mtCO2e/yr)


CH4


(mtCO2e/yr)


CO2e


(mtCO2e/yr)


Compressor Blowdowns 7,376 438.94 460.65 52,812.34 53,272.99


Pigging Operations 12,532 294.79 47.11 19,413.06 19,460.17


Other Facility Venting and


Blowdowns
50,747 1,024.10 1,824.29 166,264.17 168,088.46


SUBTOTAL Venting/Blowdown 70,655 1,757.83 2,332.05 238,489.57 240,821.62


SUBTOTAL Pipeline Venting 682 1,916.56 68.65 22,302.24 22,370.89


TOTAL 71,337 3,674.39 2,400.70 260,791.81 263,192.51


43
The Division’s proposal would require either capture, control or use of BMPs to reduce emissions from


pigging pipelines. The Division’s proposal would require only the use of BMPs to reduce emissions from


other pipeline blowdowns.
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Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they expect


the pigging applicability thresholds to result in capture or control of more than 85% of the natural gas


emitted during pigging operations. The Division’s proposal would also ensure capture or control of 95%


of the emissions from blowdowns of compressors and other equipment (using the numbers reported


above is appropriate because blowdowns where the physical volume is less than 50 cf are not currently


reported). Thus, under this updated analysis, assuming that the Division’s proposal would result in


capture or control of 85% of pigging operations (with a 95% capture/control efficiency), and 95%


capture/control efficiency of remaining blowdown emissions, the Division’s proposal could actually


result in even more reductions: 15,676.05.10 mtCO2e/year from pigging activities and 208,122.68


mtCO2e/year from blowdowns, for a total of 223,798.73 mtCO2e/year reduced (and 1,627.93 tpy VOC).


When the additional capture of CO2 emissions from this gas stream is included, the total CO2e


reductions increase to 228,781 mtCO2e/yr.


Table 14: Emissions from Venting/Blowdowns/Pigging and Pipelines


Reported 2020 Emissions with No Control


Emission Category
CO2e


(mtCO2e/yr)


VOC


(tpy)
# Events


Total Venting/Blowdowns (includes pigging) 240,821.62 1,757.83 70,655


Total Pipeline Venting 22,370.89 1,916.56 682


Total Venting/Blowdowns/Pipeline Venting 263,192.51 3,674 71,337


Emission Reductions with this Rule


Emission Category
CO2e


(mtCO2e/yr)


VOC


(tpy)
# Events


Total Emission Reductions 228,781 1,628 71,337


Cost of Pigging and Blowdown Emission Reduction


Based upon information reported to the Division in the annual emission reports under Regulation


Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that


blowdowns take place only on business days), there are approximately 282 events per day that would
44


be required to be captured or controlled by this rule. Using an annualized open flare cost of $25,268.95


, as well as the annualized ZEVAC costs depicted in Table 11 above, and assuming that each event
45


over a business day requires its own portable piece of equipment (such as an ECD or ZEVAC unit) , for a
46


total of 282 units required, the average annual cost of this proposal is $9,290,705.


The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per mtCO2e/year.


These costs, however, do not separate out pigging emissions or specific types of blowdowns (such as


compressor blowdowns), but do exclude pipeline emissions which are subject to BMPs but not control


requirements in the proposal. Table 15 contains the emissions and costs associated with venting and


blowdown emissions, including pigging emissions as described in more detail in Section II.B.1. of this


46
This is an overly conservative assumption. The Division understands that one ZEVAC unit can be


deployed multiple times per day. For example, based upon data provided to the Division, the average


pigging operation lasts around 15 minutes.


45
As described in more detail in the well liquids unloading section, later in this Final EIA.


44
Operators reported 35,328 events in the second half of 2020, as well as emissions for only July -


December 2020. The Division assumed that the annual emissions are double those reported for the 6


month period of July - December 2020.


October 28, 2021 Economic Impact Analysis (Final) for Regs. 7 and 22 Page 25 of 44







EIA. These costs also do not account for the recovered gas savings from using a ZEVAC or other capture


unit.


Table 15: Cost and Emission Reductions for Venting/Blowdown Activities


Control or Capture


Device Option
Annualized cost


VOC reduced


(tpy)


GHG reduced


(mtCO2e/yr)
$/ton VOC $/mtCO2e


Open Flare $7,141,510.65 1,627.93 223,798.73
47


$4,386.86 $31.91


Small ZEVAC unit $2,196,805.26 1,627.93 228,780.54 $1,349.45 $9.60


Medium ZEVAC unit $9,884,917.12 1,627.93 228,780.54 $6,072.07 $43.21


Large ZEVAC unit $17,939,587.12 1,627.93 228,780.54 $11,019.87 $78.41


Overall Average Cost Per Ton $5,707.06 $40.78


II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7, Part


D, Section II.B.3.d


Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour


Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. This proposed regulation would


expand that requirement to natural gas processing plants statewide. There may be additional costs of


the proposed requirement for owners or operators of reciprocating compressors at natural gas


processing plants to replace the rod packing. The Division estimates that there are 31 natural gas


processing plants outside the 8-hour Ozone Control Area, with an estimated total of 258 engines.
48


Conservatively assuming all engines existing at the natural gas processing plants are  reciprocating


engines and would be subject to the proposed requirements, and none of the owners or operators are


currently voluntarily replacing rod packing or capturing engine emissions, each of these engines will


incur additional costs to comply with the Division’s proposal. According to the Oil and Gas CTG, EPA


estimated the emission reductions by “comparing the average rod packing emissions with the average


emissions from newly installed and worn-in rod packing.” The Oil and Gas CTG, Table 5-4, estimates a
49


reduction from rod packing replacement in accordance with these requirements of 4.89 tpy VOC per


engine and 17.58 tpy methane. With the number of engines estimated by the Division to be subject to


this proposal, the proposal would realize 1,261.62 tpy VOC and 126,997.92 mtCO2e.


The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without


factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars


using the U.S. BLS CPI Inflation Calculator, resulting in an updated capital cost of $5,067. Using the


same process as the Oil and Gas CTG, the Division determined that the annual cost would be $1,931.79


per engine. Applying this estimate to the emissions estimate reductions noted before yields cost per


ton reduced of $394.84 per ton of VOC and $109.84 per ton of CH4 ($3.92 per ton of CO2e). With


natural gas savings, the Division concludes - consistent with the Oil and Gas CTG - that this measure is


an economic benefit to the operator of a natural gas processing plant.


49
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.5-10.


48
In 2017, the Division estimated 133 reciprocating compressors at the identified 16 natural gas


processing plants. Assuming the same ratio of compressors per gas plant, and using the identified 31


gas plants, the Division estimates 266 reciprocating compressors covered by this rule. These numbers


do not reflect that some number of the subject compressors will already be performing the rod-packing


replacement.


47
CO2 emission reductions are not included when reductions are achieved through flaring.
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In addition, there may be minimal costs related to the proposed monitoring and recordkeeping


requirements, as discussed above, where an owner or operator is not currently monitoring and keeping


compressor records.


II.D. Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation


Number 7, Part D, Section III


The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers


to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone Control


Area. See Regulation Number 7, Part D, Section III.C.2. Regulation Number 7 also required that


pneumatic controllers placed in service between 2014 and May 1, 2021 be no-bleed where feasible,


which applies to gas plants. See Regulation Number 7, Part D, Section III.C.3. There may be costs


related to the proposed requirement for owners or operators of natural gas processing plants to ensure


that natural gas-driven pneumatic controllers are non-emitting.


Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven


pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of


converting the pneumatic controller at $2,000 and the cost per ton of VOC reduced between $6 and


$68 per pneumatic controller. A VOC emissions reduction ranging from 4.18 to 48.7 tpy, depending on
50


the size of the instrument air system, is associated with each natural gas processing plant, or a range


of 790.97 to 9,215.40 mtCO2e/year of methane. Because the Division assumed that most of the natural


gas processing plants in the 8-hour Ozone Control Area would probably require a medium-to-large air


system, an annual VOC emission reduction of 17.5 tpy and methane reduction of 3,311.49 mtCO2e/year


represents an average associated with converting pneumatic controllers to system air.
51


The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area,


but does not have data on the number of natural gas actuated pneumatic controllers at these natural


gas processing plants. The Oil and Gas CTG assumes that existing natural gas processing plants have


already replaced pneumatic controllers with other types of control, such as an instrument air system,


and any pneumatic controllers with a bleed rate greater than zero are required due to safety reasons.
52


The Division also checked pneumatic controller data reported to EPA in 2019 under the Greenhouse Gas


Reporting Rule, and no Colorado gas plant reported any emissions from pneumatic controllers. The


Division also reviewed the submittals from midstream operators to the Division for 2020; only 11


midstream operators reported having any natural gas driven pneumatic controllers, and the Division’s


review did not identify any natural gas processing plants reporting having gas driven pneumatic


controllers. Therefore, the Division believes the cost to owners or operators of natural gas processing


plants of the proposed requirements are minimal and limited to documenting, tagging, and maintaining


any emitting natural gas-driven pneumatic controllers that are required for safety and/or process


purposes.


II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel


Combustion Equipment: Regulation Number 22, Part B, Section III


Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015


baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas


emissions from fuel combustion equipment at midstream facilities, such as engines, boilers, turbines,


and heaters. In its efforts to address greenhouse gas emissions from fuel combustion equipment in the


midstream segment, the Division is proposing a long-term planning process. By long-term, the Division


proposes that operators will have until 2023 to develop their plans, and that additional rulemaking


before the Air Commission would not be required until 2024. The program establishes a steering


52
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16.


51
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-17, Table 6-7.


50
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16.
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committee that will guide and aid midstream segment operators in the development of plans to meet


emission reduction targets.


The Division has not identified a significant economic impact on any industry or party from this


proposal. Participation in the steering committee is voluntary and the Division has not identified any


costs imposed on midstream segment operators, the Division, or any other potential steering


committee participants for the operation and administration of the committee. Between the Initial EIA


and the Final EIA, the Division was not provided with any information to suggest that there are such


costs. Compliance with the rule includes development of a plan to reduce emissions only, and not


implementation of the plan. Individual operators may choose to hire third-party consultants to help


develop their emission reduction plans, but because this is not required directly by the rule proposal


and hiring of any consulting services would be completely voluntary, those potential costs are not


considered in this analysis. Additionally, the Division does not anticipate any costs to the Division for


oversight or the review of proposed guidance documents and emissions reduction plans. Administration


of this rule will be carried out by existing and anticipated Division staff.


III. Upstream Program


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions


from the upstream segment of the oil and gas industry. The proposals include the following additional


requirements for oil and gas operators in the upstream segment:


● Increased leak detection and repair (LDAR) inspections for well production facilities;


● Greenhouse gas intensity program; and


● Emission reduction requirements for well maintenance and unloading activities.


III.A. Leak Detection and Repair Inspections at Well Production Facilities in


Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.4.e


Regulation Number 7, Part D, Section II.E.4.d requires well production facilities located within 1,000


feet of an occupied area to inspect in accordance with the frequency specified in Table 3. The


Division’s proposal in this rulemaking would expand those requirements to all well production facilities


in a DI community, whether or not located within 1,000 feet of an occupied area. The Division does not


currently have reasonably available data on how many additional facilities would be inspected as a


result of this proposal, though it anticipates having that analysis by the submission of the Division’s


final EIA in this action. Based on information submitted in the 2019 rulemaking, the Division does not


expect many facilities in the 8-hour Ozone Control Area to require additional inspections as a result;


the Division expects that the majority of new inspections will be at facilities outside the 8-hour Ozone


Control Area, given the large size of disproportionately impacted communities as set by HB 21-1266.


The Division - as staff to the Commission - requests information from stakeholders to assist in


evaluating the costs of this proposal.


III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production Facilities:


Regulation Number 7, Part D, Section II.E.4.f


Inspections


Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC


emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As


production decreases, and resulting VOC emissions from storage tanks decrease, the inspection


frequency also decreases. The Division’s proposal would “freeze” newly constructed well production
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facilities at a monthly AIMM frequency. The Division’s proposal would also provide for exceptions where


operators are using automated systems that are designed to minimize emissions from storage tanks and


combustion devices, and where operators continue use of monitoring technology approved by the


Division under Regulation Number 7, Section VI, for VOC and methane.


Table 16 below identifies how many additional inspections would be required on average each year, for


the first five year,of a newly constructed well production facility’s operation as a result of the


Division’s proposal, assuming every facility stays at the proposed monthly schedule.
53


Table 16: AIMM Inspection Schedule by Area of State


Proposed AIMM Inspection Schedule in Years 1 - 5


Year of Program


Existing Regulation Frequency under Section II.E


AIMM Frequency 8-hour


Ozone Control Area


(not Proximity to


Occupied Area)


AIMM Frequency


Proximity to


Occupied Area


AIMM Frequency ROS


(not Proximity to


Occupied Area)


Year 1 Monthly Monthly Monthly


Year 2 Quarterly Monthly Quarterly


Year 3 Semi-annual Quarterly Semi-annual


Year 4 Semi-annual Quarterly Semi-annual


Year 5
Annual (NAA)


One-time (ROS)


Annual (NAA)
One-time (ROS)


Summary of New Upstream AIMM Inspections Required


AIMM Frequency 8-hour


Ozone Control Area


(not Proximity to


Occupied Area)


AIMM Frequency


Proximity to


Occupied Area


AIMM Frequency ROS


(not Proximity to


Occupied Area)


Additional AIMM Inspections


Through Year 5 Per Facility
39 27 40


Number of New Facilities per


year
55 31 5


Average # of Total


Inspections Required


EachYear


1,023 316 93


53
The Division conducted an analysis of a small sample of wells spud in 2016 based upon COGCC data


(for both inside and outside the 8-hour Ozone Control Area) and compared the year over year decrease


in production. The Division then applied this decline rate to estimate how quickly a newly constructed


well production facility would drop AIMM frequencies, assuming that in year 1 uncontrolled actual VOC


emissions would be over 50 tpy.
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The Division looked at COGCC data for 2020 to determine how many new facilities are constructed each


year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 2020 - 74


in the 8-hour Ozone Control Area and 17 outside the 8-hour Ozone Control Area. Because current
54


AIMM inspection tier is based upon proximity to an occupied area (see Section II.E, Table 3), the


Division applied the percentage of population in a DI community both inside and outside the 8-hour


Ozone Control Area to determine how many new well production facilities might be expected to be


subject to the proximity requirements. Ultimately, the Division determined that each year, it was


assumed that 31 new well production facilities would be constructed in proximity to an occupied area,


55 new well production facilities would be constructed in the 8-hour Ozone Control Area but not in


proximity to an occupied area, and five new well production facilities would be constructed outside the


8-hour Ozone Control Area and not in proximity to an occupied area. In the Initial EIA, the Division’s


cost and emission estimates were based on new inspections at just the facilities added in the first year.


In this Final EIA, the Division has estimated costs and emission reductions assuming 91 new facilities


with a monthly AIMM requirement are added each year through Year 5.


The Division took the same approach to estimate inspection time, inspection costs, and repair costs as


with the midstream segment leak detection program for compressor stations. Table 17, below


demonstrates the total inspection costs for years 1 through 5, based on the number of new inspections


that will be required of new well production facilities in each year. The average annual inspection cost


to all operators across the three areas is $1,828,256.


Table 17: Average Annual Inspections and Inspection Cost


Location of Site


Average # of


New Inspections


Per Year


Averaged


Annual


Inspection Cost


8-hour Ozone Control Area (not in proximity to


Occupied Area)
1,023 $1,305,897.15


Proximity to Occupied Area 316 $403,640.94


ROS (not in proximity to Occupied Area) 93 $118,717.92


Leak Repair


In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on EPA


data. Using a similar approach as before to estimate component repair time and component repair
55


cost, the Division estimates that a total of 19.93 repair hours per year per facility will be required to


address leaks discovered by the new inspection requirements. Again using a repair cost rate of $82.06


per hour, total annual repair hours and costs under each AIMM frequency requirement are demonstrated


in Table 18, below. The total average annual repair cost is estimated to be $257,093.65.


55
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7.


54
The Division also reviewed data submitted through its APEN system, and also identified 91 APENs


submitted for the first time in 2020, though the Division’s data shows 59 new sites in the 9-county area


and the remaining 32 sites outside the 9-county area.
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Table 18: LDAR Repairs - Years 1-5


8-hour Ozone Control Area (not Proximity to Occupied Area)


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 55 2.36% 19.93 1,096.15 $82.06 $89,950.07


Year 3 110 2.36% 19.93 2,192.30 $82.06 $179,900.14


Year 4 165 2.36% 19.93 3,288.45 $82.06 $269,850.21


Year 5 220 2.36% 19.93 4,384.60 $82.06 $359,800.28


Total over 5 years $899,500.69


Average per year $179,900.14


Proximity to Occupied Area


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 0 2.36% 19.93 0 $82.06 $0.00


Year 3 31 2.36% 19.93 617.83 $82.06 $50,699.13


Year 4 62 2.36% 19.93 1235.66 $82.06 $101,398.26


Year 5 93 2.36% 19.93 1853.49 $82.06 $152,097.39


Total over 5 years $304,194.78


Average per year $60,838.96


ROS (not Proximity to Occupied Area)


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 5 2.36% 19.93 99.65 $82.06 $8,177.28


Year 3 10 2.36% 19.93 199.30 $82.06 $16,354.56


Year 4 15 2.36% 19.93 298.95 $82.06 $24,531.84


Year 5 20 2.36% 19.93 398.60 $82.06 $32,709.12


Total over 5 years $81,772.79


Average per year $16,354.56
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Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program (using updated gas speciation data). The Division calculated emission


reductions achieved in each area of the state, in each year of the program, based on the total number


of facilities entering the program over five years. The Division calculated an average emission


reduction achieved per facility, for VOC and methane. The Division then summed up the total emission


reductions achieved over the first five years of the program and averaged it to create an annual


emission reductions figure, as set forth in the table below.


Table 19: New WPF Monthly LDAR Emission Reductions by Year


Year of


Program


Number of Facilities in


Program
VOC (tpy) CH4 (tpy)


GHG


(mtCO2e/yr)


1 91 0.00 0.00 0.00


2 182 59.04 57.48 1,460.06


3 273 172.83 180.53 4,585.62


4 364 345.67 361.06 9,171.25


5 455 752.19 802.32 20,379.87


Total 1,329.73 1,401.38 35,596.81


Annual Cost, averaged over 5 years 265.95 280.28 7,119.36


Value of Natural Gas Recovered


In Table 20, the Division estimates the value of natural gas recovered from these additional leak


inspections.


Table 20: Upstream Recovered Natural Gas Value from Leak Repairs


Average Annual Recovered


Methane (tpy)


Value of Natural Gas ($/ton


methane)
56


Total Annual Value of


Recovered Natural Gas


280.28 $274.48 $76,929.81


Reporting


The Division’s proposal also requires operators to submit information about leaks detected in their


monthly reports under Section VI, for their air quality monitoring during preproduction and early


production. This will enable the Division to better evaluate the capability of the air quality monitoring


plan to detect leaks. The Division assumes no additional costs associated with this reporting.


56
Based on the recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as provided


for by the U.S. Energy Information Administration, using an average molecular weight of 24.01


lb/lb-mol of natural gas and 47.08% statewide average of methane by weight.
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Cost Effectiveness


As noted before, the total cost of inspections across operators is estimated to be $1,828,256.00 per


year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This results


in a total annual cost of $2,024,139.40, after gas recovery is taken into account. As outlined in Table


21, the Division estimates an overall cost effectiveness of $9,973.02 per ton VOC and $357.33 per


mtCO2e.


Table 21: Upstream LDAR Total Annual Cost


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $1,828,256.00 $257,093.65 $2,085,349.66


Recovered Natural Gas -$61,210.26


Net Cost $2,024,139.40


New WPF AIMM Emissions Reduction and Cost


Total Annual VOC


Emission Reduction


(VOC) Cost per ton VOC


Total Annual GHG


Emission Reduction


(mtCO2e/year) Cost per mtCO2e


265.95 $7,551.97 7,119.36 $282.11


III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions:


Regulation Number 22, Part B, Section IV


The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of


the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined on


an operator-level basis. The GHG intensity value is a product of total GHG emissions divided by oil and


gas throughput. The intensity program will cover preproduction emissions and production emissions.


Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the


Division determined that there is currently an extremely wide range of GHG intensities across upstream


operators. The reports show operator GHG intensities across the industry that range from 3 to over


100. The Division also calculated GHG intensities based upon 2020 production reported to COGCC and


the emissions reported to the Division pursuant to Regulation Number 7, Part D, Sections II.G and V, and


found an even broader range of intensities. The Division determined that a GHG intensity program will


result in meaningful reduction, while providing operators with the flexibility to identify and achieve


cost-effective reductions across their facilities and operations.


To calculate the intensity targets in the proposed regulation, the Division started with the data for the


2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in the


2015 baseline in the GHG Roadmap inventory for the Industrial sector. The Division first used the 2005


baseline emissions for the O&G Sector from the GHG Roadmap, a total of 20,205,859 mtCO2e , and
57


determined what portion of those emissions were attributable to upstream operations. The Division


added up the venting and flaring emissions statewide, with the well production facility fugitive


emissions statewide, with 84% of the total “catchall” emissions covering both the upstream and


57
Updated from the Initial EIA.
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midstream segment. The Division therefore calculated that the upstream baseline in 2005 was
58


15,184,909 mt CO2e. From there, the Division applied a 36% reduction for 2025, a 50% reduction for


2027, and a 60% reduction for 2030. As it pertains to the Industrial sector, the Division determined that


the 2015 baseline for oil and gas emissions in the industrial sector was 2,690,692 mtCO2e, based upon a


split of 44/56% (upstream/midstream) of the emissions associated with lease fuel consumption as


reported to EPA, and attributing all the natural gas processing fuel consumption to midstream. Based


on GHG Roadmap values, the Division also assumed all diesel emissions in the industrial segment from


oil and gas activities were associated with upstream operations (880,000 mtCO2e in 2015). The Division


assumed no emission reductions were required in 2025, a 10% reduction would be required by 2027, and


a 20% reduction is required by 2030.


Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division


calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The


Division then calculated an average intensity in the years 2025, 2027, and 2030 (using the emissions as


determined in the preceding paragraph as the numerator and the production forecasts as the


denominator). These intensities are shown in Table 22, below in the “Overall Upstream Intensity”


column. The Division then calculated majority operator and minority operator targets. Majority


operators were defined by production levels of 10,000,000 BOE in calendar year 2022; in 2020, the


operators with this level of production represented over 80% of the total production in the state. The


majority operator targets were calculated by multiplying the overall upstream intensity target by 70%;


the operators with the largest production, and therefore the largest share of the emissions on a mass


basis, should have more stringent intensity targets. The Division then multiplied the overall upstream


intensity target by 2.2, to get the minority operator target.


Table 22: Calculated Intensities


Year
Overall Upstream


Intensity


Majority Operator


Target


Minority Operator


Target


2005 80.3356


2025 15.6329 10.94 34.39


2027 12.0906 8.46 26.60


2030 9.7186 6.80 21.38


From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an


enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the


oil and gas industry in the following amounts:


Table 23: Total GHG Reductions Enforced By the Intensity Program


Year Total CO2e Reductions from 2020 (mtCO2e per year)
59


by 2025 4,510,867


by 2027 5,452,806


by 2030 6,128,866


59
Emission reductions calculated from the reported July - December 2020 emissions, rolled into year


long emissions by multiplying reported emissions by 2, assuming 2020 production throughput in 2025,


2027, and 2030 with the required intensities applied to majority and minority operators.


58
To generate a 84/16% split (upstream/midstream) of these catch-all emissions, the Division


developed a ratio based on the emissions for covered equipment as reported to EPA under the GHGRP


for upstream as compared to midstream gathering and boosting. The Division then applied that ratio to


the catch-all emissions (but not the downstream catch-all). The same general approach was used to


develop the 44/56% (upstream/midstream) split of lease fuel emissions.


October 28, 2021 Economic Impact Analysis (Final) for Regs. 7 and 22 Page 34 of 44







These numbers in Table 23 include reductions achieved under other components of the Division


proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the


intensity program alone. In fact, these estimates assume that operators will take no steps over and


above the emission reduction measures employed in the second half of 2020, and don’t account for


reductions better attributed to the following rules and requirements, without limitation:


● Additional storage tank controls adopted in late 2019;


● Requirements for storage tank measurement systems and truck liquids loadout adopted in late


2019;


● New reporting and permitting requirements for routine or predictable emissions (ROPE);


● Engine retrofits and reductions adopted in 2020;


● Preproduction flowback controls adopted in 2020;


● Non-emitting pneumatic controller requirements adopted in 2021;


● The impact of COGCC’s new regulations, including Rules 303 and 903; or


● Any of the Division’s direct regulation proposals in this rulemaking.


The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the


upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The


Division has proposed an even more stringent intensity target for new well production facilities, at


78.5% of the majority operator target. The Division has, as discussed in more detail in other sections of


this Final EIA, proposed additional requirements for LDAR inspections and well maintenance emission


reductions that - when taken together with the suite of regulations adopted by the Commission over


the past several years (e.g., the 2021 pneumatics rule, the 2020 flowback control rule) and the COGCC


mission change provisions - make up most of the reductions that the Division expects will achieve the


intensity targets, and keep Colorado on track to meet its GHG goals. The Division’s intensity program


also includes recordkeeping and reporting, which the Division has treated as covered costs under the


analysis above.


Cost Effectiveness of Intensity


The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA


provides recommendations for technologies to reduce methane emissions. There are multiple studies
60


and presentations available to operators to find cost effective and technically feasible reductions at


different types of well production facilities. The actual costs incurred by implementation of emission


control technologies will depend on the amount of emissions that need to be reduced by each operator


(at each facility), the technical feasibility of implementing available technologies, and the


cost-effectiveness and economic feasibility of the technology. Some operators will make meaningful


progress towards the intensity targets through compliance with existing and proposed Commission


regulations (e.g., the 2021 pneumatics rule, or this well unloading proposal). However, the Division has


determined that the flexibility inherent in an intensity program renders this strategy cost-effective.


The Division reasons that costs associated with reaching intensity targets will be at least as cost


effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on pneumatic


controllers, the final EIA estimated a cost per ton reduction for methane of $499/ton, which converts


to $19.65 per metric ton CO2e. If that cost per ton is applied to the emission reductions guaranteed for


2025 by the intensity program - subtracting out the emission reductions in this proposal from other


measures affecting the upstream segment - the Division calculates a total cost of $85,497,247.07.


However, the Division does not believe that the intensity program will have anywhere near this level of


cost, because so many of the emission reductions guaranteed by the program will result from direct


regulations already adopted by the Commission, other permitting programs of the Air Division and the


Colorado Oil and Gas Conservation Commission, and voluntary initiatives undertaken by the industry.


60
Recommended Technologies to Reduce Methane Emissions | US EPA
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Implementation of methane control technologies can result in realized benefits to operators associated


with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or combusted,


can be sold. At a nominal gas price, operators could achieve significant additional revenue from the


sale of reclaimed gas. Further, significant economic benefits for operators are derived from this GHG


intensity program, because participation in an intensity program can qualify an operator for


certification of its product as “green” or “responsibly sourced”, thus allowing operators to charge a


premium.


In the Initial EIA, pursuant to § 25-7-110.5(4)(c), C.R.S., the Division - as staff to the Commission -


requested additional information on the costs and other regulatory impacts of an intensity program.


The Division received no information between the Initial EIA and this Final EIA.


III.D. Emission Reductions From Well Maintenance and Liquids Unloading Activities,


Regulation Number 7, Part D, Section II.G


The Division’s proposal would augment existing requirements for best practices to be employed during


all well maintenance activities. The Division’s proposal would also require the use of technology to


minimize the need to conduct well unloading activities or would require the control of unloading


emissions.


Thus far in 2021, 22 operators have reported conducting well unloading events to the COGCC, and


these 22 operators reported a total of 13,593 events by June 30, 2021. Of these events 3,670 are in
61


the 9-County area across 12 operators, while the remaining 9,923 events are outside the 9-County area,


across 11 operators.


The Division conducted an analysis of average scf of gas vented per event, and determined that there is


a statewide average of 14,000 scf of natural gas emitted per well unloading event. The Division
62


analyzed data submitted with registrations for General Permit 11, as well as results from operators that


used flow meters to directly measure the amount of gas emitted during well unloading.


III.D.1. Best Practices


Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management


practices when conducting well maintenance operations. The Division assumes no significant additional


costs will be incurred as a result of the Division’s proposal for the use of best practices other than


artificial lift. The Division’s proposal would require that all wells that undertake well liquids unloading


activities install and use artificial lift to reduce emissions from those activities, subject to limited


exceptions.


62
Based upon studies of well unloading activities, this number is likely very conservative. See Allen et


al., Methane Emissions from Process Equipment at Natural Gas Production Sites in the United States:


Liquid Unloadings, 2014.


61
This is based upon data received by the Division from COGCC in early July 2021, and attached to the


Division’s Prehearing Statement. Based upon data reported to the Division directly from operators, over


40 operators identified conducting well maintenance events - such as well unloading or well swabbing -


in their annual emission reports to the Division for 2020. This suggests that the number of events


reported to the COGCC is low, because some operators may not have reported. The Division has not yet


been able to determine which operators reporting events to the Division did not report to COGCC.
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Plunger Lift Systems


Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without


the need to vent the gas to the atmosphere. Plunger lifts have a significant economic benefit to the
63


operator - boosting gas production. Automation can further enhance the performance of plunger lifts


by monitoring wellhead parameters and thereby optimizing plunger operations. The Division
64


understands that even where the use of plunger lifts does not entirely avoid the need for unloading,


the use of the plunger lift can reduce the volume of gas vented per well unloading event.


Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring


unloading. Smart automation controllers can also avoid the need for site visits associated with


unloading activities, further reducing costs to operators. Maintenance costs are also reduced; plunger


lifts can prevent particulate buildup inside the tubing, avoiding or reducing the need to conduct


swabbing operations. Based upon information from EPA and other Natural Gas STAR materials, the


Division estimates basic plunger lift installation costs of approximately $1900-$7800 (for this analysis,


the Division used a median figure of $4,850). This figure includes installing the piping, valves,


controller and power supply. Annual maintenance costs are estimated at $700-$1300 (the Division again


used a median figure of $1,000), and smart automation controllers are estimated at $11,000 per


controller. Assuming a life of 10 years for the plunger lift and smart automation controller, the


annualized cost of a plunger lift system is $3,838.


Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas


production. The Division estimated revenue from avoided emissions by calculating the market value of


the gas by the volume of avoided emissions. The Division’s analysis suggests a conservative average of


14,000 scf per well unloading event. The Division does not have data on how many events are, or could


be, entirely avoided - instead of just minimized - through the use of plunger lifts. The Division does,


however, understand that most wells in the state that require unloading already employ plunger lifts.


However, assuming that at wells where plunger lift is not currently installed it is installed, and that


plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will


achieve emission reductions using a technology that is already widely deployed here in Colorado, with


limited additional costs (the cost increase from using smart automation as compared to a regular


plunger lift control is negligible). Assuming that plunger lifts would completely avoid the emissions


from ⅛ of future unloading events, and assuming those occur on the same frequency as they did in


early 2021), the Division’s proposal would reduce 389.24 tpy VOC and 17,961.80 tpy CO2e just from


unloading events avoided, with a cost per ton reduced of $10 per ton VOC, $6 per ton methane, and a


negligible cost (<$1/ton) for reductions of CO2e.


III.D.2. Well Unloading Emission Reductions


Under the Division’s proposal, operators will be required to capture and recover emissions from well


liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during


liquids unloading. Well swabbing is included in these calculations as well swabbing is essentially well


liquids unloading that requires the use of a specialized rig (a “swabbing rig”).


Control Equipment


The Division’s proposal would require the capture or control of emissions from unloading through the


use of control equipment. In the Initial EIA, the Division assumed that operators would use a temporary


64
Lessons Learned from Natural Gas STAR Partners: Installing Plunger Lift Systems in Gas Wells, EPA,


October 2006.


63
Liquids Unloading Options for Natural Gas Wells, 2012 Natural Gas STAR Annual Implementation


Workshop, April 12, 2012.
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open flare to control emissions during well unloading. The Division assumed that operators would have


to rent an open flare for each unloading event. This resulted in a high cost that has been adjusted in


this Final EIA.


After multiple discussions, the Division now understands that operators will likely comply by purchasing


open flares. Then, depending on whether the site configuration has room for a dedicated flare, the


operator will either install a dedicated flare or will purchase a portable flare and use it at multiple


sites. The Division, therefore, assumed that operators will purchase and operate a flare at each well


production facility where unloading controls will be required. While some operators may use a portable


flare, which could result in higher annual operating costs (travel, etc.), fewer open flares will need to


be purchased, which lowers capital costs. The Division believes its cost analysis therefore remains


conservative. Based on COGCC data on the frequency of well unloadings, the Division’s proposal would


require controls at 526 well production facilities.


To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales


gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a


statewide average gas composition as a percentage of total hydrocarbons in Table 24. From this gas


composition, and using the calculated average scf/event described above, the Division calculated an


estimated average lb/event for the following pollutants.


Table 24: Well Unloading Emissions Data


Well Unloading wt% of TOC DJ Basin (lb/event) Piceance (lb/event)


Methane 53.31% 421.5 516.9


VOC (NMNE) 29.35% 237.5 64.9


Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC and


103,128.16 CO2e (calculated only by looking at methane reductions; this number would be significantly


higher if the Division took into account the global warming potential of ethane). The Division did not


have data on the annual maintenance and operating cost associated with a dedicated open flare. Cost


estimates for enclosed combustion devices in previous rulemakings have used a significantly lower


annualized maintenance cost; in 2019, the Division assumed just under $3,000 per year for annual


maintenance of a flare. Here, the Division attempted to use EPA’s cost calculator and derived a higher


capital expenditure. To be conservative, the Division evaluated this proposal using two different annual


maintenance costs. The Division estimates the cost effectiveness of control as set forth below:
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Table 25: Well Unloading Control - Emissions and Cost Effectiveness


Cost Effectiveness at $10K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $10K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
685.17 31,617.85 $4,512,086.27 $6,585.31 $142.71


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


1,379.59 63,661.97 $7,328,141.06 $5,311.84 $115.11


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


170.08 7,848.34 $1,443,968.68


TOTAL 2,234.84 103,128.16 $13,284,196.01


Average Total Cost Per Ton $5,944.14 $128.81


Cost Effectiveness at $50K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $50K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
685.17 31,617.85 $11,654,586.27 $17,009.66 $368.61


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


1,379.59 63,661.97 $18,928,373.06 $13,720.33 $297.33


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


170.08 7,848.34 $3,729,728.68 $21,929.59 $475.23


TOTAL 2,234.84 103,128.16 $34,312,688.01


Average Total Cost Per Ton $15,353.55 $332.72


Based on the COGCC data, the Division’s proposal would require capture or control at approximately


29% of well production facilities with unloadings and would cover 75.5% of the total unloading events.


In the Initial EIA, the Division - as staff to the Commission - requested information from stakeholders to


inform the costs associated with this proposal. The Division did not receive cost information from


stakeholders, but used EPA’s cost calculator to generate updated conservative cost estimates for the


open flares.
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IV. Annual Emissions Inventory Reporting Updates


The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual


emissions inventory reports. The majority of these updates have no associated additional cost and are


absorbable costs associated with the existing requirements to prepare and submit annual emission


inventory reports. However, the Division is proposing that owners and operators who choose not to use


Division-approved default emission factors, and who choose to use site-specific emission factors, must


undertake periodic sampling analyses - every three years - to verify the efficacy of those factors on an


ongoing basis. These are avoidable costs, because operators may use state default factors.


The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes


that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will


use site-specific factors and therefore be subject to the periodic sampling requirements. As noted


above, the Division has determined there are 5,808 storage tank batteries statewide, and therefore


assumes that operators will conduct periodic sampling at 2,904 locations. The Division assumes that


each sampling event will require two samples - one sample of sales gas and one sample of tank vapors.


All composition analyses are assumed to be completed by a third party-testing company. Based upon


information provided by operators, the Division estimates an average cost per sample of $535. The


Division assumes that two samples will be required per tank battery, for a per-tank battery cost, every


three years, of $1,070, which the Division believes is absorbable by operators. Assuming every tank


battery in the state chooses to use a site-specific emission factor and therefore must conduct this


sampling, the Division estimates an annualized cost (across a 3 year sampling period) of $2,467,213. If


fifty percent of tank batteries choose the site-specific option, the annualized cost is $1,233,607.


Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requests additional information on the costs and


other regulatory impacts described in this initial EIA on these and any other potentially impacted


supporting businesses or industrial sectors.


V. Social Cost of Greenhouse Gas Analysis


The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the


dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB


21-1266 states “for a rule that implements § 25-7-105(1)(e) that may materially affect greenhouse gas


emissions, the economic impact analysis required by this subsection (4) must include an analysis of the


social cost of greenhouse gases related to the estimated emission reductions from the proposed rule.”


Pursuant to HB 21-1266, this analysis uses the social cost of greenhouse gas estimates, using a 2.5


percent discount rate, provided by the Federal Interagency Working Group on the Social Cost of


Greenhouse Gases, pursuant to Federal Executive Order 13990. It is important to note that the social
65


cost of greenhouse gases increases over time, to account for projected increases in the incremental


damages and resulting economic impacts of climate change in the future. Table 26 below presents the


estimated social benefits of emissions reductions that will result from this proposal from 2023 to 2030.


Emission reductions are expected to begin being achieved in 2023. The estimated benefits are


discounted to present (2021) dollars using the same discount rate of 2.5 percent.


65
Interagency Working Group on Social Cost of Greenhouse Gases, Technical Support Document: Social


Cost of Carbon, Methane, and Nitrous Oxide Interim Estimates under Executive Order 13990 (Feb.


2021)), 5-6, Tables ES-1, ES2, and ES3.
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Table 26: Social Cost of Greenhouse Gases


Year
Social Cost of


Carbon ($/mtCO2e)


Emission Reductions


(mtCO2e)
Social Benefit


Present Value


(2021 $)


2023 $80.34 530,912.98 $42,653,018.02 $40,597,756.59


2024 $81.65 530,912.98 $43,346,390.37 $40,251,432.56


2025 $82.95 4,510,867.00
66


$374,180,928.52 $338,989,453.46


2026 $84.26 4,510,867.00 $380,072,120.82 $335,928,373.59


2027 $85.56 5,452,806.00 $466,558,439.78 $402,311,880.41


2028 $86.87 5,452,806.00 $473,679,804.41 $398,490,352.01


2029 $88.18 5,452,806.00 $480,801,169.05 $394,615,910.74


2030 $89.48 6,128,866.00 $548,417,058.55 $439,133,092.86


Table 26 presents expected annual emission reductions through 2030. The annual emission reductions


are multiplied by the social cost of carbon in each respective year to determine a monetized value of


the stream of future damages produced by emissions in each year. As these emissions are being


reduced, however, this value also represents the monetized benefit to society of a decrease in


emissions and avoided future damages. As the social cost of greenhouse gas increases in each


respective year, so does the resulting economic benefit to society. Because the social benefit estimate


in each year is from the respective year’s perspective, the estimated social benefit in each future year


is then discounted to present (2021) dollars in order to account for inflation and understand the value


of future benefits from today’s perspective.


As Table 27 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions


are significant. Table 27 below incorporates both the total estimated annual costs (in present, 2021


dollars) and total estimated annual social benefits (in present, 2021 dollars) to determine a net present


value in each respective year. The Division anticipates that after 2024, the benefits to society from


reducing emissions far outweigh the costs to operators in achieving the reductions. It is important to


note, however, that the scope of the realized benefits is not limited to the areas most impacted by the


proposed rules, nor only the State of Colorado, but rather, society as a whole. Looking at years 2023 to


2030, the total net present value is estimated to be $1,662,859,483.52; all a benefit to society.


66
The Division, again, believes that the majority of these reductions will be achieved earlier. However,


the Division - for purposes of this EIA - has calculated social cost of greenhouse gas based upon an


analysis that assumes the intensity program will ensure these reductions are achieved in 2025-2030.
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Table 27: Net Benefits to Society


Year
Emission Reductions


(mtCO2e)


Present Value of


Costs (2021 $)


Present Value of


Benefits (2021 $)


Net Present Value


(2021 $)


2023 530,912.98 $39,479,989.20 $40,597,756.59 $1,117,767.39


2024 530,912.98 $38,517,062.64 $40,251,432.56 $1,734,369.93


2025 4,510,867.00 $115,033,908.20 $338,989,453.46 $223,955,545.27


2026 4,510,867.00 $112,228,203.12 $335,928,373.59 $223,700,170.47


2027 5,452,806.00 $109,490,929.87 $402,311,880.41 $292,820,950.54


2028 5,452,806.00 $106,820,419.39 $398,490,352.01 $291,669,932.63


2029 5,452,806.00 $104,215,043.30 $394,615,910.74 $290,400,867.44


2030 6,128,866.00 $101,673,212.98 $439,133,092.86 $337,459,879.88


IMPACTS TO DIVISION


The Division anticipates impacts to the Division’s workload as part of implementation of its proposal.


The Division believes that this workload impact will be handled by current and anticipated staff. The


Division has hired or is hiring an Air Quality Policy Engineer, additional performance test coordinators,


and program implementation staff. The Division is also currently building a database to manage the


annual emission reports submitted by operators under Regulation Number 7, Part D, Section V.


SUMMARY AND CONCLUSION


The Division prepared this Final Economic Impact Analysis in accordance with the requirements of §


25-7-110.5), C.R.S. Specifically, the Division utilized the methodology identified in §


25-7-110.5(4)(c)(III), C.R.S.


The Division has determined that there may be costs related to the proposed revisions potentially


impacting owner or operators of oil and gas operations including costs related to additional LDAR


inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance


of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well as


associated recordkeeping and reporting.


The Division projects that the proposal will reduce greenhouse gas emissions (in CO2e) by


approximately 4,881,917.92 mtCO2e per year at a cost range of approximately $41,478,663.66 to


$126,975,910.73 per year.  The overall cost effectiveness for the entire package is between $8.50 and


$25.68 per metric ton of CO2e reduced. The Division also estimates its proposal will reduce at least


8,289.66 tpy of VOC, not including VOC reduced by the intensity program (even though this program


will certainly reduce VOC emissions as well). The proposal will also have additional unquantified


emission benefits through reductions of ethane (which has a significant global warming potential and


ozone benefits) and hazardous air pollutants such as benzene. Tables 28 and 29, setting forth the


Division’s cost-effectiveness analysis, do not take into account the social cost of greenhouse gas as


discussed in the Section V of this Final EIA.
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Table 28: Cumulative Cost Effectiveness
67


GHG (mtCO2e) VOC (tons)
68


Total Average Emissions Reduced Per Year 4,881,917.92 8,289.66


Total Cost Effectiveness - No Cost Attributed to Intensity


Total Annual Cost $41,478,663.66


Total Cost Effectiveness $8.50/mtCO2e $5,003.67/ton VOC


Total Cost Effectiveness - Cost Attributed to Intensity


Total Annual Cost $126,975,910.73


Total Cost Effectiveness $26.01/mtCO2e $15,317.39/ton VOC


In the Initial EIA, the Division included no costs associated with the intensity program in the summary


and overall cost effectiveness analysis. As discussed in this document above, the Division had difficulty


estimating the cost of the intensity program as many of the emission reduction efforts toward this


intensity goal are those already required and considered in past economic impact analyses by this


Commission, or others. However, that seemed to potentially skew the cost effectiveness of this


program significantly downward.


Therefore, to be conservative in this Final EIA, the Division also attributed a cost of $19.65 per metric


ton CO2e reduction to the intensity program, which is reflected in both Tables 28 and 29. In these


tables, you can see the summary of cost effectiveness both with and without the cost attribution for


emission reductions credited to the intensity program for this purpose of this rule. The total emission


reductions and costs considered in this overall costs analysis are listed in Table 29, broken out by rule


program.


68
There are no assumed VOC emission reductions associated with the intensity program accounted for


in this summary of VOC reductions, though there are likely to be emission reductions associated with


the intensity program for VOC.


67
Total emission reductions decreased from the Initial EIA due to the revisions to the reductions


associated with the intensity program. The Division used the 2025 numbers for the intensity program in


this Final EIA instead of the 2030 numbers. Also, the Division subtracted out from the 2025 intensity


numbers those emission reductions associated with other components of this package that achieve


reduction from the upstream segment.
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Table 29: Total Emission Reductions


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions (tpy)


Total Annual


Costs


Control Equipment


Performance
Reg. 7, Section II.B 56,733.90 2,211.40 $14,655,253.00


Compressor Station


LDAR
Reg. 7, Section II.E 2,897.64 41.00 $109,041.70


Gas Plant LDAR Reg. 7, Section II.I 5,255.00 114 $383,578.00


Pigging/Blowdowns Reg. 7, Section II.H 228,781.00 1,628 $9,290,705.04


Pneumatics at Gas


Plants
Reg. 7, Section III -- -- $0.00


Rod Packing at Gas


Plants


Reg. 7, Section


II.B.3
126,997.92 1,261.62 $498,143.51


Upstream LDAR Reg. 7, Section II.E 7,119.36 798.87 $2,024,139.40


Upstream Intensity


By 2025
Reg. 22, Section IV 4,351,005


69
-- $85,497,247.07


Well Unloading Reg. 7, Section II.G 103,128.16 2,234.84 13,284,196.01


Sampling Reg. 7, Section V -- -- $1,233,607


TOTAL 4,881,917.92 8,289.66


Cost Effectiveness Summary


Cost Effectiveness without Intensity Cost $8.50 $5,003.67 $41,478,663.66


Cost Effectiveness with Intensity Cost $26.01 $15,317.39 $126,975,910.73


Based on the above analyses, the Division believes the proposed revisions are cost-effective. The


Division has provided an estimate of costs based on reasonably available information and will consider


any additional information provided by stakeholders. The Division as staff to the Commission requests


that affected industry or any interested party submit information with regard to the cost of compliance


with these proposed rule revisions.


69
The intensity reductions included in this rule are based on the 2025 intensity target emission


reductions, minus the emission reductions included in this rule for other aspects of the upstream GHG


program.
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Colorado’s Air Quality Control Commission Meeting 
September 17, 2021 


Regulations Number 7 and Number 22 
Air Pollution Control Division’s Proposal 


Errata Sheet  
 


The Air Pollution Control Division (Division) submitted a request for hearing packet to 
the Air Quality Control Commission on August 31, for the September 17, 2021, Air 
Quality Control Commission meeting.   
 
The Division proposes the following revisions to the submitted Agenda Item Control 
Sheet (AICS).   
 


EPA SUBMITTAL 
Is this issue 
considered a SIP 
revision? 


Yes. 


Which SIP? Ozone. 
EPA submission 
deadline? 


NA 


Is this a delegated 
program? 


No. 


 
ISSUE STATEMENT: 
 
The Division is proposing revisions to Regulation Numbers 7 and 22 that continue to 
address the directives in § 25-7-109, C.R.S. as revised by Senate Bill (SB) 19-181 
(Concerning Additional Public Welfare Protections Regarding the Conduct of Oil and 
Gas Operations). These revisions will also address the requirements established in SB 
19-096 (Concerning the collection of greenhouse gas (GHG) emissions data), House Bill 
(HB) 19-1261 (Concerning the reduction of GHG pollution), and HB 21-1266 
(Environmental Justice, Disproportionately Impacted Communities). The oil and gas 
(O&G) industry is a large source of GHG emissions, and the largest anthropogenic 
source of methane in Colorado. The Greenhouse Gas Pollution Reduction Roadmap 
(GHG Roadmap) prepared by the CDPHE and Colorado Energy Office with input from 
the public and other state agencies identifies economy sectors and their associated 
emissions to aid the state in establishing regulatory provisions to achieve the 
statutory GHG emissions reductions goals. In October 2020, the Commission further 
refined the state's goals for certain sectors, establishing a goal for the O&G Sector of 
the GHG Roadmap of 36% reduction by 2025 and 60% reduction by 2030. The 
Commission established a target for the O&G Sector of 13 million metric tons (MMT) 
CO2e by 2025 and 8 MMT CO2e by 2030. Commission targets for the sector including 
residential, commercial, and industrial combustion emissions (RCI Sector) include a 
20% reduction by 2030. HB 21-1266 memorializes these goals in statute, and provides 
additional requirements for the rulemakings to achieve these goals. 
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To address legislative and policy directives, the Division is proposing revisions to 
Regulation Numbers 7 and 22 that: reduce emissions from the upstream and 
midstream segments of the oil and gas industry as identified in the GHG Roadmap; 
require increased monitoring and leak detection and repair (LDAR) inspections; 
achieve reductions of GHG and co-pollutants in disproportionately impacted 
communities; and impose additional practices to ensure the efficacy of air pollution 
control equipment.  These revisions to Regulation Numbers 7 and 22 are proposed on 
a state-wide and state-only basis. However, the Division may also need to propose 
revisions limited State Implementation Plan (SIP) revisions to Regulation Number 7, 
specific to combustion device performance. In 2017, the Commission adopted 
revisions to Regulation Number 7 based on recommendations in EPA’s Oil and Gas 
Control Techniques Guidelines (CTG), as required for Colorado’ moderate ozone 
nonattainment area. On June 22, 2021, EPA proposed to approve these SIP revisions 
but subsequently received adverse comments. EPA and the Division continue to 
evaluate if revisions to the SIP are necessary. If necessary, Colorado will need to 
submit any such SIP revisions to EPA in 2022.  
  
The Division may also make renumbering, typographical, grammatical, and formatting 
corrections throughout Regulation Numbers 7 and 22. The proposed revisions to 
Regulation Numbers 7 and 22 are state-only rules.  
  
The Division is requesting the Commission schedule a public hearing for December 
2021 to consider new requirements in Regulation Numbers 7 and 22. 
 








Climate Equity Considerations


Proposed AQCC Regulation Number 7, Part D, Sections II and III


Proposed AQCC Regulation Number 22, Part B, Sections III and IV


September 2, 2021


Before the Air Quality Control Commission


Request for Hearing, September 17, 2021


Introduction


In 2019, House Bill 19-1261: Colorado’s Climate Action Plan was passed, amending Colorado statute and


directing the Air Quality Control Commission (Commission) to consider and adopt certain greenhouse


gas (GHG) emission reduction rules. It also directs the Commission to identify communities


disproportionately impacted by climate change, in part, to ensure that the actions the Commission


takes to reduce climate change includes strategies to reduce harmful air pollution affecting those


communities. In identifying these communities, the statute directs the Commission to consider people


of color, low-income residents, and indigenous peoples. The statute also states that disproportionate


impacts may result from environmental degradation, as well as barriers to public participation, such as


those experienced by some rural or linguistically isolated populations, for example. The statute directs


the Commission to consider and prioritize the benefits of regulatory compliance, including economic,


health, environmental, and resiliency benefits, to disproportionately impacted communities.


Furthermore, the statute requires that impacts of potential rules on disproportionately impacted


communities be evaluated and that stakeholder and community input be solicited and considered.


This attachment summarizes the fulfillment of these statutory requirements for the oil and gas


rulemaking proposed to the Commission on August 31, 2021 by answering the checklist of key questions


from the state’s Climate Equity Framework.


1. How did the Air Pollution Control Division (Division) encourage community input and


participation in the rule development process? How was community input used?


Stakeholder Engagement Efforts


Outreach efforts for this rule were statewide. Staff held open public meetings, public listening


sessions, and separately met with residents, royalty holders, and community organizations who serve


disproportionately impacted communities. For each of the public meetings below, the Division included


on the registration forms questions about whether translation services were required. Many of these


meetings were held in the evenings, outside of regular business hours. Stakeholder outreach included,


but was not limited to:


● Public Stakeholder Kick-off Meeting: November 5, 2020 (280 registrants)


● Local Government Air Quality Monitoring Forum, January 13, 2021


● Formal CDPHE consultation with the Southern Ute Indian Tribe, February 22, 2021


● Disproportionately Impacted Community Listening Session: March 4, 2021 (236 registrants)


● Public Stakeholder Update: March 25, 2021 (217 registrants)


● Formal CDPHE consultation with the Mountain Ute Tribe, April 9, 2021


● Public Listening Session: May 11, 2021 (149 registrants)


● Public Stakeholder Update: July 7, 2021 (187 registrants)


● Equity in Oil & Gas Rulemaking Discussion, August 9, 2021 (multiple environmental and community


organizations)


● Rule Feedback Meetings: August 16 and August 31, 2021 (200 registrants)


● Over 40 meetings with individual stakeholders or stakeholder groups


● Multiple written comments received and reviewed
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After the first meeting in November 2020, the Division sent out a survey to participants to evaluate the


meeting. The Division received feedback, including that meetings should be recorded and made


available online. The division offered both interpretation and translation services for all meetings


beginning March 2021. Further, the division created a public informational flyer and invitation in both


English and Spanish for the public meetings held on March 25, May 11, and July 7, 2021.


Division staff presented an overview of rule concepts and held discussion on equity considerations with


the Climate Equity Advisory Committee on July 2, 2021. The Committee is comprised of equity,


climate, and community engagement experts from environmental groups, local governments,


non-governmental organizations, and academia within Colorado.


The Division also made many materials available on a web page created for this rulemaking effort.


https://cdphe.colorado.gov/oil-and-gas-greenhouse-gas-roadmap-stakeholder-process


The Division posted strategy proposals for different strategies to reduce oil and gas emissions. The


Division posted draft rule language, following which the Division held large and small group meetings to


discuss the specifics of its proposals. The Division made meaningful changes to its proposals to address


feedback from stakeholders.


How Input was Used


Community feedback was used to prioritize GHG mitigation strategies that also reduce harmful


co-pollutants including localized air and water quality benefits. Community feedback led to the


inclusion of additional monitoring for oil and gas facilities and proposals for additional transparency in


reporting. Community feedback also included discussion of the monetary benefits of natural gas


capture to residents of communities with oil and gas development.


2. How will this rule impact costs for disproportionately impacted communities?


This rule is not expected to increase any costs for people living in disproportionately impacted


communities.


3. What are the financial benefits of compliance and are they being directed toward/prioritized


within disproportionately impacted communities?


The Division’s proposal will result in the additional capture of natural gas from the oil and gas


production process. Thus, residents of disproportionately impacted communities with royalty interests


in oil and gas development will realize additional economic benefit.


4. What are the potential negative and positive impacts of the rule on physical and mental health?


How can negative health impacts be minimized and positive impacts maximized for


disproportionately impacted communities?


The Division’s rule proposal prioritizes reductions of greenhouse gas and co-pollutants in


disproportionately impacted communities. The rule proposal would, in disproportionately impacted


communities: ensure quicker and more frequent testing of combustion equipment and require more


frequent leak inspections. The Division’s proposal also requires operators to submit various plans to


comply with the new programs to evaluate the impacts of their plans on disproportionately impacted


communities and to prioritize reductions therein. These rules are designed to reduce emissions in these


communities, and therefore reduce the local health impacts of oil and gas operations.


5. What barriers and benefits exist for disproportionately impacted communities to adopting


proposed mitigation technologies? How are barriers being addressed and benefits being
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maximized?


The mitigation technologies that will be employed in response to this rule will be used within


applicable facilities, rather than surrounding communities, so no relevant barriers exist.


6. How can the rule improve community resilience or quality of life for people living in


disproportionately impacted communities?


This rule can potentially improve quality of life for communities surrounding oil and gas operations if


the operations prioritize emission reduction measures which have localized co-benefits, as required.


The midstream steering committee established under Reg. 22, Part B, Sec. III must also consider how to


reduce emissions from midstream fuel combustion equipment in disproportionately impacted


communities in putting together the midstream segment emission reduction plan.


The rule proposal also requires more transparency in the reporting of oil and gas emissions, which


addresses concerns raised by community members about understanding the pollution emitted in their


neighborhoods.
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BEFORE THE AIR QUALITY CONTROL COMMISSION  
STATE OF COLORADO  
 
 
IN THE MATTER OF PROPOSED REVISIONS TO REGULATION NUMBERS 7 AND 
REGULATION NUMBER 22  
DECEMBER 14-17, 2021 HEARING 
 
 


ERRATA SHEET OF THE COLORADO DEPARTMENT OF PUBLIC HEALTH AND 
ENVIRONMENT, AIR POLLUTION CONTROL DIVISION 


Air Pollution Control Division’s Proposal Errata Sheet  


The Air Pollution Control Division (Division) last submitted a proposed Statement of 
Basis and Purpose and rule language as part of the Regulations Number 7 and Number 
22 rulemaking hearing on November 23, for the December 14-17, 2021, Air Quality 
Control Commission meeting.   


Throughout the rulemaking process, the Division has continued to work with various 
parties, negotiating agreeable revisions, highlighted in green, in order to reduce the 
number of issues on which the Commission must decide.  The following revisions have 
been made to the November 23, 2021, versions of the proposed rule language and 
Statement of Basis and Purpose.   


Regulation Number 7, Part D, Sections II.A.28, II.B.2.h, II.B.2.h.(i)(E), II.H.1.a.(iii), 
II.H.1.a.(iv), II.H.1.b.(iii), II.H.1.b.(iv), II.H.1.c.(viii), II.H.2.c.(iii), 
II.H.4.c/II.H.4.c.(i)-(iv), II.H.5.c.(ii), II.I.1.b., and V.C.2.s.(i) 


The Division corrects the following typographical and scrivener’s errors, and 
formatting updates and other revisions to conform to the Division’s original intent. 
The revisions in particular to Sections II.H.2.c.(iii) and II.H.4.c.(i) are due to version 
control. 


II.A.28. “Oil and Natural Gas Compression Segment” means the oil and natural gas 
compression, midstream pipelines, and other equipment used to collect oil and/or 
natural gas from gas or oil wells and used to compress, dehydrate, sweeten, or 
transport the oil and/or natural gas to a natural gas processing facility, a natural 
gas transmission pipeline, or to a natural gas distribution pipeline. For purposes 
of Section II., equipment located within the boundaries of a well production 
facility, including but not limited to compressors, is excluded from the oil and 
natural gas compression segment. 


*** 


II.B.2.h. Beginning February 14, 2022, the owner or operator must conduct performance 
tests for each enclosed combustion device for which Regulation Number 7, Part 
D, Sections I.D., II.B.3.b., II.C.1., II.D., or II.F. requires the device to achieve at 
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least 95% control efficiency for hydrocarbons. A performance test that does not 
demonstrate that an enclosed combustion device is achieving at least 95% 
control efficiency for hydrocarbons is considered a failing test. 


*** 


II.B.2.h.(i)(E) For the calendar year of a failing performance test, owners or operators 
must calculate enclosed combustion device emissions (or the emissions for the 
source controlled) pursuant to Sections II.G. and V. with the results of the failed 
test until the passing retest under Section II.B.2.h.(i)(G). 


*** 


II.H.1.a.(iii) Blowdowns of compressors, where total uncontrolled actual blowdown 
emissions from all compressors are greater than or equal to 0.75 tpy VOC or 1.5 
tpy methane on a rolling 12-month basis, consistent with a Division-accepted 
method of calculation. Hydrocarbons emitted during a compressor blowdown 
event where the physical volume of the compressor is less than fifty (50) cubic 
feet (cf) are not included in the emissions calculated for purposes of applicability 
of this Section II.H.1.a.(iii), provided the owner or operator maintains records of 
the dates and number of such events. 


II.H.1.a.(iv) Blowdowns of all equipment and piping not covered by Sections 
II.H.1.a.(i) through II.H.1.a.(iii) where the physical volume between isolation 
valves is greater than or equal to fifty (50) cf. This requirement does not apply if 
the owner or operator can demonstrate that the aggregate uncontrolled actual 
emissions from blowdowns of all equipment and piping subject to this Section 
II.H.1.a.(iv) are less than 0.75 tpy VOC and 1.5 tpy methane, provided the owner 
or operator maintains records of the dates and number of all blowdowns 
including blowdowns where the physical volume between isolation valves is less 
than fifty (50) cf. 


*** 


II.H.1.b.(iii) Blowdowns of compressors, where total uncontrolled actual blowdown 
emissions from all compressors are greater than or equal to 1 tpy VOC or 2 tpy 
methane on a rolling 12-month basis, consistent with a Division-accepted method 
of calculation. Hydrocarbons emitted during a compressor blowdown event 
where the physical volume of the compressor is less than fifty (50) cf are not 
included in the emissions calculated for purposes of applicability of this Section 
II.H.1.b.(iii), provided the owner or operator maintains records of the dates and 
number of such events. 


II.H.1.b.(iv) Blowdowns of equipment and piping not covered by Sections II.H.1.b.(i) 
through II.H.1.b.(iii) where the physical volume between isolation valves is 
greater than or equal to fifty (50) cf. This requirement does not apply if the owner 
or operator can demonstrate that the aggregate uncontrolled actual emissions 
from blowdowns of all equipment and piping subject to this Section II.H.1.a.(iv) 
are less than 1 tpy VOC and 2 tpy methane, provided the owner or operator 
maintains records of the dates and number of all blowdowns including 
blowdowns where the physical volume between isolation valves is less than fifty 
(50) cf. 


*** 
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II.H.1.c.(viii) Within sixty (60) days of the first day of the month after which blowdowns 
of compressors or other equipment and piping with a physical volume of the 
compressor or between isolation valves of equal to or greater than 50 cf located 
at a natural gas compressor station or natural gas processing plant not located in 
a disproportionately impacted community not subject to Sections II.H.1.b.(iii) or 
II.H.1.b.(iv) increases hydrocarbon emissions to 1 tpy VOC or 2 tpy methane 
after the applicable compliance date in Sections II.H.1.c.(i) through II.H.1.c.(iv), 
on a rolling twelve-month basis. 


*** 


II.H.2.c.(iii) A pigging unit not subject to Section II.H.2.c.(i) as of January 1, 2024, 
that increases hydrocarbon emissions to 1 tpy VOC or 2 tpy methane must be in 
compliance with Section II.H.2.c. within sixty (60) days of the first day of the 
month after which the emissions exceeded the applicable threshold, based on a 
rolling twelve-month basis. 


*** 


II.H.4.c.(i) Connecting each high pressure pig launcher or receiver by 
jumper lines to a low pressure gathering line and operating jumper lines 
to depressurize such pig launchers and receivers prior to opening the pig 
launcher or receiver hatch. 


II.H.4.c.  Where feasible fFor pipeline blowdowns other than for pigging 
operations, rerouting gas to the low-pressure system using existing piping 
connections between high- and low-pressure systems, temporarily resetting or 
bypassing pressure regulators to reduce system pressure prior to maintenance, 
or installing temporary connections between high- and low-pressure systems. 


 II.H.4.c.(i) For purposes of Section II.H.4.c., feasibility requires that a low-
pressure line be nearby, be owned or operated by the same midstream owner or 
operator, and be on contiguous property owned or operated by the midstream 
owner or operator. Feasibility here also means that the action is economically 
feasible. 


 II.H.4.c.(ii) The Division can approve alternatives to the best practices in 
Section II.H.4.c. where the owner or operator demonstrates that the alternatives 
will achieve equivalent or better emission reductions. 


*** 


II.H. 5. c.(ii) The date, location, identification of equipment or piping and number of 
blowdown events (other than pigging operations), including identification of 
whether the volume between isolation valves is less than 50 cf. 


*** 


II.I.1.b. The owner or operator must take action(s) to mitigate emissions from leaks 
placed on delay of repair where technically feasible. 


*** 
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V.C.2.s.(i) Beginning with the June 2024 report for calendar year 2023,  capture or control 
methods or best practices employed pursuant to Sections II.H.1., II.H.2., or 
II.H.4. per pigging unit. 


Regulation Number 7, Part D, Section II.B.2.h.(i)(D) 


The Division revised the timeline for installation of a flow meter prior to a 
performance test to address industry concerns with vendor availability and 
implementation resources. 


II.B.2.h.(i)(D) With enough time to calibrate and ensure proper reading from the flow 
meter prior to each performance test conducted under Section II.B.2.h. and 
continuing through the performance test, owner or operators must install and 
operate a flow meter on the inlet to each enclosed combustion device to be 
tested, unless not required by the Division-approved performance test protocol. 
Temporary flow meters may be used to meet this requirement. 


Regulation Number 7, Part D, Sections II.G.1.c.(vi)(A), II.G.1.d.(iii) and II.G.2.c.(ii) 


The Division revised Section II.G.1.c.(vi)(A) to reflect that artificial lift is not required 
on any well, regardless of commencement of operation date, where the structure of 
the well renders artificial lift infeasible. The Division revised the notice in Section 
II.G.1.d.(iii) required to align with COGCC requirements and to clarify the contents of 
the notice. The Division revised Section II.G.2.c.(ii) to reflect that the recordkeeping 
of lift cycles was intended to relate to plunger lifts. 


II.G.1.c.(vi)(A) Artificial lift is not required where an operator demonstrates to the Division that 
installation and use of artificial lift is technically infeasible on a wellthat 
commenced operation prior to February 14, 2022 because of the structure of the 
well. 


*** 


II.G.1.d.(iii) Well liquids unloading events are not included in the calculation for purposes of 
Section II.G.1.d.(ii) where the need for well liquids unloading resulted from the 
infiltration of excess water directly caused by a nearby hydraulic fracturing event 
provided that the owner of the well to be unloaded provides the Division with at 
least 48 hours written notice (or as soon as possible prior to conducting well 
liquids unloading if 48 hours’ notice would require an alternative or extended well 
liquids unloading practice that increases emissions) of the intent to begin 
unloading and the unloading activities are completed within thirty (30) days of 
commencement of those activities. The notice must include an identification of 
the operator that conducted the fracturing event suspected of contributing to the 
infiltration of water and the well API number(s) of the well that was fractured. 


*** 


II.G.2.c.(ii) The type of artificial lift used to reduce emissions pursuant to Section II.G.1.c.(vi); 
the number of well liquids unloading and well swabbing events resulting in 
emissions to atmosphere; or, if applicable, documentation of the justification for 
not having artificial lift under Section II.G.1.c.(vi). If plunger lift is installed, the 
number of cycles of the plunger. 
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Regulation Number 7, Part D, Section V.C.2.d.(viii) 


The Division revised Section V.C.2.d.(viii) to align more accurately with Section 
II.H. 


V.C.2.d.(viii) Beginning with the June 2024 report for calendar year 2023, best management 
practices employed pursuant to Section II.H.4., per blowdown event. 


 


Regulation Number 7, Statement of Basis and Purpose, pages 7, 10, 14 and 15 


The Division corrects the following typographical and scrivener’s errors, and other 
revisions to conform to the Division’s intent.  


Given the evolving and innovative work and study in this area to evaluate the performance of enclosed 
combustion devicess, the Commission 


*** 


The Commission was presented with data reported to EPA and to the Division that generally agrees that 
the largest sources of greenhouse gas emissions from the midstream segment is the fuel combustion 
equipment; however, these data sets also agree that emissions (particularly methane emissions) from 
operations and maintenance activities - such as pigging and blowdowns - are significant, and, the 
Commission has determined they are cost-effective to address. The Commission recognizes that 
depressurizing pig launchers and receivers or blowing down compressors and other equipment in natural 
gas gathering operations can emit VOCs. Emissions associated with the removal of oxygen from 
equipment to place equipment into service after a blowdown are not subject to Section II.H. in order to 
safely operate the equipment. This gas released from pigging and blowdown activities is under the same 
pressure as the pipeline and contains methane, ethane, and VOCs including benzene, toluene, 
ethylbenzene, and xylene. Pig receivers can also contain collected condensate liquid that had 
accumulated in the pipeline. 


*** 


In Section V.C.2.d., beginning with the June 2024 report for calendar year 2023, the Commission requires 
owners or operators to report emissions, along with other supporting information, resulting from 
blowdowns from facility equipment and piping where the physical volume of the piping between isolation 
valves is greater than or equal to 1 cubic foot. 


*** 


EPA also asks states to consider environmental justice as part of their actions, though there are no 
specific federal regulatory requirements at this time. In this revision, Part B, Sections III. and IV.These 
revisions expand on environmental justice considerations by incorporating the definition of 
“disproportionately impacted communities” (DI Community), and seeking to prioritize reductions in DI 
communities. 
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Regulation Number 7, Statement of Basis and Purpose, page 4  


The Division provides additional clarification concerning the applicability of the 
performance testing requirements in Section I.  


The Commission adopted language corresponding to the recommendations in the EPA’s Oil and Gas 
CTG and provides the following clarifications as related to purpose, intent, and terminology. Concerning 
the purpose of the performance test, EPA’s Oil and Gas CTG recommends the performance test to 
demonstrate compliance with the recommended level of control, which is a 95% reduction of VOC 
emissions from storage vessels and a 95% reduction of VOC emissions from centrifugal compressor wet 
seal fluid degassing systems. As EPA discusses in the Oil and Gas CTG, if an owner or operator 
complies with the recommended RACT by using a combustion device, initial and periodic performance 
testing of the device is recommended. The performance test will demonstrate that the combustion device 
reduces the mass content of VOC in the gases vented to the device by at least 95% by weight. 


Concerning the terms “potential for VOC emissions” and “(controlled actual emissions)” in the storage 
vessel applicability provision, the Commission adopted language corresponding to the recommended 
applicability provision in EPA’s Oil and Gas CTG, which is based on EPA’s NSPS OOOO and OOOOa. 
The Commission included the phrase “(controlled actual emissions)” in recognition of more extensive 
storage tank control requirements in Section I., as related to the recommendations in EPA’s Oil and Gas 
CTG for storage vessels, and not to allow and operator to use a different calculation methodology than 
that used to determine the storage vessel’s potential for VOC emissions. The Commission intends for the 
Division to determine whether storage vessels are subject to the performance testing requirement 
adopted in this December 2021 rulemaking, in the same manner the Division currently determines 
whether a storage vessel is subject to NSPS OOOO, including averaging emissions across the number of 
storage vessels in the battery as included in EPA’s NSPS. 


Regulation Number 22, Part B, Sections III.A.9, III.A.13, III.C.2.a., III.D.6., III.D.7., 
IV.A.13, IV.C.3., IV.E.1.d., and IV.F.1.e.  


The Division corrects the following typographical or scrivener’s errors, and other 
revisions to conform to the Division’s intent.  


III.A.9. “Midstream steering committee” means a committee comprised of members 
approved by the Division to serve as a technical working group tasked with 
developing program guidance documents and developing a midstream segment 
emission reduction plan. To the extent practicable, the committee members will 
include two members representing the electric utility sector; three members 
representing the midstream segment (at least one representing the oil and 
natural gas compression segment and one representing the natural gas 
processing segment), or industry trade organizations representing owners or 
operators; at least three local government representatives (one from inside the 8-
hour ozone control area and northern Weld County and one from outside the 8-
hour ozone control area and northern Weld County); at least three members 
representing the general public (including a representative of an environmental 
organizations and a representative of a disproportionately impacted community); 
and at least one Division staff person. The steering committee may also include 
two additional members: a representative from the Colorado Energy Office and a 
representative from the Public Utilities Commission. 


III.A.13. “Oil and natural gas compression segment” means the oil and natural gas 
compression, midstream pipelines, and other equipment used to collect oil and/or 
natural gas from gas or oil wells and used to compress, dehydrate, sweeten, or 
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transport the oil and/or natural gas to a natural gas processing facility, a natural 
gas transmission pipeline, or to a natural gas distribution pipeline. For purposes 
of Section III., equipment located at a well production facility, including but not 
limited to compressors, is excluded from the oil and natural gas compression 
segment. 


  *** 


III.C.2.a. The midstream steering committee will seek publicly available 
information concerning most recently filed electric utility Electric Resource Plans 
and Clean Energy Plans; regarding the forecast timing of upcoming Electric 
Resource Plan filings, electric utility energy sales and demand forecasts for 2023 
through 2030; and regarding existing and contracted electric generation units, 
and approved future transmission lines in Colorado. 


  *** 


III.D.6. Following receipt of the midstream segment ERP from the midstream steering 
committee, the Division will make the draft midstream segment ERP available for 
at least 30 days of public comment. 


III.D.7. By no later than August 31, 2024, the Division will submit a regulatory proposal 
based upon the midstream segment ERP to the Air Quality Control Commission 
and request a rulemaking hearing for no later than December 31, 2024.  


*** 


IV.A.13. “Intensity operator” means a person or entity that operates upstream segment 
activities or equipment. For purposes of Section IV., where a person or entity 
holds a controlling interest in more than one intensity operator, that person or 
entity is the intensity operator of all upstream segment activities and equipment 
in which that person or entity has a controlling interest. 


  *** 


IV.C.3. For calendar years 2026 through 2027, the new facility intensity target is 6.64 
mtCO2e/kBOE, unless the well production facility is located in the 8-hour Ozone 
Control Area and in a disproportionately impacted community, then the new 
facility intensity target is 6.0 mtCO2e/kBOE 


  *** 


IV.E.1.d. An estimate of the greenhouse gas emission reductions that each type of 
BMP, control method, emission reduction strategy, or technology is expected to 
achieve on a company-wide mass basis and on a company-wide greenhouse 
gas intensity basis, including calculation methods. 


  *** 


IV.F.1.e. Include recommendations to evaluate total greenhouse gas emissions 
relative to the applicable baseline and progress towards statewide greenhouse 
gas emission reduction goals for oil and gas emissions in Section 25-7-
105(1)(e)(XII) and (XIII), CRS. 







12/10/2021 R7 and R22 – hearing errata Page 8 of 10 


 


Regulation Number 22, Part B, Section III.C.3.  


The Division clarifies the purpose of the provided information. 


III.C.3. By no later than July 31, 2022, each midstream segment owner or operator must 
provide the following information to the midstream steering committee on a 
Division-approved form to inform the guidance document that will be developed 
pursuant to Section III.D.1. 


Regulation Number 22, Part B, Sections III.C.2.a., III.C.3.c., III.C.3.e., and 
III.C.3.f., and the Regulation Number 22 Statement of Basis and Purpose, page 5 


The Division clarifies the information sought by or provided to the midstream steering 
committee, to address questions and concerns raised by the utilities and midstream 
operators. 


III.C.2.a. The midstream steering committee will seek publicly available 
information concerning most recently filed electric utility Electric 
Resource Plans and Clean Energy Plans, information regarding the 
forecast timing of upcoming Electric Resource Plan filings, electric utility 
energy sales and demand forecasts for 2023 through 2030, information 
regarding existing and contracted electric generation units, and approved 
future transmission lines in Colorado. 


*** 


III.C.3.c. An estimate of the total annual power demand, along with total 
instantaneous power demand in kilowatt hours, or horsepower demand 
required for use of the midstream fuel combustion equipment identified in 
Section III.C.3.b. 


*** 


III.C.3.e. An estimate of the total annual kilowatt hours and heat rate 
demand, along with total instantaneous power demand, being supplied 
by electric motors and electric heaters identified in Section III.C.3.d. 


III.C.3.f.  An estimate of existing transmission and distribution capacity to 
serve estimated load in a specific location as supplied by the applicable 
electric, transmission, or distribution service provider. 


*** 


The rules adopted by the Commission mandate that midstream segment owners and operators submit 
certain specified information to the steering committee by July 31, 2022. This information must include an 
identification of all fuel combustion equipment owned or operated by each midstream segment operator. 
There is no de minimis equipment that should not be identified, though not all equipment may end up in 
the operator’s ERP or the segment ERP. This information should also allow the steering committee to 
easily understand what equipment - and how much emissions - are located within disproportionately 
impacted communities. Owners and operators must all include an estimate of the total annual power 
demand required for use of all midstream combustion equipment owned or operated by each midstream 
segment operator. When reporting this estimate, the owners and operators should identify whether such 
equipment is required to run continuously or whether operation of certain equipment is intermittent or 
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interruptible. Owners and operators are also required to seek an estimate of existing transmission and/or 
distribution capacity to serve the estimated electric load (i.e. total power demand) at the specific locations 
of the midstream segment fuel combustion equipment, and provide that information to the steering 
committee. Transmission and/or distribution capacity should be obtained from the appropriate electric 
utility, transmission, or distribution service provider and reported to the steering committee when made 
available by the utility or utilities. Owners and operators should evaluate whether their midstream 
segment fuel combustion equipment operations require firm or non-firm transmission service. Should an 
owner or operator consider potential electrification, the Commission intends the owner or operator will 
continue to engage with the appropriate electric utility, transmission, or distribution service provider.… 
The rules provide that such additional information should be requested by April 30, 2022; however, this 
does not limit the Division’s authority to use existing statutes and regulatory authority to require the 
submittal of additional information to the Divisionor the midstream steering committee. 


Regulation Number 22, Part B, Section IV.B.7.b. 


The Division clarifies the applicability of greenhouse gas intensity targets in the years 
subsequent to the acquisition. 


IV.B.7.b. If a minority operator acquires or takes over operation of an oil or natural gas well 
in Colorado from a majority operator on or after January 1, 2025, the minority operator 
must at least comply with the applicable minority operator greenhouse gas intensity 
target for the preproduction and production emissions from the acquired well(s) for the 
calendar years of and after the acquisition, after which the minority operator greenhouse 
gas intensity targets apply to all assets of the minority operator, including the acquired 
assets (unless the minority operator has become a majority operator).  


Regulation Number 22, Statement of Basis and Purpose, pages 7, 8, and 9 


The Division clarifies and corrects the following typographical and scrivener’s errors, 
and other changes to reflect the Division’s intent.  


Calculating Intensity 


The Commission, for consistency across Colorado operations, determined that in converting natural gas 
production to barrels of oil equivalent, owners and operators should use the conversion factor of 5800 
standard cubic feet of natural gas per barrel of oil equivalent. To clarify the calculation for intensity, which 
requires use of oil and natural gas production in thousand barrels of oil equivalent (kBOE), as well as the 
common units used for reporting natural gas production of million standard cubic feet (MMscf), operators 
should divide natural gas production reported in MMscf by 5.8 MMscf/kBOE. The equation for calculating 
total production in kBOE is: 


TP (kBOE) =[NGP (MMscf)/5.8 (MMscf/kBOE)] + [OP (bbl)/1000 (bbl/kBOE)] 


where:  TP (kBOE) = total annual production of natural gas and oil in the units of kBOE 


NGP(MMscf) = annual natural gas production in the units of million standard cubic feet 


OP (bbl) = annual oil production in the units of barrels of oil 


*** 


If, at any point, a minority operator has production over 10,000 kBOE, or if a minority operator increases 
its production by 2,500 kBOE over the prior calendar year production - then in the calendar year after the 
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acquisition, the minority operator would become a majority operator and be subject to those targets (and 
other rules applicable to majority operators).  


Otherwise, if a minority operator acquires assets (or merges with) a minority operator, the minority targets 
must be met in the year of the acquisition for all assets, including the acquired assets. If a majority 
operator sells assets, the majority operator targets must still be met, even if that operator’s production 
falls below 10,000 kBOE. If a new to market operator acquires the assets of a minority operator, the new 
to market operator becomes a minority operator and the minority operator targets apply; similarly, if a new 
to market operator acquires the assets of a majority operator, the majority operator targets apply. 


*** 


Verification 


In Section IV.F., the Commission directs the Division to develop a mechanism to track progress towards 
meeting the state’s GHG reduction goals and to evaluate compliance with the greenhouse gas intensity 
targets and new facility intensity targets in Sections IV.B. and IV.C. The Commission determined that it 
was advisable to give the Division time in 2021 and 2022 (1) to evaluate the annual emission reports 
submitted in 2021 and 2022, (2) to evaluate different calculation and emission quantification 
methodologies for different emitting activities and equipment, and (3) to consider the impact and results of 
the aerial and ground-based survey work being conducted by the Division (and contractors) in 2021 
(because this data will not be fully available until the spring of 2022) as well as other relevant surveys. … 
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Colorado’s Air Quality Control Commission Meeting 


December 14-17, 2021 


Regulation 7  


Air Pollution Control Division’s Proposal 


Second Errata Sheet  


 


The Air Pollution Control Division (Division) last submitted a proposed Statement of 
Basis and Purpose and rule language as part of the Regulations Number 7 and Number 
22 rulemaking hearing on November 23, with an errata sheet submitted on December 
10, for the December 14-17, 2021, Air Quality Control Commission meeting.   


Throughout the rulemaking process, the Division has continued to work with various 
parties, negotiating agreeable revisions in order to reduce the number of issues on 
which the Commission must decide.  The following revisions, highlighted in pink, have 
been made to the December 10, 2021 version of the proposed rule language and 
Statement of Basis and Purpose.   


 
GUIDE TO COLOR CODING: 
No shading - Initial proposal, August 31, 2021 
Yellow - PHS revision 
Blue - Rebuttal revision 
Green - First errata, December 10, 2021 
Pink - Second errata, December 14, 2021 


Regulation Number 7, Part D, Section II.B.2.g.(i) 


The Division revised the timeline for installation of a flow meter to address concerns 
with equipment availability and implementation resources. 


II.B.2.g.(i) Unless an extension is authorized by the Division for good cause, flow meters 
must be installed and operating by  


II.B.2.g.(i)(A) December 31, 2022, for enclosed combustion devices in 
disproportionately impacted communities that commenced operation before 
February 14, 2022. 


II.B.2.g.(i)(B) December 31, 2022, for enclosed combustion devices not subject to 
Section II.B.2.g.(i)(A) in the 8-hour ozone control area or northern Weld County 
that commenced operation before February 14, 2022. 
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II.B.2.g.(i)(B) May 1, 2023, for enclosed combustion devices not subject to Section 
II.B.2.g.(i)(A) that commenced operation before February 14, 2022. 


II.B.2.g.(i)(C) Commencement of operation for enclosed combustion devices that 
commence operation on or after February 14, 2022. 


Regulation Number 7, Part D, Section II.B.2.h.(i)(E) 


The Division adjusted the date to which operator must calculate emissions after a 
failing stack test to the date that the repair is made, to reflect that the time period 
for which the lower control efficiency is used in the calculation should be consistent 
with the time period in which the combustion device was not operating properly. 


II.B.2.h.(i)(E) For the calendar year of a failing performance test, owners or operators 
must calculate enclosed combustion device emissions (or the emissions for the 
source controlled) pursuant to Sections II.G. and V. with the results of the failed 
test until the enclosed combustion device is back in compliance as confirmed by 
the passing retest under Section II.B.2.h.(i)(G). 


Regulation Number 7, Part D, Section II.B.2.h.(ii)(A), Table 1 and Section 
II.B.2.h.(ii)(B) 


The Division adjusted the date by which performance tests must be completed for the 
2023 and 2024 deadlines from May 1 to October 31, to account for vendor availability 
and ramping up performance testing capacity. 


 
Table 1 – Enclosed Combustion Device Inspections 


Location of enclosed 
combustion device 


Compliance deadlines 


October 31, 
2023 


October 31, 
2024 


May 1, 
2025 


May 1, 
2026 


May 1, 
2027 


May 
1, 
2028 


Percentage (%) of owner or operator’s enclosed combustion devices 
that must be tested 


Within a DI community At least 15% At least 40% At least 
70% 


100% NA NA 


Within the 8-hour ozone 
control area and northern 
Weld County 


At least 10% At least 30% At least 
50% 


At least 
80% 


100% NA 


Outside the 8-hour ozone 
control area and northern 
Weld County  


At least 5% At least 15% At least 
30% 


At least 
50% 


At least 
75% 


100% 
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II.B.2.h.(ii)(B) A performance test conducted in accordance with Division-approved test 
protocol between January 1, 2020, and October 31, 2023, will satisfy the initial 
performance testing requirements in Section II.B.2.h.(ii)(A). 


 


Regulation Number 7, Statement of Basis and Purpose, pages 5-7 


The Division updated the Statement of Basis and Purpose to provide additional 
clarification concerning the implementation of the performance testing requirements, 
including the timely development of guidance, protocols, and review of submittals 
from operators. 


Section II.B.2.g. requires owners and operators to install and operate a flow meter at the inlet to 
enclosed combustion equipment (or a bank of enclosed combustion devices) used as air 
pollution control equipment covered by this section, with some exceptions. A flow meter is a 
device that measures the amount of gas entering the enclosed combustion device and can be 
used to help determine whether an enclosed combustion device is functioning properly. The 
Commission believes that flow meters are an important tool to help the Division ensure that air 
pollution control equipment achieves at least 95% control efficiency for hydrocarbons, 
comparing flow rates against the high end flow limitations of the enclosed combustion device 
used to ensure that the enclosed combustion device is being operated within the design 
parameters. Flow meters also provide valuable information to help the Division verify the 
emission calculations for this equipment reported under Regulation Number 7, Part D, Section 
V. In Section II.B.3.g.(iii)(C), the Commission recognizes that the use of flow meters may not 
always be feasible; for example, flow meters can be less effective where the control device is a 
“low flow” device - i.e. where the flow to the device is not consistent or high enough to achieve 
generally accurate readings from the meter. The Commission encourages operators to provide 
alternative mechanisms for tracking flow data (or other Division-approved parameter) to air 
pollution control equipment for those situations in which flow meters are less effectiveefficient or 
accurate. Where an operator has submitted a plan for the use of an alternate parameter under 
Section II.B.2.g.(iii)(C), the Commission directs the Division to promptly review and approve or 
deny appropriate alternative monitoring mechanisms or parameters to ensure operators may 
meet the applicable deadlines in Section II.B.2. However, the burden remains on the operator to 
comply with the regulation or, where approved, the provisions of the alternative approval. The 
Commission intends that if the flow meter is not connected to automation to continuously record 
flow, it should be capable of storing at least two weeks of data. 


*** 


The Commission has determined that performance tests must be conducted pursuant to a 
Division-approved protocol. The Commission intends that as an alternative to a site-specific 
protocol, operators may submit to the Division a company-specific protocol for approval for that 
company’s different types of site configurations, to which an operator would certify that it 
followed for each performance test conducted pursuant to that protocol. The Commission also 
anticipates that the U.S. EPA will be releasing a protocol for an outlet-only testing method and 
directs the Division to consider publishing that protocol on its website as a pre-approved test 
protocol for enclosed combustion device performance testing, to which operators would certify 
they followed in conducting a performance test. The Division may also develop a statewide 
protocol that may be followed by any owner or operator. If utilizing the Division’s statewide 
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protocol, an owner or operator need only provide a notice prior to conducting testing pursuant to 
the protocol. The Commission also directs the Division to consider approving different protocols 
for different types of devices. For example, the Commission would support a different test 
protocol for devices operating at such low-flow that supplementing the gas stream to the device 
would be required for purposes of the test. Given the evolving and innovative work and study in 
this area to evaluate the performance of enclosed combustion devices, the Commission 
recognizes that protocols may be developed, subject to division approval,  that don’t result in a 
strictly numeric destruction efficiency evaluation, such as a traditional stack test, and those may 
be approvable protocols, in which case, the protocol will identify the metric by which the testing 
will be considered passing or failing.  


The Commission understands that development of performance testing protocols is important to 
meeting the performance testing deadlines and directs the Division to develop, by August 1, 
2022, a standard protocol framework for performance testing to allow operators to meet the 
required testing timelines, and by October 31, 2022, an alternative protocol to a traditional stack 
test for low-flow ECDs where appropriate. The Commission further directs the Division to review 
proposed companywide performance testing protocols within 6 months of receipt of the proposal 
or, where approval or denial cannot be accomplished in that time frame and where the protocol 
was submitted with adequate time to implement testing after Division approval, to consider 
approving alternative testing schedules. However, the inability of the Division to develop 
standard protocols or to approve a performance test protocol within the time frames provided 
above does not relieve the operator of the duty to comply with this regulation. 


Performance testing requirements under Regulation 7 do not limit the division’s authority to 
otherwise require performance tests under Common Provisions, Section II.C including those 
required as the outcome of approving a construction permit.   


Regulation Number 22, Part B, Section IV.A.19 


The Division is correcting an incorrect cross-reference in the definition.  


IV.A.19. “New to market operator” means an owner or operator that did not produce any 
oil or natural gas in Colorado in calendar years 2021 or 2022 or own or operate 
any well production facility in Colorado as of December 31, 2022. A new to 
market operator that becomes a majority operator as defined in Section IV.A.16. 
or a minority operator as defined in Section IV.A.18. is no longer a new to market 
operator. 
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BEFORE THE AIR QUALITY CONTROL COMMISSION  
STATE OF COLORADO  
 
 
IN THE MATTER OF PROPOSED REVISIONS TO REGULATION NUMBERS 7 AND 
REGULATION NUMBER 22  
DECEMBER 14-17, 2021 HEARING 
 
 
THIRD ERRATA SHEET OF THE COLORADO DEPARTMENT OF PUBLIC HEALTH 


AND ENVIRONMENT, AIR POLLUTION CONTROL DIVISION 


Air Pollution Control Division’s Third Errata Sheet  


The Air Pollution Control Division (Division) last submitted a proposed Statement of 
Basis and Purpose and rule language as part of the Regulations Number 7 and Number 
22 rulemaking hearing on December 23, with errata sheets submitted on December 10 
and 14, for the December 14-17, 2021, Air Quality Control Commission meeting.   


Throughout the rulemaking process, and even continuing through the hearing, the 
Division has continued to work with various parties, seeking to address parties’ 
concern and finding consensus, highlighted in red, in order to reduce the number of 
issues on which the Commission must decide.  The following revisions have been made 
to the December 14, 2021, versions of the proposed Regulation Number 7 rule 
language and proposed Regulation Number 22 rule language.   
 
GUIDE TO COLOR CODING: 
No shading – initial proposal, August 31, 2021 
Yellow – prehearing statement revision, October 28, 2021  
Blue – rebuttal revision, November 23, 2021 
Green – first errata, December 10, 2021 
Pink – second errata, December 14, 2021 
Red – third errata, December 17, 2021 


Regulation Number 7, Part D, Section II.G.1.d.(ii)(D) 


The Division removed the following provision related to capturing and controlling 
emissions from well liquids unloading and well swabbing operations. The Division 
agrees to continue to work with COGCC to find solutions that may include, but may 
not be limited to, the granting of variances. The Division further notes that other 
existing language in the proposal addresses the situation sought to be covered by this 
language. 


II.G.1.d.(ii)(D) Capturing or utilizing enclosed combustion devices as 
control devices is not technically feasible, as approved 
by the Division, and regulations of the Colorado Oil and 
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Gas Conservation Commission or Bureau of Land 
Management do not permit the use of open flares. 
Owners or operators must demonstrate a good faith 
effort to obtain a variance from the Colorado Oil and Gas 
Conservation Commission or Bureau of Land 
Management before capture or control would not be 
required. 


Regulation Number 7, Part D, Sections II.H.1.a.(iv), II.H.1.b.(iv) and Statement of 
Basis and Purposes, pages 12-13 


The Division will support the JIWG’s change to Section II.H. and the SBAP, presented 
in JIWG slides 141 and 142 and duplicated below. 


II.H.1.a.(iv) Blowdowns of all equipment and piping not covered by Sections 
II.H.1.a.(i) through II.H.1.a.(iii) where the physical volume between 
isolation valves is greater than or equal to fifty (50) cf. This requirement 
does not apply if the owner or operator can demonstrate that the 
aggregate uncontrolled actual emissions from blowdowns of all 
equipment and piping subject to this Section II.H.1.a.(iv) are less than 
0.75 tpy VOC and 1.5 tpy methane, provided the owner or operator 
maintains records of the dates and number of all blowdowns including 
blowdowns where the physical volume between isolation valves is 
greater than one (1) cf but less than fifty (50) cf. 


II.H.1.b.(iv) Blowdowns of equipment and piping not covered by Sections 
II.H.1.b.(i) through II.H.1.b.(iii) where the physical volume between 
isolation valves is greater than or equal to fifty (50) cf. This requirement 
does not apply if the owner or operator can demonstrate that the 
aggregate uncontrolled actual emissions from blowdowns of all 
equipment and piping subject to this Section II.H.1.a.(iv) are less than 1 
tpy VOC and 2 tpy methane, provided the owner or operator maintains 
records of the dates and number of all blowdowns including blowdowns 
where the physical volume between isolation valves is greater than one 
(1) cf but less than fifty (50) cf. 


In Sections II.H.1.a.(iii) and II.H.1.a.(iv), the Commission understands that capturing or controlling 
emissions from small blowdown events, either from compressors or other equipment, is often cost 
prohibitive (when looked at on a per-blowdown or per-equipment basis) and may result in more emissions 
from the capture and control efforts than what is reduced based upon the fuel source for the capture or 
recovery equipment. Therefore, the Commission has included that blowdown events from compressors or 
equipment, where between isolation valves the total volume is less than 50 cubic feet, do not need to be 
included in emission calculations toward the thresholds nor do they need to be captured or controlled. 
However, the Commission feels it is important to better understand the frequency and number of such 
events. If an owner or operator is found not to be keeping the required records relating to blowdown 
events greater than 1 cubic foot and under 50 cubic feet, the regulatory presumption is that capture or 
control was required for equipment blowdown events, and noncompliance is not a simple recordkeeping 
violation. Further, in Sections II.H.1.c.(vii) and II.H.1.c.(viii), the Commission provided that when a source 
previously not subject to capture or control has emissions that meet or exceed the applicability 
thresholds, that source will have sixty (60) days from the first day of the month after meeting/exceeding 
the thresholds to comply with the capture or control requirements. The Commission believes that 
operators should be tracking emissions such that they can generally predict when a source will exceed 
thresholds and should prepare accordingly. However, the Commission understands that sometimes 
unforeseeable events will cause an emissions increase. Under such circumstances, the Commission 
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encourages operators to reach out to the Division prior to missing a compliance deadline, and directs the 
Division to work with those operators to ensure capture and recovery begins as soon as practicable, 
which may be more than 60 days. 


The Commission mandated recordkeeping and reporting requirements in Sections II.H.6. and V. 
applicable to pigging operations and blowdown activities to ensure compliance with and to track the 
efficacy of the established emission reduction measures. Emissions from pigging and blowdowns must be 
separately included in Regulation Number 7, Part D, Section V. annual reports. The records for pigging 
activities must include the total number of pigging events, even if not subject to capture or control. The 
records must outline the location, date, time, and duration of the blowdown emissions, including records 
of the date, location, and equipment for which there are blowdown events where the volume between 
isolation valves is less than 50 cubic feet (but greater than 1 cubic foot for piping and equipment). Where 
Section II.H.5.b.(i) requires recordkeeping of the pressure of the pigging unit before and after capture and 
recovery (if applicable) and immediately before emissions to the atmosphere, the Commission is seeking 
information regarding the volume of gas emitted. Therefore, where capture and recovery techniques are 
employed, the Commission is seeking the starting pressure of the pigging unit prior to capture and 
recovery and the pressure of the pigging unit after capture and recovery but before the emission of the 
residual gas. As an example, if the pigging unit is at 900 psig before sending the gas to a low-pressure 
line by jumper line and at 50 psig where the remaining residual volume of gas is emitted to atmosphere, 
the operator would report a starting pressure of 900 psig and an ending pressure of 50 psig. Then, the 
emissions from the release to atmosphere of the remaining 50 psig down to 0 psig would be recorded as 
actual emissions as required by Sections II.H.5.b.(ii) and V. Where no capture and recovery techniques 
are employed, the Commission understands that the ending pressure will always be 0 psig. 


Regulation Number 7, Statement of Basis and Purposes, pages 12 


The Division provides the following additional discussion and clarification concerning 
compliance with federal requirements as related to compliance with the Regulation 
Number 7 pigging and blowdown provisions. 


The Commission also provided, in Sections II.H.3.e and II.H.3.f, that capture and recovery is not always 
required. Capture and recovery is only required during normal operations - i.e. not during malfunctions. 
And capture and recovery is not required during emergency shutdown systems testing, such as would be 
required under OSHA’s Process Safety Management standard. Further, in Section II.H.3.g, the 
Commission provided that capture or recovery is not required on certain vessels; however, uncontrolled 
actual emissions from blowdowns of these vessels (if greater than 50 cf) must be included in the 
calculations for purposes of the general applicability of control requirements. Operators must look at 
uncontrolled actual emissions from blowdowns - if a piece of equipment is blown down and the emissions 
are controlled, the uncontrolled actual emissions from that blowdown event still count toward the 
applicability threshold. The Commission does not intend that its requirements for capture and control 
place operators in a situation to choose between compliance with this program and compliance with 
federal regulatory programs for leak detection. Thus, to the extent there are limited situations where an 
operator cannot reasonably capture or control the blowdown emissions necessary to fix a leak within the 
timelines required by federal programs, and under those same federal programs would be prohibited from 
placing that leak on delay of repair, operators must keep records of these events, and include information 
about these events on the annual emission reports submitted pursuant to Section V. Under these limited 
circumstances, compliance with the federal rules will generally not be deemed non-compliance with 
Section II.H. The Commission further directs the Division to consider whether future revisions to this 
program are necessary to address this type of conflict or others that may arise in the implementation. 


Regulation Number 22, Part B, Section IV.B.7. 


The Division revises the following midstream steering committee provision. 
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III.D.1.f.  Identify and describe methods by which midstream segment 
owners or operators can achieve the emission reductions necessary to 
comply with the requirements of Section 25-7-105(1)(e)(XIII), C.R.S. 
(2021), including, but not limited to, equipment replacement, equipment 
retrofit, equipment shutdown, or electrification. The guidance should also 
seek to identify and describe issues that must be addressed by operators 
considering electrification as an emission reduction strategy. 


Regulation Number 22, Part B, Section IV.B.7. 


The Division revises the following acquisitions provision. 


IV.B.7. Acquisitions. Except as provided below, if an owner or operator acquires or takes 
over operation of an oil or natural gas well in Colorado after January 1, 2025, that 
owner or operator must meet the greenhouse gas intensity targets in Sections 
IV.B.2. through IV.B.5. applicable to the intensity operator acquiring the assets. 


 


 








May 16, 2022


Kathleen Becker


Regional Administrator


U.S. Environmental Protection Agency, Region 8


1595 Wynkoop Street


Denver, Colorado  80202-1129


Dear Ms. Becker:


The following action is submitted to EPA for final approval and incorporation into the


Colorado State Implementation Plan pursuant to 40 CFR Part 51, Appendix V, 2.1(a):


Regulation Number 7 and Regulation Number 22


On December 17, 2021 the Air Quality Control Commission adopted revisions to


Regulation Number 7 and Regulation Number 22.


Regulation Number 7


Included revisions to establish oil and gas reduction strategies, monitoring, reductions,


recordkeeping and reporting in response to SB19-096, HB19-1261 and SB19-181. This also


included SIP revisions concerning Reasonably Available Control Technology necessary for


EPA approval of Colorado’s Ozone SIP.


Regulation Number 22


The revisions to Regulation Number 22 were not part of the Colorado State


Implementation Plan.


The materials have been entered into EPA’s CDX for your review. The Office of the


Commission may submit any additional technical support documentation and administrative


information needed for review directly to your staff. Should there be any questions


regarding these materials, please contact the Commission Office at 303-692-3478.


Sincerely,


Jill Hunsaker Ryan, MPH


Executive Director


Colorado Department of Public Health and Environment


4300 Cherry Creek Drive South, EDO-AQCC-A5, Denver, CO 80246-1530 P 303-692-2000 www.colorado.gov/pacific/cdphe


Jared Polis, Governor | Jill Ryan, Executive Director







cc: Jeremy Neustifter, CDPHE Air Quality Control Commission


Michael Ogletree, CDPHE Air Pollution Control Division


Abby Fulton, EPA Region 8


4300 Cherry Creek Drive South, EDO-AQCC-A5, Denver, CO 80246-1530 P 303-692-2000 www.colorado.gov/pacific/cdphe


Jared Polis, Governor | Jill Ryan, Executive Director
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Cost-Benefit Analysis 
 


In performing a cost-benefit analysis, each rulemaking entity must provide the information requested 
for the cost-benefit analysis to be considered a good faith effort. The cost-benefit analysis must be 
submitted to the Office of Policy, Research and Regulatory Reform at least ten (10) days before the 
administrative hearing on the proposed rule and posted on your agency’s web site. For all questions, 
please attach all underlying data that supports the statements or figures stated in this cost-benefit 
analysis. 
 
DEPARTMENT: Colorado Department of Public 


Health & Environment 
 AGENCY: Air Quality Control Commission 


 
CCR: 5 CCR 1001-9 and 5 CCR 1001-26  DATE: December 3, 2021 


 
RULE TITLE OR SUBJECT:   
 
REGULATION NUMBERS 7 & 22 


 
 Per the provisions of 24-4-103(2.5)(a), Colorado Revised Statutes, the cost-benefit analysis must 


include the following: 


1.  The reason for the rule or amendment; 3 


2. The anticipated economic benefits of the rule or amendment, which shall include economic 
growth, the creation of new jobs, and increased economic competitiveness; 4 


3. The anticipated costs of the rule or amendment, which shall include the direct costs to the 
government to administer the rule or amendment and the direct and indirect costs to business and 
other entities required to comply with the rule or amendment; 5 
Cost to Government 5 
Cost to Businesses 5 
Table 1: Control Device Performance Economic Impact Revisions 8 
Table 2: ECD Testing Schedule 9 
Table 3: ECD Performance Improvement Costs 10 
Table 4: Control Device Performance Economic Impact Revisions 12 
Table 5: ECD Performance Improvement Cost Effectiveness 13 
Table 6: Control Device Performance Economic Impact Revisions 14 
Table 7: LDAR Annualized Costs 17 
Table 8: CS LDAR Proposed Frequency 18 
Table 9: CS LDAR Inspection Costs 19 
Table 10: CS Repair Hours from LDAR Frequencies 19 
Table 11: CS Emission Calculations from LDAR 20 
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Table 12: CS Emission Reductions from LDAR 21 
Table 13: CS LDAR Cost Effectiveness 21 
Table 14: Cost and Emissions Reductions for LDAR at Gas Plants 23 
Table 15: Cost and Emission Reductions of ZEVAC Units 27 
Table 16: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines 29 
Table 17: Emissions from Venting/Blowdowns/Pigging and Pipelines 30 
Table 18: Emissions from Venting/Blowdowns/Pigging and Pipelines 31 
Table 19: Cost and Emission Reductions for Venting/Blowdown Activities 32 
Table 20: WPF Emission Reductions from LDAR 36 
Table 21: WPF LDAR Inspection Costs 37 
Table 22: WPF Repair Hours from LDAR Frequencies 38 
Table 23: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC 38 
Table 24: WPF LDAR Total Annual Cost 39 
Table 25: AIMM Inspection Schedule by Area of State 40 
Table 26: Average Annual Inspections and Inspection Cost 42 
Table 27: LDAR Repairs - Years 1-5 42 
Table 28: New WPF Monthly LDAR Emission Reductions by Year 44 
Table 29: Upstream Recovered Natural Gas Value from Leak Repairs 44 
Table 30: Upstream LDAR Total Annual Cost 45 
Table 31: Calculated Intensities 46 
Table 32: Total GHG Reductions Enforced By the Intensity Program 47 
Table 33: Upstream Intensity Emission Reductions by 2030 49 
Table 34: Well Unloading Emissions Data 53 
Table 35: Well Unloading Control - Emissions and Cost Effectiveness 53 
Table 36: Well Unloading Control - Emissions and Cost Effectiveness 54 
Cost to General Public 57 
Table 37: Social Cost of Greenhouse Gases 58 
Table 38: Net Benefits to Society 59 


4. Any adverse effects on the economy, consumers, private markets, small businesses, job 
creation, and economic competitiveness; and 59 


5. At least two alternatives to the proposed rule or amendment that can be identified by the 
submitting agency or a member of the public, including the costs and benefits of pursuing each of 
the alternatives identified. 60 
No Action Alternative 60 
EDF and Conservation Groups Alt Proposal 60 
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1.  The reason for the rule or amendment; 
The Division is proposing revisions to Regulation Numbers 7 and 22 to achieve the necessary statewide 
greenhouse gas (“GHG”)1 emission reductions to implement Colorado’s Greenhouse Gas Pollution 
Reduction Roadmap (“GHG Roadmap”) and House Bill 21-1266 (the “Environmental Justice Act”).2 The 
Commission is required to adopt regulations to meet specified percentages of GHG reduction over a 
baseline. The percentages and baselines differ based upon the GHG Roadmap sector in which the 
equipment and resulting greenhouse gas (“GHG”) emissions are bucketed.3 There are two GHG 
Roadmap sectors at issue in this rulemaking: the Oil and Gas (O&G) Sector and the Industrial Sector. 
Most methane emissions from upstream and midstream segment activities, along with estimates of 
methane “leakage” from pipelines in the transmission & storage and distribution segments, are in the 
O&G Sector.4 The emissions from fuel combustion equipment at oil and gas sources in the upstream 
and midstream segments are largely found in the Industrial Sector.5 This proposal is designed to ensure 
that the Commission has adopted regulations that - in conjunction with “other laws and rules, as well 
as voluntary actions taken by local communities and the private sector”6 - achieve the state’s GHG 
reduction targets. 
 
Another of the Division’s primary objectives is to pursue environmental justice, by asking this 
Commission to adopt regulatory revisions and new programs that meaningfully reduce emissions of 
GHG and co-pollutants in disproportionately impacted communities (“DI Communities”). The Division’s 
rule proposal prioritizes reductions of GHG and co-pollutants in DI Communities in a comprehensive 
and far-reaching manner. The proposal for Regulation 7 would, in DI Communities: ensure quicker and 
more frequent testing of combustion devices; require more frequent leak inspections and earlier 
repair of leaking components ensure quicker, and more, reductions from certain midstream 
operations; and require control of more well liquids unloading events. The Division’s proposal for 
Regulation 22 also requires operators who submit various plans to comply with the new programs to 
evaluate the impacts of their plans on DI Communities and to prioritize reductions therein, along with 
specific requirements that co-benefit reductions be quantified. These rules are designed to reduce 
emissions in DI Communities, and therefore reduce the local health and environmental impacts of oil 
and gas operations. The Division consulted with community members, community organizations, and 
parties representing the interests of DI Communities in the creation of and revisions to its proposal. 
The Division submitted a Climate Equity Considerations document in the record of this proceeding that 
details its outreach efforts. 
 
 
 


                                         
1 “Statewide GHG emissions” is used in the Environmental Justice Act, HB21-1266. “Statewide GHG pollution” is defined in 
HB19-1261, § 25-7-103(22.5), C.R.S. The Division interprets “statewide” in both contexts to mean GHG emitted in Colorado 
and over which the state has jurisdiction. 
2 See GHG Roadmap, https://drive.google.com/file/d/1jzLvFcrDryhhs9ZkT_UXkQM_0LiiYZfq/view.  
3 See § 25-7-105(1)(e)(XII) and (XIII), C.R.S. 
4 See GHG Roadmap, p.IV, Figure 1. 
5 Emissions from fuel combustion equipment include both CO₂ and methane. The 2015 baseline emissions in the state’s 
GHG inventory are based on data reported to the U.S. Environmental Protection Agency (EPA). 
6 § 25-7-105(1)(e)(II), C.R.S. 
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2. The anticipated economic benefits of the rule or amendment, which shall include economic 
growth, the creation of new jobs, and increased economic competitiveness; 


INDUSTRY-WIDE BENEFITS 
 
Many of the proposed revisions are designed to require or incentivize best management practices at oil 
and gas operations. This benefits Colorado-based energy companies in the current marketplace, in 
which end users increasingly demand sustainable energy. A recent study of industry-wide efforts in this 
transitional space has identified twenty non-regulatory initiatives related to emissions reductions 
applicable to the oil and gas industry, in four different categories: certification programs, company-
specific commitments, guidelines, and ratings based on “environmental, social, governance” (ESG) 
factors.7  
 
Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to 
reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more 
than 15% of the natural gas value chain, and numerous Colorado operators are members. Another 
example is the effort led by MiQ, developed by the Rocky Mountain Institute and SystemIQ Ltd., which 
proposes a “globally-applicable certification system [that] enables all oil and gas producers to be 
assessed according to the same universal standard.”8 These standards provide a metric by which 
“responsibly-sourced gas” can be a driving market factor, and - when combined with the value of the 
gas recovered through use of these practices and controls - can off-set increases in the cost associated 
with the production of that gas. These economic benefits are challenging to measure in the context of 
a particular regulatory proposal. However, looking at the MiQ standard, which relies on three pillars 
(methane intensity, company culture, and monitoring programs9), Colorado’s regulatory program 
ensures that Colorado operators should easily qualify for the most rigorous MiQ certification. Leaving 
Colorado operators primed to reap the maximum economic benefit from the new consumer demand 
for sustainable energy sources.  
 
These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of 
natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on 
August 10, the U.S. Energy Information Administration raised its forecast for third-quarter 2021 natural 
gas prices to $3.71/MMBtu (or $3.80/MCF).10 The Division has attempted to account for the economic 
benefits of additional gas recovery from some of the proposed revisions, but generally notes that 
collectively, as a whole, there is a significant economic benefit to industry - and royalty owners - from 
innovative regulatory programs designed to minimize the loss of natural gas during the production 
process. 
 
  


                                         
7 An Overview of Voluntary Emissions Reduction Initiatives for Responsibly Sourced Oil and Gas, Highwood Emissions 
Management, May 2021.  
8 Why certification?, MIQ 
9 The Standard, MIQ 
10 Short-Term Energy Outlook - US Energy Information Administration; Natural Gas Price Forecast: 2021, 2022 and Long 
Term to 2050 - knoema.com 



https://highwoodemissions.com/voluntary-initiatives/#elementor-action%3Aaction%3Dpopup%3Aopen%26settings%3DeyJpZCI6Ijk1MCIsInRvZ2dsZSI6ZmFsc2V9

https://miq.org/certification/why-certification/

https://miq.org/how-it-works/standard/

https://www.eia.gov/outlooks/steo/report/natgas.php

https://knoema.com/infographics/ncszerf/natural-gas-price-forecast-2021-2022-and-long-term-to-2050

https://knoema.com/infographics/ncszerf/natural-gas-price-forecast-2021-2022-and-long-term-to-2050
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STATEWIDE ECONOMIC BENEFITS 
 
Colorado already has a reputation as a leader in methane detection and monitoring technology and in 
control strategies. The Division believes its proposal will result in significant growth in this area along 
with job creation and opportunities for industries relating to oil and gas monitoring and support 
activities. As one example, the Division’s proposal will result in a significant increase in performance 
testing of enclosed combustion devices. This proposal will necessitate that testing companies expand 
their capacity by hiring. The Division’s proposal also is designed to accommodate new and innovative 
testing methods, which will foster innovation in Colorado. As another example, the Division’s proposal 
will require more leak detection inspections statewide; some oil and gas operators will need to hire 
and train more staff to conduct these inspections, while others may employ contractors. As a result of 
this proposal, the Division is also undertaking a stakeholder process to study advanced screening 
technologies for use as alternative leak detection methods - bringing more jobs and innovation to 
Colorado.  
 
3. The anticipated costs of the rule or amendment, which shall include the direct costs to the 
government to administer the rule or amendment and the direct and indirect costs to business and 
other entities required to comply with the rule or amendment; 


 
Cost to Government 
 
The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. 
The Division believes that this workload impact will be handled by current and anticipated staff. The 
Division has hired or is hiring an Air Quality Policy Engineer, additional performance test coordinators, 
and program implementation staff. The Division is also currently building a database to manage the 
annual emission reports submitted by operators under Regulation Number 7, Part D, Section V. The 
Division also received funding from the General Assembly’s passage of the Environmental Justice Act in 
2021 to support the Division’s implementation work. 
 
Cost to Businesses 
 
The Division herein incorporates by reference and attaches the Rebuttal Economic Impact Analysis 
(“EIA”) filed with the Commission in this proceeding on November 23, 2021. 
 
I. Better Performance of Air Pollution Control Equipment 
 
The Division is proposing regulations to optimize and verify performance of air pollution control 
equipment. This proposal includes: 
 
● Increased monitoring requirements for some air pollution control equipment; 
● Use of flow meters; and 
● Performance testing of enclosed combustion devices (“ECDs” or “combustion devices”). 
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Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require 
reductions in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, 
including ECDs. The Division is proposing the addition of new inspection, maintenance, and 
performance monitoring requirements of air pollution control equipment in order to ensure that air 
pollution control equipment is meeting performance efficiency standards. 
 
Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s 
December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries 
statewide that are subject to the control requirements of Section II.C (i.e., have emissions greater 
than 2 tpy VOC). The Division undertook an analysis to determine the average number of combustion 
devices per tank battery. The Division conducted inspections of 3,312 unique storage tank batteries 
and identified 5,943 enclosed combustion devices, for an average of 1.79 ECDs per tank battery. For 
purposes of this analysis, the Division assumed an average of 2 ECDs per storage tank battery, for a 
total of 9,146 storage tank ECDs as part of this program. 
 
These requirements would also apply to midstream operations. The Division has identified 20511 
compressor stations. Of the 205 compressor stations, 59 are in the 9-County area12 and 146 are outside 
the 9-County area. Information provided by operators suggests an average of 1 ECD at a compressor 
station outside the 8-hour Ozone Control Area and 2 ECDs at a compressor station inside the 8-hour 
Ozone Control Area. Therefore, the Division determined that there are an additional 264 ECDs to be 
tested at compressor stations as part of this program. 
 
Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63 
natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the 
Division’s data shows that 32 are in the 9-County area, while 31 are outside. Information received 
from operators suggests that a gas plant in the 9-County area has between 1-3 ECDs, while a gas plant 
outside the 9-County area has between 0 and 1 ECD. For purposes of this analysis, the Division assumes 
gas plants in the 9-County area have 2 ECDs (32 x 2 = 64 ECDs) and gas plants outside the 9-County 
area have 1 ECD (31 ECDs). Therefore, the Division determined that there are an additional 95 ECDs to 
be tested at gas plants as part of this program. The Division determined there are a total of 9,505 
ECDs subject to this proposal.13 
 
  


                                         
11 The Division does not currently have the ability to identify compressor stations in the state in the same way as it can 
identify gas plants or well production facilities. To create a list of compressor stations, the Division started with facilities 
classified as compressor stations in COGIS and the Division’s SIP inventories. The Division merged these lists, removed 
duplicates, and, where possible, screened permit records to remove those that were misclassified. Based upon information 
collected during the Statewide Hydrocarbon Emission Reduction (SHER) process and information from the industry, the 
Division estimates that approximately one-third of the compressor stations operate in the transmission and storage 
segment (as opposed to the midstream segment), leaving 207 midstream compressor stations statewide. The Division also 
reviewed the number of unique compressor stations reported pursuant to leak detection and repair (LDAR) reports required 
by Regulation Number 7 for calendar year 2020, and determined that there are 205 unique compressor stations on non-
tribal lands. 
12 The 9-County area includes the 8-hour Ozone Control Area, and all of Larimer and Weld counties. 
13 These numbers do not include ECDs controlling separation equipment or upstream dehydration units. However, the new 
COGCC regulations should result in a complete phase-out of separator control devices. The Division does not have 
reasonably available data on the number of ECDs controlling upstream dehydration units. 
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I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f 
 
In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment 
at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual 
inspections of air pollution control equipment. Because the required inspections are visual, no 
additional monitoring equipment will be required in order to fulfill the inspection requirements. Most, 
if not all, air pollution control equipment is already subject to weekly inspection requirements under 
Regulation Number 7, Part D, Section II.C. However, some air pollution control equipment controlling 
other equipment is not currently subject to all these requirements (though a number of ECDs have 
permit conditions setting forth a similar level of inspection). The Division is proposing to subject 
controls on separation equipment to these requirements in revisions to Section II.F, though no new 
costs are expected from that revision because new Colorado Oil and Gas Conservation Commission 
(“COGCC”) rules mandate capture of gas coming off separation equipment, and only permit use of 
control equipment where granted a variance from the COGCC. 
 
Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly 
subject to these inspection requirements. The Division has reached out to the industry to understand 
how many such devices would be subject to the rules, and of those, how many are not currently 
inspected at this frequency, but has not yet received a response. Based on the Regulation Number 7, 
Part D, Section V annual reports, there are one hundred and forty-five (145) dehydration units, sixty-
three (63) at upstream operations and eighty-two (82) at midstream operations. Under Section I.H.5, 
though, air pollution control equipment controlling dehydration units is already subject to weekly 
inspection requirements, covering the majority of reported dehydration units. 
 
Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to 
be absorbed into current operation and maintenance practices and carried out by existing personnel. 
No additional significant equipment or labor costs are expected to be imposed on operators to comply 
with the proposed inspection and monitoring requirements. 
 
I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g 
 
The Division proposes that operators install and operate flow meters on most ECDs used to comply 
with Section II control requirements. In the Initial EIA, the Division assumed that most of the state’s 
combustion devices will require the installation of a flow meter, though flow meters are already 
required for combustion devices controlling separation equipment in most permits. However, in the 
Division’s revisions to its proposal, the Division specified that a single flow meter could be installed 
under this Section of the rule as long as all streams to the bank of ECDs are captured. That will 
substantially reduce the economic impact of this proposal. 
 
The Division’s proposal does not prescribe any specific brands or types of flow meters that can be 
used. Based on the analysis of the equipment costs for 22 different flow meters currently on market, 
the Division used an average cost of $2,439 as the estimate per flow meter in this economic analysis. 
The useful life of a flow meter varies significantly based on the type and usage of the device, and can 
range from as few as 5 years to as many as 25. The Division used the estimated useful life of an ECD, 
15 years, as a reasonable assessment of useful life for flow meters. The Division had no information on 
installation costs or annual maintenance or calibration costs for flow meters, and, in the Initial EIA 
requested that such information be provided by operators.  
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The Division did not receive any information from operators between the date of the Initial EIA and 
the Final EIA. The Division determined the annualized cost of a flow meter would therefore be 
$389.68. It is estimated that, based on the estimated count of affected combustion devices, 9,505, 
total annualized costs to the industry for flow meters will be approximately $3,703,908.40. For 
operators with flares subject to performance testing requirements, the cost of flow meters is included 
in that analysis.  
 
The Division has heard from industry a suggestion that there are other associated costs with the use of 
flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that 
industry provide information about these costs and the necessity therefore. The Division did have some 
discussions with industry about its proposal for flow meters that resulted in a number of revisions. 
After the filing of the Division’s Final EIA, the Division received additional information in Prehearing 
Statements from operators (the “Joint Industry Working Group” or “JIWG”) related to flow meter costs 
and additional engineering and installation.  The Division conducted an alternative analysis that 
included additional engineering and installation costs associated with flow meters and additional 
annual maintenance costs for flow meters. A summary of the Division’s analysis of this information is 
located in Table 1. The Division excluded outliers in the information provided by the JIWG in their cost 
summaries. The Division stands behind its cost analysis, and offers the Alternative Cost to demonstrate 
that even making the adjustments suggested as necessary by the JIWG: 1) the proposal remains cost-
effective; and 2) cost per ton figures (for VOC/GHG) are nowhere near as high as JIWG suggests. 
 


Table 1: Control Device Performance Economic Impact Revisions 


Flow Meter Costs 


 Final EIA JIWG PHS Alternative Cost 


Flow Meter Cost $2,439.00 $5,842.86 $5,842.86 


Engineering and Installation $0.00 $20,183.86 $11,092.58 


Total Equipment Cost $2,439.00 $26,026.72 $16,935.44 


Useful Life 15 Years 8.4 Years 15 Years 


Annual Maintenance Cost $0.00 $682.67 $682.67 


Annualized Flow Meter Cost14 $389.68 $3,781.09 $3,388.45 
 
 
I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D, Section 
II.B.2.h 
 
The Division’s proposal will require performance testing of most ECDs used to comply with Regulation 
Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI 
communities, second in the 8-hour Ozone Control Area (or northern Weld) and last, the remaining 
devices throughout the state. 


                                         
14 Annualized cost for flow meters differs between the JIWG PHS and the Division EIA, as the Division assumes 6% interest 
per year to create the amortized cost of the equipment, installation, and engineering design. JIWG included no interest in 
their annualized cost. 
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The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are 
located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus 
Northern Weld) (and not in a DI community), and 21.56% or 2,049 are located outside of the 8-hour 
Ozone Control Area (plus Northern Weld) (and not in a DI community).15 Table 2 includes the projected 
number of flares that will be required to be tested in each compliance deadline year for each location 
for the first 5 years of the program, as provided for in section II.B.2.h of the proposed rule. For ECDs 
in DI communities and inside the 8-hour Ozone Control Area, plus Northern Weld, the final year 
includes devices that will be undergoing a subsequent periodic test.  
 


Table 2: ECD Testing Schedule 


Location of 
Combustion Devices 


Compliance Deadlines (on or before May 1) 


2023 2024 2025 2026 2027 202816 


Number of ECDs that must be tested by each year end 


Inside DI 
Community 407 679 815 815 - 407 


Inside NAA  
(Not in DI 


Community) 
474 948 948 1422 948 474 


Outside NAA  
(Not in DI 


Community) 
102 205 307 410 512 512 


 
The Division assumes that all performance testing of combustion devices will be conducted by third-
party testing companies.17 The Division collected information from flare performance testing 
companies, testing personnel, operators, and historical Division data to estimate the costs associated 
with conducting a destruction efficiency test for a combustion device through a third-party testing 
company. Table 3, below, includes a breakdown of the costs associated with the completion of a 
performance test for one combustion device; the Division assumes that a performance test for one 
combustion device can be completed in one day (eight work hours). The figure for labor includes three 
testing personnel, at an estimated average labor rate of $96 per hour, for eight hours each.  


                                         
15 The Division does not yet have complete data pertaining to each well production facility’s location as it relates to the 
identification of a DI Community. However, based upon the Department’s climate data viewer tool, which maps DI 
communities, the Division was able to determine that these percentages relate to the percent of population residing within 
a DI community, whether within or without the nonattainment area. The Division applied those percentages to the number 
of facilities. 
16 The estimate of ECDs tested in 2028 also includes those ECDs that were tested in 2023 and are required to complete 
testing again after 5 years, per the rule proposal, assuming all ECDs tested in 2023 have to be tested again in 2028 (a 
conservative assumption). 
17 The Division revised the testing schedule based, in part, on conversations with testing companies about their capacity to 
do all the required testing in 2022. The Division has heard no further concerns about an inability to ramp up capacity to 
handle testing over the life of the program. This schedule also does not take into account that devices tested pursuant to a 
Division-approved test protocol after January 1, 2020, do not have to repeat their “initial test” under this rule, which 
likely has an impact on the number of initial tests required. ECDs that do not have to repeat the “initial test” do still need 
to conduct periodic performance testing.  
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Test protocol preparation and test report preparation are each estimated to take one day to 
complete. As the test methodology and testing equipment used vary between combustors, the Division 
used the average hourly equipment rental and preparation costs from a set of potential rates18 as the 
estimate for equipment costs. It is assumed that four units of testing equipment will be used for each 
test. Possible testing equipment used includes, but is not limited to, ionization detectors, O2/CO2 
monitors, gas chromatographs, and sampling bags. Consistent with the 2014 and 2019 Regulation 
Number 7 rulemakings, the Division estimated travel cost as 15% of the labor cost. As set forth in Table 
3, the total cost of a performance test for one ECD is estimated to be $6,326.60. For the purposes of 
this EIA, the Division assumes that one ECD will be tested per trip. In some cases, testing companies 
may be able to test multiple ECDs at a site during one trip. In such an instance, the travel time cost 
would only be applied once, while costs associated with labor, test administration, and equipment 
could potentially increase. In order to standardize the costs associated with testing one ECD, the 
Division bases cost estimates on the assumption that one ECD is tested per trip and that testing takes 
one day. 
 
The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December 
2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be 
required to be tested each year, for the first five years. As noted below, in Table 3, the cost per year 
of testing 1,731 ECDs is estimated at $10,951,715. 
 


Table 3: ECD Performance Improvement Costs19 


ECD Performance Testing 


Parameter Units 
Cost Per 


Unit 
Units Required 


Per Test 
Cost Per Test 


Labor hours $96.00 24 $2,304.00 


Test Protocol days $700.00 1 $700.00 


Test Report days $695.00 1 $695.00 


Equipment Rental components/day $352.50 4 $1,410.00 


Equipment Prep components $290.00 4 $1,160.00 


Travel hours $14.40 4 $57.60 


TOTAL ECD Performance Testing Costs  


 Cost per test 
Average 
Tests per 


Year 


 
Total Annual Cost 


Total Performance 
Test $6,326.60 1,731 $10,951,715 


     


                                         
18 Equipment rental and preparation rates were provided by companies that offer ECD testing services.  
19 The change in cost from the Initial EIA is primarily due to the decreased number of annual inspections resulting from an 
adjustment to the timeline for completing required performance tests. 
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The Division does not have performance test results for every ECD in the field, from which it can 
calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits 
of its proposal, the Division undertook an analysis of failing performance test results collected by the 
Division to quantify both the percentage of failing tests as compared to devices tested and the scale of 
a failing test - i.e., when a device fails the test, what is the average of the delta between the test 
result and the applicable control efficiency requirement. The Division estimates that 9.61% of ECD 
performance tests fail to demonstrate compliance with the applicable control efficiency requirement. 
The Division’s analysis suggests that an average scale of failure is 11.36% (i.e., based upon an average 
of failing performance tests, the test results are 11.36% lower than the applicable control efficiency 
requirement). The Division calculated a performance improvement of 1.09% from its proposal 
(representing the difference between 93.91% control and 95%). 
 
To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported 
for all controlled tank batteries over 2 tpy VOC (from the Division’s database).20 The Division 
estimated that its proposal would result in a VOC benefit of 2,211 tpy.21 Using an assumed methane to 
VOC ratio of 1.01:1 for storage tanks, the Division estimated a greenhouse gas benefit of 56,734 
mtCO2e/yr. In its Rebuttal statement, the JIWG states: “It is not clear how APCD’s emission estimate 
increased so significantly; therefore, JIWG compiled Regulation 7 Emission Inventory submittals from 
operators that represent 73% of statewide production on a 2020 kBOE basis in order to determine the 
actual uncontrolled emissions from controlled tank batteries over 2 tpy VOC.”22 The Division explained 
to JIWG multiple times how the Division’s emissions estimates were calculated. The Division used its 
permitting and APEN database to collect reported emissions from storage tank batteries from all sites 
in the state (all sites subject to control requirements would be required to be in this database). The 
Division used the operators’ reported emissions to evaluate emission reductions from its proposal - a 
more comprehensive and transparent approach than that taken by the JIWG (which did not provide 
any data or analysis over and above the one sentence quoted above). 
 
The Division received revised information in the Prehearing Statements from industry that suggest 
there is additional facility prep required to complete stack tests. A summary of the information 
provided and a comparison to previously developed costs is in Table 4. The Division conducted an 
alternative analysis that included additional facility preparation costs not included in its analysis of 
performance test costs. The Division excluded outliers in the information provided by the JIWG in their 
cost summaries. 
  


                                         
20 When the Division looked at emissions reported in the annual emissions reports, the Division also calculated uncontrolled 
emissions reported from separators and dehydrators for July - December 2020. The Division doubled those emissions to 
account for a full year, and all emissions from separators and dehydrators reported were assumed to reflect 95% control. 
Based on these inventories, this rule may also reduce emissions from 2,230 separators and 145 dehydrators for an 
additional 253.48 tpy VOC and 20,390.38 mtCO2e/year. 
21 The majority of these emission reductions are realized from those ECDs controlling tank systems with VOC emissions over 
12 tpy.  
22 JIWG_REB_Ex-006. 
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Table 4: Control Device Performance Economic Impact Revisions 


Performance Test Costs 


 Final EIA JIWG PHS 
Alternative 


Cost23 


Performance Test $6,326.60 $8,225.00 $6,326.6024 


Facility Prep by Operator25 $0.00 $7,912.50 $3,750.00 


Total Performance Test Cost $6,326.60 $16,137.50 $10,076.60 
 
The Division stands behind its cost analysis, and offers the Alternative Cost to demonstrate that even 
making the adjustments suggested as necessary by the JIWG: 1) the proposal remains cost-effective; 
and 2) cost per ton figures (for VOC/GHG) are nowhere near as high as JIWG suggests. 
 
I.D. Reporting 
 
The cost of preparing a performance test report is included in the cost information above. The Division 
is proposing that operators would submit information about the performance tests conducted each 
year with the existing annual reports required under Section V, which is an absorbable cost. Additional 
report submittals might be required if an operator fails a performance test; however, the cost of these 
additional reports is presumed to be negligible and absorbable. The Division received no information 
from any stakeholders to the contrary. 
 
I.E.  Enclosed Combustion Device Performance Cost Effectiveness 
 
Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost 
of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. 
Based on this analysis, the Division has determined that this proposal will result in a cost effectiveness 
of $6,627 per ton VOC and $258 per mtCO2e. 
  


                                         
23 The Division reviewed the JIWG PHS and excluded outliers from the operator submittals to determine the appropriate 
revisions to the facility preparation costs for performance tests as well as the engineering and installation costs for flow 
meters. 
24 The Division’s cost estimate was based on multiple conversations with testing companies and operators, and the Division 
does not believe it requires adjustment upwards. 
25 The Division’s Final EIA cost estimate included facility prep included in the costs provided by the testing company. JIWG 
insists that there are other preparatory costs.  
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Table 5: ECD Performance Improvement Cost Effectiveness26 


Annual and Total ECD Performance Improvement Costs 


 
Cost per test or 


meter 
Annualized 


Cost Total Annual Cost 


Total Performance Test $6,326.60  $10,951,715 


Flow meter $2,439.00 $389.68 $3,703,90827 


Total   $14,655,253 


ECD Performance Improvement Cost Per Ton 


 
VOC (tpy) Methane (tpy) 


Methane 
(mtCO2e/yr) 


Emission Reductions 2,211 2,234 56,734 


Cost per ton Emission 
Reduction $6,627  $258 


 
The Division reviewed information provided by industry groups in their Prehearing Statements, 
including the Joint Industry Workgroup (JIWG) and others28, and prepared an alternative analysis 
adjusting the costs associated with the proposed requirements to install and operate flow meters as 
well as to perform periodic performance tests on enclosed combustion devices. A complete summary 
of the result is in Table 6. 
 
The JIWG also included emission estimates that were far below those of the Division.29 The JIWG’s 
revised emissions benefit analysis appears to have been based on survey responses received from a few 
testing companies (but not actual test reports, nor were any details about the survey responses 
provided).30 However, the Division’s analysis of emissions benefits was based on actual test report 
data received and reviewed by the Division, as well as actual emissions estimates in the Division’s 
APEN and permitting database. Therefore, the Division believes that its data is more accurate and 
reliable, and maintained its Final EIA analysis to calculate the updated costs for comparison. 
 


                                         
26 The emission reduction estimate in Table 5 is a significant increase from the emissions estimate in the initial EIA of 
539.59 tpy VOC and 13,843.18 mtCO2e/year. In the initial EIA, the division made an assumption about the emissions based 
on the counts of storage tanks between 2-6 tpy VOC, 6-12 tpy, 12-20 tpy, and > 20 tpy. For this Cost Benefit Analysis, the 
Division summed the total uncontrolled VOC emissions reported for each of the above categories to determine the impact 
of this rule revision. See Storage Tank Inventory 8-12-2021. 
27 These flow meter costs are overly conservative because, under the Division’s proposal, a permanent flow meter is not 
required to be installed on each ECD. However, the Division’s proposal does require a flow meter be installed and 
operating during a performance test (but it can be temporary), so the Division has maintained this assumption in the cost 
analysis.  
28 See JIWG_PHS_Ex-012. 
29 See JIWG_PHS_Ex-012, p.5; JIWG_REB_Ex-006. 
30 Id. 
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While the Division stands by the analysis from the Final EIA, even with the alternative calculations 
made, the requirement to install and operate flow meters and conduct performance tests on enclosed 
combustion devices remains cost effective.  
 


Table 6: Control Device Performance Economic Impact Revisions 


Flow Meter and Performance Test Costs 


 Final EIA JIWG PHS 
Alternative 


Cost31 


Total Performance Test Cost $6,326.60 $16,137.50 $10,076.60 


Annualized Flow Meter Cost $389.68 $3,781.09 $3,388.45 


ECD Performance Improvement Cost Per Ton 


 Final EIA JIWG PHS Alternative Cost 


VOC Emission Reduction (tpy) 2,211.40 202.97 2,211.40 


VOC Cost per ton ($/ton) $6,627.14 $324,559.89 $22,451.77 


GHG Emission Reduction 
(mtCO2e/yr) 56,733.90 5,207.11 56,733.90 


GHG Cost per ton ($/mtCO2e) $258.32 $12,650.84 $875.14 
 
 
I.F.  Combustion Device Performance in Section I. 
 
As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new 
addition from the Request Proposal and are included to address concerns raised by EPA with previously 
submitted State Implementation Plan (“SIP”) revisions. Based on the analysis done at the time of 
adoption of those previously submitted SIP revisions in 2017, the Division estimated that a potential of 
62 emission points could include a single storage vessel that could have the potential to emit greater 
than six tpy VOC. Assuming, as done above, that each point used two combustion devices to control 
emissions, owners or operators may have to conduct performance tests of 124 combustion devices 
under the proposed revisions to require performance testing of devices controlling emissions from 
storage vessels, as such vessels are defined under the recommendations in EPA’s Control Techniques 
Guidelines for the Oil and Natural Gas Industry (“Oil and Gas CTG”).32 The Division does not have 
sufficient information to estimate the potential number of combustion devices controlling emissions 
from wet seat centrifugal compressors that would require performance testing but, according to EPA’s 
Greenhouse Gas Reporting Rule (GHGRP), no owners or operators report emissions from such 
compressors in the ozone nonattainment area.  
 
  


                                         
31 The Division reviewed the JIWG PHS and excluded outliers from the operator submittals to determine the appropriate 
revisions to the facility preparation costs for performance tests as well as the engineering and installation costs for flow 
meters. 
32 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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For the potential 124 combustion devices estimated to be controlling emissions from storage vessels, 
the Division assumes the costs would be the same or similar to the costs of performance testing and 
flow meters described above and, in fact, would be included in those cost estimates as these devices 
would be included in the percentage tested under the proposed requirements in Regulation 7, Section 
II. Further, because EPA’s Oil and Gas CTG and EPA’s New Source Performance Standards (“NSPS”) 
OOOOa use the same storage vessel applicability threshold, it is possible that some combustion devices 
are already tested under the requirements of NSPS OOOOa and, therefore, would not have additional 
expenditures related to combustion device performance testing. 
 
The Division, as staff to the Commission, requested additional information from stakeholders on the 
costs associated with this component of its proposal, but did not receive any such information. 
 
II. Midstream Program(s) 
 
The Division is proposing several new regulatory provisions to directly address GHG emissions (and co-
pollutants) from the midstream segment of the oil and gas industry. The proposals include the 
following additional requirements for oil and gas operators in the midstream segment: 
 
● Increased leak detection and repair (“LDAR”) inspections for natural gas compressor stations; 
● Increased leak detection and repair inspections and valve requirements for gas plants outside of 
the 8-hour Ozone Control Area; 
● Capture and control strategies for certain midstream operations, including pigging and 
blowdowns; 
● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour 
Ozone Control Area;  
● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone 
Control Area; and 
● Long-term planning for GHG reductions from midstream engines and other combustion 
equipment. 
 
II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E33 
 
According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were 
completed at well production facilities (comprised of 525,433 Audio, Visual Olfactory (“AVO”) 
inspections and 26,354 Approved Instrument Monitoring Method (“AIMM”) inspections) and 757 
inspections were completed at natural gas compressor stations (all AIMM inspections). From these 
inspections, 15,617 leaks were discovered at well production facilities and 1,273 leaks were 
discovered at natural gas compressor stations (all from AIMM). In an analysis of LDAR reporting, it is 
estimated that across the industry, approximately 86% of LDAR inspections are completed “in-house” 
by the operator, and 14% are completed by an outside contractor. The costs between completing LDAR 
in-house and completing LDAR through a contractor differ, as discussed in more detail below.  
 


                                         
33 The cost analysis of this section is also relevant to the upstream LDAR costs evaluated later in this Cost Benefit Analysis. 
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The Division used the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019 
rulemaking EIAs supporting LDAR requirements.34 For in-house inspections, it is assumed that operators 
use existing personnel to conduct LDAR inspections, but must purchase the leak detection equipment. 
The majority of leak detection is conducted using either EPA Method 21 or by using an infrared (“IR”) 
camera (by itself or as a screening tool before Method 21). The Division assumed the incremental 
increase in inspections done to comply with this proposal will all be done using infrared cameras 
(“FLIR”). In its Initial EIA and Final EIA, the Division assumed that LDAR inspections utilizing an IR 
camera take 10.6 hours (per facility). However, as discussed in more detail below, based upon 
information provided by other parties to the rulemaking, the Division adjusted this assumption in its 
Rebuttal EIA. 
 
The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and 
other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor 
Statistics (“U.S. BLS”) CPI Inflation Calculator. The Division found the current capital cost of an IR 
camera to be between $100,430 - $163,366.35 For the purposes of this analysis, the Division uses the 
median cost, of $131,898, as the capital cost of one IR camera. Further, IR cameras have an annual 
maintenance and repair cost of $8,387.36 All equipment, including IR cameras, are assumed to have a 
lifespan of 5 years.37 Table 7 provides an estimate of the capital and recurring costs required for LDAR 
inspections.   
  


                                         
34 See the Colorado Department of Public Health and Environment Air Pollution Control Division Final Economic Impact 
Analyses for proposed revisions to Colorado Air Quality Control Commission Regulation Number 7 (5 CCR 1001-9), dated 
January 30, 2014, September 14, 2017, and December 17-19, 2019. 
35 IR camera capital cost is based on historical Division data as well as current market rates for commercial IR cameras. 
36 Cost is inflated to 2021 dollars from the 2014 value of $7,500/year, using the U.S. BLS CPI Inflation Calculator.  
37 Capital costs are annualized over a five-year period and adjusted for inflation.  
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Table 7: LDAR Annualized Costs 


Parameter Capital Costs Annual Costs 
Annualized Total 


Cost 


FLIR Camera: $131,898   


FLIR Camera 
Maint/Repair:  $ 8,387  


Photo Ionization 
Detector $5,591   


Vehicle $24,602   


Inspection Staff:  $ 75,000  


Supervision (@20%):  $ 15,000  


Overhead (@10%):  $ 7,500  


Travel(@15%):  $ 11,250  


Recordkeeping (@10%):  $ 7,500  


Reporting (@10%):  $ 7,500  


Fringe (@30%):  $ 22,500  


Subtotal Costs: $162,091 $154,637  


Annualized Costs: $43,382.9 $154,637 $198,020 


   
The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR 
inspection. The total annualized cost identified in Table 7 of $198,020 is divided by an assumed 1,880 
annual working hours38 to produce a value for an inspection rate for in-house inspections of $105/hour. 
Operators also have the option of hiring third-party contractors to complete LDAR inspections, instead 
of completing the inspections in-house. The hourly cost of using a third-party contractor to complete 
leak detection is estimated at $137/hour. This estimate is based on the premise that contractors 
would realize a 30% profit margin above the cost to operators of completing the inspections in-house.  
 
II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d 
 
The Division’s proposal would require compressor stations to have a minimum inspection frequency of 
quarterly, regardless of location. Given that compressor stations inside the 8-hour Ozone Control Area 
are already at a quarterly frequency, this proposal would impact only the 75 compressor stations 
outside the 8-hour Ozone Control Area identified by the Division in the Final EIA.39  


                                         
38 This assumes a 40-hour work week, ten holidays, two weeks of vacation, and one week of sick leave. 
39  Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR frequency. 
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Further, the Division is also proposing to require inspections bimonthly (six times per year) at 
compressor stations inside the 8-hour Ozone Control Area with emissions between 12 and 50 tpy VOC 
where located in a DI Community or within 1,000 feet of an occupied area. Compressor stations 
outside of the 8-hour Ozone Control Area within 1,000 feet of an occupied area would also have a 
bimonthly inspection frequency. This revised analysis replaces the analysis done in the Cost 
Effectiveness Analysis, III.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.4.d. 
and includes a number of updates to the cost analysis calculation from the Final EIA, including: 
 
● The number of facilities affected by the rule has changed.   
● The incremental change to costs associated with repair time40 is reflected in this analysis. 
● The estimated VOC emission reductions per facility were recalculated for the 9-County, 


Piceance, and remainder of the state, to account for incorrect use of VOC emission factors in 
the Final EIA. 


● The Division estimated the repair hours and emission reductions associated with a new category 
of LDAR frequency (bimonthly). 


 
The new proposal would require all compressor stations within a disproportionately impacted 
community or within 1000 feet of an occupied area41 to be inspected six times per year (across the 
year, bimonthly). The new proposal also increases all remaining semi-annual inspections to quarterly. 
The Division assumed that 26.48% of compressor stations in the 9-County area and 32.98% of 
compressor stations in the Piceance Basin and remainder of state were also in DI Communities. The 
number of compressor stations affected by this rule proposal is in Table 8. 
 


Table 8: CS LDAR Proposed Frequency42 


Compressor Station VOC Tier 
(tpy) 


Number of 
Compressor 


Stations 


Current 
Frequency 


Proposed 
Frequency 


ROS: <12 50 Semi-Annual Quarterly 


ROS: <12 - DI/prox 25 Semi-Annual 6x 


Nonattainment Area43: <12 - 
DI/prox 


9 Quarterly 6x 


>12 - <50 - DI/prox 25 Quarterly 6x 


 
  


                                         
40 In the Final EIA, the Division attributed the full hours of repair time associated with the quarterly inspection frequency 
instead of the incremental change that occurred from semi-annual to quarterly. 
41 The Division assumed that the percentage of compressor stations in DI communities also included compressor stations 
within 1,000 feet of an occupied area. The Division did not have any other reasonably available data. 
42 This table does not include compressor stations for which there is no proposed change. 
43 Section II LDAR frequency does not distinguish between the nonattainment area and the remainder of the state, but 
Section I LDAR frequency for this category in the nonattainment area is already at quarterly, not semi-annual. For the 
purpose of this economic impact analysis, the Division accounted for the incremental change from quarterly to six times 
per year for compressor stations in the nonattainment area affected by this rule. 
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Inspections 
 
For this analysis, unlike in the Final EIA, the Division assumed that operators would use only infrared 
(IR) cameras to meet this increased inspection requirement. Table 9 includes a breakdown and analysis 
of the estimated leak inspection time and costs under the different possible conditions mentioned in 
the preceding section. 
 


Table 9: CS LDAR Inspection Costs 


# Inspections 
Inspection 


type 
Inspection 
method 


Total 
Inspection 


hours44 
Cost per hour Total cost 


268 
In-House FLIR 3,420.4 $105.00 $359,140.74 


Contractor FLIR 520.2 $137.00 $71,269.04 


Totals 3,940.6  $430,409.78 


 
At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total 
cost to operators for completing the new LDAR inspections would therefore be $430,409.78 per year; 
or $3,948.71 per compressor station per year. Another party to the rulemaking, EDF, estimated a 
lower cost for these inspections - $326,561.  
 
Leak Repair 
 
The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this 
analysis uses the incremental change in repair hours associated with the proposed revisions. The 
Division also made a scaled assumption of leak rate for the new LDAR frequency of six times per year. 
Table 10 includes the leak rates assumed along with repair hours calculated according to the 
methodology laid out previously. 
 
 


Table 10: CS Repair Hours from LDAR Frequencies 


LDAR Frequency Leak Rate Repair Hours 


Annual 1.18% 23.2 


Semi-Annual 1.48% 29.1 


Quarterly 1.77% 34.8 


6x 1.92% 37.7 


Monthly 2.36% 46.3 


 


                                         
44 The Division assumed 10.6 inspection hours for compressor stations with emissions less than 12 tpy VOC and 28.1 
inspection hours for compressor stations with emissions above 12 tpy VOC. 
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Using these assumed repair hours and the incremental change in frequency as outlined in Table 8, the 
Division calculated an increase of 600.8 repair hours. At a cost of $82.06/hour, the total repair cost is 
$49,301.65. 
 
Emission Reductions 
 
The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate 
emission reductions from this program, though broken out by basin as opposed to by compressor 
station tier.45 Further, the Division assumes that the inspection frequency of six times per year will 
gain a 70% reduction in emissions, as seen in Table 11.  
 


Table 11: CS Emission Calculations from LDAR 


Methane Emissions from Model Compressor Station(tpy) 


LDAR Frequency 
Emission 


Reduction 
9-County Piceance 


Remainder of 
State 


No LDAR 0% 8.68 27.68 18.18 


Annual 40% 5.21 16.61 10.91 


Semi-Annual 50% 4.34 13.84 9.09 


Quarterly 60% 3.47 11.07 7.27 


6x 70% 2.60 8.30 5.45 


Monthly 80% 1.74 5.54 3.64 


VOC Emissions from Model Compressor Station (tpy) 


LDAR Frequency 
Emission 


Reduction 
9-County Piceance 


Remainder of 
State 


No LDAR 0% 7.96 12.17 10.07 


Annual 40% 4.78 7.30 6.04 


Semi-Annual 50% 3.98 6.09 5.03 


Quarterly 60% 3.18 4.87 4.03 


6x 70% 2.39 3.65 3.02 


Monthly 80% 1.59 2.43 2.01 


 
 
The total expected emission reductions from this program is outlined in Table 12, below. 
  


                                         
45 In the Final EIA, the Division erroneously attributed the compressor station tier model facility emissions to the 
calculations for different basins. The Division corrected that in this analysis. 
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Table 12: CS Emission Reductions from LDAR 


Compressor Station VOC Tier (tpy) 
Total VOC 


Reductions (tpy) 
Total Methane 
Reduction (tpy) 


Total 
Greenhouse Gas 


Reduction 
(mtCO2e/yr) 


Outside the NAA: <12 54.3 109.0 2,767.5 


Outside the NAA: <12 - DI/prox 54.5 109.9 2,791.6 


NAA: <12 - DI/prox 7.2 7.8 198.4 


>12 - <50 - DI/prox 24.7 43.6 1,106.2 


TOTAL 140.8 270.2 6,863.7 


 
In its Rebuttal EIA, EDF estimated that this proposal would achieve additional emission reductions of 
189.2 tpy VOC and 314.2 tpy methane. 
 
Cost Effectiveness 
 
Combining the annual cost of inspections, $430,409.78, with the annual cost of repairs, $49,301.65, 
incorporating a recovered natural gas value of $92,904.27, the effectiveness of this requirement is 
$2,747.89 per ton VOC and $56.36 per mtCO2e. The spreadsheets used to complete this analysis and 
develop all of these summary tables were submitted as exhibits to the Division’s Rebuttal Statement 
and are incorporated herein by reference.46 
 


Table 13: CS LDAR Cost Effectiveness 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $430,409.78 $49,301.65 $479,711.43 


Recovered Natural Gas $92,904.27 


Net Cost $386,807.16 


Compressor Station Emissions Reduction and Cost 


Total VOC Emission 
Reduction (VOC) 


Cost per ton VOC 
Total GHG Emission 


Reduction 
(mtCO2e/year) 


Cost per mtCO2e 


140.8 $2,747.89 6,863.7 $56.36 


 
EDF also analyzed the Division’s proposal and determined a net cost effectiveness of $208.16 per ton 
methane and $8.33 per ton CO2e.  


                                         
46 APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx). 
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II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I 
 
Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour 
Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas 
processing plants outside the 8-hour Ozone Control Area may also be subject to NSPS KKK, NSPS OOOO, 
NSPS OOOOa, depending on the date of construction. Natural gas processing plants statewide that 
have storage tanks subject to Section II.C.1 must also conduct AIMM inspections of the storage tanks 
and associated equipment in accordance with Table 1 in Section II.C.2. Those inspections range from 
semi-annual to monthly, depending on the VOC emissions estimated from the storage tanks. 
 
The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in 
the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS 
OOOO or NSPS OOOOa. The Division has identified 25 gas plants outside of the DJ Basin - 18 in the 
Piceance basin and 7 in the remainder of the state. These numbers do not include gas plants the 
Division was able to determine are on tribal lands. Based on the Division’s review of the Regulation 
Number 7 annual emissions reports, and the information submitted for fugitive emissions, it appears 
that many natural gas processing plants outside the 8-hour Ozone Control Area are already subject to 
NSPS OOOO or NSPS OOOOa for LDAR. However, for purposes of this Cost Benefit Analysis, the Division 
assumed that all 25 gas plants outside the DJ Basin will need to adjust LDAR frequency to comply with 
the Division’s proposal. This makes the Division’s cost analysis overly conservative. 
 
The Division utilized technical supporting information from the Oil and Gas CTG47 in the analysis of this 
proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure 
relief devices, sampling connection systems, open-ended lines, valves, and connectors to determine if 
a component is leaking. Under this program, “[v]alves are monitored monthly, connectors are 
monitored annually, and open-ended lines and pressure relief valves must be monitored within five 
days after a pressure release event to ensure they are operating without any detectable emissions 
(e.g. at a concentration less than 500 ppm above background).”48  
 
In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to 
a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars 
was between $2,010 - 2,844 per ton VOC49. In today’s dollars, based upon a gas processing model 
plant, and assuming a correlation of VOC to methane of 1:1.81, the Division estimates the cost of this 
proposal as follows: 
  


                                         
47 New Mexico also utilized this data in preparing its economic impact analysis of gas plant LDAR in its recent rule. 
proposal. See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC 5-27-21_erg (06-08-
2021)).  
48 Oil and Gas CTG, pp.8-9, 8-10. 
49 Oil and Gas CTG, p. 8-11. 



https://www.env.nm.gov/air-quality/ozone-draft-rule/
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Table 14: Cost and Emissions Reductions for LDAR at Gas Plants 


Pollutant 


Annual 
Emission 


Reductions 
Per Gas Plant 


Capital 
Cost 


(2021$) 


Annual 
Cost 


(2021$) 


Cost of 
Control 
(without 
savings) 
$/ton 


Cost of 
Control 
(with 


savings) 
$/ton 


VOC 4.56 tpy $10,062.6
0 


$15,343.1
2 $3,367.22 $2,379.79 


Methane 8.27 tpy 
$10,062.6


0 
$15,343.1


2 $72.99 $51.63 
Greenhouse 


Gas 
210.2 


mtCO2e/yr 


 
The Division’s proposal would also require operators to complete repair within specified time frames 
(within 2 years or the timeframe under the applicable federal program, whichever is earlier). The 
Division’s proposal also requires operators to mitigate emissions while a component is on the delay of 
repair list. The Division does not specify how this must be accomplished, but proposed language for 
the Statement of Basis suggesting two methods that operators are encouraged to consider - drill and 
tap repair and replacement of leaking valves with valves with Low-E packing. Drill and tap reduces the 
need for a process shut-down to affect a leak repair, and can reduce fugitive emissions. The Division 
does not have information to suggest a significant additional cost associated with this proposal, 
because the Division has no information regarding how many valves cannot be repaired through other 
means prior to being placed on the delay of repair list. The Division understands that “drill and tap'' is 
an accepted and effective repair method for valves, and that this proposal generally reflects best 
practice.50 Leaks from valves are commonly related to valve packing.51 Low-e packing is a valve 
packing product, independent of any specific valve, for which the manufacturer has issued a written 
warranty that the packing will not emit fugitives at greater than 100 parts per million (“ppm”). EPA 
has advised the Division that low-e valves and packing are the same or very comparable in price to 
non-low-e valves and packing. According to information from EPA, one vendor, Bonney Forge, claims 
its low-e packing can reduce emissions of harmful gases by up to 95% versus valves with traditional 
packing, for minimal cost impacts. The Division expects that operators will consider technically and 
economically feasible measures to minimize emissions from valves. The Division does not anticipate 
any additional costs associated with this component of its proposal.  
 
II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation Number 7, Part 
D, Section II.H 
 
  


                                         
50 See EPA’s LDAR: A Best Practices Guide, Leak Detection and Repair Compliance Assistance Guidance Best Practices 
Guide; see also EPA December 1, 2015 Memorandum from Joseph Wilderwing to Cynthia Reynolds, re: Drill-and-Tap. 
51 See EPA, Leak Detection and Repair: A Best Practices Guide at 12, Table 3.1. 



https://www.epa.gov/sites/default/files/2014-02/documents/ldarguide.pdf

https://www.epa.gov/sites/default/files/2014-02/documents/ldarguide.pdf
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II.B.1. Pigging Operations 
 
In Permit Section (PS) Memo 20-0452, the Division explained pigging operations as follows: 
 
Raw natural gas is transported from production wells to processing plants through 
networks of gathering pipelines. Although liquid separation may occur at the well pad, 
much of the raw natural gas passing through the gathering pipelines is saturated with 
hydrocarbons other than methane and may contain other components such as water, 
carbon dioxide, and hydrogen sulfide. During the transportation of this gas through 
gathering pipeline systems, the gas often experiences a temperature drop and pressure 
change that causes the hydrocarbons and other components to condense to a liquid 
phase. These natural gas condensates can accumulate in low elevation segments of the 
gathering pipelines, impeding the flow of natural gas. To maintain gas flow and 
operational integrity of the gathering pipelines, operators mechanically push these 
condensates out of the low elevations and down the pipeline by an operation called 
“pigging,” which involves first inserting a device called a pig into a pig launcher 
upstream of the pipeline segment where condensates have accumulated. The gas flowing 
through the pipeline then pushes the pig through the pipeline, allowing the pig to sweep 
along the accumulated condensates. The pig is removed from the pipeline segment when 
it is caught in a pig receiver. 
 
The Division is proposing that midstream owners and operators with pigging operations must capture 
and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators 
may apply to the Division to utilize air pollution control equipment to control those emissions. The 
Division’s proposal is reasonably targeted at high pressure pigging pipelines and pigging units that 
exceed specified emission thresholds. The Division’s proposal also imposes more stringent 
requirements upon newly constructed facilities and pigging units, because planning for capture and 
recovery during construction is more cost-effective.  
 
All midstream owners or operators with pigging operations must additionally employ best practices to 
reduce emissions associated with pigging. Some of the proposed best management practices are 
specified in PS Memo 20-04, and therefore should not result in additional costs to operators. See PS 
Memo 20-04, Sections 6.5 and 6.6. For other proposed best practices, the Division has proposed a 
feasibility off-ramp, that includes some sensitivity to cost.  
 
The Division used gas speciation data collected by the Division, guidance from the EPA53 and 
information received from operators and manufacturers to estimate emissions from pigging events.  
 
  


                                         
52 Memo 20-04 - Routine or Predictable Gas Venting Emissions Calculation and Instructions on Permitting for Oil and Natural 
Gas Operations, Permit Section Memo 20-04, APCD, CDPHE, November 6, 2020. 
53 “Quantifying The Potential Impact Of Natural Gas Condensate Holdup On Uncontrolled Volatile Organic Compound 
Emissions From Pig Receivers During Depressurization In Wet Gas Gathering Operations”, EPA Discussion Draft, May 16, 
2016. 



https://oitco.hylandcloud.com/POP/DocPop/DocPop.aspx?docid=6206552

https://oitco.hylandcloud.com/POP/DocPop/DocPop.aspx?docid=6206552
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Cost - Pig Ramps 
  
Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to 
drain before the pig is pulled from the chamber.54 The inventor of pig ramps, Mark West, has made the 
schematics available freely on its website. The Division has received cost estimates for each pig ramp 
of $800-$1,300 per ramp. Taking the median ($1,050) and applying a 6% interest rate results in an 
annualized cost of $188 per pig ramp. The Division does not have reasonably available information as 
to how many pig ramps would be necessary to comply with this proposal, and - as staff to the 
Commission - requested that information from operators. Operators did not provide any 
documentation or data, but did suggest that pig ramps could have costs in excess of $4,000 per unit. 
Given that the Division’s data came from EPA and the operator that invented the pig ramp, the 
Division believes its data is reliable. The Division assumes this minimal cost to be absorbable. The 
Division also amended its proposal to allow for other liquids containment systems, such as process 
drains. This expansion of compliant practices further reduces the impact. 
 
Cost - Capture: ZEVAC unit and Jumper Lines 
 
In order to comply with the requirement to capture and reduce emissions during pigging operations, 
for the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit.55 The 
Division assumes that a pig launcher and receiver are already on-site.  
 
The Division has recognized that capture may also be effectuated “by routing the gases to a lower 
pressure system before venting the remaining gases to the atmosphere or to control equipment. 
Routing to a lower pressure system is achieved with a depressurization line (or, "jumper line") exiting 
the top of the barrel ... or exiting the top of the pig ball valve. Compressor stations and gas plants 
have low pressure lines on the site that can receive these depressurization gases and recycle them 
through the process. Similarly, launchers and receivers along high pressure pipelines are occasionally 
located near low pressure pipelines that can receive depressurization gases exiting the barrel or pig 
ball valve.”56 One operator who employed pig ramps and depressurization techniques, along with Zero 
Emission Vacuum and Compressor (ZEVAC) units reported significant reductions in gas vented and 
emissions as a result.57  
 
Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 
per jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line 
installed during mainline construction are taken into account, the cost is more in the neighborhood of 
$1,511 per jumper line. However, the Division acknowledges that it does not have access to other 
associated costs, such as engineering costs. In its Initial EIA, the Division requested additional cost 
information from operators. While the Division has heard from operators that costs for a jumper line 
can theoretically be in the range of $50,000, to date, no supporting materials have been provided.  


                                         
54 Pipeline Launcher/Receiver Emission Reduction Systems 
55 The Division’s proposal also contemplates use of control devices as an option where recovery of the gas from pigging 
operations is not feasible. According to EPA, “[l]arge, high capacity combustion devices are typically available at 
compressor stations and processing plants and can be used to control pigging gases while meeting the other flaring needs of 
the facility. There are also numerous low capacity combustion devices available for serving remote launcher/receiver 
sites.” EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert 
56 EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert 
57 See Methane Reductions in Pigging, September 2019, Methane Reductions in Pigging 



https://www.mplx.com/content/documents/mplx/markwest/Launcher%20Receiver%20Design%20Detail.pdf

https://www.epa.gov/sites/default/files/2019-09/documents/naturalgasgatheringoperationinviolationcaa-enforcementalert0919.pdf

https://www.epa.gov/sites/default/files/2019-09/documents/naturalgasgatheringoperationinviolationcaa-enforcementalert0919.pdf

https://www.gti.energy/wp-content/uploads/2019/09/CH4-10-Sept18-Nathan-Wheldon-Presentation.pdf
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The Division gathered information from a manufacturer of ZEVAC units on the costs associated with 
ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have 
reasonably available information about actual pigging operations in Colorado to specify the frequency 
of pigging operations or the size of the ZEVAC unit that would be necessary for each operator. In its 
annual emission reports to the Division, one operator submitted its annual emissions reporting 1,343 
pigging events in the second half of 2020 alone, for a total of 13,806,040 scf vented, an average of 
10,280 scf vented per pigging event. The Division recognizes that not all pigging events vent the same 
amount of gas; pigging of larger, higher pressure pipelines emit more gas to atmosphere than pigging 
of smaller, low-pressure pipelines. That operator also reported venting 7,557,500 scf of natural gas 
from pipeline blowdown events during the same period. However, the Division did not get this level of 
detailed reporting consistently across all operators; several midstream operators reported no pigging 
operations. Therefore, an analysis was conducted on three different sized ZEVAC units, small, 
medium, and large, under both a high frequency and low frequency use of the equipment. The size of 
the unit affects the speed of the gas recovery process; larger units taking less time. All units are 
assumed to have a useful life of 10 years. The capital cost of a small ZEVAC unit was found to be 
$30,000 with maintenance and repair costs of $2,400 per year. Annualizing the capital cost across 10 
years, and assuming a 6% interest rate, yields a total annualized cost of $7,773. Under the same 
assumptions, the capital cost of a medium sized unit is $135,000 with annual maintenance costs of 
$10,800, for a total annualized cost of $34,976; and the capital cost of a large unit is $245,000 with 
annual maintenance costs of $19,600, and a total annualized cost of $63,476. In estimating the 
composition of pollutants in the gas, the Division applied weight percentages of total hydrocarbons of 
29.35% VOC, 53.31% methane, and 17.34% ethane.58 
 
High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per 
year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an 
estimated 3,900 scf of gas, for a total annual potential emitted gas of 4,875,000 scf. As noted above, 
with at least one operator reporting 1,343 pigging events in just the second half of 2020, it is 
reasonable to assume at least some operators engage in high-frequency pigging operations. Low 
frequency pigging assumes the use of 1 pig barrel per day, for 3 days per week, at 50 weeks per year. 
With low frequency pigging, there are an estimated 150 events per year, each releasing an estimated 
3,900 scf of gas, for a total annual potential emitted gas of 585,000 scf. 
 
Table 15 below demonstrates potential gas recovery (emissions reductions) and cost per ton of 
pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness 
analysis does not account for the economic benefit to operators from selling the recovered gas. 
  


                                         
58 As with elsewhere in this Cost Benefit Analysis, the Division utilized gas speciation data submitted to the Division from 
multiple operators, reviewing over 100 samples of sales gas analysis from across the state, and creating a weighted average 
by location.  
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Table 15: Cost and Emission Reductions of ZEVAC Units 


Small ZEVAC unit 


 
Annualized 


cost 


VOC 
captured 


(tpy) 


Greenhouse 
Gas59 


captured 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


High 
frequency 


$7,773.00 40.02 1,844.44 $194.21 $4.21 


Low 
frequency 


$7,773.00 4.80 221.33 $1,618.44 $35.12 


Medium ZEVAC unit 


 
Annualized 


cost 


VOC 
captured 


(tpy) 


Greenhouse 
Gas captured 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


High 
frequency 


$34,976.00 40.02 1,844.44 $873.90 $18.96 


Low 
frequency 


$34,976.00 4.80 221.33 $7,282.47 $158.02 


Large ZEVAC unit 


 
Annualized 


cost 


VOC 
captured 


(tpy) 


Greenhouse 
Gas captured 
(mtCO2e/yr) 


$/ton VOC $/mtCO2e 


High 
frequency 


$63,476.00 40.02 1,844.44 $1,585.99 $34.41 


Low 
frequency 


$63,476.00 4.80 221.33 $13,216.54 $286.79 


 
Amount and Value of Recovered Natural Gas 
 
If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC 
unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming 
low-frequency use, the Division calculates natural gas savings (at a price of $4/MCF) of $19,000 per 
ZEVAC unit per year, for a high frequency use, and $2,340 per ZEVAC unit per year for a low-frequency 
use. That would materially improve the cost-effectiveness. 
 


                                         
59 Converted from methane to CO2e using AR5. 
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In its Initial EIA, the Division, as staff to the Commission, requested additional information from 
stakeholders on the costs associated with this component of its proposal. The Division did receive 
some additional cost data from operators, associated with the rental of a ZEVAC unit, that included 2 
hours’ labor, driving costs, and rental costs for an engine-driven air compressor. Industry noted 
annualized costs of about $556 per pigging event. The Division believes these costs are inappropriately 
inflated for most pigging events for the following reasons. First, purchasing a ZEVAC unit (or 
compressor) is more cost-effective than a per-event rental. Second, the Division understands from 
industry that a large portion of pigging events take place at a natural gas compressor station or natural 
gas processing plant, in which case there would be no need for travel time or additional labor hours.  
 
II.B.2. Blowdowns of Equipment and Piping 
 
The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions 
from blowdowns from equipment and piping at compressor stations and gas plants where those 
emissions exceed specified thresholds. The Division also proposes requiring best practices for 
blowdowns including along midstream pipelines. The Division’s proposal with the Rebuttal Statement 
identifies with more specificity which blowdown emissions must be captured or controlled, focusing on 
blowdowns of compressors, and aggregating emissions from blowdowns of all other equipment and 
piping (with a physical volume of equal to or greater than 50 cf).  
 
Based on information collected from operators, some operators will be able to route emissions from 
blowdowns to existing control equipment on-site. One operator indicated that costs to combust 
blowdown emissions could include the building of a blowdown header and taking blowdowns back to 
the field or a series of VRUs to draw down the pressure/volume such that it can be handled by the 
existing ECD or a new combustion device. Others, however, will drawdown line pressure, either 
naturally with alternative lower pressure gas lines or using ZEVAC units60 as discussed under the 
previous section, to capture and retain the natural gas. Some operators may also install ejector units 
to force gas out of off-line compressors61 or other equipment and route the gas to a lower pressure 
fuel gas line.  
 
Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to 
the Commission - requested additional information from operators on the costs of implementing 
controls and other practicable best management practices specified in the Division’s proposal. The 
Division did not receive any additional data or materials other than as described above. 
 
Emission Reductions from Pigging and Blowdowns 
 
The Division does not have complete data from operators on how often pigging and blowdown 
activities are conducted, particularly as differentiated between pigging and other maintenance 
activities that result in venting of emissions. In order to calculate reductions associated with this 
proposal, therefore, the Division looked at two sources of data.  
 


                                         
60 Blowdown Emission Reduction White Paper, American Gas Association, August 5, 2020. 
61 Reducing Emissions When Taking Compressors Off-Line, Natural Gas Star, EPA, October 2006. 



https://www.aga.org/contentassets/fdb295e9799449d78d3b07b4a0eac453/aga-blowdown-emissions-reduction-white-paper-final-8.5.20.pdf

https://www.epa.gov/sites/default/files/2016-06/documents/ll_compressorsoffline.pdf
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First, the Division looked at EPA FLIGHT data for 201962, and identified the total amount of emissions 
in CO2e reported by the natural gas gathering and boosting segment and the natural gas processing 
segment for pigging, venting and blowdowns (to the extent possible). The Division looked at emissions 
from the 20 natural gas processing plants in Colorado (on non-tribal lands) that reported to EPA and 
calculated 6,007.84 mtCO2e per year from venting/pipeline blowdown activities. It was more difficult 
to separate out gathering and boosting facilities that are in Colorado, and on non-tribal lands, but the 
Division ultimately calculated about 76,000 mtCO2e per year from venting/pipeline blowdown 
activities reported to EPA.  
 
Initial EIA Analysis 
 
The Division then looked at the emissions reported to the Division by operators in the midstream 
segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream 
operators reported 35,184 events in “venting or blowdowns” and “pipeline” emission activities. From 
these events, operators reported a total of 184,495 mtCO2e for 2020. Operators also reported 3,584 
tons VOC from venting or blowdowns and pipelines for 2020. 
 


Table 16: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines 


Reported 2020 Emissions with No Control 


Emission Category 
Reg. 7 EI 2020 CO2e 


(mtCO2e/yr) 


Reg. 7 EI 2020 
VOC 
(tpy) 


# Events 


Total Venting/Blowdowns (includes 
pigging)  


164,758.15 1,690.08 69,770 


Total Pipeline Venting 19,736.72 1,893.70 598 


Total Venting/Blowdowns/Pipeline 
Venting  


184,494.87 3,583.78 70,368 


Emissions after 95% Reduction of Venting/Blowdown Emissions 


Total Venting/Blowdowns (includes 
pigging)  8,237.91 84.50 


69,770 


Total Pipeline Venting 19,736.72 1,893.70 598 


Total Venting/Blowdowns/Pipeline 
Venting  27,974.63 1,978.20 


70,368 


Emission Reductions with this Rule 


Total Emission Reductions 156,520.24 1,605.58 70,368 


 


                                         
62 EPA Flight data for 2020 was not available at the time the Division prepared this analysis. 
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Not accounting for any reductions from pipeline emissions,63 the Division’s proposal could reduce 
venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking 
only at VOC emissions from total venting and blowdowns (and not including pipeline venting reported), 
If the Division’s proposal also reduces VOC by 95%, that results in a reduction of 1,606 tpy VOC, a 
significant and meaningful co-benefit. These numbers are likely conservative because not all 
midstream operators reported their emissions to the Division.  
 
Update for Final EIA 
 
The Division updated its analysis for the Final EIA based upon data reported for the second half of 
2020, broken out by applicability category, reported emissions are as follows: 
 


Table 17: Emissions from Venting/Blowdowns/Pigging and Pipelines 


Activity 
Number of 


Events 
VOC (tpy) 


CO2 
(mtCO2e/yr


) 


CH4 
(mtCO2e/y


r) 


CO2e 
(mtCO2e/


yr) 


Compressor Blowdowns 7,376 438.94 460.65 52,812.34 53,272.99 


Pigging Operations 12,532 294.79 47.11 19,413.06 19,460.17 


Other Facility Venting 
and Blowdowns 


50,747 1,024.10 1,824.29 166,264.17 
168,088.4


6 


SUBTOTAL 
Venting/Blowdown 


70,655 1,757.83 2,332.05 238,489.57 
240,821.6


2 


SUBTOTAL Pipeline 
Venting 


682 1,916.56 68.65 22,302.24 22,370.89 


TOTAL 71,337 3,674.39 2,400.70 
260,791.8


1 
263,192.5


1 


 
Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they 
expect the pigging applicability thresholds to result in capture or control of more than 85% of the 
natural gas emitted during pigging operations.64 The Division’s proposal would also ensure capture or 
control of 95% of the emissions from blowdowns of compressors and other equipment (using the 
numbers reported above is appropriate because blowdowns where the physical volume is less than 50 
cf are not currently reported).  
 
  


                                         
63 The Division’s proposal would require either capture, control or use of BMPs to reduce emissions from pigging pipelines. 
The Division’s proposal would require only the use of BMPs to reduce emissions from other pipeline blowdowns. 
64 APCD_REB_Ex-003. 
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Thus, under this updated analysis, assuming that the Division’s proposal would result in capture or 
control of 85% of pigging operations (with a 95% capture/control efficiency), and 95% capture/control 
efficiency of remaining blowdown emissions, the Division’s proposal could actually result in even more 
reductions: 15,676.05.10 mtCO2e/year from pigging activities and 208,122.68 mtCO2e/year from 
blowdowns, for a total of 223,798.73 mtCO2e/year reduced (and 1,627.93 tpy VOC). When the 
additional capture of CO2 emissions from this gas stream is included, the total CO2e reductions 
increase to 228,781 mtCO2e/yr. 
 


Table 18: Emissions from Venting/Blowdowns/Pigging and Pipelines 


Reported 2020 Emissions with No Control 


Emission Category 
CO2e 


(mtCO2e/yr) 
VOC 
(tpy) 


# Events 


Total Venting/Blowdowns (includes 
pigging) 


240,821.62 1,757.83 70,655 


Total Pipeline Venting 22,370.89 1,916.56 682 


Total Venting/Blowdowns/Pipeline 
Venting 


263,192.51 3,674 71,337 


Emission Reductions with this Rule 


Emission Category 
CO2e 


(mtCO2e/yr) 
VOC 
(tpy) 


# Events 


Total Emission Reductions 228,781 1,628 71,337 


 
Cost of Pigging and Blowdown Emission Reduction 
 
Based upon information reported to the Division in the annual emission reports under Regulation 
Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that 
blowdowns take place only on business days), there are approximately 282 events per day65 that would 
be required to be captured or controlled by this rule. Using an annualized open flare cost of 
$25,268.9566, as well as the annualized ZEVAC costs depicted in Table 15 above, and assuming that 
each event over a business day requires its own portable piece of equipment (such as an ECD or ZEVAC 
unit)67, for a total of 282 units required, the average annual cost of this proposal is $9,290,705. 
 
  


                                         
65 Operators reported 35,328 events in the second half of 2020, as well as emissions for only July - December 2020. The 
Division assumed that the annual emissions are double those reported for the 6-month period of July - December 2020. 
66 As described in more detail in the well liquids unloading section, later in this Cost Benefit Analysis. 
67 This is an overly conservative assumption. The Division understands that one ZEVAC unit can be deployed multiple times 
per day. For example, based upon data provided to the Division, the average pigging operation lasts around 15 minutes. 
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The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per 
mtCO2e/year. These costs, however, do not separate out pigging emissions or specific types of 
blowdowns (such as compressor blowdowns), but do exclude pipeline emissions which are subject to 
BMPs but not control requirements in the proposal. Table 19 contains the emissions and costs 
associated with venting and blowdown emissions, including pigging emissions as described in more 
detail in Section II.B.1. of this EIA. These costs also do not account for the recovered gas savings from 
using a ZEVAC or other capture unit. 
 


Table 19: Cost and Emission Reductions for Venting/Blowdown Activities 


Control or Capture 
Device Option 


Annualized 
cost 


VOC 
reduced 


(tpy) 


GHG 
reduced 


(mtCO2e/yr
) 


$/ton VOC $/mtCO2e 


Open Flare $7,141,510.65 1,627.93 
223,798.73


68 
$4,386.86 $31.91 


Small ZEVAC unit $2,196,805.26 1,627.93 228,780.54 $1,349.45 $9.60 


Medium ZEVAC 
unit 


$9,884,917.12 1,627.93 228,780.54 $6,072.07 $43.21 


Large ZEVAC unit 
$17,939,587.1


2 
1,627.93 228,780.54 $11,019.87 $78.41 


Overall Average Cost Per Ton $5,707.06 $40.78 


 
II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7, Part D, 
Section II.B.3.d 


Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour 
Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. The Division’s proposed regulation 
would expand that requirement to natural gas processing plants statewide. There may be additional 
costs of the proposed requirement for owners or operators of reciprocating compressors at natural gas 
processing plants to replace the rod packing. The Division estimates that there are 31 natural gas 
processing plants outside the 8-hour Ozone Control Area, with an estimated total of 258 engines.69 
Conservatively assuming all engines existing at the natural gas processing plants are  reciprocating 
engines and would be subject to the proposed requirements, and none of the owners or operators are 
currently voluntarily replacing rod packing or capturing engine emissions, each of these engines will 
incur additional costs to comply with the Division’s proposal.  


                                         
68 CO2 emission reductions are not included when reductions are achieved through flaring. 
69 In 2017, the Division estimated 133 reciprocating compressors at the identified 16 natural gas processing plants. 
Assuming the same ratio of compressors per gas plant, and using the identified 31 gas plants, the Division estimates 266 
reciprocating compressors covered by this rule. These numbers do not reflect that some number of the subject compressors 
will already be performing the rod-packing replacement. 
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According to the Oil and Gas CTG, EPA estimated the emission reductions by “comparing the average 
rod packing emissions with the average emissions from newly installed and worn-in rod packing.”70 The 
Oil and Gas CTG, Table 5-4, estimates a reduction from rod packing replacement in accordance with 
these requirements of 4.89 tpy VOC per engine and 17.58 tpy methane. With the number of engines 
estimated by the Division to be subject to this proposal, the proposal would realize 1,261.62 tpy VOC 
and 126,997.92 mtCO2e. 


The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without 
factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars 
using the U.S. BLS CPI Inflation Calculator, resulting in an updated capital cost of $5,067. Using the 
same process as the Oil and Gas CTG, the Division determined that the annual cost would be $1,931.79 
per engine. Applying this estimate to the emissions estimate reductions noted before yields cost per 
ton reduced of $394.84 per ton of VOC and $109.84 per ton of CH4 ($3.92 per ton of CO2e). With 
natural gas savings, the Division concludes - consistent with the Oil and Gas CTG - that this measure is 
an economic benefit to the operator of a natural gas processing plant.  


In addition, there may be minimal costs related to the proposed monitoring and recordkeeping 
requirements, as discussed above, where an owner or operator is not currently monitoring and keeping 
compressor records. Throughout the rulemaking process, the Division received no information from any 
parties suggesting that the Division incorrectly evaluated costs. 


II.D.  Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation Number 7, Part 
D, Section III 


The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers 
to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone 
Control Area. See Regulation Number 7, Part D, Section III.C.2. Regulation Number 7 also required that 
pneumatic controllers placed in service between 2014 and May 1, 2021 be no-bleed where feasible, 
which applies to gas plants. See Regulation Number 7, Part D, Section III.C.3. There may be costs 
related to the proposed requirement for owners or operators of natural gas processing plants to ensure 
that natural gas-driven pneumatic controllers are non-emitting.  


Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven 
pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of 
converting the pneumatic controller at $2,000 and the cost per ton of VOC reduced between $6 and 
$68 per pneumatic controller.71 A VOC emissions reduction ranging from 4.18 to 48.7 tpy, depending 
on the size of the instrument air system, is associated with each natural gas processing plant, or a 
range of 790.97 to 9,215.40 mtCO2e/year of methane. Because the Division assumed that most of the 
natural gas processing plants in the 8-hour Ozone Control Area would probably require a medium-to-
large air system, an annual VOC emission reduction of 17.5 tpy and methane reduction of 3,311.49 
mtCO2e/year represents an average associated with converting pneumatic controllers to system air.72 


  


                                         
70 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.5-10. 
71 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16. 
72 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-17, Table 6-7. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf

https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf

https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area, 
but does not have data on the number of natural gas actuated pneumatic controllers at these natural 
gas processing plants. The Oil and Gas CTG assumes that existing natural gas processing plants have 
already replaced pneumatic controllers with other types of control, such as an instrument air system, 
and any pneumatic controllers with a bleed rate greater than zero are required due to safety 
reasons.73 The Division also checked pneumatic controller data reported to EPA in 2019 under the 
Greenhouse Gas Reporting Rule, and no Colorado gas plant reported any emissions from pneumatic 
controllers. The Division also reviewed the submittals from midstream operators to the Division for 
2020; only 11 midstream operators reported having any natural gas driven pneumatic controllers, and 
the Division’s review did not identify any natural gas processing plants reporting having gas driven 
pneumatic controllers. Therefore, the Division believes the cost to owners or operators of natural gas 
processing plants of the proposed requirements are minimal and limited to documenting, tagging, and 
maintaining any emitting natural gas-driven pneumatic controllers that are required for safety and/or 
process purposes. Throughout the rulemaking process, the Division received no information from any 
parties suggesting that the Division incorrectly evaluated costs. 


II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel Combustion 
Equipment: Regulation Number 22, Part B, Section III 
 
Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015 
baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas 
emissions from fuel combustion equipment at midstream facilities, such as engines, boilers, turbines, 
and heaters. In its efforts to address greenhouse gas emissions from fuel combustion equipment in the 
midstream segment, the Division is proposing a long-term planning process. By long-term, the Division 
proposes that operators will have until 2023 to develop their plans, and that additional rulemaking 
before the Air Commission would not be required until 2024. The program establishes a steering 
committee that will guide and aid midstream segment operators in the development of plans to meet 
emission reduction targets.  
 
The Division has not identified a significant economic impact on any industry or party from this 
proposal. The JIWG complained in its prehearing statement that the Division did not include cost 
associated with participation.74 As an initial matter, participation in the steering committee is 
voluntary and the Division has not identified any costs imposed on midstream segment operators, the 
Division, or any other potential steering committee participants for the operation and administration 
of the committee. Between the Initial EIA and the Final EIA, the Division was not provided with any 
information to suggest that there are such costs. Compliance with the rule includes development of a 
plan to reduce emissions only, and not implementation of the plan. Individual operators may choose to 
hire third-party consultants to help develop their emission reduction plans, but because this is not 
required directly by the rule proposal and hiring of any consulting services would be completely 
voluntary, those potential costs are not considered in this analysis. Additionally, the Division does not 
anticipate any costs to the Division for oversight or the review of proposed guidance documents and 
emissions reduction plans. Administration of this rule will be carried out by existing and anticipated 
Division staff.  
 


                                         
73 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16. 
74 JIWG_PHS, at H-3. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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II.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f. 
 
To align with the new leak detection and repair frequencies for compressor stations, the Division 
proposed to update the inspection frequency for gas-driven pneumatic controllers in Section III.F. The 
proposed revisions build upon the statewide LDAR program in Regulation Number 7 and the Division 
assumes that owners or operators will incorporate the pneumatic controller inspections into their 
natural gas compressor station LDAR programs. The Division understands that operators will inspect 
the gas-driven pneumatic controllers during the same inspection as the Section II.E component 
inspections, and therefore has determined there are minimal, if any, additional inspection and 
recordkeeping costs. According to the Final Economic Impact Analysis for the December 2019 
rulemaking, as supported by both industry stakeholders and the environmental community, the 
incremental labor and material costs, costs above those related to the aligned LDAR inspection, are 
variable and range from insignificant to $600 per facility per year.75 Further, inspections are only 
required of gas-driven pneumatic controllers; as operators comply with existing regulations to replace 
gas-driven pneumatic controllers with non-emitting pneumatic controllers, the cost of inspection and 
repair of gas driven pneumatic controllers will necessarily also decrease. While performed at minimal 
cost, these inspections do have the ability to meaningfully reduce emissions, given that malfunctioning 
pneumatic controllers have been identified by many as significant contributors to excess methane 
emissions (and are considered a classic “superemitter”). Inspecting gas-driven pneumatics more 
frequently will mitigate emissions from improperly operating pneumatic controllers.  
 
III. Upstream Program 
 
The Division has proposed several new regulatory provisions to directly address greenhouse gas 
emissions from the upstream segment of the oil and gas industry. The proposals include the following 
additional requirements for oil and gas operators in the upstream segment: 
 
● Increased leak detection and repair (LDAR) inspections for well production facilities; 
● Greenhouse gas intensity program; and 
● Emission reduction requirements for well maintenance and unloading activities. 
 
III.A. Leak Detection and Repair Inspections at Well Production Facilities: Regulation Number 7, Part 
D, Section II.E.4.e.(i) 
 
The Division has proposed additional requirements for existing well production facilities, statewide 
and in disproportionately impacted communities. The proposal, if adopted, would require more 
inspections at most well production facilities, and - consistent with the Environmental Justice Act - 
ensuring even more frequent inspections within a DI Community (in the 8-hour Ozone Control Area) or 
within 1,000 feet of an occupied area (statewide). The Division assumed that 26.48% of compressor 
stations in the 9-County area and 32.98% of compressor stations in the Piceance Basin and remainder 
of state were also in DI Communities. Further, the Division consulted with stakeholders to conduct an 
evaluation of how many well production facilities were within 1,000 feet of an occupied area. Based 
on these discussions, the Division assumed that in the NAA, 16% of well production facilities were 
within 1,000 feet of an occupied area but not within a DI Community.   


                                         
75 Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30. 
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Outside the NAA, the Division assumed that 9.2% of well production facilities were located within 
1,000 feet of an occupied area. From there the Division was able to determine how many well 
production facilities would be affected, especially where existing regulatory provisions require more 
frequent inspections at well production facilities within 1,000 feet of an occupied area. The number of 
well production facilities affected by this rule proposal is in Table 20. 
 


Table 20: WPF Emission Reductions from LDAR 


WPF Fugitive VOC Tier (tpy) 
Number of 


WPF 
Current 


Frequency 
Proposed 
Frequency 


Other Statewide: <2tpy 5,487 One-time Annual 


NAA: <1tpy and ROS: <2tpy 
(within 1000 ft, not DI) 


802 One-time Semi-Annual 


ROS: <2tpy (DI) 1,478 One-time Annual 


NAA: <1 tpy (DI) 1,183 One-time Semi-annual 


NAA: >1 - <2tpy (not DI or w/in 1000 ft) 679 Annual Annual 


NAA: >1 - <2tpy (DI) 312 Annual Semi-Annual 


NAA: >1,<2 (within 1000 ft, not DI) 189 Annual Semi-Annual 


>2 - <12 tpy 1,808 Semi-Annual Bimonthly (6x) 


>2 - <12 tpy (DI) 702 Semi-Annual Bimonthly (6x) 


>12 - <50 (not DI or w/in 1000 ft) 
(includes some 2-12 in proximity) 


1,066 Quarterly Bimonthly (6x) 


>12 - <50 (DI) 89 Quarterly Monthly 


>12 - <50 (within 1000 ft) 316 Monthly Monthly 


>50 1,134 Monthly Monthly 


TOTAL 15,245 
28,220 


Inspections 
52,540 


Inspections 


 
The Division’s proposal also allows for specified design alternatives - like pressure management 
systems and tankless facility design - to take the place of the additional inspections at well production 
facilities undertaking those design modifications, as long as the facility was inspected at some lesser 
minimum frequency. 
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Inspections 
 
The Division’s analysis as set forth above results in an increase in 24,320 inspections, statewide, per 
year. However, this analysis is conservative, as it does not account for the number of sites with design 
alternatives as described above. For this analysis, the Division assumed that operators would use only 
IR cameras to meet this increased inspection requirement. Table 21 includes a breakdown and analysis 
of the estimated leak inspection time and costs under the different possible conditions mentioned in 
the preceding section. The Division assumed a reduced number of hours per inspection than in the 
Final EIA or previous rulemaking efforts. The Environmental Defense Fund provided updated 
information in their prehearing statement and alternate proposal submission, which the Division used 
in this analysis.76 The EDF information suggested the Division’s average number of hours per inspection 
was too high.77 The Division found this information credible, based upon its own understanding of, and 
experience with, how long it takes to conduct IR camera inspections. 
 


Table 21: WPF LDAR Inspection Costs 


Basin/Area 


Inspection 
Type 


(All AIMM) 
# NEW 


Inspections 
Hours per 
Inspection 


Cost per 
hour 


Result: Total 
cost 


9-County Area 


In-House 13,173 3.64 $105.00 $5,034,644.16 


Contractor 3,293 3.64 $137.00 $1,642,252.98 


Piceance Basin 


In-House 4,850 3.64 $105.00 $1,853,822.88 


Contractor 1,213 3.64 $137.00 $604,699.37 


Rest of State 


In-House 1,433 3.64 $105.00 $547,616.16 


Contractor 358 3.64 $137.00 $178,627.18 


Totals 24,320   $9,861,662.72 
 
At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total 
cost to operators for completing the new LDAR inspections would therefore be $9,861,662.72. 
 
Leak Repair 
 
The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except 
applied an incremental change in repair hours associated with the proposed revisions. The Division also 
made a scaled assumption of leak rate for the new LDAR frequency of six times per year. Table 22 
includes the leak rates assumed along with repair hours calculated according to the methodology laid 
out previously. 
 


                                         
76 See EDF_ALT_EX-001-004, pp. 16-17. 
77 Id. 
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Table 22: WPF Repair Hours from LDAR Frequencies 


LDAR Frequency Leak Rate 
Repair Hours in  
9-County Area 


Repair Hours in 
Remainder of State 


Annual 1.18% 12.07 7.86 


Semi-Annual 1.48% 15.13 9.86 


Quarterly 1.77% 18.1 11.79 


6x 1.92% 21.17 12.79 


Monthly 2.36% 24.13 15.72 


 
Using these assumed repair hours and the incremental change in frequency as outlined in Table 20, the 
Division calculated an increase of 113,191 repair hours. At a cost of $82.06/hour, the total repair cost 
is $9,288,452.64. The Division’s estimated repair cost is higher than the repair cost estimated by 
EDF78; the Division believes its estimate is conservatively high.  
 
Emission Reductions 
The Division used the same model well production facilities for the development of emissions per 
facility that it used for the Final EIA. Table 23 includes emissions assumed from model facilities for 
well production facilities with emissions greater than or equal to 2 tpy VOC. 
 


Table 23: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC 


Methane Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy) 


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State 


No LDAR 0% 4.56 7.32 5.94 


Annual 40% 2.74 4.39 3.56 


Semi-Annual 50% 2.28 3.66 2.97 


Quarterly 60% 1.82 2.93 2.38 


6x 70% 1.37 2.20 1.78 


Monthly 80% 0.91 1.46 1.19 


VOC Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy) 


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State 


No LDAR 0% 5.09 3.05 4.07 


Annual 40% 3.05 1.83 2.44 


Semi-Annual 50% 2.55 1.53 2.04 


Quarterly 60% 2.04 1.22 1.63 


6x 70% 1.53 0.92 1.22 


Monthly 80% 1.02 0.61 0.81 


                                         
78 See EDF_REB_EIA, pp.7-8. 
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However, the model facilities developed for Table 23 were not appropriate to use for well production 
facilities with emissions less than 2 tpy VOC. The model well production facilities in Table 23 were 
developed based on data from compressor stations with emissions greater than 2 tpy VOC. The Division 
lacks emissions data in Air Pollution Emission Notices79, and the emissions inventory submitted for 
2020 emissions reporting did not result in information easily analyzed, for small well production 
facilities lacking AIRS IDs. Therefore, the Division assumed that both methane and VOC emissions for 
all well production facilities with emissions less than 2 tpy VOC were: 0.5 tpy with no LDAR 
inspections, 0.3 tpy for facilities with annual LDAR inspections, and 0.25 tpy for facilities with semi-
annual LDAR inspections. Using the emissions per model well production facility outlined above, the 
Division calculated an emissions reduction of 4,852 tpy VOC, 5,110 tpy methane, and 129,808 
mtCO2e/year.  
 
Cost Effectiveness 
 
Combining the annual cost of inspections, $9,861,662.72, with the annual cost of repairs, 
$9,288,452.64, yields a total gross annual cost of $19,150,115.36. Based on these reductions and 
associated costs, incorporating a recovered natural gas value of $1,402,665.45, the effectiveness of 
this requirement is $3,658.02 per ton VOC and $136.72 per mtCO2e. The Division also provided the 
spreadsheets used to complete this analysis and develop all of these summary tables as part of its 
Rebuttal Statement.80 The Division believes its estimated costs are overly conservative, in that the 
Division understands that many operators already conduct leak inspections more frequently than 
required by regulation. While the Division understands that operators do not support this component 
of the Division’s proposal, the Division understands that the opposition is driven largely by a concern 
about the precedent this level of inspection frequency might set in other states or at the federal level. 
These inspection frequencies were determined to be appropriate for Colorado. 
 


Table 24: WPF LDAR Total Annual Cost 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $9,861,662.72 $9,288,452.64 $19,150,115.36 


Recovered Natural Gas $1,402,665.45 


Net Cost $17,747,449.91 


WPF Emissions Reduction and Cost 


Total VOC Emission 
Reduction (VOC) 


Cost per ton VOC 
Total GHG Emission 


Reduction 
(mtCO2e/year) 


Cost per mtCO2e 


4,852 $3,658.02 129,808 $136.72 


                                         
79 Because the APEN thresholds are 1 tpy VOC in the NAA and 2 tpy VOC outside the NAA, sources below these thresholds 
are largely not required to submit APENs. 
80 APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx). 
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EDF estimated methane reductions from the Division’s proposal of 54,000 metric tons by 2025 and 
65,000 metric tons by 2030. EDF’s analysis assumes that “abnormal operating conditions” or 
“superemitters” would be reduced significantly through additional leak inspections; the Division 
agrees, though does not adopt EDF’s analysis. However, based upon EDF’s analysis, the cost-
effectiveness of the Division’s proposal is $208.16 per ton of methane and $8.33 per ton of CO2e. 
 
III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production Facilities: 
Regulation Number 7, Part D, Section II.E.4.e(ii) 
 
Inspections 
 
Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC 
emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As 
production decreases, and resulting VOC emissions from storage tanks decrease, the inspection 
frequency also decreases. The Division’s proposal would “freeze” newly constructed well production 
facilities at a monthly AIMM frequency. The Division’s proposal would also provide for exceptions 
where operators are using specified design alternatives, e.g., automated systems that are designed to 
minimize emissions from storage tanks and combustion devices. 
 
Table 25 below identifies how many additional inspections would be required on average each year, 
for the first five years of a newly constructed well production facility’s operation as a result of the 
Division’s proposal, assuming every facility stays at the proposed monthly schedule.81 
 


Table 25: AIMM Inspection Schedule by Area of State 


Proposed AIMM Inspection Schedule in Years 1 - 5 


Year of Program 
 


Existing Regulation Frequency under Section II.E 


AIMM Frequency 8-
hour Ozone Control 


Area 
(not Proximity to 
Occupied Area) 


AIMM 
Frequency 


Proximity to 
Occupied Area 


AIMM Frequency 
ROS 


(not Proximity to 
Occupied Area) 


Year 1 Monthly Monthly Monthly 


Year 2 Quarterly Monthly Quarterly 


Year 3 Semi-annual Quarterly Semi-annual 


Year 4 Semi-annual Quarterly Semi-annual 


                                         
81 The Division conducted an analysis of a small sample of wells spud in 2016 based upon COGCC data (for both inside and 
outside the 8-hour Ozone Control Area) and compared the year over year decrease in production. The Division then applied 
this decline rate to estimate how quickly a newly constructed well production facility would drop AIMM frequencies, 
assuming that in year 1 uncontrolled actual VOC emissions would be over 50 tpy. 
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Year 5  
Annual (NAA) 


One-time (ROS) 
Annual (NAA) One-time (ROS) 


Summary of New Upstream AIMM Inspections Required 


 


AIMM Frequency 8-
hour Ozone Control 


Area 
(not Proximity to 
Occupied Area) 


AIMM 
Frequency 


Proximity to 
Occupied Area 


AIMM Frequency 
ROS 


(not Proximity to 
Occupied Area) 


Additional AIMM 
Inspections Through Year 


5 Per Facility 
39 27 40 


Number of New Facilities 
per year 55 31 5 


Average # of Total 
Inspections Required 


Each Year 
1,023 316 93 


 
The Division looked at COGCC data for 2020 to determine how many new facilities are constructed 
each year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 
2020 - 74 in the 8-hour Ozone Control Area and 17 outside the 8-hour Ozone Control Area.82 Because 
current AIMM inspection tier is based upon proximity to an occupied area (see Section II.E, Table 3), 
the Division applied the percentage of population in a DI community both inside and outside the 8-hour 
Ozone Control Area to determine how many new well production facilities might be expected to be 
subject to the proximity requirements. Ultimately, the Division determined that each year, it was 
assumed that 31 new well production facilities would be constructed in proximity to an occupied area, 
55 new well production facilities would be constructed in the 8-hour Ozone Control Area but not in 
proximity to an occupied area, and five new well production facilities would be constructed outside 
the 8-hour Ozone Control Area and not in proximity to an occupied area. In the Initial EIA, the 
Division’s cost and emission estimates were based on new inspections at just the facilities added in the 
first year. In the Final EIA, the Division estimated costs and emission reductions assuming 91 new 
facilities with a monthly AIMM requirement are added each year through Year 5.  
 
The Division took the same approach to estimate inspection time, inspection costs, and repair costs as 
with the midstream segment leak detection program for compressor stations. Table 26, below 
demonstrates the total inspection costs for years 1 through 5, based on the number of new inspections 
that will be required of new well production facilities in each year. The average annual inspection cost 
identified in the Division’s Rebuttal EIA to all operators across the three areas is $1,828,256; however, 
in light of the Division’s use of revised hours per inspection in relation to inspections of existing sites 
and an assumption that all inspections completed will use infrared and optical gas imaging technology, 
the Division in this Cost Benefit Analysis revised its estimate of hours per inspection in relation to this 
new site inspection program, resulting in a meaningfully lower total inspection cost of $570,742.01. 


                                         
82 The Division also reviewed data submitted through its APEN system, and also identified 91 APENs submitted for the first 
time in 2020, though the Division’s data shows 59 new sites in the 9-county area and the remaining 32 sites outside the 9-
county area.   
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Table 26: Average Annual Inspections and Inspection Cost 


Location of Site 
Average # of 


New Inspections 
Per Year 


Averaged 
Annual 


Inspection Cost 


8-hour Ozone Control Area (not in proximity to 
Occupied Area) 


1,023 
$407,672.87 


Proximity to Occupied Area 316 $126,007.98 


ROS (not in proximity to Occupied Area) 93 $37,061.17 
 
Leak Repair 
 
In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on 
EPA data.83 Using a similar approach as before to estimate component repair time and component 
repair cost, the Division estimates that a total of 19.93 repair hours per year per facility will be 
required to address leaks discovered by the new inspection requirements. Again using a repair cost 
rate of $82.06 per hour, total annual repair hours and costs under each AIMM frequency requirement 
are demonstrated in Table 27, below. The total average annual repair cost is estimated to be 
$257,093.65.   
 
 


Table 27: LDAR Repairs - Years 1-5 


8-hour Ozone Control Area (not Proximity to Occupied Area) 


 


Number of 
Affected 
Facilities, 


Total 


Leak Rate 
(monthly) 


Repair 
Hours per 
Facility 


Total 
Repair 


Hours, all 
Facilities 


Repair 
Cost per 


Hour 


Total Repair 
Cost, all 
Facilities 


Year 1 0 2.36% 19.93 0 $82.06 $0.00 


Year 2 55 2.36% 19.93 1,096.15 $82.06 $89,950.07 


Year 3 110 2.36% 19.93 2,192.30 $82.06 $179,900.14 


Year 4 165 2.36% 19.93 3,288.45 $82.06 $269,850.21 


Year 5 220 2.36% 19.93 4,384.60 $82.06 $359,800.28 


Total over 5 years $899,500.69 


Average per year $179,900.14 


  


                                         
83 Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7. 



https://www.epa.gov/sites/default/files/2016-10/documents/2016-ctg-oil-and-gas.pdf
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Proximity to Occupied Area 


 


Number of 
Affected 
Facilities, 


Total 


Leak Rate 
(monthly) 


Repair 
Hours per 
Facility 


Total 
Repair 


Hours, all 
Facilities 


Repair 
Cost per 


Hour 


Total Repair 
Cost, all 
Facilities 


Year 1 0 2.36% 19.93 0 $82.06 $0.00 


Year 2 0 2.36% 19.93 0 $82.06 $0.00 


Year 3 31 2.36% 19.93 617.83 $82.06 $50,699.13 


Year 4 62 2.36% 19.93 1235.66 $82.06 $101,398.26 


Year 5 93 2.36% 19.93 1853.49 $82.06 $152,097.39 


Total over 5 years $304,194.78 


Average per year $60,838.96 


ROS (not Proximity to Occupied Area) 


 


Number of 
Affected 
Facilities, 


Total 


Leak Rate 
(monthly) 


Repair 
Hours per 
Facility 


Total 
Repair 


Hours, all 
Facilities 


Repair 
Cost per 


Hour 


Total Repair 
Cost, all 
Facilities 


Year 1 0 2.36% 19.93 0 $82.06 $0.00 


Year 2 5 2.36% 19.93 99.65 $82.06 $8,177.28 


Year 3 10 2.36% 19.93 199.30 $82.06 $16,354.56 


Year 4 15 2.36% 19.93 298.95 $82.06 $24,531.84 


Year 5 20 2.36% 19.93 398.60 $82.06 $32,709.12 


Total over 5 years $81,772.79 


Average per year $16,354.56 


 
Emission Reductions 
 
The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate 
emission reductions from this program (using updated gas speciation data). The Division calculated 
emission reductions achieved in each area of the state, in each year of the program, based on the 
total number of facilities entering the program over five years. The Division calculated an average 
emission reduction achieved per facility, for VOC and methane. The Division then summed up the total 
emission reductions achieved over the first five years of the program and averaged it to create an 
annual emission reductions figure, as set forth in the table below. 
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Table 28: New WPF Monthly LDAR Emission Reductions by Year 


Year of 
Program 


Number of Facilities 
in 


Program 
VOC (tpy) CH4 (tpy) 


GHG 
(mtCO2e/yr) 


1 91 0.00 0.00 0.00 


2 182 59.04 57.48 1,460.06 


3 273 172.83 180.53 4,585.62 


4 364 345.67 361.06 9,171.25 


5 455 752.19 802.32 20,379.87 


Total 1,329.73 1,401.38 35,596.81 


Annual Reductions,  
averaged over 5 years 


265.95 280.28 7,119.36 


 
Value of Natural Gas Recovered 
 
In Table 29, the Division estimates the value of natural gas recovered from these additional leak 
inspections.  
 


Table 29: Upstream Recovered Natural Gas Value from Leak Repairs 


Average Annual Recovered 
Methane (tpy) 


Value of Natural Gas ($/ton 
methane)84 


Total Annual Value of 
Recovered Natural Gas 


280.28 $274.48 $76,929.81 


 
Reporting 
 
The Division’s proposal also requires operators to submit information about leaks detected in their 
monthly reports under Section VI, for their air quality monitoring during preproduction and early 
production. This will enable the Division to better evaluate the capability of the air quality monitoring 
plan to detect leaks. The Division assumed no additional costs associated with this reporting, and no 
information to the contrary was provided by any party. 
 
Cost Effectiveness 
 
As noted before, the total cost of inspections across operators is estimated to be $570,742.01 per 
year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This 
results in a total annual net cost of $750,905.85, after gas recovery is taken into account.  


                                         
84 Based on the recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as provided for by the U.S. 
Energy Information Administration, using an average molecular weight of 24.01 lb/lb-mol of natural gas and 47.08% 
statewide average of methane by weight.   
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As outlined in Table 30, the Division estimates an overall cost effectiveness of $2,823.52 per ton VOC 
and $105.47 per mtCO2e. Operators and industry parties to this rulemaking have not objected to this 
component of the Division’s proposal. 
 
 


Table 30: Upstream LDAR Total Annual Cost 


LDAR Total Annual Cost 


 Inspection Repair TOTAL 


Annual Cost $570,742.01 $257,093.65 $827,835.66 


Recovered Natural Gas -$76,929.81 


Net Cost $750,905.85 


New WPF AIMM Emissions Reduction and Cost 


Total Annual VOC 
Emission Reduction 


(VOC) Cost per ton VOC 


Total Annual GHG 
Emission 


Reduction 
(mtCO2e/year) Cost per mtCO2e 


265.95 $2,823.52 7,119.36 $105.47 


 
III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions: Regulation 
Number 22, Part B, Section IV 
 
The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of 
the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined 
on an operator-level basis. The GHG intensity value is a product of total GHG emissions divided by oil 
and gas throughput. The intensity program will cover preproduction emissions and production 
emissions.  
 
Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the 
Division determined that there is currently an extremely wide range of GHG intensities across 
upstream operators. The reports show operator GHG intensities across the industry that range from 3 
to over 100. The Division also calculated GHG intensities based upon 2020 production reported to 
COGCC and the emissions reported to the Division pursuant to Regulation Number 7, Part D, Sections 
II.G and V, and found an even broader range of intensities. The Division determined that a GHG 
intensity program will result in meaningful reduction, while providing operators with the flexibility to 
identify and achieve cost-effective reductions across their facilities and operations.  
 
To calculate the intensity targets in the proposed regulation, the Division started with the data for the 
2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in 
the 2015 baseline in the GHG Roadmap inventory for the Industrial sector.  







 


 
December 3, 2021 Cost Benefit Analysis (Regs 7 and 22) Page 46 of 61 


The Division first used the 2005 baseline emissions for the O&G Sector from the GHG Roadmap, a total 
of 20,205,859 mtCO2e85, and determined what portion of those emissions were attributable to 
upstream operations. The Division added up the venting and flaring emissions statewide, with the well 
production facility fugitive emissions statewide, with 84% of the total “catchall” emissions covering 
both the upstream and midstream segment.86 The Division therefore calculated that the upstream 
baseline in 2005 was 15,184,909 mt CO2e. From there, the Division applied a 36% reduction for 2025, a 
50% reduction for 2027, and a 60% reduction for 2030. As it pertains to the Industrial sector, the 
Division determined that the 2015 baseline for oil and gas emissions in the industrial sector was 
2,690,692 mtCO2e, based upon a split of 44/56% (upstream/midstream) of the emissions associated 
with lease fuel consumption as reported to EPA, and attributing all the natural gas processing fuel 
consumption to midstream. Based on GHG Roadmap values, the Division also assumed all diesel 
emissions in the industrial segment from oil and gas activities were associated with upstream 
operations (880,000 mtCO2e in 2015). The Division assumed no emission reductions were required in 
2025, a 10% reduction would be required by 2027, and a 20% reduction is required by 2030.  
 
Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division 
calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The 
Division then calculated an average intensity in the years 2025, 2027, and 2030 (using the emissions as 
determined in the preceding paragraph as the numerator and the production forecasts as the 
denominator). These intensities are shown in Table 31, below in the “Overall Upstream Intensity” 
column. The Division then calculated majority operator and minority operator targets. Majority 
operators were defined by production levels of 10,000,000 BOE in calendar year 2022; in 2020, the 
operators with this level of production represented over 80% of the total production in the state. The 
majority operator targets were calculated by multiplying the overall upstream intensity target by 70%; 
the operators with the largest production, and therefore the largest share of the emissions on a mass 
basis, should have more stringent intensity targets. The Division then multiplied the overall upstream 
intensity target by 2.2, to get the minority operator target.  
 


Table 31: Calculated Intensities 


Year Overall Upstream 
Intensity 


Majority Operator 
Target 


Minority Operator 
Target 


2005 80.3356   
2025 15.6329 10.94 34.39 
2027 12.0906 8.46 26.60 
2030 9.7186 6.80 21.38 


 
From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an 
enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the 
oil and gas industry in the following amounts: 
 


                                         
85 Updated from the Initial EIA. 
86 To generate an 84/16% split (upstream/midstream) of these catch-all emissions, the Division developed a ratio based on 
the emissions for covered equipment as reported to EPA under the GHGRP for upstream as compared to midstream 
gathering and boosting. The Division then applied that ratio to the catch-all emissions (but not the downstream catch-all). 
The same general approach was used to develop the 44/56% (upstream/midstream) split of lease fuel emissions. 
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Table 32: Total GHG Reductions Enforced By the Intensity Program 


Year Total CO2e Reductions from 202087 (mtCO2e per year) 
by 2025 4,510,867 
by 2027 5,452,806 
by 2030 6,128,866 


 
These numbers in Table 32 include reductions achieved under other components of the Division 
proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the 
intensity program alone. In fact, these estimates assume that operators will take no steps over and 
above the emission reduction measures employed in the second half of 2020, and don’t account for 
reductions better attributed to the following rules and requirements, without limitation: 
 
● Additional storage tank controls adopted in late 2019; 
● Requirements for storage tank measurement systems and truck liquids loadout adopted in late 
2019; 
● New reporting and permitting requirements for routine or predictable emissions (ROPE); 
● Engine retrofits and reductions adopted in 2020; 
● Preproduction flowback controls adopted in 2020; 
● Non-emitting pneumatic controller requirements adopted in 2021;  
● The impact of COGCC’s new regulations, including Rules 303 and 903; or 
● Any of the Division’s direct regulation proposals in this rulemaking. 
 
The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the 
upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The 
Division has proposed an even more stringent intensity target for new well production facilities, at 
78.5% of the majority operator target. The Division has also proposed a separate new facility intensity 
target for new well production facilities in the 8-hour Ozone Control Area located in a DI Community, 
at 10% lower than the baseline new facility intensity target. The Division worked with operators and 
the Environmental Justice Coalition on these lower targets for new facilities, and based on those 
conversations believes they are cost-effective and achievable. Operators have more opportunities to 
design new facilities to reduce the potential for emissions, through use of a tankless facility design, 
non-emitting pneumatics or other non-gas-driven sources of power (e.g. solar power, electrification), 
and new COGCC rules require gas capture and best management practices to reduce cumulative 
impacts. The Division has, as discussed in more detail in other sections of this Cost Benefit Analysis, 
proposed additional requirements for LDAR inspections and well maintenance emission reductions that 
- when taken together with the suite of regulations adopted by the Commission over the past several 
years (e.g., the 2021 pneumatics rule, the 2020 flowback control rule) and the COGCC mission change 
provisions - make up most of the reductions that the Division expects will achieve the intensity 
targets, and keep Colorado on track to meet its GHG goals. The Division’s intensity program also 
includes recordkeeping and reporting, which the Division has treated as covered costs under the 
analysis above. The Division notes that at no point has any industry stakeholder or party raised the 
spectre of economic infeasibility with respect to the intensity program. 


                                         
87 Emission reductions calculated from the reported July - December 2020 emissions, rolled into yearlong emissions by 
multiplying reported emissions by 2, assuming 2020 production throughput in 2025, 2027, and 2030 with the required 
intensities applied to majority and minority operators. 
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Cost Effectiveness of Intensity 
 
The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA 
provides recommendations for technologies to reduce methane emissions.88 There are multiple studies 
and presentations available to operators to find cost effective and technically feasible reductions at 
different types of well production facilities. The actual costs incurred by implementation of emission 
control technologies will depend on the amount of emissions that need to be reduced by each operator 
(at each facility), the technical feasibility of implementing available technologies, and the cost-
effectiveness and economic feasibility of the technology. Some operators will make meaningful 
progress towards the intensity targets through compliance with existing and proposed Commission 
regulations (e.g., the 2021 pneumatics rule, or this well unloading proposal). However, the Division 
has determined that the flexibility inherent in an intensity program renders this strategy cost-
effective.  
 
The Division reasons that costs associated with reaching intensity targets will be at least as cost 
effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on 
pneumatic controllers, the Final EIA estimated a cost per ton reduction for methane of $499/ton, 
which converts to $19.65 per metric ton CO2e. If that cost per ton is applied to the emission 
reductions guaranteed for 2025 by the intensity program - subtracting out the emission reductions in 
this proposal from other measures affecting the upstream segment - the Division calculates a total 
cost of $85,497,247.07. As set forth in more detail below, under EDF’s analysis, the maximum 
potential program reliance on intensity to achieve the state’s targets is 1,540,087 mtCO2e/year, 
which based on the Division’s estimate of cost per ton described above, results in a maximum cost of 
the intensity program of $30,262,710 between 2025 and 2030 (no costs are anticipated between now 
and 2025, given EDF’s analysis that existing regulatory requirements are sufficient to meet the state’s 
2025 targets, upon which the 2025 greenhouse gas intensity targets are based). Thus, the potential 
maximum cost of intensity ranges from $30,262,710 to $85,497,247. However, the Division does not 
believe that the intensity program will have anywhere near this level of cost, because so many of the 
emission reductions guaranteed by the program will result from direct regulations already adopted by 
the Commission, other permitting programs of the Air Division and the Colorado Oil and Gas 
Conservation Commission, and voluntary initiatives undertaken by the industry.  
 
Some parties to the rulemaking proceeding, including EDF, presented evidence that current regulatory 
programs and provisions put the state on track to meet the state’s 2025 greenhouse gas goals. These 
same parties note that meeting the 2030 greenhouse gas goals will necessitate additional reductions of 
140,000 tons per year of methane. Assuming that analysis is correct, and accounting only for 
requirements part of the Division’s November 23rd Rebuttal proposal, the Division calculated a 
potential maximum emission reduction from intensity of 55,003 tons per year of methane (1,540,087 
mtCO2e/year). Even the maximum potential program reliance on intensity is conservatively high. 
First, EDF’s estimate of how many tons of emission reductions is still necessary was based on a very 
conservative estimate of current regulatory programs achieving only 60% of necessary emissions. The 
Division believes the number is closer to 75-80%, if not higher.   


                                         
88 Recommended Technologies to Reduce Methane Emissions | US EPA 



https://www.epa.gov/natural-gas-star-program/recommended-technologies-reduce-methane-emissions
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Second, because EDF’s analysis did not, as the Division understands it, take into account the following 
additional reductions that the Division expects from either its Rebuttal proposal or other regulatory or 
voluntary programs in Colorado, without limitation: 
 
● Emissions from “super emitters” or “abnormal operating conditions” at compressor stations; 
● Emissions that will be reduced by the Division’s proposals in Section II.H that require the use of 
electrical power for capture and recovery equipment; 
● Emissions from improperly operating pneumatics addressed by the increased frequency of 
inspections in Section III.F of this Rebuttal proposal; 
● Emission reductions from voluntary measures; 
● Emission reductions from the COGCC mission change rulemaking, such as venting and flaring 
requirements, permitting provisions, or best management practices. 
 
However, the Division is using (for this analysis) the 60% assumption as well as the undercounted 
emission reductions listed above as we lack quantifiable data related to the emissions reductions 
achieved through recent rulemaking activities. The emission reductions attributed to the other 
proposed regulatory requirements part of this rulemaking, along with the maximum potential program 
reliance on intensity, is presented in Table 33. 
 


Table 33: Upstream Intensity Emission Reductions by 2030 


Proposed Program Total Methane 
Reductions (mt/year) 


Source of Emission 
Estimate 


WPF LDAR 64,000 EDF 


Pigging/blowdown 9,600 EDF 


Rod packing 4,535 Division 


Well unloading 4,378 Division 


Performance testing 2,026 Division 


Gas plant LDAR 188 Division 


Compressor station LDAR 270 Division 


TOTAL Achieved by 2030 84,997 mt/year 
2,379,913 


mtCO2e/year 


Maximum Potential Program Reliance On Intensity 


TOTAL Needed to Meet Statutory 
Targets (per EDF) 


140,000 mt CH4/year 
3,920,000 


mtCO2e/year 


    
     


55,003 mt CH4/year 
1,540,087 


mtCO2e/year 
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Based on EDF’s analysis, the cost of the intensity program between adoption and 2025 would be $0, 
because the implication of EDF’s analysis is that operators will meet their 2025 intensity targets by 
virtue of regulatory revisions already adopted by the Commission.89  
 
Implementation of methane control technologies can result in realized benefits to operators 
associated with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or 
combusted, can be sold. At a nominal gas price, operators could achieve significant additional revenue 
from the sale of reclaimed gas. Further, significant economic benefits for operators are derived from 
this GHG intensity program, because participation in an intensity program can qualify an operator for 
certification of its product as “green” or “responsibly sourced”, thus allowing operators to charge a 
premium. In the Initial EIA, pursuant to § 25-7-110.5(4)(c), C.R.S., the Division - as staff to the 
Commission - requested additional information on the costs and other regulatory impacts of an 
intensity program. The Division received no information between the Initial EIA and the Final EIA.   
 
III.D. Emission Reductions from Well Maintenance and Liquids Unloading Activities, Regulation 
Number 7, Part D, Section II.G 
 
The Division’s proposal would augment existing requirements for best practices to be employed during 
all well maintenance activities. The Division’s proposal would also require the use of technology to 
minimize the need to conduct well unloading activities or would require the control of unloading 
emissions. Thus far in 2021, 22 operators have reported conducting well unloading events to the 
COGCC, and these 22 operators reported a total of 13,593 events by June 30, 2021.90 Of these events 
3,670 are in the 9-County area across 12 operators, while the remaining 9,923 events are outside the 
9-County area, across 11 operators. The Division conducted an analysis of average scf of gas vented 
per event, and determined that there is a statewide average of 14,000 scf of natural gas emitted per 
well unloading event.91 The Division analyzed data submitted with registrations for General Permit 11, 
as well as results from operators that used flow meters to directly measure the amount of gas emitted 
during well unloading.  
 
III.D.1. Best Practices 
 
Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management 
practices when conducting well maintenance operations. The Division assumes no significant additional 
costs will be incurred as a result of the Division’s proposal for the use of best practices other than 
artificial lift. The Division’s proposal would require that all wells that undertake well liquids unloading 
activities install and use artificial lift to reduce emissions from those activities, subject to limited 
exceptions. 
 


                                         
89 EDF_ALT_EX-001-004, p. 35. 
90 This is based upon data received by the Division from COGCC in early July 2021, and attached to the Division’s 
Prehearing Statement. Based upon data reported to the Division directly from operators, over 40 operators identified 
conducting well maintenance events - such as well unloading or well swabbing - in their annual emission reports to the 
Division for 2020. This suggests that the number of events reported to the COGCC is low, because some operators may not 
have reported. The Division has not yet been able to determine which operators reporting events to the Division did not 
report to COGCC.  
91 Based upon studies of well unloading activities, this number is likely very conservative. See Allen et al., Methane 
Emissions from Process Equipment at Natural Gas Production Sites in the United States: Liquid Unloadings, 2014. 



https://pubs.acs.org/doi/pdf/10.1021/es504016r

https://pubs.acs.org/doi/pdf/10.1021/es504016r
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Plunger Lift Systems 
 
Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without 
the need to vent the gas to the atmosphere.92 Plunger lifts have a significant economic benefit to the 
operator - boosting gas production. Automation can further enhance the performance of plunger lifts 
by monitoring wellhead parameters and thereby optimizing plunger operations.93 The Division 
understands that even where the use of plunger lifts does not entirely avoid the need for unloading, 
the use of the plunger lift can reduce the volume of gas vented per well unloading event. 
Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring 
unloading. Smart automation controllers can also avoid the need for site visits associated with 
unloading activities, further reducing costs to operators. Maintenance costs are also reduced; plunger 
lifts can prevent particulate buildup inside the tubing, avoiding or reducing the need to conduct 
swabbing operations. Based upon information from EPA and other Natural Gas STAR materials, the 
Division estimates basic plunger lift installation costs of approximately $1900-$7800 (for this analysis, 
the Division used a median figure of $4,850). This figure includes installing the piping, valves, 
controller and power supply. Annual maintenance costs are estimated at $700-$1300 (the Division 
again used a median figure of $1,000), and smart automation controllers are estimated at $11,000 per 
controller. Assuming a life of 10 years for the plunger lift and smart automation controller, the 
annualized cost of a plunger lift system is $3,838. 
 
Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas 
production. The Division estimated revenue from avoided emissions by calculating the market value of 
the gas by the volume of avoided emissions. The Division’s analysis suggests a conservative average of 
14,000 scf per well unloading event. The Division does not have data on how many events are, or could 
be, entirely avoided - instead of just minimized - through the use of plunger lifts. The Division does, 
however, understand that most wells in the state that require unloading already employ plunger lifts. 
 
However, assuming that at wells where plunger lift is not currently installed it is installed, and that 
plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will 
achieve emission reductions using a technology that is already widely deployed here in Colorado, with 
limited additional costs (the cost increase from using smart automation as compared to a regular 
plunger lift control is negligible). Assuming that plunger lifts would completely avoid the emissions 
from ⅛ of future unloading events, and assuming those occur on the same frequency as they did in 
early 2021), the Division’s proposal would reduce 389.24 tpy VOC and 17,961.80 tpy CO2e just from 
unloading events avoided, with a cost per ton reduced of $10 per ton VOC, $6 per ton methane, and a 
negligible cost (<$1/ton) for reductions of CO2e.  
 
III.D.2.  Well Unloading Emission Reductions 
 
Under the Division’s proposal, operators will be required to capture and recover emissions from well 
liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during 
liquids unloading. Well swabbing is included in these calculations as well swabbing is essentially well 
liquids unloading that requires the use of a specialized rig (a “swabbing rig”). 


                                         
92 Liquids Unloading Options for Natural Gas Wells, 2012 Natural Gas STAR Annual Implementation Workshop, April 12, 
2012.  
93 Lessons Learned from Natural Gas STAR Partners: Installing Plunger Lift Systems in Gas Wells, EPA, October 2006. 



https://www.epa.gov/sites/default/files/2016-04/documents/robinson.pdf

https://www.epa.gov/sites/default/files/2016-06/documents/ll_plungerlift.pdf
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Control Equipment 
 
The Division’s proposal would require the capture or control of emissions from unloading through the 
use of control equipment. In the Initial EIA, the Division assumed that operators would use a 
temporary open flare to control emissions during well unloading. The Division assumed that operators 
would have to rent an open flare for each unloading event. This resulted in a high cost that was 
adjusted in the Final EIA.  
 
After multiple discussions, the Division now understands that operators will likely comply by 
purchasing open flares. Then, depending on whether the site configuration has room for a dedicated 
flare, the operator will either install a dedicated flare or will purchase a portable flare and use it at 
multiple sites. The Division, therefore, assumed that operators will purchase and operate a flare at 
each well production facility where unloading controls will be required. While some operators may use 
a portable flare, which could result in higher annual operating costs (travel, etc.), fewer open flares 
will need to be purchased, which lowers capital costs. The Division believes its cost analysis therefore 
remains conservative. Based on COGCC data on the frequency of well unloadings, the Division’s 
proposal would require controls at 526 well production facilities.  
 
To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales 
gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a 
statewide average gas composition in Table 34. From this gas composition, and using the calculated 
average scf/event described above, the Division calculated an estimated average lb/event for the 
following pollutants, broken out by region of the state. The Division also calculated emission 
reductions assuming a statewide average lb/event, which is in the Division’s Rebuttal_Final_EIA and 
copied below, but presented here are the emission reductions assuming the same proportion of well 
unloading events occur in the Piceance Basin in the future (⅔ events in the Piceance, ⅓ events in the 
front range). In the Division’s Final EIA, the Division used a statewide average VOC and methane 
lb/event factor in calculating emissions. In its Prehearing Statement, the JIWG questioned why the 
Division would not use basin-specific factors where it had the data. The Division believes use of a 
statewide average is appropriate, but for the Rebuttal Statement, the Division conducted an 
alternative analysis, updating the calculations for emission amounts, reductions, and cost/ton amounts 
associated with well unloading. Recognizing the differences in gas compositions and unloading 
frequencies between DJ Basin and the Piceance Basin, the Division revised the calculations that 
previously assumed a statewide gas composition and statewide lb/event emission factor, to instead 
assume emitted gas compositions specific to the two major basins. Given that more unloading events 
happen in the Piceance than in the DJ Basin, and that Piceance gas has a higher composition of 
methane and a lower composition of VOC, this alternative analysis results in a decreased VOC 
emissions benefit but an increased GHG emissions benefit. Assuming 95% control of emissions from 
well unloading results in a reduction of 1,023.71 tpy VOC and 122,595.94 mt/yr CO2e (CO2e reductions 
only look at methane reductions and would be significantly higher if the Division took into account the 
global warming potential of ethane).  
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Table 34: Well Unloading Emissions Data 


Well Unloading wt%  DJ Basin (lb/event) Piceance (lb/event) 


Methane 53.31% 421.5 516.9 


VOC (NMNE) 29.35% 237.5 64.9 
 
Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC 
and 103,128.16 mtCO2e/yr (calculated only by looking at methane reductions; this number would be 
significantly higher if the Division took into account the global warming potential of ethane). The 
Division did not have data on the annual maintenance and operating cost associated with a dedicated 
open flare. Cost estimates for enclosed combustion devices in previous rulemakings have used a 
significantly lower annualized maintenance cost; in 2019, the Division assumed just under $3,000 per 
year for annual maintenance of a flare. Here, the Division attempted to use EPA’s cost calculator and 
derived a higher capital expenditure. In the Initial EIA, the Division - as staff to the Commission - 
requested information from stakeholders to inform the costs associated with this proposal. The 
Division did not receive cost information from stakeholders, and continued to use EPA’s cost calculator 
to generate updated conservative cost estimates for the open flares. To be conservative, the Division 
evaluated this proposal using two different annual maintenance costs; the Division received no 
information to suggest that the Division’s $10k annual maintenance cost was unreasonable. The 
Division estimates the cost effectiveness of control as set forth below in Tables 35 and 36. Table 35 
estimates the cost effectiveness assuming a statewide average lb/event VOC and CH4, while Table 36 
uses basin-specific lb/event figures. 
 


Table 35: Well Unloading Control - Emissions and Cost Effectiveness 
Statewide Average lb/event 


Cost Effectiveness at $10K Annual Maintenance 


Well Site Description 
Total VOC 
Reduced 


(tpy) 


Total CO2e 
Reduced 


(mtCO2e/yr) 


Annualized Cost 
at $10K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e Cost 
($/ton) 


Inside DI Community: 
≥6 unloadings per facility  685.17 31,617.85 $4,512,086.27 $6,585.31 $142.71 


Outside of DI Community: 
At least 1 well w/ ≥6 
unloadings per well  


1,379.59 63,661.97 $7,328,141.06 $5,311.84 $115.11 


Outside of DI Community: 
≥10 unloadings per facility  
(Not including those with 
1 well ≥6 unloadings per 


well) 


170.08 7,848.34 $1,443,968.68   


TOTAL 2,234.84 103,128.16 $13,284,196.01   


Average Total Cost Per Ton $5,944.14 $128.81 
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Cost Effectiveness at $50K Annual Maintenance 


Well Site Description 
Total VOC 
Reduced 


(tpy) 


Total CO2e 
Reduced 


(mtCO2e/yr) 


Annualized Cost 
at $50K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e Cost 
($/ton) 


Inside DI Community: 
≥6 unloadings per facility  685.17 31,617.85 $11,654,586.27 $17,009.66 $368.61 


Outside of DI Community: 
At least 1 well w/ ≥6 
unloadings per well  


1,379.59 63,661.97 $18,928,373.06 $13,720.33 $297.33 


Outside of DI Community: 
≥10 unloadings per facility  
(Not including those with 
1 well ≥6 unloadings per 


well) 


170.08 7,848.34 $3,729,728.68 $21,929.59 $475.23 


TOTAL 2,234.84 103,128.16 $34,312,688.01   


Average Total Cost Per Ton $15,353.55 $332.72 


 
 
 


Table 36: Well Unloading Control - Emissions and Cost Effectiveness 
Basin-Specific lb/event 


Cost Effectiveness at $10K Annual Maintenance 


Well Site Description 


Total 
VOC 


Reduced 
(tpy) 


Total CO2e 
Reduced 


(mtCO2e/yr
) 


Annualized Cost 
at $10K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e 
Cost 


($/ton) 


Inside DI Community: 
≥6 unloadings per 


facility  
313.86 37,586.44 $4,512,086.27 $14,376.30 $120.05 


Outside of DI 
Community: 


At least 1 well w/ ≥6 
unloadings per well  


631.94 75,679.61 $7,328,141.06 $11,596.20 $96.83 


Outside of DI 
Community: 


≥10 unloadings per 
facility  


(Not including those 
with 1 well ≥6 


unloadings per well) 


77.91 9,329.90 $1,443,968.68 $18,534.54 $154.77 


TOTAL 1,023.71 122,595.94 $13,284,196.01   


Average Total Cost Per Ton $12,976.57 $108.36 
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Cost Effectiveness at $50K Annual Maintenance 


Well Site Description 


Total 
VOC 


Reduced 
(tpy) 


Total CO2e 
Reduced 


(mtCO2e/y
r) 


Annualized 
Cost 


at $50K Annual 
Maintenance 


VOC Cost 
($/ton)  


CO2e 
Cost 


($/ton) 


Inside DI Community: 
≥6 unloadings per 


facility  
313.86 37,586.44 $11,654,586.27 $37,133.56 $310.07 


Outside of DI 
Community: 


At least 1 well w/ ≥6 
unloadings per well  


631.94 75,679.61 $18,928,373.06 $29,952.65 $250.11 


Outside of DI 
Community: 


≥10 unloadings per 
facility  


(Not including those 
with 1 well ≥6 


unloadings per well) 


77.91 9,329.90 $3,729,728.68 $47,874.18 $399.76 


TOTAL 1,023.71 122,595.94 $34,312,688.01   


Average Total Cost Per Ton $33,518.11 $279.88 
 
Based on the COGCC data, the Division’s proposal would require capture or control at approximately 
29% of well production facilities with unloadings and would cover 75.5% of the total unloading events 
at very cost-effective.  
 
III.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f. 
 
To align with the new leak detection and repair frequencies for well production facilities, the Division 
has proposed to update the inspection frequency for pneumatic controllers to match. The proposed 
revisions build upon the statewide LDAR program in Regulation Number 7 and the Division assumes that 
owners or operators will incorporate the pneumatic controller inspections into their natural gas 
compressor station LDAR programs. The Division understands that operators will inspect the gas-driven 
pneumatic controllers during the same inspection as the Section II.E component inspections, and 
therefore has determined there are minimal, if any, additional inspection and recordkeeping costs. 
According to the Final Economic Impact Analysis for the December 2019 rulemaking, the incremental 
labor and material costs, costs above those related to the aligned LDAR inspection, are variable and 
range from insignificant to $600 per facility per year.94  
 
  


                                         
94 Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30. 
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IV. Annual Emissions Inventory Reporting Updates 
 
The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual 
emissions inventory reports. The majority of these updates have no associated additional cost and are 
absorbable costs associated with the existing requirements to prepare and submit annual emission 
inventory reports. However, the Division is proposing that owners and operators who choose not to use 
Division-approved default emission factors, and who choose to use site-specific emission factors, must 
undertake periodic sampling analyses - every three years - to verify the efficacy of those factors on an 
ongoing basis. These are avoidable costs, because operators may use state default factors.  
 
The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes 
that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will 
use site-specific factors and therefore be subject to the periodic sampling requirements. As noted 
above, the Division has determined there are 5,808 storage tank batteries statewide, and therefore 
assumes that operators will conduct periodic sampling at 2,904 locations. The Division assumes that 
each sampling event will require two samples - one sample of sales gas and one sample of tank vapors.  
 
All composition analyses are assumed to be completed by a third party-testing company. Based upon 
information provided by operators, the Division estimates an average cost per sample of $535. The 
Division assumes that two samples will be required per tank battery, for a per-tank battery cost, every 
five years, of $1,070, which the Division believes is absorbable by operators. Assuming every tank 
battery in the state chooses to use a site-specific emission factor and therefore must conduct this 
sampling, the Division estimates an annualized cost (across a 5-year sampling period) of $1,663,297. If 
fifty percent of tank batteries choose the site-specific option, the annualized cost is $831,648.  
 
Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requested additional information on the costs and 
other regulatory impacts on these and any other potentially impacted supporting businesses or 
industrial sectors. Aside from the information discussed in this Cost Benefit Analysis, the Division did 
not receive additional information.  
 
V. Summary of Costs to Businesses 


The Division has determined that there may be costs related to the proposed revisions potentially 
impacting owner or operators of oil and gas operations including costs related to additional LDAR 
inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance 
of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well 
as associated recordkeeping and reporting. 
 
V.A. Summary of Cost Analyses 
 
The Division projects that the Commission’s regulations, as modified by this proposal, will reduce 
greenhouse gas emissions (in CO2e) by approximately 4,878,765 mtCO2e per year95 at a cost range of 
approximately $58,230,645 to $141,037,270 per year.  


                                         
95 Note that the overall emission reductions changed minimally from the Final EIA, as upstream emission reductions, now 
also including those from this updated proposal, are accounted for in the intensity program estimate in Table 32.  
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The overall cost effectiveness for the entire package is between $28.91 and $87.61 per metric ton of 
CO2e reduced (and the social cost of greenhouse gas as set forth in the Final EIA is $82.95, reflecting a 
significant benefit to Colorado and the climate through this program).   
 
The Division also estimates its proposal will reduce at least 13,261 tpy of VOC, not including VOC 
reduced by the intensity program (even though this program will certainly reduce VOC emissions as 
well). This results in an overall cost effectiveness for this package of between $4,390.98 and 
$10,635.16 per ton of VOC reduced. The proposal will also have additional unquantified emission 
benefits through reductions of ethane (which has a significant global warming potential and ozone 
benefits) and hazardous air pollutants such as benzene.  
 
Based on this analysis, the Division believes the current rule proposal is cost effective. The Division has 
provided an estimate of costs based on reasonably available information and will consider any 
additional information provided by stakeholders.  
 
Cost to General Public 


The Division additionally assessed whether any of the proposed programs would impose any direct 
costs on the general public, and determined that based on available data, there will be no direct costs 
to the general public for any of the programs. The proposal will result in a net benefit for the public 
based on the social cost of carbon. 
 
I. Social Cost of Greenhouse Gas Analysis 
 
The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the 
dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB 21-
1266 states “for a rule that implements § 25-7-105(1)(e) that may materially affect greenhouse gas 
emissions, the economic impact analysis required by this subsection (4) must include an analysis of the 
social cost of greenhouse gases related to the estimated emission reductions from the proposed rule.” 
Pursuant to HB 21-1266, this analysis uses the social cost of greenhouse gas estimates, using a 2.5 
percent discount rate, provided by the Federal Interagency Working Group on the Social Cost of 
Greenhouse Gases, pursuant to Federal Executive Order 13990.96 It is important to note that the social 
cost of greenhouse gases increases over time, to account for projected increases in the incremental 
damages and resulting economic impacts of climate change in the future. Table 37 below presents the 
estimated social benefits of emissions reductions that will result from this proposal from 2023 to 2030. 
Emission reductions are expected to begin being achieved in 2023. The estimated benefits are 
discounted to present (2021) dollars using the same discount rate of 2.5 percent.  
  


                                         
96 Interagency Working Group on Social Cost of Greenhouse Gases, Technical Support Document: Social Cost of Carbon, 
Methane, and Nitrous Oxide Interim Estimates under Executive Order 13990 (Feb. 2021)), 5-6, Tables ES-1, ES2, and ES3.  



https://www.whitehouse.gov/wp-content/uploads/2021/02/TechnicalSupportDocument_SocialCostofCarbonMethaneNitrousOxide.pdf

https://www.whitehouse.gov/wp-content/uploads/2021/02/TechnicalSupportDocument_SocialCostofCarbonMethaneNitrousOxide.pdf
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Table 37: Social Cost of Greenhouse Gases 


Year 
Social Cost of 


Carbon 
($/mtCO2e) 


Emission 
Reductions 
(mtCO2e) 


Social Benefit 
Present Value  


(2021 $) 


2023 $80.34 530,912.98 $42,653,018.02 $40,597,756.59 


2024 $81.65 530,912.98 $43,346,390.37 $40,251,432.56 


2025 $82.95 4,510,867.0097 $374,180,928.52 $338,989,453.46 


2026 $84.26 4,510,867.00 $380,072,120.82 $335,928,373.59 


2027 $85.56 5,452,806.00 $466,558,439.78 $402,311,880.41 


2028 $86.87 5,452,806.00 $473,679,804.41 $398,490,352.01 


2029 $88.18 5,452,806.00 $480,801,169.05 $394,615,910.74 


2030 $89.48 6,128,866.00 $548,417,058.55 $439,133,092.86 


 
Table 37 presents expected annual emission reductions through 2030. The annual emission reductions 
are multiplied by the social cost of carbon in each respective year to determine a monetized value of 
the stream of future damages produced by emissions in each year. As these emissions are being 
reduced, however, this value also represents the monetized benefit to society of a decrease in 
emissions and avoided future damages. As the social cost of greenhouse gas increases in each 
respective year, so does the resulting economic benefit to society. Because the social benefit estimate 
in each year is from the respective year’s perspective, the estimated social benefit in each future year 
is then discounted to present (2021) dollars in order to account for inflation and understand the value 
of future benefits from today’s perspective.  
 
As Table 38 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions 
are significant. Table 38 below incorporates both the total estimated annual costs (in present, 2021 
dollars) and total estimated annual social benefits (in present, 2021 dollars) to determine a net 
present value in each respective year. The Division anticipates that after 2024, the benefits to society 
from reducing emissions far outweigh the costs to operators in achieving the reductions. It is 
important to note, however, that the scope of the realized benefits is not limited to the areas most 
impacted by the proposed rules, nor only the State of Colorado, but rather, society as a whole. 
Looking at years 2023 to 2030, the total net present value is estimated to be $1,662,859,483.52; all a 
benefit to society. 
 


                                         
97 The Division, again, believes that the majority of these reductions will be achieved earlier. However, the Division - for 
purposes of this EIA - has calculated social cost of greenhouse gas based upon an analysis that assumes the intensity 
program will ensure these reductions are achieved in 2025-2030. 
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Table 38: Net Benefits to Society 


Year 
Emission 


Reductions 
(mtCO2e) 


Present Value of 
Costs (2021 $) 


Present Value of 
Benefits (2021 $) 


Net Present 
Value (2021 $) 


2023 530,912.98 $39,479,989.20 $40,597,756.59 $1,117,767.39 


2024 530,912.98 $38,517,062.64 $40,251,432.56 $1,734,369.93 


2025 4,510,867.00 $115,033,908.20 $338,989,453.46 $223,955,545.27 


2026 4,510,867.00 $112,228,203.12 $335,928,373.59 $223,700,170.47 


2027 5,452,806.00 $109,490,929.87 $402,311,880.41 $292,820,950.54 


2028 5,452,806.00 $106,820,419.39 $398,490,352.01 $291,669,932.63 


2029 5,452,806.00 $104,215,043.30 $394,615,910.74 $290,400,867.44 


2030 6,128,866.00 $101,673,212.98 $439,133,092.86 $337,459,879.88 


 
4. Any adverse effects on the economy, consumers, private markets, small businesses, job 
creation, and economic competitiveness; and  


The oil and gas industry plays an important role in Colorado’s economy. The industry is a significant 
employer of highly skilled and well-paid employees. It produces valuable domestic resources that help 
keep prices low while adding to national stability and security. At the same time, emissions from the 
oil and gas industry represent a significant portion of the total GHG emissions both in the 
nonattainment area and throughout the rest of the state. The Division’s proposal is intended to 
achieve significant reductions in air emissions without imposing unreasonable costs that could stifle 
economic activity. Further, the Division is already aware that some of its proposals are likely to result 
in a boon to Colorado’s economy from oil and gas related service providers. The Division’s proposal 
will result in an increase in high-paying positions related to performance testing of combustion 
devices. The Division’s proposal is also likely to result in more leak inspection technology companies 
coming to Colorado and hiring here. The Division has heard from other companies that develop gas 
recovery technology that they are considering opening service centers in Colorado. These additional 
service providers will not only bring good jobs to Colorado, but they will enhance Colorado’s 
reputation as a leader in oil and gas development and technology.  


As discussed above, the Division’s proposal is projected to result in a total annual cost to industry of 
between $58,230,645 to $141,037,270. As with any increase in costs, the costs associated with the 
Division’s proposal could have some adverse impact on economic activity associated with the oil and 
gas industry in Colorado. However, over the past decade Colorado’s oil and gas industry has 
experienced unprecedented growth, even as Colorado has enacted regulatory measures to ensure that 
development continues in a protective and responsible manner. Moreover, given the relative size of 
the costs of the current proposal to the overall size of the industry, the total impact of these costs will 
likely be minimal.  
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The Division’s proposal is unlikely to have any appreciable negative impact on the economic 
competitiveness of the industry as a whole. In fact, with the Division’s proposed intensity program, 
the Division believes that its proposal is likely to improve the competitiveness of Colorado’s oil and gas 
industry, because its operators will be well situated to participate in responsibly-source-gas programs 
and certifications.  


While it is unlikely that the costs associated with the proposed revisions will have any meaningfully 
adverse impacts on the competitiveness of the industry as a whole in Colorado, the costs could 
incrementally add to the current costs associated with operating marginally producing wells. This 
could potentially lead to some wells being shut in and the resultant economic consequences of these 
shut-ins including lost production revenue, lost royalties, lost severance taxes and potentially lost 
jobs. However, the Division has carefully structured its proposal to impose the largest costs on the 
larger, higher-producing sites and facilities (e.g. more frequent leak inspections at the larger sites), 
and, through the intensity program, providing operators with the flexibility to determine whether and 
what additional emission reductions measures are cost-effective.  


Finally, it does not appear that the costs associated with the Division’s proposal will have any 
meaningful impact on the general public or small businesses that purchase natural gas and other 
petroleum products. Oil and natural gas are sold on international and national markets, making it 
extremely unlikely that any increase in production costs in Colorado will be reflected in prices for 
Colorado consumers. 


5. At least two alternatives to the proposed rule or amendment that can be identified by the 
submitting agency or a member of the public, including the costs and benefits of pursuing each of 
the alternatives identified.  
No Action Alternative 
 
If the Commission declines to adopt the proposal, the potential emission reductions achievable under 
the proposed requirements are unlikely to occur. The legislature has acknowledged that climate 
change impacts Colorado’s economy and directed that GHG emissions should be reduced across the 
many sectors of our economy. Colorado has established specific GHG reduction goals. If Colorado does 
not adopt the proposed rule, other strategies would need to be identified to meet the statutory 
directives set forth in Sections 25-7-102(2)(g) and -105(e)(1), C.R.S., established by HB 19-1261 and HB 
21-1266. The no action alternative could also result in other negative consequences, related to ozone 
attainment (i.e. this proposal meaningfully reduces VOC emissions, an ozone precursor), litigation 
costs (if the state fails to comply with statutory obligations), and, most importantly, health and 
environmental impacts on Colorado residents, and in particular, residents of disproportionately 
impacted communities. 
 
EDF and Conservation Groups Alt Proposal 
 
On October 28, 2021, parties - including the Environmental Defense Fund and the Conservation Groups 
- submitted an alternate proposal with two components: 1) monthly leak detection at all well 
production facilities and natural gas compressor stations statewide; and 2) a complete phase-out of 
gas-driven pneumatic controllers. These parties filed materials (see EDF_ALT_Initial EIA.pdf, attached 
hereto) suggesting that these proposals, taken together, would reduce between 156,000 to 165,000 
tons per year of methane by 2030.  
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These parties also estimated a potential cost of up to $135,030,593, over and above the Division’s 
proposal (EDF’s proposal was additional to the Division’s proposal, not “instead of”). While EDF’s 
alternate proposal certainly would have resulted in additional, beneficial emission reductions, the 
Division determined that a scaled back leak inspection frequency (as proposed by the Division on 
November 23, 2021) would achieve the majority of the reductions from leak detection at a fraction of 
the cost.  
 
The Division has in good faith developed this Cost-Benefit Analysis that complies with all requirements 
of 24-4-103(2.5), C.R.S. 
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Proposed AQCC Regulation Number 22, Part B, Sections III and IV


November 23, 2021


Before the Air Quality Control Commission


Rulemaking Hearing, December 14 - 17, 2021


INTRODUCTION


The Division is proposing revisions to Regulation Numbers 7 and 22 that continue to address the


directives in § 25-7-109, C.R.S., as revised by Senate Bill (SB) 19-181 (Concerning Additional Public


Welfare Protections Regarding the Conduct of Oil and Gas Operations). These revisions will also address


the requirements established in SB 19-096 (Concerning the collection of greenhouse gas (GHG)


emissions data), House Bill (HB) 19-1261 (Concerning the reduction of GHG pollution), and recent HB


21-1266 (Environmental Justice, Disproportionately Impacted Communities).


The oil and gas (O&G) industry is a large source of GHG emissions, and the largest anthropogenic source


of methane in Colorado. The state GHG Pollution Reduction Roadmap (the GHG Roadmap) identifies


sectors and their associated emissions to aid the state in establishing regulatory provisions to achieve


the statutory GHG emissions reductions goals. In October 2020, the Commission further refined the


state’s goals for certain sectors, establishing a goal for the O&G Sector of the GHG Roadmap of 36%


reduction by 2025 and 60% reduction by 2030. The Commission established a target for the O&G Sector


of 13 million metric tons (MMT) CO2e by 2025 and 8 MMT CO2e by 2030. Commission targets for the


sector including residential, commercial, and industrial combustion emissions (RCI Sector) include a


20% reduction from 2005 numbers by 2030. HB 21-1266 memorializes percentage reduction goals for the


Industrial Sector in statute, and provides additional requirements for the rulemakings to achieve these


goals.


To address these directives, the Division is proposing revisions to Regulation Numbers 7 and 22 that:


limit emissions from the upstream and midstream segments of the oil and gas industry as identified in


the GHG Roadmap through a combination of direct regulations and performance based programs;


require increased monitoring and leak detection and repair (LDAR) inspections; achieve reductions of


GHG and co-pollutants in disproportionately impacted (DI) communities; and impose additional best


management practices and performance testing schedules to ensure the efficacy of air pollution


control equipment, specifically enclosed combustion devices (ECDs). These revisions to Regulation


Numbers 7 and 22 are primarily proposed on a state-wide and state-only basis; however there is one


revision proposed to the State Implementation Plan, which is discussed in Section I.F. of this Final EIA.
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REQUIREMENTS FOR ECONOMIC IMPACT ANALYSIS (EIA)


Section 25-7-110.5(4)(a), C.R.S., sets forth the requirements for the initial and final EIA, as stated


below:


Before any permanent rule is proposed pursuant to this section, an


initial economic impact analysis shall be conducted in compliance with


this subsection (4) of the proposed rule or alternative proposed rules.


Such economic impact analysis shall be in writing, developed by the


proponent, or the Division in cooperation with the proponent and made


available to the public at the time any request for hearing on a


proposed rule is heard by the Commission. A final economic impact


analysis shall be in writing and delivered to the technical secretary and


to all parties of record five working days prior to the prehearing


conference. If no prehearing conference is scheduled, the economic


impact analysis shall be submitted at least ten working days before the


date of the rule-making hearing. The proponent of an alternative


proposal will provide, in conjunction with the Division, a final economic


impact analysis five working days prior to the prehearing conference.


The economic impact analyses shall be based upon reasonably available


data. Except where data is not reasonably available, or as otherwise


provided in this section, the failure to provide an economic impact


analysis of any noticed proposed rule or any alternative proposed rule


will preclude such proposed rule or alternative proposed rule from


being considered by the Commission. Nothing in this section shall be


construed to restrict the Commission’s authority to consider alternative


proposals and alternative economic impact analyses that have not been


submitted prior to the prehearing conference for good cause and so


long as parties have adequate time to review them.


Section 25-7-110.5(4)(c), C.R.S., further provides that:


The proponent and the Division shall select one or more of the


following economic impact analyses. The Commission may ask affected


industry to submit information with regard to the cost of compliance


with the proposed rule, and, if it is not provided, it shall not be


considered reasonably available. The economic impact analysis


required by this subsection (4) shall be based upon reasonably available


data…


For the purposes of this Final Economic Impact Analysis the Division has chosen to use the methodology


set forth in § 25-7-110.5(4)(c)(I), C.R.S.


Additionally: Section 25-7-110.5(4)(f), C.R.S., states:


For a rule that implements section 25-7-105(1)(e) that may materially


affect greenhouse gas emissions, the economic impact analysis required


by this subsection (4) must include an analysis of the social cost of


greenhouse gases related to the estimated emission reductions from


the proposed rule. The analysis must use the most recent assessment of


the social cost for those greenhouse gases for which the federal


government has determined the cost, and the consideration of the


social cost of greenhouse gases must be consistent with existing law
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and include use of a discount rate of no more than two and one-half


percent; except that the social cost of greenhouse gases that is used


may not be lower than that established in 2016, using a two and


one-half percent discount rate, by the federal interagency working


group on the social cost of carbon or than the final social cost of


greenhouse gases, using a two and one-half percent or lower effective


discount rate, established by the federal interagency working group on


the social cost of greenhouse gases pursuant to federal executive order


13990, dated January 20, 2021, whichever is higher.


For the purposes of the Final Economic Impact Analysis, the Division conducts an analysis of the social


cost of greenhouse gas using a two and one-half percent (2.5%) discount rate.


INDUSTRY-WIDE BENEFITS


Many of the proposed revisions are designed to require or incentivize best management practices at oil


and gas operations. This benefits Colorado-based energy companies in the current marketplace, in


which end users increasingly demand sustainable energy. A recent study of industry-wide efforts in this


transitional space has identified twenty non-regulatory initiatives related to emissions reductions


applicable to the oil and gas industry, in four different categories: certification programs,


company-specific commitments, guidelines, and ratings based on “environmental, social, governance”


(ESG) factors.
1


Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to


reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more


than 15% of the natural gas value chain, and numerous Colorado operators are members. Another


example is the effort led by MiQ, developed by the Rocky Mountain Institute and SystemIQ Ltd., which


proposes a “globally-applicable certification system [that] enables all oil and gas producers to be


assessed according to the same universal standard.” These standards provide a metric by which
2


“responsibly-sourced gas” can be a driving market factor, and - when combined with the value of the


gas recovered through use of these practices and controls - can off-set increases in the cost associated


with the production of that gas. These economic benefits are challenging to measure in the context of


a particular regulatory proposal. However, looking at the MiQ standard, which relies on three pillars


(methane intensity, company culture, and monitoring programs ), Colorado’s regulatory program
3


ensures that Colorado operators should easily qualify for the most rigorous MiQ certification. Leaving


Colorado operators primed to reap the maximum economic benefit from the new consumer demand for


sustainable energy sources.


These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of


natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on


August 10, the U.S. Energy Information Administration raised its forecast for third-quarter 2021 natural


gas prices to $3.71/MMBtu (or $3.80/MCF). The Division has attempted to account for the economic
4


benefits of additional gas recovery from some of the proposed revisions, but generally notes that


collectively, as a whole, there is a significant economic benefit to industry - and royalty owners - from


4
Short-Term Energy Outlook - US Energy Information Administration; Natural Gas Price Forecast: 2021,


2022 and Long Term to 2050 - knoema.com


3
The Standard, MIQ


2
Why certification?, MIQ


1
An Overview of Voluntary Emissions Reduction Initiatives for Responsibly Sourced Oil and Gas,


Highwood Emissions Management, May 2021.
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innovative regulatory programs designed to minimize the loss of natural gas during the production


process.


COST-EFFECTIVENESS ANALYSIS


The Division’s assessment of the costs associated with each of the proposed revisions is set forth below.


A cost-effectiveness methodology is employed that identifies cumulative costs for the affected


industry, costs for the Division, the estimated air pollution reduction, the projected cost per unit of air


pollution reduced, and the resulting social benefit per unit of air pollution reduced. The primary driver


of the Division’s proposal is the direction and need to reduce greenhouse gas emissions from the oil and


gas industry. However, where the Division had information, the Division also attempted to quantify


reductions in co-pollutants, such as volatile organic compounds (VOC) that would be realized by these


proposals.


The Division additionally assessed whether any of the proposed programs would impose any direct costs


on the general public, and determined that based on available data, there will be no direct costs to the


general public for any of the programs.


I. Better Performance of Air Pollution Control Equipment


The Division is proposing regulations to optimize and verify performance of air pollution control


equipment. This proposal includes:


● Increased monitoring requirements for some air pollution control equipment;


● Use of flow meters; and


● Performance testing of enclosed combustion devices.


Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require reductions


in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, including


enclosed combustion devices (“ECDs” or “combustion devices”). The Division is proposing the addition


of new inspection, maintenance, and performance monitoring requirements of air pollution control


equipment in order to ensure that air pollution control equipment is meeting performance efficiency


standards.


Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s


December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries


statewide that are subject to the control requirements of Section II.C (i.e., have emissions greater


than 2 tpy VOC). The Division undertook an analysis to determine the average number of combustion


devices per tank battery. The Division conducted inspections of 3,312 unique storage tank batteries and


identified 5,943 enclosed combustion devices, for an average of 1.79 ECDs per tank battery. For


purposes of this analysis, the Division assumed an average of 2 ECDs per storage tank battery, for a


total of 9,146 storage tank ECDs as part of this program.
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These requirements would also apply to midstream operations. The Division has identified 205
5


compressor stations. Of the 205 compressor stations, 59 are in the 9-County area and 146 are outside
6


the 9-County area. Information provided by operators suggests an average of 1 ECD at a compressor


station outside the 8-hour Ozone Control Area and 2 ECDs at a compressor station inside the 8-hour


Ozone Control Area. Therefore, the Division determined that there are an additional 264 ECDs to be


tested at compressor stations as part of this program.


Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63


natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the


Division’s data shows that 32 are in the 9-County area, while 31 are outside. Information received from


operators suggests that a gas plant in the 9-County area has between 1-3 ECDs, while a gas plant


outside the 9-County area has between 0 and 1 ECD. For purposes of this analysis, the Division assumes


gas plants in the 9-County area have 2 ECDs (32 x 2 = 64 ECDs) and gas plants outside the 9-County area


have 1 ECD (31 ECDs). Therefore, the Division determined that there are an additional 95 ECDs to be


tested at gas plants as part of this program. The Division determined there are a total of 9,505 ECDs


subject to this proposal.
7


I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f


In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment


at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual


inspections of air pollution control equipment. Because the required inspections are visual, no


additional monitoring equipment will be required in order to fulfill the inspection requirements. Most,


if not all, air pollution control equipment is already subject to weekly inspection requirements under


Regulation Number 7, Part D, Section II.C. However, some air pollution control equipment controlling


other equipment is not currently subject to all these requirements (though a number of ECDs have


permit conditions setting forth a similar level of inspection). The Division is proposing to subject


controls on separation equipment to these requirements in revisions to Section II.F, though no new


costs are expected from that revision because new Colorado Oil and Gas Conservation Commission


(COGCC) rules mandate capture of gas coming off separation equipment, and only permit use of control


equipment where granted a variance from the COGCC.


Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly


subject to these inspection requirements. The Division has reached out to the industry to understand


how many such devices would be subject to the rules, and of those, how many are not currently


inspected at this frequency, but has not yet received a response. Based on the Regulation Number 7,


7
These numbers do not include ECDs controlling separation equipment or upstream dehydration units.


However, the new COGCC regulations should result in a complete phase-out of separator control


devices. The Division does not have reasonably available data on the number of ECDs controlling


upstream dehydration units.


6
The 9-County area includes the 8-hour Ozone Control Area, and all of Larimer and Weld counties.


5
The Division does not currently have the ability to identify compressor stations in the state in the


same way as it can identify gas plants or well production facilities. To create a list of compressor


stations, the Division started with facilities classified as compressor stations in COGIS and the Division’s


SIP inventories. The Division merged these lists, removed duplicates, and, where possible, screened


permit records to remove those that were misclassified. Based upon information collected during the


Statewide Hydrocarbon Emission Reduction (SHER) process and information from the industry, the


Division estimates that approximately one-third of the compressor stations operate in the transmission


and storage segment (as opposed to the midstream segment), leaving 207 midstream compressor


stations statewide. The Division also reviewed the number of unique compressor stations reported


pursuant to leak detection and repair (LDAR) reports required by Regulation Number 7 for calendar


year 2020, and determined that there are 205 unique compressor stations on non-tribal lands.
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Part D, Section V annual reports, there are one hundred and forty five (145) dehydration units,


sixty-three (63) at upstream operations and eighty-two (82) at midstream operations. Under Section


I.H.5, though, air pollution control equipment controlling dehydration units is already subject to


weekly inspection requirements, covering the majority of reported dehydration units.


Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to


be absorbed into current operation and maintenance practices and carried out by existing personnel.


No additional significant equipment or labor costs are expected to be imposed on operators to comply


with the proposed inspection and monitoring requirements.


I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g


The Division proposes that operators install and operate flow meters on most air pollution control


equipment used to comply with Section II control requirements. In the Initial EIA, the Division assumed


that most of the state’s combustion devices will require the installation of a flow meter, though flow


meters are already required for combustion devices controlling separation equipment in most permits.


However, in the Division’s revisions to its proposal, the Division specified that a single flow meter could


be installed under this Section of the rule as long as all streams to the bank of ECDs are captured. That


will substantially reduce the economic impact of this proposal.


The Division’s proposal does not prescribe any specific brands or types of flow meters that can be used.


Based on the analysis of the equipment costs for 22 different flow meters currently on market, the


Division uses the average cost of $2,439 as the estimate per flow meter in this economic analysis. The


useful life of a flow meter varies significantly based on the type and usage of the device, and can range


from as few as 5 years to as many as 25. The Division uses the estimated useful life of an ECD, 15


years, as a reasonable assessment of useful life for flow meters. The Division has no information on


installation costs or annual maintenance or calibration costs for flow meters, and, in the Initial EIA


requested that such information be provided by operators. The Division did not receive any information


from operators between the date of the Initial EIA and this Final EIA. The annualized cost of a flow


meter would therefore be $389.68. It is estimated that based on the estimated count of affected


combustion devices, 9,505, total annualized costs to the industry for flow meters will be approximately


$3,703,908.40. For operators with flares subject to performance testing requirements, the cost of flow


meters is included in that analysis.


The Division has heard from industry a suggestion that there are other associated costs with the use of


flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that


industry provide information about these costs and the necessity therefore. The Division did have some


discussions with industry about its proposal for flow meters that resulted in a number of revisions.


However, the Division did not receive any cost information or data regarding the cost of or need for site


reconfiguration.


I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D,


Section II.B.2.h


The Division’s proposal will require performance testing of most ECDs used to comply with Regulation


Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI


communities, second in the 8-hour Ozone Control Area (or northern Weld) and last, the remaining


devices.


The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are


located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus


Northern Weld) (and not in a DI community), and 21.56% or 2,049 are located outside of the 8-hour
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Ozone Control Area (plus Northern Weld) (and not in a DI community). Table 2 includes the projected
8


number of flares that will be required to be tested in each compliance deadline year for each location


for the first 5 years of the program, as provided for in section II.B.2.h of the proposed rule. For ECDs in


DI communities and inside the 8-hour Ozone Control Area, plus Northern Weld, the final year includes


devices that will be undergoing a subsequent periodic test.


Table 1: ECD Testing Schedule


Location of


Combustion Devices


Compliance Deadlines (on or before May 1)


2023 2024 2025 2026 2027 2028
9


Number of ECDs that must be tested by each year end


Inside DI Community 407 679 815 815 - 407


Inside NAA


(Not in DI Community)
474 948 948 1422 948 474


Outside NAA


(Not in DI Community)
102 205 307 410 512 512


The Division assumes that all performance testing of combustion devices will be conducted by


third-party testing companies. The Division collected information from flare performance testing


companies, testing personnel, operators, and historical Division data to estimate the costs associated


with conducting a destruction efficiency test for a combustion device through a third-party testing


company. Table 2, below, includes a breakdown of the costs associated with the completion of a


performance test for one combustion device; the Division assumes that a performance test for one


combustion device can be completed in one day (eight work hours). The figure for labor includes three


testing personnel, at an estimated average labor rate of $96 per hour, for eight hours each. Test


protocol preparation and test report preparation are each estimated to take one day to complete. As


the test methodology and testing equipment used vary between combustors, the Division uses the


average hourly equipment rental and preparation costs from a set of potential rates as the estimate
10


for equipment costs. It is assumed that four units of testing equipment will be used for each test.


Possible testing equipment used includes, but is not limited to, ionization detectors, O2/CO2 monitors,


gas chromatographs, and sampling bags. Consistent with the 2014 and 2019 Regulation Number 7


rulemakings, the Division estimated travel cost as 15% of the labor cost. As set forth in Table 2, the


total cost of a performance test for one ECD is estimated to be $6,326.60. For the purposes of this EIA,


the Division assumes that one ECD will be tested per trip. In some cases, testing companies may be


able to test multiple ECDs at a site during one trip. In such an instance, the travel time cost would only


be applied once, while costs associated with labor, test administration, and equipment could


potentially increase. In order to standardize the costs associated with testing one ECD, the Division


bases cost estimates on the assumption that one ECD is tested per trip and that testing takes one day.


The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December


2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be


10
Equipment rental and preparation rates were provided by companies that offer ECD testing services.


9
The estimate of ECDs tested in 2028 also includes those ECDs that were tested in 2023 and are


required to complete testing again after 5 years, per the rule proposal, assuming all ECDs tested in


2023 have to be tested again in 2028 (a conservative assumption).


8
The Division does not yet have complete data pertaining to each well production facility’s location as


it relates to the identification of a DI Community. However, based upon the Department’s climate data


viewer tool, which maps DI communities, the Division was able to determine that these percentages


relate to the percent of population residing within a DI community, whether within or without the


nonattainment area. The Division applied those percentages to the number of facilities.
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required to be tested each year, for the first 5 years. As noted below, in Table 2, the cost per year of


testing 1,731 ECDs is estimated at $10,951,715.


Table 2: ECD Performance Improvement Costs
11


ECD Performance Testing


Parameter Units Cost Per Unit
Units Required Per


Test
Cost Per Test


Labor hours $96.00 24 $2,304.00


Test Protocol days $700.00 1 $700.00


Test Report days $695.00 1 $695.00


Equipment Rental components/day $352.50 4 $1,410.00


Equipment Prep components $290.00 4 $1,160.00


Travel hours $14.40 4 $57.60


TOTAL ECD Performance Testing Costs


Cost per test


Average


Tests per


Year
Total Annual Cost


Total Performance Test $6,326.60 1,731 $10,951,715


The Division does not have performance test results for every ECD in the field, from which it can


calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits


of its proposal, the Division undertook an analysis of failing performance test results collected by the


Division to quantify both the percentage of failing tests as compared to devices tested and the scale of


a failing test - i.e., when a device fails the test, what is the average of the delta between the test


result and the applicable control efficiency requirement. The Division estimates that 9.61% of ECD


performance tests fail to demonstrate compliance with the applicable control efficiency requirement.


The Division’s analysis suggests that an average scale of failure is 11.36% (i.e., based upon an average


of failing performance tests, the test results are 11.36% lower than the applicable control efficiency


requirement). The Division calculated a performance improvement of 1.09% from its proposal


(representing the difference between 93.91% control and 95%).


To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported


for all controlled tank batteries over 2 tpy VOC (from the Division’s database). The Division estimated
12


that its proposal would result in a VOC benefit of 2,211 tpy. Using an assumed methane to VOC ratio
13


of 1.01:1 for storage tanks, the Division estimated a greenhouse gas benefit of 56,734 mtCO2e/yr.


13
The majority of these emission reductions are realized from those ECDs controlling tank systems with


VOC emissions over 12 tpy.


12
When the Division looked at emissions reported in the annual emissions reports, the Division also


calculated uncontrolled emissions reported from separators and dehydrators for July - December 2020.


The Division doubled those emissions to account for a full year, and all emissions from separators and


dehydrators reported were assumed to reflect 95% control. Based on these inventories, this rule may


also reduce emissions from 2,230 separators and 145 dehydrators for an additional 253.48 tpy VOC and


20,390.38 mtCO2e/year.


11
The change in cost from the Initial EIA is primarily due to the decreased number of annual


inspections resulting from an adjustment to the timeline for completing required performance tests.
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I.D. Reporting


The cost of preparing a performance test report is included in the cost information above. The Division


is proposing that operators would submit information about the performance tests conducted each year


with the existing annual reports required under Section V, which is an absorbable cost. Additional


report submittals might be required if an operator fails a performance test; however, the cost of these


additional reports is presumed to be negligible and absorbable.


I.E. Enclosed Combustion Device Performance Cost Effectiveness


Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost


of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. Based


on this analysis, the Division has determined that this proposal will result in a cost effectiveness of


$6,627 per ton VOC and $258 per mtCO2e.


Table 3: ECD Performance Improvement Cost Effectiveness
14


Annual and Total ECD Performance Improvement Costs


Cost per test or


meter Annualized Cost Total Annual Cost


Total Performance Test $6,326.60 $10,951,715


Flow meter $2,439.00 $389.68 $3,703,908
15


Total $14,655,253


ECD Performance Improvement Cost Per Ton


VOC (tpy) Methane (tpy) Methane (mtCO2e/yr)


Emission Reductions 2,211 2,234 56,734


Cost per ton Emission Reduction $6,627 $258


I.F. Combustion Device Performance in Section I.


As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new


addition from the Request Proposal and are included to address concerns raised by EPA with previously


submitted State Implementation Plan (SIP) revisions. Based on the analysis done at the time of


adoption of those previously submitted SIP revisions in 2017, the Division estimated that a potential of


62 emission points could include a single storage vessel that could have the potential to emit greater


15
These flow meter costs are overly conservative, because under the Division’s proposal a permanent


flow meter is not required to be installed on each ECD. However, the Division’s proposal does require a


flow meter be installed and operating during a performance test (but it can be temporary), so has


maintained this assumption in the cost analysis.


14
The emission reduction estimate in Table 3 is a significant increase from the emissions estimate in


the initial EIA of 539.59 tpy VOC and 13,843.18 mtCO2e/year. In the initial EIA, the division made an


assumption about the emissions based on the counts of storage tanks between 2-6 tpy VOC, 6-12 tpy,


12-20 tpy, and > 20 tpy. For this final EIA, the Division summed the total uncontrolled VOC emissions


reported for each of the above categories to determine the impact of this rule revision. See Storage


Tank Inventory 8-12-2021.
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than six tpy VOC. Assuming, as done above, that each point used two combustion devices to control


emissions, owners or operators may have to conduct performance tests of 124 combustion devices


under the proposed revisions to require performance testing of devices controlling emissions from


storage vessels, as such vessels are defined under the recommendations in EPA’s Control Techniques


Guidelines for the Oil and Natural Gas Industry (Oil and Gas CTG). The Division does not have
16


sufficient information to estimate the potential number of combustion devices controlling emissions


from wet seat centrifugal compressors that would require performance testing but, according to EPA’s


Greenhouse Gas Reporting Rule (GHGRP), no owners or operators report emissions from such


compressors in the ozone nonattainment area. For the potential 124 combustion devices estimated to


be controlling emissions from storage vessels, the Division assumes the costs would be the same or


similar to the costs of performance testing and flow meters described above and, in fact, would be


included in those cost estimates as these devices would be included in the percentage tested under the


proposed requirements in Regulation 7, Section II. Further, because EPA’s Oil and Gas CTG and EPA’s


New Source Performance Standards (NSPS) OOOOa use the same storage vessel applicability threshold,


it is possible that some combustion devices are already tested under the requirements of NSPS OOOOa


and, therefore, would not have additional expenditures related to combustion device performance


testing.


The Division, as staff to the Commission, requested additional information from stakeholders on the


costs associated with this component of its proposal, but did not receive any such information.


II. Midstream Program(s)


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions


(and co-pollutants) from the midstream segment of the oil and gas industry. The proposals include the


following additional requirements for oil and gas operators in the midstream segment:


● Increased leak detection and repair (LDAR) inspections for compressor stations outside of the


8-hour Ozone Control Area;


● Increased leak detection and repair inspections and valve requirements for gas plants outside


of the 8-hour Ozone Control Area;


● Capture and control strategies for certain midstream operations, including pigging and


blowdowns;


● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour


Ozone Control Area;


● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone


Control Area; and


● Long-term planning for greenhouse gas reductions from midstream engines and other


combustion equipment.


II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E
17


According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were completed


at well production facilities (comprised of 525,433 AVO inspections and 26,354 AIMM inspections) and


757 inspections were completed at natural gas compressor stations (all AIMM inspections). From these


inspections, 15,617 leaks were discovered at well production facilities and 1,273 leaks were discovered


at natural gas compressor stations (all from AIMM). In an analysis of LDAR reporting, it is estimated that


across the industry, approximately 86% of LDAR inspections are completed “in-house” by the operator,


17
The cost analysis of this section is also relevant to the upstream LDAR costs evaluated later in this


Final EIA.


16
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA.
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and 14% are completed by an outside contractor. The costs between completing LDAR in-house and


completing LDAR through a contractor differ, as discussed in more detail below.


The Division uses the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019


rulemaking EIAs supporting LDAR requirements. For in-house inspections, it is assumed that operators
18


use existing personnel to conduct LDAR inspections, but must purchase the leak detection equipment.


The majority of leak detection is conducted using either EPA Method 21 or by using an infrared (IR)


camera (by itself or as a screening tool before Method 21). The Division assumes that it takes 50% less


time to conduct leak detection using an IR camera, than using solely Method 21. LDAR inspections using


Method 21 take approximately 21.2 hours to complete, while LDAR inspections utilizing an IR camera


take 10.6 hours (per facility). It is estimated that 90% of inspections (in-house and contracted) are


completed using an IR camera, while 10% are completed using only Method 21.


The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and


other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor


Statistics (U.S. BLS) CPI Inflation Calculator. The Division found the current capital cost of an IR camera


to be between $100,430 - $163,366. For the purposes of this analysis, the Division uses the median
19


cost, of $131,898, as the capital cost of one IR camera. Further, IR cameras have an annual


maintenance and repair cost of $8,387. All equipment, including IR cameras, are assumed to have a
20


lifespan of 5 years. Table 4 provides an estimate of the capital and recurring costs required for LDAR
21


inspections.


21
Capital costs are annualized over a five-year period and adjusted for inflation.


20
Cost is inflated to 2021 dollars from the 2014 value of $7,500/year, using the U.S. BLS CPI Inflation


Calculator.


19
IR camera capital cost is based on historical Division data as well as current market rates for


commercial IR cameras.


18
See the Colorado Department of Public Health and Environment Air Pollution Control Division Final


Economic Impact Analyses for proposed revisions to Colorado Air Quality Control Commission Regulation


Number 7 (5 CCR 1001-9), dated January 30, 2014, September 14, 2017, and December 17-19, 2019.
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Table 4: LDAR Annualized Costs


Parameter Capital Costs Annual Costs
Annualized Total


Cost


FLIR Camera: $131,898


FLIR Camera Maint/Repair: $ 8,387


Photo Ionization Detector $5,591


Vehicle $24,602


Inspection Staff: $ 75,000


Supervision (@20%): $ 15,000


Overhead (@10%): $ 7,500


Travel(@15%): $ 11,250


Recordkeeping (@10%): $ 7,500


Reporting (@10%): $ 7,500


Fringe (@30%): $ 22,500


Subtotal Costs: $162,091 $154,637


Annualized Costs: $43,382.9 $154,637 $198,020


The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR


inspection. The total annualized cost identified in Table 4 of $198,020 is divided by an assumed 1,880


annual working hours to produce a value for an inspection rate for in-house inspections of $105/hour.
22


Operators also have the option of hiring third-party contractors to complete LDAR inspections, instead


of completing the inspections in-house. The hourly cost of using a third-party contractor to complete


leak detection is estimated at $137/hour. This estimate is based on the premise that contractors would


realize a 30% profit margin above the cost to operators of completing the inspections in-house.


II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d


Inspections


Currently, compressor stations inside the 8-Hour Ozone Control Area are subject to a quarterly LDAR


frequency. See Reg. 7, Part D, Sec. I.L.1. Compressor stations outside the 8-Hour Ozone Control Area


are also subject to a quarterly LDAR frequency if emissions are greater than 12 tpy VOC. See Reg. 7,


Part D, Sec. II.E.3, Table 2. As set forth earlier in this Final EIA, the Division determined that there


were 205 compressor stations in the midstream segment on non-tribal lands in the state. Based upon


operator-provided LDAR reports for 2020, which include inspection frequency, the Division determined


that there are approximately 75 natural gas compressor stations located outside of the 8-hour Ozone


Control Area with emissions under 12 tpy VOC. That is, 75 compressor stations currently do not have
23


an existing quarterly leak inspection requirement.


23
Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR


frequency.


22
This assumes a 40 hour work week, ten holidays, two weeks of vacation, and one week of sick leave.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 15 of 62







Of these 75 compressor stations, the Division is proposing to increase LDAR frequency where the


compressor station is located within a DI community. The Division estimates that ~33%, or 25


compressor stations, are located within a DI community and therefore subject to the proposed


quarterly inspection requirements. As a result, each of the affected 25 facilities will have an additional


2 LDAR inspections a year, for a total of 50 annual inspections. The Division does not have reason to


believe that additional IR cameras would be necessary to purchase to conduct these inspections, but


has included the cost of purchasing an additional camera in the per-hour inspection cost to recognize


that the timeline for IR camera replacement may be advanced as a result of these additional


inspections.


Table 5 includes a breakdown and analysis of the estimated leak inspection time and costs under the


different possible conditions mentioned in the preceding section. Assuming that 86% of LDAR


inspections are completed in-house and 14% are completed by a contractor, of the 50 total inspections,


about 43 inspections are expected to be completed in-house and 7 contracted out. At 10.6 hours per IR


inspection and 21.2 hours per Method 21 inspection, this equates to 576.82 total inspection hours for


all operators.


Table 5: LDAR Inspection Costs


# Inspections
Inspection


type


Inspection


method


Result: Inspection


hours
Cost per hour Result: Total cost


50


In-house


Method 21 90.19 $105.00 $9,470.34


FLIR 405.87 $105.00 $42,616.53


Contractor


Method 21 14.68 $137.00 $2,011.53


FLIR 66.07 $137.00 $9,051.88


Totals 576.81 $63,149.05


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $63,149.05 per year; or


$2,525.96 per compressor station per year.


Leak Repair


The Division estimated the costs associated with the repair of leaks discovered as a result of the


proposed regulation’s increased leak detection and repair requirements. The methodology for


estimating leak frequency, repair time, and repair cost are consistent with the Division’s prior EIAs. The


Division uses a quarterly leak frequency rate of 1.77% to estimate the number of leaking components


discovered through inspections. This figure is based on an EPA-estimated annual leak frequency of


1.18% , scaled for a quarterly leak frequency (similar analyses used by the Division in earlier
24


rulemakings, in 2014 and 2019). Using information provided to the EPA by industry , as used in previous
25


EIAs, component repair times are estimated at 0.63 hours for connectors, 0.63 hours for flanges, 0.63


hours for open-ended lines, 16 hours for pump seals, 1.13 hours for valves, and 0.63 hours for any other


components. The Division assumes an hourly repair rate of $82.06 for all components. Using the
26


estimate for the number of expected leaks per component, the Division estimates that a total of 34.75


26
Based on the hourly repair rate of $66.24 from 2009, used in the Division’s 2019 Regulation Number 7


EIA, adjusted for inflation to 2021 using the U.S. BLS CPI Inflation Calculator.


25
See “Analysis of Emissions Reduction Techniques for Equipment Leaks,” Cindy Hancy, December 21,


2011.


24
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7.
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repair hours per year per facility will be required to address leaks discovered by the new inspection


requirements. At $82.06 per hour, total annual repair cost is estimated at $2,851.82 per facility.


Multiplying this estimate by 25 total affected facilities yields an industry-wide annual leak repair cost


of $71,295.55.


Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program. The estimated emission reductions from increasing the frequency of


LDAR at compressor stations outside of the 8-hour Ozone Control Area and within a DI Community is


41.0 tpy VOC and 2,897.64 mtCO2e/year (methane).


Table 6: Emission Reductions for Compressor Stations ≤ 12 tpy in a DI Community


Number


of CS


Incremental LDAR Program


Reduction % (semi annual


to quarterly)


VOC Emission


Reductions


per CS


Total VOC


Emission


Reductions


Methane


Emissions


per CS


Total Methane


Reduction


25 10% 1.64 tpy 41.00 tpy 4.56 tpy 114.08 tpy


TOTAL Emission Reductions 41 tpy VOC 2,897.64 mtCO2e/yr


Value of Natural Gas Recovered


In Table 7, the Division estimates the value of natural gas recovered from these additional leak


inspections.


Table 7: Compressor Station Recovered Natural Gas Value from Leak Repairs


Compressor Station Fugitive


VOC Tier (tpy)


Number of


Compressor


Stations


Total Recovered


Natural Gas


(tons CH4/year)


Value of


Natural Gas


($/ton


methane)
27


Total Annual


Value of


Recovered


Natural Gas


≤ 12 tpy in a DI Community 25 114.084 $222.69 $25,402.90


Cost Effectiveness


Combining the annual cost of inspections, $63,149.05, with the annual cost of repairs, $71,295.55,


yields a total gross annual cost of $134,444.60.  Based on these reductions and associated costs, the


effectiveness of this requirement is $3,279.14 per ton VOC and $46.04 per mtCO2e, without


incorporating the estimated annual value of recovered gas of $20,279.62.


27
Based on the most recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as


provided for by the U.S. Energy Information Administration, using an average molecular weight of 19.17


lb/lb-mol of natural gas and 72.69% methane by weight for the Piceance basin.
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Table 8: Compressor Station LDAR Cost Effectiveness


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $63,149.05 $71,295.55 $134,444.60


Recovered Natural Gas -- -- -$25,402.90


Net Cost -- -- $109,041.70


Compressor Station Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


41.00 $2,659.55 2,897.64 $37.63


New Mexico recently did a cost analysis of increasing LDAR inspections across different facility types,


and likewise concluded that quarterly LDAR is cost effective at compressor stations. New Mexico’s
28


analysis demonstrates the cost effectiveness (for VOC) of additional IR camera inspections at


compressor stations as follows:


Table 9: New Mexico Summary of the VOC Cost of Control


for the Quarterly OGI Monitoring Option based on Model Plants


Facility Type


Annual VOC


Emission Reduction


(tpy)


Annual Cost (2019$)


$/ton VOC


reduced


(2019$)


Gathering and Boosting


Station
7.81 $26,030 $3,331


Reference: Table 9-13 of the 2016 CTG.


The Division, as staff to the Commission, requests additional information from stakeholders on the


costs associated with this component of its proposal.


II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I


Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour


Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas


processing plants outside the 8-hour Ozone Control Area may also be subject to NSPS KKK, NSPS OOOO,


NSPS OOOOa, depending on the date of construction. Natural gas processing plants statewide that have


storage tanks subject to Section II.C.1 must also conduct AIMM inspections of the storage tanks and


associated equipment in accordance with Table 1 in Section II.C.2. Those inspections range from


semi-annual to monthly, depending on the VOC emissions estimated from the storage tanks.


28
See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions and Costs VOC


5-27-21_erg (06-08-2021)).
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The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in


the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS


OOOO or NSPS OOOOa. The Division has identified 25 gas plants outside of the DJ Basin - 18 in the


Piceance basin and 7 in the remainder of the state. These numbers do not include gas plants the


Division was able to determine are on tribal lands. Based on the Division’s review of the Regulation


Number 7 annual emissions reports, and the information submitted for fugitive emissions, it appears


that many natural gas processing plants outside the 8-hour Ozone Control Area are already subject to


NSPS OOOO or NSPS OOOOa for LDAR. However, for purposes of this Final EIA, the Division assumed that


all 25 gas plants outside the DJ Basin will need to adjust LDAR frequency to comply with the Division’s


proposal. This makes the Division’s cost analysis overly conservative.


The Division utilized technical supporting information from the Oil and Gas CTG in the analysis of this
29


proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure


relief devices, sampling connection systems, open-ended lines, valves, and connectors to determine if


a component is leaking. Under this program, “[v]alves are monitored monthly, connectors are


monitored annually, and open-ended lines and pressure relief valves must be monitored within five


days after a pressure release event to ensure they are operating without any detectable emissions (e.g.


at a concentration less than 500 ppm above background).”
30


In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to


a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars


was between $2,010 - 2,844 per ton VOC . In today’s dollars, based upon a gas processing model plant,
31


and assuming a correlation of VOC to methane of 1:1.81, the Division estimates the cost of this


proposal as follows:


Table 10: Cost and Emissions Reductions for LDAR at Gas Plants


Pollutant


Annual Emission


Reductions Per


Gas Plant


Capital


Cost


(2021$)


Annual


Cost


(2021$)


Cost of Control


(without


savings)


$/ton


Cost of


Control (with


savings)


$/ton


VOC 4.56 tpy $10,062.60 $15,343.12 $3,367.22 $2,379.79


Methane 8.27 tpy


$10,062.60 $15,343.12 $72.99 $51.63


Greenhouse Gas 210.2 mtCO2e/yr


The Division’s proposal would also require operators to - prior to placing a leak on the delay of repair


list - attempt a “drill and tap” repair of a leaking valve. Drill and tap reduces the need for a process


shut-down to effect a leak repair, and can reduce fugitive emissions. The Division does not have


information to suggest a significant additional cost associated with this proposal, because the Division


has no information regarding how many valves cannot be repaired through other means prior to being


31
Oil and Gas CTG, p. 8-11.


30
Oil and Gas CTG, pp.8-9, 8-10.


29
New Mexico also utilized this data in preparing its economic impact analysis of gas plant LDAR in its


recent rule. proposal. See https://www.env.nm.gov/air-quality/ozone-draft-rule/ (LDAR Reductions


and Costs VOC 5-27-21_erg (06-08-2021)).
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placed on the delay of repair list. The Division understands that “drill and tap” is an accepted and


effective repair method for valves, and that this proposal generally reflects best practice.
32


The Division, as staff to the Commission, requests additional information from stakeholders on the


costs associated with this component of its proposal.


II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation


Number 7, Part D, Section II.H


II.B.1. Pigging Operations


In Permit Section (PS) Memo 20-04 , the Division explained pigging operations as follows:
33


Raw natural gas is transported from production wells to processing plants


through networks of gathering pipelines. Although liquid separation may occur


at the well pad, much of the raw natural gas passing through the gathering


pipelines is saturated with hydrocarbons other than methane and may contain


other components such as water, carbon dioxide, and hydrogen sulfide. During


the transportation of this gas through gathering pipeline systems, the gas often


experiences a temperature drop and pressure change that causes the


hydrocarbons and other components to condense to a liquid phase. These


natural gas condensates can accumulate in low elevation segments of the


gathering pipelines, impeding the flow of natural gas. To maintain gas flow and


operational integrity of the gathering pipelines, operators mechanically push


these condensates out of the low elevations and down the pipeline by an


operation called “pigging,” which involves first inserting a device called a pig


into a pig launcher upstream of the pipeline segment where condensates have


accumulated. The gas flowing through the pipeline then pushes the pig through


the pipeline, allowing the pig to sweep along the accumulated condensates.


The pig is removed from the pipeline segment when it is caught in a pig


receiver.


The Division is proposing that midstream owners and operators with pigging operations must capture


and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators


may apply to the Division to utilize air pollution control equipment to control those emissions.


All midstream owners or operators with pigging operations must additionally employ best practices to


reduce emissions associated with pigging. Some of the proposed best management practices are


specified in PS Memo 20-04, and therefore should not result in additional costs to operators. See PS


Memo 20-04, Sections 6.5 and 6.6. For other proposed best practices, the Division has proposed a


feasibility off-ramp, that includes some sensitivity to cost.


The Division used gas speciation data collected by the Division, guidance from the EPA and
34


information received from operators and manufacturers to estimate emissions from pigging events.


34
“Quantifying The Potential Impact Of Natural Gas Condensate Holdup On Uncontrolled Volatile


Organic Compound Emissions From Pig Receivers During Depressurization In Wet Gas Gathering


Operations”, EPA Discussion Draft, May 16, 2016.


33
Memo 20-04 - Routine or Predictable Gas Venting Emissions Calculation and Instructions on Permitting


for Oil and Natural Gas Operations, Permit Section Memo 20-04, APCD, CDPHE, November 6, 2020.


32
See EPA’s LDAR: A Best Practices Guide, Leak Detection and Repair Compliance Assistance Guidance


Best Practices Guide; see also EPA December 1, 2015 Memorandum from Joseph Wilderwing to Cynthia


Reynolds, re: Drill-and-Tap.
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Cost - Pig Ramps


Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to


drain before the pig is pulled from the chamber. The inventor of pig ramps, Mark West, has made the
35


schematics available freely on its website. The Division has received cost estimates for each pig ramp


of $800-$1,300 per ramp. Taking the median ($1,050) and applying a 6% interest rate results in an


annualized cost of $188 per pig ramp. The Division does not have reasonably available information as to


how many pig ramps would be necessary to comply with this proposal, and - as staff to the Commission


- requests that information from operators. The Division otherwise assumes this minimal cost to be


absorbable. The Division also amended its proposal to allow for other liquids containment systems, such


as process drains. This expansion of compliant practices further reduces the impact.


Cost - Depressurization


The Division would also require operators to employ a best management practice of depressurizing pig


launcher and receiver chambers prior to opening, in order to reduce the volume of gas vented to the


atmosphere. According to the EPA, “[t]he depressurization emissions from high pressure launchers and


receivers can be reduced by routing the gases to a lower pressure system before venting the remaining


gases to the atmosphere or to control equipment. Routing to a lower pressure system is achieved with a


depressurization line (or, "jumper line") exiting the top of the barrel ... or exiting the top of the pig


ball valve. Compressor stations and gas plants have low pressure lines on the site that can receive


these depressurization gases and recycle them through the process. Similarly, launchers and receivers


along high pressure pipelines are occasionally located near low pressure pipelines that can receive


depressurization gases exiting the barrel or pig ball valve.” One operator who employed the two best
36


management practices described above (pig ramps and depressurization) and Zero Emission Vacuum


and Compressor (ZEVAC) units reported significant reductions in gas vented and emissions as a result.
37


Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 per


jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line


installed during mainline construction are taken into account, the cost is more in the neighborhood of


$1,511 per jumper line. However, the Division acknowledges that it does not have access to other


associated costs, such as engineering costs. In the Initial EIA, the Division requested additional cost


information from operators. While the Division has heard verbally from operators that costs for a


jumper line can theoretically be in the range of $50,000, to date, no such supporting materials or any


data have been provided.


Cost - ZEVAC unit


In order to comply with the requirement to capture and reduce emissions during pigging operations, for


the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit. The Division
38


assumes that a pig launcher and receiver are already on-site.


38
The Division’s proposal also contemplates use of control devices as an option where recovery of the


gas from pigging operations is not feasible. According to EPA, “[l]arge, high capacity combustion


devices are typically available at compressor stations and processing plants and can be used to control


pigging gases while meeting the other flaring needs of the facility. There are also numerous low


capacity combustion devices available for serving remote launcher/receiver sites.” EPA Enforcement


Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement Alert


37
See Methane Reductions in Pigging, September 2019, Methane Reductions in Pigging


36
EPA Enforcement Alert (Sept. 2019). Natural Gas Gathering Operations Clean Air Act Enforcement


Alert


35
Pipeline Launcher/Receiver Emission Reduction Systems
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The Division gathered information from a manufacturer of ZEVAC units on the costs associated with


ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have


reasonably available information about actual pigging operations in Colorado to specify the frequency


of pigging operations or the size of the ZEVAC unit that would be necessary for each operator. In its


annual emission reports to the Division, one operator submitted its annual emissions reporting 1,343


pigging events in the second half of 2020 alone, for a total of 13,806,040 scf vented, an average of


10,280 scf vented per pigging event. The Division recognizes that not all pigging events vent the same


amount of gas; pigging of larger, higher pressure pipelines emit more gas to atmosphere than pigging of


smaller, low-pressure pipelines. That operator also reported venting 7,557,500 scf of natural gas from


pipeline blowdown events during the same period. However, the Division did not get this level of


detailed reporting consistently across all operators; several midstream operators reported no pigging


operations. Therefore, an analysis was conducted on three different sized ZEVAC units, small, medium,


and large, under both a high frequency and low frequency use of the equipment. The size of the unit


affects the speed of the gas recovery process; larger units taking less time. All units are assumed to


have a useful life of 10 years. The capital cost of a small ZEVAC unit was found to be $30,000 with


maintenance and repair costs of $2,400 per year. Annualizing the capital cost across 10 years, and


assuming a 6% interest rate, yields a total annualized cost of $7,773. Under the same assumptions, the


capital cost of a medium sized unit is $135,000 with annual maintenance costs of $10,800, for a total


annualized cost of $34,976; and the capital cost of a large unit is $245,000 with annual maintenance


costs of $19,600, and a total annualized cost of $63,476. In estimating the composition of pollutants in


the gas, the Division applied weight percentages of total hydrocarbons of 29.35% VOC, 53.31%


methane, and 17.34% ethane.
39


High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per


year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an


estimated 3,900 scf of gas, for a total annual potential emitted gas of 4,875,000 scf. As noted above,


with at least one operator reporting 1,343 pigging events in just the second half of 2020, it is


reasonable to assume at least some operators engage in high-frequency pigging operations. Low


frequency pigging assumes the use of 1 pig barrel per day, for 3 days per week, at 50 weeks per year.


With low frequency pigging, there are an estimated 150 events per year, each releasing an estimated


3,900 scf of gas, for a total annual potential emitted gas of 585,000 scf.


Table 11 below demonstrates potential gas recovery (emissions reductions) and cost per ton of


pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness analysis


does not account for the economic benefit to operators from selling the recovered gas.


39
As with elsewhere in this Final EIA, the Division utilized gas speciation data submitted to the Division


from multiple operators, reviewing over 100 samples of sales gas analysis from across the state, and


creating a weighted average by location.
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Table 11: Cost and Emission Reductions of ZEVAC Units


Small ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured
40


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $7,773.00 40.02 1,844.44 $194.21 $4.21


Low frequency $7,773.00 4.80 221.33 $1,618.44 $35.12


Medium ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $34,976.00 40.02 1,844.44 $873.90 $18.96


Low frequency $34,976.00 4.80 221.33 $7,282.47 $158.02


Large ZEVAC unit


Annualized cost
VOC captured


(tpy)


Greenhouse Gas


captured


(mtCO2e/yr)


$/ton VOC $/mtCO2e


High frequency $63,476.00 40.02 1,844.44 $1,585.99 $34.41


Low frequency $63,476.00 4.80 221.33 $13,216.54 $286.79


Amount and Value of Recovered Natural Gas


If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC


unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming


low-frequency use, the Division calculates natural gas savings (at a price of $4/MCF) of $19,000 per


ZEVAC unit per year, for a high frequency use, and $2,340 per ZEVAC unit per year for a low-frequency


use. That would materially improve the cost-effectiveness.


In the Initial EIA, the Division, as staff to the Commission, requested additional information from


stakeholders on the costs associated with this component of its proposal. The Division did receive some


additional cost data from operators, associated with the rental of a ZEVAC unit, that included 2 hours


labor, driving costs, and rental costs for an engine-driven air compressor. Industry noted annualized


costs of about $556 per pigging event. The Division believes these costs are inappropriately inflated for


most pigging events for the following reasons. First, purchasing a ZEVAC unit (or compressor) is more


cost-effective than a per-event rental. Second, the Division understands from industry that a large


portion of pigging events take place at a natural gas compressor station or natural gas processing plant,


in which case there would be no need for travel time or additional labor hours. The cost per ton and


emission reductions expected from the Division’s PHS Proposal is set forth below.


40
Converted from methane to CO2e using AR5.
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II.B.2. Blowdowns of Equipment and Piping


The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions


from blowdowns from equipment and piping at compressor stations and gas plants. The Division also


proposes requiring best practices for blowdowns including along midstream pipelines. The Division’s


proposal with the Prehearing Statement identifies with more specificity which blowdown emissions


must be captured or controlled, focusing on blowdowns of compressors, and aggregating emissions from


blowdowns of all other equipment and piping (with a physical volume of equal to or greater than 50


cf).


Based on information collected from operators, some operators will be able to route emissions from


blowdowns to existing control equipment on-site. One operator indicated that costs to combust


blowdown emissions could include the building of a blowdown header and taking blowdowns back to


the field or a series of VRUs to draw down the pressure/volume such that it can be handled by the


existing ECD or a new combustion device. Others, however, will drawdown line pressure, either


naturally with alternative lower pressure gas lines or using ZEVAC units as discussed under the
41


previous section, to capture and retain the natural gas. Some operators may also install ejector units to


force gas out of off-line compressors or other equipment and route the gas to a lower pressure fuel
42


gas line.


Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to


the Commission - requested additional information from operators on the costs of implementing


controls and other practicable best management practices specified in the Division’s proposal. The


Division did not receive any additional data or materials other than as described above.


Emission Reductions from Pigging and Blowdowns


The Division does not have complete data from operators on how often pigging activities are


conducted, particularly as differentiated between pigging and other maintenance activities that result


in venting of emissions. In order to calculate reductions associated with this proposal, therefore, the


Division looked at two sources of data. First, the Division looked at EPA FLIGHT data for 2019, and


identified the total amount of emissions in CO2e reported by the natural gas gathering and boosting


segment and the natural gas processing segment for pigging, venting and blowdowns (to the extent


possible). The Division looked at emissions from the 20 natural gas processing plants in Colorado (on


non-tribal lands) that reported to EPA and calculated 6,007.84 mtCO2e per year from venting/pipeline


blowdown activities. It was more difficult to separate out gathering and boosting facilities that are in


Colorado, and on non-tribal lands, but the Division ultimately calculated about 76,000 mtCO2e per year


from venting/pipeline blowdown activities reported to EPA.


Initial EIA Analysis


The Division then looked at the emissions reported to the Division by operators in the midstream


segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream


operators reported 35,184 events in “venting or blowdowns” and “pipeline” emission activities. From


these events, operators reported a total of 184,495 mtCO2e for 2020. Operators also reported 3,584


tons VOC from venting or blowdowns and pipelines for 2020.


42
Reducing Emissions When Taking Compressors Off-Line, Natural Gas Star, EPA, October 2006.


41
Blowdown Emission Reduction White Paper, American Gas Association, August 5, 2020.
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Table 12: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines


Reported 2020 Emissions with No Control


Emission Category
Reg. 7 EI 2020 CO2e


(mtCO2e/yr)


Reg. 7 EI 2020 VOC


(tpy)
# Events


Total Venting/Blowdowns (includes pigging) 164,758.15 1,690.08 69,770


Total Pipeline Venting 19,736.72 1,893.70 598


Total Venting/Blowdowns/Pipeline Venting 184,494.87 3,583.78 70,368


Emissions after 95% Reduction of Venting/Blowdown Emissions


Total Venting/Blowdowns (includes pigging) 8,237.91 84.50 69,770


Total Pipeline Venting 19,736.72 1,893.70 598


Total Venting/Blowdowns/Pipeline Venting 27,974.63 1,978.20 70,368


Emission Reductions with this Rule


Total Emission Reductions 156,520.24 1,605.58 70,368


Not accounting for any reductions from pipeline emissions, the Division’s proposal could reduce
43


venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking


only at VOC emissions from total venting and blowdowns (and not including pipeline venting reported),


If the Division’s proposal also reduces VOC by 95%, that results in a reduction of 1,606 tpy VOC, a


significant and meaningful co-benefit. These numbers are likely conservative because not all


midstream operators reported their emissions to the Division.


Update for Final EIA


The Division updated its analysis for this Final EIA based upon data reported for the second half of


2020, broken out by applicability category, reported emissions are as follows:


Table 13: Emissions from Venting/Blowdowns/Pigging and Pipelines


Activity
Number of


Events
VOC (tpy)


CO2


(mtCO2e/yr)


CH4


(mtCO2e/yr)


CO2e


(mtCO2e/yr)


Compressor Blowdowns 7,376 438.94 460.65 52,812.34 53,272.99


Pigging Operations 12,532 294.79 47.11 19,413.06 19,460.17


Other Facility Venting and


Blowdowns
50,747 1,024.10 1,824.29 166,264.17 168,088.46


SUBTOTAL Venting/Blowdown 70,655 1,757.83 2,332.05 238,489.57 240,821.62


SUBTOTAL Pipeline Venting 682 1,916.56 68.65 22,302.24 22,370.89


TOTAL 71,337 3,674.39 2,400.70 260,791.81 263,192.51


43
The Division’s proposal would require either capture, control or use of BMPs to reduce emissions from


pigging pipelines. The Division’s proposal would require only the use of BMPs to reduce emissions from


other pipeline blowdowns.
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Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they expect


the pigging applicability thresholds to result in capture or control of more than 85% of the natural gas


emitted during pigging operations. The Division’s proposal would also ensure capture or control of 95%


of the emissions from blowdowns of compressors and other equipment (using the numbers reported


above is appropriate because blowdowns where the physical volume is less than 50 cf are not currently


reported). Thus, under this updated analysis, assuming that the Division’s proposal would result in


capture or control of 85% of pigging operations (with a 95% capture/control efficiency), and 95%


capture/control efficiency of remaining blowdown emissions, the Division’s proposal could actually


result in even more reductions: 15,676.05.10 mtCO2e/year from pigging activities and 208,122.68


mtCO2e/year from blowdowns, for a total of 223,798.73 mtCO2e/year reduced (and 1,627.93 tpy VOC).


When the additional capture of CO2 emissions from this gas stream is included, the total CO2e


reductions increase to 228,781 mtCO2e/yr.


Table 14: Emissions from Venting/Blowdowns/Pigging and Pipelines


Reported 2020 Emissions with No Control


Emission Category
CO2e


(mtCO2e/yr)


VOC


(tpy)
# Events


Total Venting/Blowdowns (includes pigging) 240,821.62 1,757.83 70,655


Total Pipeline Venting 22,370.89 1,916.56 682


Total Venting/Blowdowns/Pipeline Venting 263,192.51 3,674 71,337


Emission Reductions with this Rule


Emission Category
CO2e


(mtCO2e/yr)


VOC


(tpy)
# Events


Total Emission Reductions 228,781 1,628 71,337


Cost of Pigging and Blowdown Emission Reduction


Based upon information reported to the Division in the annual emission reports under Regulation


Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that


blowdowns take place only on business days), there are approximately 282 events per day that would
44


be required to be captured or controlled by this rule. Using an annualized open flare cost of $25,268.95


, as well as the annualized ZEVAC costs depicted in Table 11 above, and assuming that each event
45


over a business day requires its own portable piece of equipment (such as an ECD or ZEVAC unit) , for a
46


total of 282 units required, the average annual cost of this proposal is $9,290,705.


The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per mtCO2e/year.


These costs, however, do not separate out pigging emissions or specific types of blowdowns (such as


compressor blowdowns), but do exclude pipeline emissions which are subject to BMPs but not control


requirements in the proposal. Table 15 contains the emissions and costs associated with venting and


46
This is an overly conservative assumption. The Division understands that one ZEVAC unit can be


deployed multiple times per day. For example, based upon data provided to the Division, the average


pigging operation lasts around 15 minutes.


45
As described in more detail in the well liquids unloading section, later in this Final EIA.


44
Operators reported 35,328 events in the second half of 2020, as well as emissions for only July -


December 2020. The Division assumed that the annual emissions are double those reported for the 6


month period of July - December 2020.
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blowdown emissions, including pigging emissions as described in more detail in Section II.B.1. of this


EIA. These costs also do not account for the recovered gas savings from using a ZEVAC or other capture


unit.


Table 15: Cost and Emission Reductions for Venting/Blowdown Activities


Control or Capture


Device Option
Annualized cost


VOC reduced


(tpy)


GHG reduced


(mtCO2e/yr)
$/ton VOC $/mtCO2e


Open Flare $7,141,510.65 1,627.93 223,798.73
47


$4,386.86 $31.91


Small ZEVAC unit $2,196,805.26 1,627.93 228,780.54 $1,349.45 $9.60


Medium ZEVAC unit $9,884,917.12 1,627.93 228,780.54 $6,072.07 $43.21


Large ZEVAC unit $17,939,587.12 1,627.93 228,780.54 $11,019.87 $78.41


Overall Average Cost Per Ton $5,707.06 $40.78


II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7,


Part D, Section II.B.3.d


Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour


Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. This proposed regulation would


expand that requirement to natural gas processing plants statewide. There may be additional costs of


the proposed requirement for owners or operators of reciprocating compressors at natural gas


processing plants to replace the rod packing. The Division estimates that there are 31 natural gas


processing plants outside the 8-hour Ozone Control Area, with an estimated total of 258 engines.
48


Conservatively assuming all engines existing at the natural gas processing plants are  reciprocating


engines and would be subject to the proposed requirements, and none of the owners or operators are


currently voluntarily replacing rod packing or capturing engine emissions, each of these engines will


incur additional costs to comply with the Division’s proposal. According to the Oil and Gas CTG, EPA


estimated the emission reductions by “comparing the average rod packing emissions with the average


emissions from newly installed and worn-in rod packing.” The Oil and Gas CTG, Table 5-4, estimates a
49


reduction from rod packing replacement in accordance with these requirements of 4.89 tpy VOC per


engine and 17.58 tpy methane. With the number of engines estimated by the Division to be subject to


this proposal, the proposal would realize 1,261.62 tpy VOC and 126,997.92 mtCO2e.


The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without


factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars


using the U.S. BLS CPI Inflation Calculator, resulting in an updated capital cost of $5,067. Using the


same process as the Oil and Gas CTG, the Division determined that the annual cost would be $1,931.79


per engine. Applying this estimate to the emissions estimate reductions noted before yields cost per


ton reduced of $394.84 per ton of VOC and $109.84 per ton of CH4 ($3.92 per ton of CO2e). With


natural gas savings, the Division concludes - consistent with the Oil and Gas CTG - that this measure is


an economic benefit to the operator of a natural gas processing plant.


49
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.5-10.


48
In 2017, the Division estimated 133 reciprocating compressors at the identified 16 natural gas


processing plants. Assuming the same ratio of compressors per gas plant, and using the identified 31


gas plants, the Division estimates 266 reciprocating compressors covered by this rule. These numbers


do not reflect that some number of the subject compressors will already be performing the rod-packing


replacement.


47
CO2 emission reductions are not included when reductions are achieved through flaring.
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In addition, there may be minimal costs related to the proposed monitoring and recordkeeping


requirements, as discussed above, where an owner or operator is not currently monitoring and keeping


compressor records.


II.D. Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation


Number 7, Part D, Section III


The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers


to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone Control


Area. See Regulation Number 7, Part D, Section III.C.2. Regulation Number 7 also required that


pneumatic controllers placed in service between 2014 and May 1, 2021 be no-bleed where feasible,


which applies to gas plants. See Regulation Number 7, Part D, Section III.C.3. There may be costs


related to the proposed requirement for owners or operators of natural gas processing plants to ensure


that natural gas-driven pneumatic controllers are non-emitting.


Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven


pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of


converting the pneumatic controller at $2,000 and the cost per ton of VOC reduced between $6 and


$68 per pneumatic controller. A VOC emissions reduction ranging from 4.18 to 48.7 tpy, depending on
50


the size of the instrument air system, is associated with each natural gas processing plant, or a range


of 790.97 to 9,215.40 mtCO2e/year of methane. Because the Division assumed that most of the natural


gas processing plants in the 8-hour Ozone Control Area would probably require a medium-to-large air


system, an annual VOC emission reduction of 17.5 tpy and methane reduction of 3,311.49 mtCO2e/year


represents an average associated with converting pneumatic controllers to system air.
51


The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area,


but does not have data on the number of natural gas actuated pneumatic controllers at these natural


gas processing plants. The Oil and Gas CTG assumes that existing natural gas processing plants have


already replaced pneumatic controllers with other types of control, such as an instrument air system,


and any pneumatic controllers with a bleed rate greater than zero are required due to safety reasons.
52


The Division also checked pneumatic controller data reported to EPA in 2019 under the Greenhouse Gas


Reporting Rule, and no Colorado gas plant reported any emissions from pneumatic controllers. The


Division also reviewed the submittals from midstream operators to the Division for 2020; only 11


midstream operators reported having any natural gas driven pneumatic controllers, and the Division’s


review did not identify any natural gas processing plants reporting having gas driven pneumatic


controllers. Therefore, the Division believes the cost to owners or operators of natural gas processing


plants of the proposed requirements are minimal and limited to documenting, tagging, and maintaining


any emitting natural gas-driven pneumatic controllers that are required for safety and/or process


purposes.


II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel


Combustion Equipment: Regulation Number 22, Part B, Section III


Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015


baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas


emissions from fuel combustion equipment at midstream facilities, such as engines, boilers, turbines,


and heaters. In its efforts to address greenhouse gas emissions from fuel combustion equipment in the


midstream segment, the Division is proposing a long-term planning process. By long-term, the Division


proposes that operators will have until 2023 to develop their plans, and that additional rulemaking


before the Air Commission would not be required until 2024. The program establishes a steering


52
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16.


51
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-17, Table 6-7.


50
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p.6-16.
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committee that will guide and aid midstream segment operators in the development of plans to meet


emission reduction targets.


The Division has not identified a significant economic impact on any industry or party from this


proposal. Participation in the steering committee is voluntary and the Division has not identified any


costs imposed on midstream segment operators, the Division, or any other potential steering


committee participants for the operation and administration of the committee. Between the Initial EIA


and the Final EIA, the Division was not provided with any information to suggest that there are such


costs. Compliance with the rule includes development of a plan to reduce emissions only, and not


implementation of the plan. Individual operators may choose to hire third-party consultants to help


develop their emission reduction plans, but because this is not required directly by the rule proposal


and hiring of any consulting services would be completely voluntary, those potential costs are not


considered in this analysis. Additionally, the Division does not anticipate any costs to the Division for


oversight or the review of proposed guidance documents and emissions reduction plans. Administration


of this rule will be carried out by existing and anticipated Division staff.


III. Upstream Program


The Division is proposing several new regulatory provisions to directly address greenhouse gas emissions


from the upstream segment of the oil and gas industry. The proposals include the following additional


requirements for oil and gas operators in the upstream segment:


● Increased leak detection and repair (LDAR) inspections for well production facilities;


● Greenhouse gas intensity program; and


● Emission reduction requirements for well maintenance and unloading activities.


III.A. Leak Detection and Repair Inspections at Well Production Facilities in


Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.4.e


Regulation Number 7, Part D, Section II.E.4.d requires well production facilities located within 1,000


feet of an occupied area to inspect in accordance with the frequency specified in Table 3. The


Division’s proposal in this rulemaking would expand those requirements to all well production facilities


in a DI community, whether or not located within 1,000 feet of an occupied area. The Division does not


currently have reasonably available data on how many additional facilities would be inspected as a


result of this proposal, though it anticipates having that analysis by the submission of the Division’s


final EIA in this action. Based on information submitted in the 2019 rulemaking, the Division does not


expect many facilities in the 8-hour Ozone Control Area to require additional inspections as a result;


the Division expects that the majority of new inspections will be at facilities outside the 8-hour Ozone


Control Area, given the large size of disproportionately impacted communities as set by HB 21-1266.


The Division - as staff to the Commission - requests information from stakeholders to assist in


evaluating the costs of this proposal.


III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production


Facilities: Regulation Number 7, Part D, Section II.E.4.f


Inspections


Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC


emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As


production decreases, and resulting VOC emissions from storage tanks decrease, the inspection


frequency also decreases. The Division’s proposal would “freeze” newly constructed well production
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facilities at a monthly AIMM frequency. The Division’s proposal would also provide for exceptions where


operators are using automated systems that are designed to minimize emissions from storage tanks and


combustion devices, and where operators continue use of monitoring technology approved by the


Division under Regulation Number 7, Section VI, for VOC and methane.


Table 16 below identifies how many additional inspections would be required on average each year, for


the first five year,of a newly constructed well production facility’s operation as a result of the


Division’s proposal, assuming every facility stays at the proposed monthly schedule.
53


Table 16: AIMM Inspection Schedule by Area of State


Proposed AIMM Inspection Schedule in Years 1 - 5


Year of Program


Existing Regulation Frequency under Section II.E


AIMM Frequency 8-hour


Ozone Control Area


(not Proximity to


Occupied Area)


AIMM Frequency


Proximity to


Occupied Area


AIMM Frequency ROS


(not Proximity to


Occupied Area)


Year 1 Monthly Monthly Monthly


Year 2 Quarterly Monthly Quarterly


Year 3 Semi-annual Quarterly Semi-annual


Year 4 Semi-annual Quarterly Semi-annual


Year 5
Annual (NAA)


One-time (ROS)


Annual (NAA)
One-time (ROS)


Summary of New Upstream AIMM Inspections Required


AIMM Frequency 8-hour


Ozone Control Area


(not Proximity to


Occupied Area)


AIMM Frequency


Proximity to


Occupied Area


AIMM Frequency ROS


(not Proximity to


Occupied Area)


Additional AIMM Inspections


Through Year 5 Per Facility
39 27 40


Number of New Facilities per


year
55 31 5


Average # of Total


Inspections Required


EachYear


1,023 316 93


53
The Division conducted an analysis of a small sample of wells spud in 2016 based upon COGCC data


(for both inside and outside the 8-hour Ozone Control Area) and compared the year over year decrease


in production. The Division then applied this decline rate to estimate how quickly a newly constructed


well production facility would drop AIMM frequencies, assuming that in year 1 uncontrolled actual VOC


emissions would be over 50 tpy.
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The Division looked at COGCC data for 2020 to determine how many new facilities are constructed each


year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 2020 - 74


in the 8-hour Ozone Control Area and 17 outside the 8-hour Ozone Control Area. Because current
54


AIMM inspection tier is based upon proximity to an occupied area (see Section II.E, Table 3), the


Division applied the percentage of population in a DI community both inside and outside the 8-hour


Ozone Control Area to determine how many new well production facilities might be expected to be


subject to the proximity requirements. Ultimately, the Division determined that each year, it was


assumed that 31 new well production facilities would be constructed in proximity to an occupied area,


55 new well production facilities would be constructed in the 8-hour Ozone Control Area but not in


proximity to an occupied area, and five new well production facilities would be constructed outside the


8-hour Ozone Control Area and not in proximity to an occupied area. In the Initial EIA, the Division’s


cost and emission estimates were based on new inspections at just the facilities added in the first year.


In this Final EIA, the Division has estimated costs and emission reductions assuming 91 new facilities


with a monthly AIMM requirement are added each year through Year 5.


The Division took the same approach to estimate inspection time, inspection costs, and repair costs as


with the midstream segment leak detection program for compressor stations. Table 17, below


demonstrates the total inspection costs for years 1 through 5, based on the number of new inspections


that will be required of new well production facilities in each year. The average annual inspection cost


to all operators across the three areas is $1,828,256.


Table 17: Average Annual Inspections and Inspection Cost


Location of Site


Average # of


New Inspections


Per Year


Averaged


Annual


Inspection Cost


8-hour Ozone Control Area (not in proximity to


Occupied Area)
1,023 $1,305,897.15


Proximity to Occupied Area 316 $403,640.94


ROS (not in proximity to Occupied Area) 93 $118,717.92


Leak Repair


In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on EPA


data. Using a similar approach as before to estimate component repair time and component repair
55


cost, the Division estimates that a total of 19.93 repair hours per year per facility will be required to


address leaks discovered by the new inspection requirements. Again using a repair cost rate of $82.06


per hour, total annual repair hours and costs under each AIMM frequency requirement are demonstrated


in Table 18, below. The total average annual repair cost is estimated to be $257,093.65.


55
Control Techniques Guidelines for the Oil and Natural Gas Industry 2016, EPA, p. 8-7.


54
The Division also reviewed data submitted through its APEN system, and also identified 91 APENs


submitted for the first time in 2020, though the Division’s data shows 59 new sites in the 9-county area


and the remaining 32 sites outside the 9-county area.
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Table 18: LDAR Repairs - Years 1-5


8-hour Ozone Control Area (not Proximity to Occupied Area)


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 55 2.36% 19.93 1,096.15 $82.06 $89,950.07


Year 3 110 2.36% 19.93 2,192.30 $82.06 $179,900.14


Year 4 165 2.36% 19.93 3,288.45 $82.06 $269,850.21


Year 5 220 2.36% 19.93 4,384.60 $82.06 $359,800.28


Total over 5 years $899,500.69


Average per year $179,900.14


Proximity to Occupied Area


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 0 2.36% 19.93 0 $82.06 $0.00


Year 3 31 2.36% 19.93 617.83 $82.06 $50,699.13


Year 4 62 2.36% 19.93 1235.66 $82.06 $101,398.26


Year 5 93 2.36% 19.93 1853.49 $82.06 $152,097.39


Total over 5 years $304,194.78


Average per year $60,838.96


ROS (not Proximity to Occupied Area)


Number of


Affected


Facilities, Total


Leak Rate


(monthly)


Repair


Hours per


Facility


Total Repair


Hours, all


Facilities


Repair Cost


per Hour


Total Repair


Cost, all


Facilities


Year 1 0 2.36% 19.93 0 $82.06 $0.00


Year 2 5 2.36% 19.93 99.65 $82.06 $8,177.28


Year 3 10 2.36% 19.93 199.30 $82.06 $16,354.56


Year 4 15 2.36% 19.93 298.95 $82.06 $24,531.84


Year 5 20 2.36% 19.93 398.60 $82.06 $32,709.12


Total over 5 years $81,772.79


Average per year $16,354.56
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Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program (using updated gas speciation data). The Division calculated emission


reductions achieved in each area of the state, in each year of the program, based on the total number


of facilities entering the program over five years. The Division calculated an average emission


reduction achieved per facility, for VOC and methane. The Division then summed up the total emission


reductions achieved over the first five years of the program and averaged it to create an annual


emission reductions figure, as set forth in the table below.


Table 19: New WPF Monthly LDAR Emission Reductions by Year


Year of


Program


Number of Facilities in


Program
VOC (tpy) CH4 (tpy)


GHG


(mtCO2e/yr)


1 91 0.00 0.00 0.00


2 182 59.04 57.48 1,460.06


3 273 172.83 180.53 4,585.62


4 364 345.67 361.06 9,171.25


5 455 752.19 802.32 20,379.87


Total 1,329.73 1,401.38 35,596.81


Annual Cost, averaged over 5 years 265.95 280.28 7,119.36


Value of Natural Gas Recovered


In Table 20, the Division estimates the value of natural gas recovered from these additional leak


inspections.


Table 20: Upstream Recovered Natural Gas Value from Leak Repairs


Average Annual Recovered


Methane (tpy)


Value of Natural Gas ($/ton


methane)
56


Total Annual Value of


Recovered Natural Gas


280.28 $274.48 $76,929.81


Reporting


The Division’s proposal also requires operators to submit information about leaks detected in their


monthly reports under Section VI, for their air quality monitoring during preproduction and early


production. This will enable the Division to better evaluate the capability of the air quality monitoring


plan to detect leaks. The Division assumes no additional costs associated with this reporting.


56
Based on the recent United States Natural Gas Industrial Price (May 2021), of $4.09/MCF as provided


for by the U.S. Energy Information Administration, using an average molecular weight of 24.01


lb/lb-mol of natural gas and 47.08% statewide average of methane by weight.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 33 of 62







Cost Effectiveness


As noted before, the total cost of inspections across operators is estimated to be $1,828,256.00 per


year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This results


in a total annual cost of $2,024,139.40, after gas recovery is taken into account. As outlined in Table


21, the Division estimates an overall cost effectiveness of $9,973.02 per ton VOC and $357.33 per


mtCO2e.


Table 21: Upstream LDAR Total Annual Cost


LDAR Total Annual Cost


Inspection Repair TOTAL
57


Annual Cost $1,828,256.00 $257,093.65 $2,085,349.66


Recovered Natural Gas -$76,929.81


Net Cost $2,008,419.84


New WPF AIMM Emissions Reduction and Cost


Total Annual VOC


Emission Reduction


(VOC) Cost per ton VOC


Total Annual GHG


Emission Reduction


(mtCO2e/year) Cost per mtCO2e


265.95 $7,551.97 7,119.36 $282.11


III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions:


Regulation Number 22, Part B, Section IV


The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of


the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined on


an operator-level basis. The GHG intensity value is a product of total GHG emissions divided by oil and


gas throughput. The intensity program will cover preproduction emissions and production emissions.


Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the


Division determined that there is currently an extremely wide range of GHG intensities across upstream


operators. The reports show operator GHG intensities across the industry that range from 3 to over


100. The Division also calculated GHG intensities based upon 2020 production reported to COGCC and


the emissions reported to the Division pursuant to Regulation Number 7, Part D, Sections II.G and V, and


found an even broader range of intensities. The Division determined that a GHG intensity program will


result in meaningful reduction, while providing operators with the flexibility to identify and achieve


cost-effective reductions across their facilities and operations.


To calculate the intensity targets in the proposed regulation, the Division started with the data for the


2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in the


2015 baseline in the GHG Roadmap inventory for the Industrial sector. The Division first used the 2005


baseline emissions for the O&G Sector from the GHG Roadmap, a total of 20,205,859 mtCO2e , and
58


determined what portion of those emissions were attributable to upstream operations. The Division


added up the venting and flaring emissions statewide, with the well production facility fugitive


58
Updated from the Initial EIA.


57
The recovered natural gas cost and the net costs were incorrect in the Final EIA Table 21. The correct


values are included in this table. The cost per ton of VOC and GHG were correct in the original table,


and are unchanged in this version.
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emissions statewide, with 84% of the total “catchall” emissions covering both the upstream and


midstream segment. The Division therefore calculated that the upstream baseline in 2005 was
59


15,184,909 mt CO2e. From there, the Division applied a 36% reduction for 2025, a 50% reduction for


2027, and a 60% reduction for 2030. As it pertains to the Industrial sector, the Division determined that


the 2015 baseline for oil and gas emissions in the industrial sector was 2,690,692 mtCO2e, based upon a


split of 44/56% (upstream/midstream) of the emissions associated with lease fuel consumption as


reported to EPA, and attributing all the natural gas processing fuel consumption to midstream. Based


on GHG Roadmap values, the Division also assumed all diesel emissions in the industrial segment from


oil and gas activities were associated with upstream operations (880,000 mtCO2e in 2015). The Division


assumed no emission reductions were required in 2025, a 10% reduction would be required by 2027, and


a 20% reduction is required by 2030.


Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division


calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The


Division then calculated an average intensity in the years 2025, 2027, and 2030 (using the emissions as


determined in the preceding paragraph as the numerator and the production forecasts as the


denominator). These intensities are shown in Table 22, below in the “Overall Upstream Intensity”


column. The Division then calculated majority operator and minority operator targets. Majority


operators were defined by production levels of 10,000,000 BOE in calendar year 2022; in 2020, the


operators with this level of production represented over 80% of the total production in the state. The


majority operator targets were calculated by multiplying the overall upstream intensity target by 70%;


the operators with the largest production, and therefore the largest share of the emissions on a mass


basis, should have more stringent intensity targets. The Division then multiplied the overall upstream


intensity target by 2.2, to get the minority operator target.


Table 22: Calculated Intensities


Year
Overall Upstream


Intensity


Majority Operator


Target


Minority Operator


Target


2005 80.3356


2025 15.6329 10.94 34.39


2027 12.0906 8.46 26.60


2030 9.7186 6.80 21.38


From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an


enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the


oil and gas industry in the following amounts:


Table 23: Total GHG Reductions Enforced By the Intensity Program


Year Total CO2e Reductions from 2020 (mtCO2e per year)
60


by 2025 4,510,867


by 2027 5,452,806


by 2030 6,128,866


60
Emission reductions calculated from the reported July - December 2020 emissions, rolled into year


long emissions by multiplying reported emissions by 2, assuming 2020 production throughput in 2025,


2027, and 2030 with the required intensities applied to majority and minority operators.


59
To generate a 84/16% split (upstream/midstream) of these catch-all emissions, the Division


developed a ratio based on the emissions for covered equipment as reported to EPA under the GHGRP


for upstream as compared to midstream gathering and boosting. The Division then applied that ratio to


the catch-all emissions (but not the downstream catch-all). The same general approach was used to


develop the 44/56% (upstream/midstream) split of lease fuel emissions.
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These numbers in Table 23 include reductions achieved under other components of the Division


proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the


intensity program alone. In fact, these estimates assume that operators will take no steps over and


above the emission reduction measures employed in the second half of 2020, and don’t account for


reductions better attributed to the following rules and requirements, without limitation:


● Additional storage tank controls adopted in late 2019;


● Requirements for storage tank measurement systems and truck liquids loadout adopted in late


2019;


● New reporting and permitting requirements for routine or predictable emissions (ROPE);


● Engine retrofits and reductions adopted in 2020;


● Preproduction flowback controls adopted in 2020;


● Non-emitting pneumatic controller requirements adopted in 2021;


● The impact of COGCC’s new regulations, including Rules 303 and 903; or


● Any of the Division’s direct regulation proposals in this rulemaking.


The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the


upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The


Division has proposed an even more stringent intensity target for new well production facilities, at


78.5% of the majority operator target. The Division has, as discussed in more detail in other sections of


this Final EIA, proposed additional requirements for LDAR inspections and well maintenance emission


reductions that - when taken together with the suite of regulations adopted by the Commission over


the past several years (e.g., the 2021 pneumatics rule, the 2020 flowback control rule) and the COGCC


mission change provisions - make up most of the reductions that the Division expects will achieve the


intensity targets, and keep Colorado on track to meet its GHG goals. The Division’s intensity program


also includes recordkeeping and reporting, which the Division has treated as covered costs under the


analysis above.


Cost Effectiveness of Intensity


The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA


provides recommendations for technologies to reduce methane emissions. There are multiple studies
61


and presentations available to operators to find cost effective and technically feasible reductions at


different types of well production facilities. The actual costs incurred by implementation of emission


control technologies will depend on the amount of emissions that need to be reduced by each operator


(at each facility), the technical feasibility of implementing available technologies, and the


cost-effectiveness and economic feasibility of the technology. Some operators will make meaningful


progress towards the intensity targets through compliance with existing and proposed Commission


regulations (e.g., the 2021 pneumatics rule, or this well unloading proposal). However, the Division has


determined that the flexibility inherent in an intensity program renders this strategy cost-effective.


The Division reasons that costs associated with reaching intensity targets will be at least as cost


effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on pneumatic


controllers, the final EIA estimated a cost per ton reduction for methane of $499/ton, which converts


to $19.65 per metric ton CO2e. If that cost per ton is applied to the emission reductions guaranteed for


2025 by the intensity program - subtracting out the emission reductions in this proposal from other


measures affecting the upstream segment - the Division calculates a total cost of $85,497,247.07.


However, the Division does not believe that the intensity program will have anywhere near this level of


cost, because so many of the emission reductions guaranteed by the program will result from direct


regulations already adopted by the Commission, other permitting programs of the Air Division and the


Colorado Oil and Gas Conservation Commission, and voluntary initiatives undertaken by the industry.


61
Recommended Technologies to Reduce Methane Emissions | US EPA
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Implementation of methane control technologies can result in realized benefits to operators associated


with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or combusted,


can be sold. At a nominal gas price, operators could achieve significant additional revenue from the


sale of reclaimed gas. Further, significant economic benefits for operators are derived from this GHG


intensity program, because participation in an intensity program can qualify an operator for


certification of its product as “green” or “responsibly sourced”, thus allowing operators to charge a


premium.


In the Initial EIA, pursuant to § 25-7-110.5(4)(c), C.R.S., the Division - as staff to the Commission -


requested additional information on the costs and other regulatory impacts of an intensity program.


The Division received no information between the Initial EIA and this Final EIA.


III.D. Emission Reductions From Well Maintenance and Liquids Unloading Activities,


Regulation Number 7, Part D, Section II.G


The Division’s proposal would augment existing requirements for best practices to be employed during


all well maintenance activities. The Division’s proposal would also require the use of technology to


minimize the need to conduct well unloading activities or would require the control of unloading


emissions.


Thus far in 2021, 22 operators have reported conducting well unloading events to the COGCC, and


these 22 operators reported a total of 13,593 events by June 30, 2021. Of these events 3,670 are in
62


the 9-County area across 12 operators, while the remaining 9,923 events are outside the 9-County area,


across 11 operators.


The Division conducted an analysis of average scf of gas vented per event, and determined that there is


a statewide average of 14,000 scf of natural gas emitted per well unloading event. The Division
63


analyzed data submitted with registrations for General Permit 11, as well as results from operators that


used flow meters to directly measure the amount of gas emitted during well unloading.


III.D.1. Best Practices


Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management


practices when conducting well maintenance operations. The Division assumes no significant additional


costs will be incurred as a result of the Division’s proposal for the use of best practices other than


artificial lift. The Division’s proposal would require that all wells that undertake well liquids unloading


activities install and use artificial lift to reduce emissions from those activities, subject to limited


exceptions.


63
Based upon studies of well unloading activities, this number is likely very conservative. See Allen et


al., Methane Emissions from Process Equipment at Natural Gas Production Sites in the United States:


Liquid Unloadings, 2014.


62
This is based upon data received by the Division from COGCC in early July 2021, and attached to the


Division’s Prehearing Statement. Based upon data reported to the Division directly from operators, over


40 operators identified conducting well maintenance events - such as well unloading or well swabbing -


in their annual emission reports to the Division for 2020. This suggests that the number of events


reported to the COGCC is low, because some operators may not have reported. The Division has not yet


been able to determine which operators reporting events to the Division did not report to COGCC.
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Plunger Lift Systems


Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without


the need to vent the gas to the atmosphere. Plunger lifts have a significant economic benefit to the
64


operator - boosting gas production. Automation can further enhance the performance of plunger lifts


by monitoring wellhead parameters and thereby optimizing plunger operations. The Division
65


understands that even where the use of plunger lifts does not entirely avoid the need for unloading,


the use of the plunger lift can reduce the volume of gas vented per well unloading event.


Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring


unloading. Smart automation controllers can also avoid the need for site visits associated with


unloading activities, further reducing costs to operators. Maintenance costs are also reduced; plunger


lifts can prevent particulate buildup inside the tubing, avoiding or reducing the need to conduct


swabbing operations. Based upon information from EPA and other Natural Gas STAR materials, the


Division estimates basic plunger lift installation costs of approximately $1900-$7800 (for this analysis,


the Division used a median figure of $4,850). This figure includes installing the piping, valves,


controller and power supply. Annual maintenance costs are estimated at $700-$1300 (the Division again


used a median figure of $1,000), and smart automation controllers are estimated at $11,000 per


controller. Assuming a life of 10 years for the plunger lift and smart automation controller, the


annualized cost of a plunger lift system is $3,838.


Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas


production. The Division estimated revenue from avoided emissions by calculating the market value of


the gas by the volume of avoided emissions. The Division’s analysis suggests a conservative average of


14,000 scf per well unloading event. The Division does not have data on how many events are, or could


be, entirely avoided - instead of just minimized - through the use of plunger lifts. The Division does,


however, understand that most wells in the state that require unloading already employ plunger lifts.


However, assuming that at wells where plunger lift is not currently installed it is installed, and that


plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will


achieve emission reductions using a technology that is already widely deployed here in Colorado, with


limited additional costs (the cost increase from using smart automation as compared to a regular


plunger lift control is negligible). Assuming that plunger lifts would completely avoid the emissions


from ⅛ of future unloading events, and assuming those occur on the same frequency as they did in


early 2021), the Division’s proposal would reduce 389.24 tpy VOC and 17,961.80 tpy CO2e just from


unloading events avoided, with a cost per ton reduced of $10 per ton VOC, $6 per ton methane, and a


negligible cost (<$1/ton) for reductions of CO2e.


III.D.2. Well Unloading Emission Reductions


Under the Division’s proposal, operators will be required to capture and recover emissions from well


liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during


liquids unloading. Well swabbing is included in these calculations as well swabbing is essentially well


liquids unloading that requires the use of a specialized rig (a “swabbing rig”).


Control Equipment


The Division’s proposal would require the capture or control of emissions from unloading through the


use of control equipment. In the Initial EIA, the Division assumed that operators would use a temporary


65
Lessons Learned from Natural Gas STAR Partners: Installing Plunger Lift Systems in Gas Wells, EPA,


October 2006.


64
Liquids Unloading Options for Natural Gas Wells, 2012 Natural Gas STAR Annual Implementation


Workshop, April 12, 2012.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 38 of 62



https://www.epa.gov/sites/default/files/2016-06/documents/ll_plungerlift.pdf

https://www.epa.gov/sites/default/files/2016-04/documents/robinson.pdf





open flare to control emissions during well unloading. The Division assumed that operators would have


to rent an open flare for each unloading event. This resulted in a high cost that has been adjusted in


this Final EIA.


After multiple discussions, the Division now understands that operators will likely comply by purchasing


open flares. Then, depending on whether the site configuration has room for a dedicated flare, the


operator will either install a dedicated flare or will purchase a portable flare and use it at multiple


sites. The Division, therefore, assumed that operators will purchase and operate a flare at each well


production facility where unloading controls will be required. While some operators may use a portable


flare, which could result in higher annual operating costs (travel, etc.), fewer open flares will need to


be purchased, which lowers capital costs. The Division believes its cost analysis therefore remains


conservative. Based on COGCC data on the frequency of well unloadings, the Division’s proposal would


require controls at 526 well production facilities.


To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales


gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a


statewide average gas composition as a percentage of total hydrocarbons in Table 24. From this gas


composition, and using the calculated average scf/event described above, the Division calculated an


estimated average lb/event for the following pollutants.


Table 24: Well Unloading Emissions Data


Well Unloading wt% of TOC DJ Basin (lb/event) Piceance (lb/event)


Methane 53.31% 421.5 516.9


VOC (NMNE) 29.35% 237.5 64.9


Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC and


103,128.16 CO2e (calculated only by looking at methane reductions; this number would be significantly


higher if the Division took into account the global warming potential of ethane). The Division did not


have data on the annual maintenance and operating cost associated with a dedicated open flare. Cost


estimates for enclosed combustion devices in previous rulemakings have used a significantly lower


annualized maintenance cost; in 2019, the Division assumed just under $3,000 per year for annual


maintenance of a flare. Here, the Division attempted to use EPA’s cost calculator and derived a higher


capital expenditure. To be conservative, the Division evaluated this proposal using two different annual


maintenance costs. The Division estimates the cost effectiveness of control as set forth below:
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Table 25: Well Unloading Control - Emissions and Cost Effectiveness


Cost Effectiveness at $10K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $10K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
685.17 31,617.85 $4,512,086.27 $6,585.31 $142.71


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


1,379.59 63,661.97 $7,328,141.06 $5,311.84 $115.11


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


170.08 7,848.34 $1,443,968.68


TOTAL 2,234.84 103,128.16 $13,284,196.01


Average Total Cost Per Ton $5,944.14 $128.81


Cost Effectiveness at $50K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $50K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
685.17 31,617.85 $11,654,586.27 $17,009.66 $368.61


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


1,379.59 63,661.97 $18,928,373.06 $13,720.33 $297.33


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


170.08 7,848.34 $3,729,728.68 $21,929.59 $475.23


TOTAL 2,234.84 103,128.16 $34,312,688.01


Average Total Cost Per Ton $15,353.55 $332.72


Based on the COGCC data, the Division’s proposal would require capture or control at approximately


29% of well production facilities with unloadings and would cover 75.5% of the total unloading events.


In the Initial EIA, the Division - as staff to the Commission - requested information from stakeholders to


inform the costs associated with this proposal. The Division did not receive cost information from


stakeholders, but used EPA’s cost calculator to generate updated conservative cost estimates for the


open flares.
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IV. Annual Emissions Inventory Reporting Updates


The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual


emissions inventory reports. The majority of these updates have no associated additional cost and are


absorbable costs associated with the existing requirements to prepare and submit annual emission


inventory reports. However, the Division is proposing that owners and operators who choose not to use


Division-approved default emission factors, and who choose to use site-specific emission factors, must


undertake periodic sampling analyses - every three years - to verify the efficacy of those factors on an


ongoing basis. These are avoidable costs, because operators may use state default factors.


The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes


that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will


use site-specific factors and therefore be subject to the periodic sampling requirements. As noted


above, the Division has determined there are 5,808 storage tank batteries statewide, and therefore


assumes that operators will conduct periodic sampling at 2,904 locations. The Division assumes that


each sampling event will require two samples - one sample of sales gas and one sample of tank vapors.


All composition analyses are assumed to be completed by a third party-testing company. Based upon


information provided by operators, the Division estimates an average cost per sample of $535. The


Division assumes that two samples will be required per tank battery, for a per-tank battery cost, every


three years, of $1,070, which the Division believes is absorbable by operators. Assuming every tank


battery in the state chooses to use a site-specific emission factor and therefore must conduct this


sampling, the Division estimates an annualized cost (across a 3 year sampling period) of $2,467,213. If


fifty percent of tank batteries choose the site-specific option, the annualized cost is $1,233,607.


Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requests additional information on the costs and


other regulatory impacts described in this initial EIA on these and any other potentially impacted


supporting businesses or industrial sectors.


V. Social Cost of Greenhouse Gas Analysis


The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the


dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB


21-1266 states “for a rule that implements § 25-7-105(1)(e) that may materially affect greenhouse gas


emissions, the economic impact analysis required by this subsection (4) must include an analysis of the


social cost of greenhouse gases related to the estimated emission reductions from the proposed rule.”


Pursuant to HB 21-1266, this analysis uses the social cost of greenhouse gas estimates, using a 2.5


percent discount rate, provided by the Federal Interagency Working Group on the Social Cost of


Greenhouse Gases, pursuant to Federal Executive Order 13990. It is important to note that the social
66


cost of greenhouse gases increases over time, to account for projected increases in the incremental


damages and resulting economic impacts of climate change in the future. Table 26 below presents the


estimated social benefits of emissions reductions that will result from this proposal from 2023 to 2030.


Emission reductions are expected to begin being achieved in 2023. The estimated benefits are


discounted to present (2021) dollars using the same discount rate of 2.5 percent.


66
Interagency Working Group on Social Cost of Greenhouse Gases, Technical Support Document: Social


Cost of Carbon, Methane, and Nitrous Oxide Interim Estimates under Executive Order 13990 (Feb.


2021)), 5-6, Tables ES-1, ES2, and ES3.
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Table 26: Social Cost of Greenhouse Gases


Year
Social Cost of


Carbon ($/mtCO2e)


Emission Reductions


(mtCO2e)
Social Benefit


Present Value


(2021 $)


2023 $80.34 530,912.98 $42,653,018.02 $40,597,756.59


2024 $81.65 530,912.98 $43,346,390.37 $40,251,432.56


2025 $82.95 4,510,867.00
67


$374,180,928.52 $338,989,453.46


2026 $84.26 4,510,867.00 $380,072,120.82 $335,928,373.59


2027 $85.56 5,452,806.00 $466,558,439.78 $402,311,880.41


2028 $86.87 5,452,806.00 $473,679,804.41 $398,490,352.01


2029 $88.18 5,452,806.00 $480,801,169.05 $394,615,910.74


2030 $89.48 6,128,866.00 $548,417,058.55 $439,133,092.86


Table 26 presents expected annual emission reductions through 2030. The annual emission reductions


are multiplied by the social cost of carbon in each respective year to determine a monetized value of


the stream of future damages produced by emissions in each year. As these emissions are being


reduced, however, this value also represents the monetized benefit to society of a decrease in


emissions and avoided future damages. As the social cost of greenhouse gas increases in each


respective year, so does the resulting economic benefit to society. Because the social benefit estimate


in each year is from the respective year’s perspective, the estimated social benefit in each future year


is then discounted to present (2021) dollars in order to account for inflation and understand the value


of future benefits from today’s perspective.


As Table 27 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions


are significant. Table 27 below incorporates both the total estimated annual costs (in present, 2021


dollars) and total estimated annual social benefits (in present, 2021 dollars) to determine a net present


value in each respective year. The Division anticipates that after 2024, the benefits to society from


reducing emissions far outweigh the costs to operators in achieving the reductions. It is important to


note, however, that the scope of the realized benefits is not limited to the areas most impacted by the


proposed rules, nor only the State of Colorado, but rather, society as a whole. Looking at years 2023 to


2030, the total net present value is estimated to be $1,662,859,483.52; all a benefit to society.


67
The Division, again, believes that the majority of these reductions will be achieved earlier. However,


the Division - for purposes of this EIA - has calculated social cost of greenhouse gas based upon an


analysis that assumes the intensity program will ensure these reductions are achieved in 2025-2030.
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Table 27: Net Benefits to Society


Year
Emission Reductions


(mtCO2e)


Present Value of


Costs (2021 $)


Present Value of


Benefits (2021 $)


Net Present Value


(2021 $)


2023 530,912.98 $39,479,989.20 $40,597,756.59 $1,117,767.39


2024 530,912.98 $38,517,062.64 $40,251,432.56 $1,734,369.93


2025 4,510,867.00 $115,033,908.20 $338,989,453.46 $223,955,545.27


2026 4,510,867.00 $112,228,203.12 $335,928,373.59 $223,700,170.47


2027 5,452,806.00 $109,490,929.87 $402,311,880.41 $292,820,950.54


2028 5,452,806.00 $106,820,419.39 $398,490,352.01 $291,669,932.63


2029 5,452,806.00 $104,215,043.30 $394,615,910.74 $290,400,867.44


2030 6,128,866.00 $101,673,212.98 $439,133,092.86 $337,459,879.88


IMPACTS TO DIVISION


The Division anticipates impacts to the Division’s workload as part of implementation of its proposal.


The Division believes that this workload impact will be handled by current and anticipated staff. The


Division has hired or is hiring an Air Quality Policy Engineer, additional performance test coordinators,


and program implementation staff. The Division is also currently building a database to manage the


annual emission reports submitted by operators under Regulation Number 7, Part D, Section V.


SUMMARY AND CONCLUSION


The Division prepared this Final Economic Impact Analysis in accordance with the requirements of §


25-7-110.5), C.R.S. Specifically, the Division utilized the methodology identified in §


25-7-110.5(4)(c)(III), C.R.S.


The Division has determined that there may be costs related to the proposed revisions potentially


impacting owner or operators of oil and gas operations including costs related to additional LDAR


inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance


of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well as


associated recordkeeping and reporting.


The Division projects that the proposal will reduce greenhouse gas emissions (in CO2e) by


approximately 4,881,917.92 mtCO2e per year at a cost range of approximately $41,478,663.66 to


$126,975,910.73 per year.  The overall cost effectiveness for the entire package is between $8.50 and


$25.68 per metric ton of CO2e reduced. The Division also estimates its proposal will reduce at least


8,289.66 tpy of VOC, not including VOC reduced by the intensity program (even though this program


will certainly reduce VOC emissions as well). The proposal will also have additional unquantified


emission benefits through reductions of ethane (which has a significant global warming potential and


ozone benefits) and hazardous air pollutants such as benzene. Tables 28 and 29, setting forth the


Division’s cost-effectiveness analysis, do not take into account the social cost of greenhouse gas as


discussed in the Section V of this Final EIA.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 43 of 62







Table 28: Cumulative Cost Effectiveness
68


GHG (mtCO2e) VOC (tons)
69


Total Average Emissions Reduced Per Year 4,881,917.92 8,289.66


Total Cost Effectiveness - No Cost Attributed to Intensity


Total Annual Cost $41,478,663.66


Total Cost Effectiveness $8.50/mtCO2e $5,003.67/ton VOC


Total Cost Effectiveness - Cost Attributed to Intensity


Total Annual Cost $126,975,910.73


Total Cost Effectiveness $26.01/mtCO2e $15,317.39/ton VOC


In the Initial EIA, the Division included no costs associated with the intensity program in the summary


and overall cost effectiveness analysis. As discussed in this document above, the Division had difficulty


estimating the cost of the intensity program as many of the emission reduction efforts toward this


intensity goal are those already required and considered in past economic impact analyses by this


Commission, or others. However, that seemed to potentially skew the cost effectiveness of this


program significantly downward.


Therefore, to be conservative in this Final EIA, the Division also attributed a cost of $19.65 per metric


ton CO2e reduction to the intensity program, which is reflected in both Tables 28 and 29. In these


tables, you can see the summary of cost effectiveness both with and without the cost attribution for


emission reductions credited to the intensity program for this purpose of this rule. The total emission


reductions and costs considered in this overall costs analysis are listed in Table 29, broken out by rule


program.


69
There are no assumed VOC emission reductions associated with the intensity program accounted for


in this summary of VOC reductions, though there are likely to be emission reductions associated with


the intensity program for VOC.


68
Total emission reductions decreased from the Initial EIA due to the revisions to the reductions


associated with the intensity program. The Division used the 2025 numbers for the intensity program in


this Final EIA instead of the 2030 numbers. Also, the Division subtracted out from the 2025 intensity


numbers those emission reductions associated with other components of this package that achieve


reduction from the upstream segment.
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Table 29: Total Emission Reductions


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions (tpy)


Total Annual


Costs


Control Equipment


Performance
Reg. 7, Section II.B 56,733.90 2,211.40 $14,655,253.00


Compressor Station


LDAR
Reg. 7, Section II.E 2,897.64 41.00 $109,041.70


Gas Plant LDAR Reg. 7, Section II.I 5,255.00 114 $383,578.00


Pigging/Blowdowns Reg. 7, Section II.H 228,781.00 1,628 $9,290,705.04


Pneumatics at Gas


Plants
Reg. 7, Section III -- -- $0.00


Rod Packing at Gas


Plants


Reg. 7, Section


II.B.3
126,997.92 1,261.62 $498,143.51


Upstream LDAR Reg. 7, Section II.E 7,119.36 798.87 $2,024,139.40


Upstream Intensity


By 2025
Reg. 22, Section IV 4,351,005


70
-- $85,497,247.07


Well Unloading Reg. 7, Section II.G 103,128.16 2,234.84 13,284,196.01


Sampling Reg. 7, Section V -- -- $1,233,607


TOTAL 4,881,917.92 8,289.66


Cost Effectiveness Summary


Cost Effectiveness without Intensity Cost $8.50 $5,003.67 $41,478,663.66


Cost Effectiveness with Intensity Cost $26.01 $15,317.39 $126,975,910.73


Based on the above analyses, the Division believes the proposed revisions are cost-effective. The


Division has provided an estimate of costs based on reasonably available information and will consider


any additional information provided by stakeholders. The Division as staff to the Commission requests


that affected industry or any interested party submit information with regard to the cost of compliance


with these proposed rule revisions.


70
The intensity reductions included in this rule are based on the 2025 intensity target emission


reductions, minus the emission reductions included in this rule for other aspects of the upstream GHG


program.
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REBUTTAL ALTERNATIVES AND REVISIONS TO FINAL EIA


The Division has made revisions and updates to the Final Economic Impact Analysis, submitted with
71


the Division’s Rebuttal Statement, including:


● Better Performance of Air Pollution Control Equipment (Final EIA Section I.)


○ Alternative cost analysis for flow meters and performance tests using industry provided


data, for comparison


○ Alternative analysis, but does not replace the analysis completed previously


● Leak Detection and Repair at Compressor Stations (Final EIA Section II.A.1.)


○ Revision and replacement of LDAR analysis for compressor stations, due to a revision in


the Division’s proposal


○ Replaces analysis of compressor station LDAR done previously


● Pneumatics Inspection Schedule for Compressor Stations (New Section)


○ New analysis for proposed new inspection frequency for pneumatic devices


● Leak Detection and Repair Inspections at Well Production Facilities (Final EIA Section III.A.)


○ Revision and replacement of LDAR analysis for well production facilities, due to a


revision in the Division’s proposal


○ Replaces analysis for well production LDAR from III.A., but does not replace the analysis


completed previously


● Pneumatics Inspection Schedule for Well Production Facilities (New Section)


○ New analysis for proposed new inspection frequency for pneumatic devices


● Emission Reductions From Well Maintenance and Liquids Unloading Activities (Final EIA Section


III.D.)


○ Alternative cost analysis for well unloading activities, to account for gas composition


and unloading frequency differences within the state


○ Alternative analysis, but does not replace the analysis completed previously


● Greenhouse Gas Intensity Program (Final EIA Section III.C.)


○ Alternative analysis of the costs and emissions benefits based upon the EDF Initial EIA


I. Better Performance of Air Pollution Control Equipment


The Division reviewed information provided by industry groups, including the Joint Industry Workgroup


(JIWG) and others , and adjusted the cost analysis associated with the proposed requirements to
72


install and operate flow meters as well as to perform periodic performance tests on enclosed


combustion devices. A complete summary of the result is in Table 30. The Division conducted an


alternative analysis that included additional facility preparation costs not included in its analysis of


performance test costs, engineering and installation costs associated with flow meters, and additional


annual maintenance costs for flow meters. The Division excluded outliers in the information provided


by the JIWG in their cost summaries.


72
See JIWG_PHS_Ex-012.


71
The Division also corrected typographical or transcription errors throughout this document, but true


alternatives and revisions to the costs analysis are contained in this Rebuttal section.
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The JIWG also included emission estimates that were far below those of the Division. The JIWG’s
73


revised emissions benefit analysis appears to have been based on responses (but not actual test


reports) received from a few testing companies. However, the Division’s analysis of emissions benefits
74


was based on actual test report data received and reviewed by the Division, as well as actual emissions


estimates in the Division’s APEN and permitting database. Therefore, the Division believes that its data


is more accurate and reliable, and maintained its Final EIA analysis to calculate the updated costs for


comparison.


Table 30: Control Device Performance Economic Impact Revisions


Performance Test Costs


Final EIA JIWG PHS Alternative Cost
75


Performance Test $6,326.60 $8,225.00 $6,326.60
76


Facility Prep by Operator
77


$0.00 $7,912.50 $3,750.00


Total Performance Test Cost $6,326.60 $16,137.50 $10,076.60


Flow Meter Costs


Final EIA JIWG PHS Alternative Cost


Flow Meter Cost $2,439.00 $5,842.86 $5,842.86


Engineering and Installation $0.00 $20,183.86 $11,092.58


Total Equipment Cost $2,439.00 $26,026.72 $16,935.44


Useful Life 15 Years 8.4 Years 15 Years


Annual Maintenance Cost $0.00 $682.67 $682.67


Annualized Flow Meter Cost
78


$389.68 $3,781.09 $3,388.45


ECD Performance Improvement Cost Per Ton


Final EIA JIWG PHS Alternative Cost


VOC Emission Reduction (tpy) 2,211.40 202.97 2,211.40


VOC Cost per ton ($/ton) $6,627.14 $324,559.89 $22,451.77


GHG Emission Reduction (mtCO2e/yr) 56,733.90 5,207.11 56,733.90


GHG Cost per ton ($/mtCO2e) $258.32 $12,650.84 $875.14


78
Annualized cost for flow meters differs between the JIWG PHS and the Division EIA, as the Division


assumes 6% interest per year to create the amortized cost of the equipment, installation, and


engineering design. JIWG included no interest in their annualized cost.


77
The Division’s Final EIA cost estimate included facility prep included in the costs provided by the


testing company. JIWG insists that there are other preparatory costs.


76
The Division’s cost estimate was based on multiple conversations with testing companies and


operators, and the Division does not believe it requires adjustment upwards.


75
The Division reviewed the JIWG PHS and excluded outliers from the operator submittals to determine


the appropriate revisions to the facility preparation costs for performance tests as well as the


engineering and installation costs for flow meters.


74
Id.


73
See JIWG_PHS_Ex-012, p.5.
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While the Division stands by the analysis from the Final EIA , even with the alternative calculations
79


made, the requirement to install and operate flow meters and conduct performance tests on enclosed


combustion devices remains cost effective.


II. Midstream Program(s)


The Division has revised the proposal for leak detection and repair of compressor stations with


uncontrolled actual emissions less than 50 tpy of VOC, both in and out of DI Communities. The Division


has also proposed to increase the inspection frequencies for pneumatic controllers at compressor


stations to match the proposed leak detection and repair frequencies.


II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E


The Division has revised the proposal for inspections of compressor stations from quarterly for those


outside of the nonattainment area (“NAA”) that are also located in DI Communities, to require


quarterly inspections for all compressor stations with uncontrolled actual emissions below 12 tpy VOC.


However, given that compressor stations inside the NAA are already at a quarterly frequency, this would


impact only the 75 compressor stations identified by the Division in the Final EIA. Further, the Division
80


is now proposing to require inspections bimonthly (six times per year) at compressor stations inside the


NAA with emissions between 12 and 50 tpy VOC located in a DI Community or within 1000 feet of an


occupied area. Compressor stations outside of the NAA within 1,000 feet of an occupied area would


also have a bimonthly inspection frequency. This revised analysis replaces the analysis done in the Cost


Effectiveness Analysis, III.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.d.


and includes a number of updates to the cost analysis calculation from the Final EIA, including:


● The number of facilities affected by the rule has changed.


● The incremental change to costs associated with repair time is reflected in this analysis.
81


● The estimated VOC emission reductions per facility were recalculated for the 9-County,


Piceance, and remainder of the state, to account for incorrect use of VOC emission factors in


the Final EIA.


● The Division estimated the repair hours and emission reductions associated with a new category


of LDAR frequency (bimonthly).


The new proposal would require all compressor stations within a disproportionately impacted


community (in the NAA) or within 1000 feet of an occupied area (statewide) to be inspected six times
82


per year (across the year, bimonthly). The new proposal also increases all remaining semi-annual


inspections to quarterly. The Division assumed that 26.48% of compressor stations in the 9-County area


and 32.98% of compressor stations in the Piceance Basin and remainder of state were also in DI


Communities. The number of compressor stations affected by this rule proposal is in Table 31.


82
The Division assumed that percentage of compressor stations in DI communities also included


compressor stations within 1,000 feet of an occupied area. Because the Division believes that the


number of facilities outside the nonattainment area in a DI community is fewer than the number of


facilities outside the nonattainment area that are within 1,000 feet of an occupied area, this


assumption makes the Division’s analysis conservative.


81
In the Final EIA, the Division attributed the full hours of repair time associated with the quarterly


inspection frequency instead of the incremental change that occurred from semi-annual to quarterly.


80
Based on 2020 annual LDAR reporting, 75 compressor stations reported a semi-annual LDAR


frequency.


79
Cost Effectiveness Analysis, I.E. Enclosed Combustion Device Performance Cost Effectiveness, p.12.
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Table 31: CS LDAR Proposed Frequency
83


Compressor Station VOC Tier (tpy)
Number of Compressor


Stations


Current


Frequency


Proposed


Frequency


ROS: <12 50 Semi-Annual Quarterly


ROS: <12 - DI/prox 25 Semi-Annual 6x


Nonattainment Area : <12 - DI/prox
84


9 Quarterly 6x


>12 - <50 - DI/prox 25 Quarterly 6x


Inspections


For this analysis, unlike in the Final EIA, the Division assumed that operators would use only infrared


(IR) cameras to meet this increased inspection requirement. Table 32 includes a breakdown and


analysis of the estimated leak inspection time and costs under the different possible conditions


mentioned in the preceding section.


Table 32: CS LDAR Inspection Costs


# Inspections Inspection type
Inspection


method


Total Inspection


hours
85


Cost per hour Total cost


268


In-House FLIR 3,420.4 $105.00 $359,140.74


Contractor FLIR 520.2 $137.00 $71,269.04


Totals 3,940.6 $430,409.78


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $430,409.78 per year; or


$3,948.71 per compressor station per year.


Leak Repair


The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this


analysis uses the incremental change in repair hours associated with the proposed revisions. The


Division also made a scaled assumption of leak rate for the new LDAR frequency of six times per year.


Table 33 includes the leak rates assumed along with repair hours calculated according to the


methodology laid out previously.


85
The Division assumed 10.6 inspection hours for compressor stations with emissions less than 12 tpy


VOC and 28.1 inspection hours for compressor stations with emissions above 12 tpy VOC.


84
Section II LDAR frequency does not distinguish between the nonattainment area and the remainder of


the state, but Section I LDAR frequency for this category in the nonattainment area is already at


quarterly, not semi-annual. For the purpose of this economic impact analysis, the Division accounted


for the incremental change from quarterly to six times per year for compressor stations in the


nonattainment area affected by this rule.


83
This table does not include compressor stations for which there is no proposed change.
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Table 33: CS Repair Hours from LDAR Frequencies


LDAR Frequency Leak Rate Repair Hours


Annual 1.18% 23.2


Semi-Annual 1.48% 29.1


Quarterly 1.77% 34.8


6x 1.92% 37.7


Monthly 2.36% 46.3


Using these assumed repair hours and the incremental change in frequency as outlined in Table 31, the


Division calculated an increase of 600.8 repair hours. At a cost of $82.06/hour, the total repair cost is


$49,301.65.


Emission Reductions


The Division uses the same analysis here as it did in 2014, 2017, and 2019 to estimate emission


reductions from this program, though broken out by basin as opposed to by compressor station tier.
86


Further, the Division assumes that the inspection frequency of six times per year will gain a 70%


reduction in emissions, as seen in Table 34.


Table 34: CS Emission Calculations from LDAR


Methane Emissions from Model Compressor Station(tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 8.68 27.68 18.18


Annual 40% 5.21 16.61 10.91


Semi-Annual 50% 4.34 13.84 9.09


Quarterly 60% 3.47 11.07 7.27


6x 70% 2.60 8.30 5.45


Monthly 80% 1.74 5.54 3.64


VOC Emissions from Model Compressor Station (tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 7.96 12.17 10.07


Annual 40% 4.78 7.30 6.04


Semi-Annual 50% 3.98 6.09 5.03


Quarterly 60% 3.18 4.87 4.03


6x 70% 2.39 3.65 3.02


Monthly 80% 1.59 2.43 2.01


86
In the Final EIA, the Division erroneously attributed the compressor station tier model facility


emissions to the calculations for different basins. The Division corrected that in this analysis.
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The total expected emission reductions from this program is outlined in Table 35, below.


Table 35: CS Emission Reductions from LDAR


Compressor Station VOC Tier (tpy)
Total VOC


Reductions (tpy)


Total Methane


Reduction (tpy)


Total Greenhouse


Gas Reduction


(mtCO2e/yr)


Outside the NAA: <12 54.3 109.0 2,767.5


Outside the NAA: <12 - DI/prox 54.5 109.9 2,791.6


NAA: <12 - DI/prox 7.2 7.8 198.4


>12 - <50 - DI/prox 24.7 43.6 1,106.2


TOTAL 140.8 270.2 6,863.7


Cost Effectiveness


Combining the annual cost of inspections, $430,409.78, with the annual cost of repairs, $49,301.65,


incorporating a recovered natural gas value of $92,904.27, the effectiveness of this requirement is


$2,747.89 per ton VOC and $56.36 per mtCO2e. The Division is also providing the spreadsheets used to


complete this analysis and develop all of these summary tables as part of this Rebuttal.
87


Table 36: CS LDAR Cost Effectiveness


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $430,409.78 $49,301.65 $479,711.43


Recovered Natural Gas $92,904.27


Net Cost $386,807.16


Compressor Station Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


140.8 $2,747.89 6,863.7 $56.36


II.B. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.


To align with the new leak detection and repair frequencies for compressor stations, the Division has


proposed to update the inspection frequency for gas-driven pneumatic controllers in Section III.F. The


proposed revisions build upon the statewide LDAR program in Regulation Number 7 and the Division


assumes that owners or operators will incorporate the pneumatic controller inspections into their


natural gas compressor station LDAR programs. The Division understands that operators will inspect the


gas-driven pneumatic controllers during the same inspection as the Section II.E component inspections,


87
APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx).
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and therefore has determined there are minimal, if any, additional inspection and recordkeeping costs.


According to the Final Economic Impact Analysis for the December 2019 rulemaking, as supported by


both industry stakeholders and the environmental community, the incremental labor and material


costs, costs above those related to the aligned LDAR inspection, are variable and range from


insignificant to $600 per facility per year. The Division, as staff to the Commission, requests that
88


owners or operators of natural gas-driven pneumatic controllers provide Colorado specific cost


information concerning the proposed revisions if it conflicts with the foregoing.


III. Upstream Program


The Division has updated the cost analysis for both leak detection and repair inspections at well


production facilities as well as for well maintenance and liquids unloading activities.


III.A. Leak Detection and Repair Inspections at Well Production Facilities Statewide and in


Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.


In addition to the new facility LDAR requirements analyzed in the Final EIA, the Division has proposed
89


additional requirements for existing well production facilities, statewide and in disproportionately


impacted communities. This analysis replaces the previous analysis completed in Cost Effectiveness


Analysis, III.A. Disproportionately Impacted Communities: Regulation Number 7, Part D, Section


II.E.4.e.


The new proposal would require all well production facilities within a DI Community (in the NAA) or


within 1,000 feet of an occupied area (statewide) to be inspected at a higher frequency, and increases


the minimum inspection frequency from a one-time inspection to at least annual. The Division assumed


that 26.48% of compressor stations in the 9-County area and 32.98% of compressor stations in the


Piceance Basin and remainder of state were also in DI Communities. Further, the Division consulted


with stakeholders to conduct an evaluation of how many well production facilities were within 1,000


feet of an occupied area. Based on these discussions, the Division assumed that in the NAA, 16% of well


production facilities were within 1,000 feet of an occupied area but not within a DI Community.


Outside the NAA, the Division assumed that 9.2% of well production facilities were located within 1,000


feet of an occupied area. From there the Division was able to determine how many well production


facilities would be affected, especially where existing regulatory provisions require more frequent


inspections at well production facilities within 1,000 feet of an occupied area. The number of well


production facilities affected by this rule proposal is in Table 37.


89
Cost Effectiveness Analysis, III.B. Leak Detection and Repair Inspections at Newly Constructed Well


Production Facilities: Regulation Number 7, Part D, Section II.E.4.f, p. 29.


88
Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30.
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Table 37: WPF Emission Reductions from LDAR


WPF Fugitive VOC Tier (tpy)
Number of


WPF


Current


Frequency


Proposed


Frequency


Other Statewide: <2tpy 5,487 One-time Annual


NAA: <1tpy and ROS: <2tpy


(within 1000 ft, not DI)
802 One-time Semi-Annual


ROS: <2tpy (DI) 1,478 One-time Annual


NAA: <1 tpy (DI) 1,183 One-time Semi-annual


NAA: >1 - <2tpy (not DI or w/in 1000 ft) 679 Annual Annual


NAA: >1 - <2tpy (DI) 312 Annual Semi-Annual


NAA: >1,<2 (within 1000 ft, not DI) 189 Annual Semi-Annual


>2 - <12 tpy 1,808 Semi-Annual Bimonthly (6x)


>2 - <12 tpy (DI) 702 Semi-Annual Bimonthly (6x)


>12 - <50 (not DI or w/in 1000 ft)


(includes some 2-12 in proximity)
1,066 Quarterly Bimonthly (6x)


>12 - <50 (DI) 89 Quarterly Monthly


>12 - <50 (within 1000 ft) 316 Monthly Monthly


>50 1,134 Monthly Monthly


TOTAL 15,245
28,220


Inspections


52,540


Inspections


Inspections


The Division’s analysis as set forth above results in an increase in 24,320 inspections, statewide, per


year. For this analysis, the Division assumed that operators would use only IR cameras to meet this


increased inspection requirement. Table 38 includes a breakdown and analysis of the estimated leak


inspection time and costs under the different possible conditions mentioned in the preceding section.


The Division assumed a reduced number of hours per inspection than in the Final EIA or previous


rulemaking efforts. The Environmental Defense Fund provided updated information in their prehearing


statement and alternate proposal submission, which the Division used in this analysis. The EDF
90


information suggested the Division’s average number of hours per inspection was too high.
91


91
Id.


90
See EDF_ALT_EX-001-004, pp. 16-17.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 53 of 62







Table 38: WPF LDAR Inspection Costs


Basin/Area


Inspection Type


(All AIMM)


# NEW


Inspections


Hours per


Inspection


Cost per


hour Result: Total cost


9-County Area


In-House 13,173 3.64 $105.00 $5,034,644.16


Contractor 3,293 3.64 $137.00 $1,642,252.98


Piceance Basin


In-House 4,850 3.64 $105.00 $1,853,822.88


Contractor 1,213 3.64 $137.00 $604,699.37


Rest of State


In-House 1,433 3.64 $105.00 $547,616.16


Contractor 358 3.64 $137.00 $178,627.18


Totals 24,320 $9,861,662.72


At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total


cost to operators for completing the new LDAR inspections would therefore be $9,861,662.72.


Leak Repair


The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this


analysis uses the incremental change in repair hours associated with the proposed revisions. The


Division also made a scaled assumption of leak rate for the new LDAR frequency of six times per year.


Table 39 includes the leak rates assumed along with repair hours calculated according to the


methodology laid out previously.


Table 39: WPF Repair Hours from LDAR Frequencies


LDAR Frequency Leak Rate
Repair Hours in


9-County Area


Repair Hours in


Remainder of State


Annual 1.18% 12.07 7.86


Semi-Annual 1.48% 15.13 9.86


Quarterly 1.77% 18.1 11.79


6x 1.92% 21.17 12.79


Monthly 2.36% 24.13 15.72


Using these assumed repair hours and the incremental change in frequency as outlined in Table 37, the


Division calculated an increase of 113,191 repair hours. At a cost of $82.06/hour, the total repair cost is


$9,288,452.64.


Emission Reductions


The Division used the same model well production facilities for the development of emissions per


facility that it used for the Final EIA. Table 40 includes emissions assumed from model facilities for well


production facilities with emissions greater than or equal to 2 tpy VOC.
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Table 40: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC


Methane Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 4.56 7.32 5.94


Annual 40% 2.74 4.39 3.56


Semi-Annual 50% 2.28 3.66 2.97


Quarterly 60% 1.82 2.93 2.38


6x 70% 1.37 2.20 1.78


Monthly 80% 0.91 1.46 1.19


VOC Emissions from ≥ 2tpy VOC Model Well Production Facility (tpy)


LDAR Frequency Emission Reduction 9-County Piceance Remainder of State


No LDAR 0% 5.09 3.05 4.07


Annual 40% 3.05 1.83 2.44


Semi-Annual 50% 2.55 1.53 2.04


Quarterly 60% 2.04 1.22 1.63


6x 70% 1.53 0.92 1.22


Monthly 80% 1.02 0.61 0.81


However, the model facilities developed for Table 40 were not appropriate to use for well production


facilities with emissions less than 2 tpy VOC. The model well production facilities in Table 40 were


developed based on data from compressor stations with emissions greater than 2 tpy VOC. The Division


lacks emissions data in Air Pollution Emission Notices , and the emissions inventory submitted for 2020
92


emissions reporting did not result in information easily analyzed, for small well production facilities


lacking AIRS IDs. Therefore, the Division assumed that both methane and VOC emissions for all well


production facilities with emissions less than 2 tpy VOC were: 0.5 tpy with no LDAR inspections, 0.3 tpy


for facilities with annual LDAR inspections, and 0.25 tpy for facilities with semi-annual LDAR


inspections. Using the emissions per model well production facility outlined above, the Division


calculated an emissions reduction of 4,852 tpy VOC, 5,110 tpy methane, and 129,808 mtCO2e/year.


Cost Effectiveness


Combining the annual cost of inspections, $9,861,662.72, with the annual cost of repairs,


$9,288,452.64, yields a total gross annual cost of $19,150,115.36. Based on these reductions and


associated costs, incorporating a recovered natural gas value of $1,402,665.45, the effectiveness of


this requirement is $3,658.02 per ton VOC and $136.72 per mtCO2e. The Division is also providing the


spreadsheets used to complete this analysis and develop all of these summary tables as part of this


Rebuttal.
93


93
APCD_REB_EX-014 (APCD, LDAR Cost-Effectiveness Analysis 11-23-2021.xlsx).
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Because the APEN thresholds are 1 tpy VOC in the NAA and 2 tpy VOC outside the NAA, so sources


below these thresholds are largely not required to submit APENs.
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Table 41: WPF LDAR Total Annual Cost


LDAR Total Annual Cost


Inspection Repair TOTAL


Annual Cost $9,861,662.72 $9,288,452.64 $19,150,115.36


Recovered Natural Gas $1,402,665.45


Net Cost $17,747,449.91


WPF Emissions Reduction and Cost


Total VOC Emission


Reduction (VOC)
Cost per ton VOC


Total GHG Emission


Reduction


(mtCO2e/year)


Cost per mtCO2e


4,852 $3,658.02 129,808 $136.72


III.B. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.


To align with the new leak detection and repair frequencies for well production facilities, the Division


has proposed to update the inspection frequency for pneumatic controllers to match. The proposed


revisions build upon the statewide LDAR program in Regulation Number 7 and the Division assumes that


owners or operators will incorporate the pneumatic controller inspections into their natural gas


compressor station LDAR programs. The Division understands that operators will inspect the gas-driven


pneumatic controllers during the same inspection as the Section II.E component inspections, and


therefore has determined there are minimal, if any, additional inspection and recordkeeping costs.


According to the Final Economic Impact Analysis for the December 2019 rulemaking,the incremental


labor and material costs, costs above those related to the aligned LDAR inspection, are variable and


range from insignificant to $600 per facility per year. The Division, as staff to the Commission,
94


requests that owners or operators of natural gas-driven pneumatic controllers provide Colorado specific


cost information concerning the proposed revisions if it conflicts with the foregoing.


III.C. Well Maintenance and Liquids Unloading Activities, Regulation Number 7, Part D,


Section II.G


In the Division’s Final EIA, the Division used a statewide average VOC and methane lb/event factor in


calculating emissions. In its Prehearing Statement, the JIWG questioned why the Division would not use


basin-specific factors where it had the data. The Division believes use of a statewide average is


appropriate, but for the Rebuttal Statement, the Division conducted an alternative analysis, updating


the calculations for emission amounts, reductions, and cost/ton amounts associated with well


unloading. Recognizing the differences in gas compositions and unloading frequencies between DJ Basin


and the Piceance Basin, the Division revised the calculations that previously assumed a statewide gas


composition and statewide lb/event emission factor, to instead assume emitted gas compositions


specific to the two major basins.


To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales


gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a


representative gas composition for DJ Basin and Piceance Basin.  From these gas compositions, and


94
Revisions to Regulation Numbers 3 and 7, December 16-19. 2019, APCD_Final_EIA, pp.29-30.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 56 of 62







using a representative emitted volume of 14,000 scf/event, the Division calculated an average lb/event


in Table 42 for the following pollutants.


Table 42: Well Unloading Emissions


Pollutant DJ Basin (lb/event) Piceance (lb/event)


Methane 421.5 516.9


VOC (NMNE) 237.5 64.9


Given that more unloading events happen in the Piceance than in the DJ Basin, and that Piceance gas


has a higher composition of methane and a lower composition of VOC, this alternative analysis results


in a decreased VOC emissions benefit but an increased GHG emissions benefit. Assuming 95% control of


emissions from well unloading results in a reduction of 1,023.71 tpy VOC and 122,595.94 mt/yr CO2e


(CO2e reductions only look at methane reductions and would be significantly higher if the Division took


into account the global warming potential of ethane).


The Division did not have data on the annual maintenance and operating cost associated with a


dedicated open flare. Cost estimates for enclosed combustion devices in previous rulemakings have


used a significantly lower annualized maintenance cost; in 2019, the Division assumed just under


$3,000 per year for annual maintenance of a flare. Here, as in the Final EIA, the Division attempted to


use EPA’s cost calculator and derived a higher capital expenditure. To be conservative, the Division


evaluated this proposal using two different annual maintenance costs. The Division estimates the cost


effectiveness of control as set forth in Table 43.
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Table 43: Well Unloading Control - Emissions and Cost Effectiveness


Cost Effectiveness at $10K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $10K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
313.86 37,586.44 $4,512,086.27 $14,376.30 $120.05


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


631.94 75,679.61 $7,328,141.06 $11,596.20 $96.83


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


77.91 9,329.90 $1,443,968.68 $18,534.54 $154.77


TOTAL 1,023.71 122,595.94 $13,284,196.01


Average Total Cost Per Ton $12,976.57 $108.36


Cost Effectiveness at $50K Annual Maintenance


Well Site Description


Total VOC


Reduced


(tpy)


Total CO2e


Reduced


(mtCO2e/yr)


Annualized Cost


at $50K Annual


Maintenance


VOC Cost


($/ton)


CO2e Cost


($/ton)


Inside DI Community:


≥6 unloadings per facility
313.86 37,586.44 $11,654,586.27 $37,133.56 $310.07


Outside of DI Community:


At least 1 well w/ ≥6


unloadings per well


631.94 75,679.61 $18,928,373.06 $29,952.65 $250.11


Outside of DI Community:


≥10 unloadings per facility


(Not including those with


1 well ≥6 unloadings per


well)


77.91 9,329.90 $3,729,728.68 $47,874.18 $399.76


TOTAL 1,023.71 122,595.94 $34,312,688.01


Average Total Cost Per Ton $33,518.11 $279.88


Based on the COGCC data, the Division’s proposal would require capture or control at approximately


29% of well production facilities with unloadings and would cover 75.5% of the total unloading events.
95


In the Initial EIA, the Division - as staff to the Commission - requested information from stakeholders to


inform the costs associated with this proposal. The Division did not receive cost information from


95
APCD_PHS_EX-023.
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stakeholders, but used EPA’s cost calculator to generate updated conservative cost estimates for the


open flares.


III.D. Upstream Intensity Program, Regulation Number 7, Part D, Section II.G


The Division, in response to concerns of various parties, in particular various non governmental


organizations and local public health agencies, has developed an alternative emission reduction and


costs analysis associated with the intensity program. This analysis does not replace, but supplements,


the analysis in the Division’s Final EIA.


Accounting only for requirements part of the Rebuttal proposal and analyzed throughout this


document, this analysis demonstrates a potential maximum emission reduction from intensity of


1,540,087 mtCO2e/year. Even the maximum potential program reliance on intensity is conservatively


high. First, EDF’s estimate of how many tons of emission reductions is still necessary was based on a


very conservative estimate of current regulatory programs achieving only 60% of necessary emissions.


The Division believes the number is closer to 75-80%, if not higher.  Second, because EDF’s analysis did


not, as the Division understands it, take into account the following additional reductions that the


Division expects from either its Rebuttal proposal or other regulatory or voluntary programs in


Colorado, without limitation:


● Emissions from “super emitters” or “abnormal operating conditions” at compressor stations;


● Emissions that will be reduced by the Division’s proposals in Section II.H that require the use of


electrical power for capture and recovery equipment;


● Emissions from improperly operating pneumatics addressed by the increased frequency of


inspections in Section III.F of this Rebuttal proposal;


● Emission reductions from voluntary measures;


● Emission reductions from the COGCC mission change rulemaking, such as venting and flaring


requirements, permitting provisions, or best management practices.


However, the Division is using (for this analysis) the 60% assumption as well as the undercounted


emission reductions listed above as we lack quantifiable data related to the emissions reductions


achieved through recent rulemaking activities. The emission reductions attributed to the other


proposed regulatory requirements part of this rulemaking, along with the maximum potential program


reliance on intensity, is presented in Table 44.
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Table 44: Upstream Intensity Emission Reductions by 2030


Proposed Program
Total Methane Reductions


(mt/year)
Source of Emission Estimate


WPF LDAR 64,000 EDF


Pigging/blowdown 9,600 EDF


Rod packing 4,535 Division


Well unloading 4,378 Division


Performance testing 2,026 Division


Gas plant LDAR 188 Division


Compressor station LDAR 270 Division


TOTAL Achieved by 2030 84,997 mt/year 2,379,913 mtCO2e/year


Maximum Potential Program Reliance On Intensity


TOTAL Needed to Meet Statutory Targets


(per EDF)
140,000 mt CH4/year 3,920,000 mtCO2e/year


Maximum Potential Program Reliance


on Intensity to Meet Targets
55,003 mt CH4/year 1,540,087 mtCO2e/year


Based on EDF’s analysis, the cost of the intensity program between adoption and 2025 would be $0,


because the implication of EDF’s analysis is that operators will meet their 2025 intensity targets by


virtue of regulatory revisions already adopted by the Commission. As set forth above, under EDF’s
96


analysis, the maximum potential program reliance on intensity to achieve the state’s targets is


1,540,087 mtCO2e/year, which based on the Division’s estimate of cost in the Final EIA, results in a


maximum cost of the intensity program of $30,262,710.


IV. Rebuttal Emissions and Costs Summary


The Division prepared this Revised Final Economic Impact Analysis in accordance with the requirements


of § 25-7-110.5), C.R.S. Specifically, the Division utilized the methodology identified in §


25-7-110.5(4)(c)(III), C.R.S.


The Division has determined that there may be costs related to the proposed revisions potentially


impacting owner or operators of oil and gas operations including costs related to additional LDAR


inspections, responsive actions, recordkeeping, and reporting; costs related to improving performance


of air pollution control equipment; costs related to reducing other greenhouse gas emissions, as well as


associated recordkeeping and reporting.


IV.A. Summary of All Rebuttal Cost Analyses


The Division summarized all of the changes to the costs resulting from the Rebuttal revision to the


economic impact analysis in Table 45. All of the revisions made in this Rebuttal revision to the Final EIA


would result in a net decrease of $2,214,720 to the total cost of the proposal.


96
EDF_ALT_EX-001-004, p. 35.
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Table 45: Cost Summary of all Rebuttal Alternatives and Revisions


Cost Summary of Revisions and Additions to Final EIA


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions


(tpy)


Total Annual


Costs


Change from


Original


Proposal


Compressor Station


LDAR
Reg. 7, Section II.E 6,864 141 $386,807 +$277,765


Upstream LDAR Reg. 7, Section II.E 129,808 4,852 $17,747,450 +$17,747,450


Pneumatics at


Compressor


Stations


Reg. 7, Section III -- -- -- $0


Pneumatics at Well


Production


Facilities


Reg. 7, Section III -- -- -- $0


Cost Summary of Alternative Analyses to Final EIA


Rule Proposal Section of Rule


Total CO2e


Reductions


(mtCO2e/Year)


Total VOC


Reductions


(tpy)


Total Annual


Costs


Change from


Original


Proposal


Control Equipment


Performance


Reg. 7,


Section II.B
56,734 2,211 $49,649,855 +$34,994,602


Well Unloading
Reg. 7,


Section II.G
122,596 1,024 $13,284,196 $0


Upstream Intensity


By 2025


Reg. 22,


Section IV
0 --- $0 -$85,497,247


Upstream Intensity


By 2030


Reg. 22,


Section IV
1,540,087 --- $30,262,710 -$55,234,537


IV.B. Summary of New and Updated Rebuttal Revisions to Final Economic Impact Analysis


The Division projects that the Commission’s regulations, as modified by this proposal, will reduce


greenhouse gas emissions (in CO2e) by approximately 4,878,765 mtCO2e per year at a cost range of
97


approximately $59,503,879 to $142,310,503 per year. The overall cost effectiveness for the entire


package is between $29.17 and $89.62 per metric ton of CO2e reduced (and the social cost of


greenhouse gas as set forth in the Final EIA is $82.95, reflecting a significant benefit to Colorado and


the climate through this program).


The Division also estimates its proposal will reduce at least 13,261 tpy of VOC, not including VOC


reduced by the intensity program (even though this program will certainly reduce VOC emissions as


97
Note that the overall emission reductions changed minimally from the Final EIA, as upstream


emission reductions, now also including those from this updated proposal, are accounted for in the


intensity program estimate in Table 29.
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well). This results in an overall cost effectiveness for this package of between $4,486.99 and


$10,731.17 per ton of VOC reduced. The proposal will also have additional unquantified emission


benefits through reductions of ethane (which has a significant global warming potential and ozone


benefits) and hazardous air pollutants such as benzene.


Based on this analysis, the Division believes the current rule proposal is cost effective. The Division has


provided an estimate of costs based on reasonably available information and will consider any


additional information provided by stakeholders. The Division as staff to the Commission requests that


affected industry or any interested party submit information with regard to the cost of compliance with


these proposed rule revisions.


November 23, 2021 Economic Impact Analysis (Final - Revised) for Regs. 7 and 22 Page 62 of 62





		FINAL_Reg 7 and 22 Cost Benefit Analysis_12.3.2021

		Cost-Benefit Analysis

		In performing a cost-benefit analysis, each rulemaking entity must provide the information requested for the cost-benefit analysis to be considered a good faith effort. The cost-benefit analysis must be submitted to the Office of Policy, Research and ...

		AGENCY:

		DEPARTMENT:

		DATE:

		CCR:

		RULE TITLE OR SUBJECT:  

		Table 1: Control Device Performance Economic Impact Revisions

		Table 2: ECD Testing Schedule

		Table 3: ECD Performance Improvement Costs

		Table 4: Control Device Performance Economic Impact Revisions

		Table 5: ECD Performance Improvement Cost Effectiveness

		Table 6: Control Device Performance Economic Impact Revisions

		Table 7: LDAR Annualized Costs

		Table 8: CS LDAR Proposed Frequency

		Table 9: CS LDAR Inspection Costs

		Table 10: CS Repair Hours from LDAR Frequencies

		Table 11: CS Emission Calculations from LDAR

		Table 12: CS Emission Reductions from LDAR

		Table 13: CS LDAR Cost Effectiveness

		Table 14: Cost and Emissions Reductions for LDAR at Gas Plants

		Table 15: Cost and Emission Reductions of ZEVAC Units

		Table 16: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines

		Table 17: Emissions from Venting/Blowdowns/Pigging and Pipelines

		Table 18: Emissions from Venting/Blowdowns/Pigging and Pipelines

		Table 19: Cost and Emission Reductions for Venting/Blowdown Activities

		Table 20: WPF Emission Reductions from LDAR

		Table 21: WPF LDAR Inspection Costs

		Table 22: WPF Repair Hours from LDAR Frequencies

		Table 23: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC

		Table 24: WPF LDAR Total Annual Cost

		Table 25: AIMM Inspection Schedule by Area of State

		Table 26: Average Annual Inspections and Inspection Cost

		Table 27: LDAR Repairs - Years 1-5

		Table 28: New WPF Monthly LDAR Emission Reductions by Year

		Table 29: Upstream Recovered Natural Gas Value from Leak Repairs

		Table 30: Upstream LDAR Total Annual Cost

		Table 31: Calculated Intensities

		Table 32: Total GHG Reductions Enforced By the Intensity Program

		Table 33: Upstream Intensity Emission Reductions by 2030

		Table 34: Well Unloading Emissions Data

		Table 35: Well Unloading Control - Emissions and Cost Effectiveness

		Table 36: Well Unloading Control - Emissions and Cost Effectiveness

		Table 37: Social Cost of Greenhouse Gases

		Table 38: Net Benefits to Society



		Per the provisions of 24-4-103(2.5)(a), Colorado Revised Statutes, the cost-benefit analysis must include the following:

		1.  The reason for the rule or amendment; 3

		2. The anticipated economic benefits of the rule or amendment, which shall include economic growth, the creation of new jobs, and increased economic competitiveness; 4

		3. The anticipated costs of the rule or amendment, which shall include the direct costs to the government to administer the rule or amendment and the direct and indirect costs to business and other entities required to comply with the rule or amendmen...

		Cost to Government 5

		Cost to Businesses 5

		Table 1: Control Device Performance Economic Impact Revisions 8

		Table 2: ECD Testing Schedule 9

		Table 3: ECD Performance Improvement Costs 10

		Table 4: Control Device Performance Economic Impact Revisions 12

		Table 5: ECD Performance Improvement Cost Effectiveness 13

		Table 6: Control Device Performance Economic Impact Revisions 14

		Table 7: LDAR Annualized Costs 17

		Table 8: CS LDAR Proposed Frequency 18

		Table 9: CS LDAR Inspection Costs 19

		Table 10: CS Repair Hours from LDAR Frequencies 19

		Table 11: CS Emission Calculations from LDAR 20

		Table 12: CS Emission Reductions from LDAR 21

		Table 13: CS LDAR Cost Effectiveness 21

		Table 14: Cost and Emissions Reductions for LDAR at Gas Plants 23

		Table 15: Cost and Emission Reductions of ZEVAC Units 27

		Table 16: Initial EIA - Emissions from Venting/Blowdowns/Pigging and Pipelines 29

		Table 17: Emissions from Venting/Blowdowns/Pigging and Pipelines 30

		Table 18: Emissions from Venting/Blowdowns/Pigging and Pipelines 31

		Table 19: Cost and Emission Reductions for Venting/Blowdown Activities 32

		Table 20: WPF Emission Reductions from LDAR 36

		Table 21: WPF LDAR Inspection Costs 37

		Table 22: WPF Repair Hours from LDAR Frequencies 38

		Table 23: WPF Emission Calculations from LDAR - Facilities ≥ 2tpy VOC 38

		Table 24: WPF LDAR Total Annual Cost 39

		Table 25: AIMM Inspection Schedule by Area of State 40

		Table 26: Average Annual Inspections and Inspection Cost 42

		Table 27: LDAR Repairs - Years 1-5 42

		Table 28: New WPF Monthly LDAR Emission Reductions by Year 44

		Table 29: Upstream Recovered Natural Gas Value from Leak Repairs 44

		Table 30: Upstream LDAR Total Annual Cost 45

		Table 31: Calculated Intensities 46

		Table 32: Total GHG Reductions Enforced By the Intensity Program 47

		Table 33: Upstream Intensity Emission Reductions by 2030 49

		Table 34: Well Unloading Emissions Data 53

		Table 35: Well Unloading Control - Emissions and Cost Effectiveness 53

		Table 36: Well Unloading Control - Emissions and Cost Effectiveness 54

		Cost to General Public 57

		Table 37: Social Cost of Greenhouse Gases 58

		Table 38: Net Benefits to Society 59

		4. Any adverse effects on the economy, consumers, private markets, small businesses, job creation, and economic competitiveness; and 59

		5. At least two alternatives to the proposed rule or amendment that can be identified by the submitting agency or a member of the public, including the costs and benefits of pursuing each of the alternatives identified. 60

		No Action Alternative 60

		EDF and Conservation Groups Alt Proposal 60

		1.  The reason for the rule or amendment;

		The Division is proposing revisions to Regulation Numbers 7 and 22 to achieve the necessary statewide greenhouse gas (“GHG”)0F  emission reductions to implement Colorado’s Greenhouse Gas Pollution Reduction Roadmap (“GHG Roadmap”) and House Bill 21-12...

		Another of the Division’s primary objectives is to pursue environmental justice, by asking this Commission to adopt regulatory revisions and new programs that meaningfully reduce emissions of GHG and co-pollutants in disproportionately impacted commun...

		2. The anticipated economic benefits of the rule or amendment, which shall include economic growth, the creation of new jobs, and increased economic competitiveness;

		INDUSTRY-WIDE BENEFITS

		Many of the proposed revisions are designed to require or incentivize best management practices at oil and gas operations. This benefits Colorado-based energy companies in the current marketplace, in which end users increasingly demand sustainable ene...

		Such efforts include ONEFUTURE, a membership of over forty-five natural gas companies working to reduce methane emissions from the sector to 1% or less. The ONEFUTURE coalition represents more than 15% of the natural gas value chain, and numerous Colo...

		These rules also ensure more recovery of natural gas - a salable product. By June 2021, the price of natural gas had increased over 50% from the 2020 average, according to Henry Hub pricing; and on August 10, the U.S. Energy Information Administration...

		STATEWIDE ECONOMIC BENEFITS

		Colorado already has a reputation as a leader in methane detection and monitoring technology and in control strategies. The Division believes its proposal will result in significant growth in this area along with job creation and opportunities for ind...

		3. The anticipated costs of the rule or amendment, which shall include the direct costs to the government to administer the rule or amendment and the direct and indirect costs to business and other entities required to comply with the rule or amendment;

		Cost to Government



		The Division anticipates impacts to the Division’s workload as part of implementation of its proposal. The Division believes that this workload impact will be handled by current and anticipated staff. The Division has hired or is hiring an Air Quality...

		Cost to Businesses



		The Division herein incorporates by reference and attaches the Rebuttal Economic Impact Analysis (“EIA”) filed with the Commission in this proceeding on November 23, 2021.

		I. Better Performance of Air Pollution Control Equipment

		The Division is proposing regulations to optimize and verify performance of air pollution control equipment. This proposal includes:

		● Increased monitoring requirements for some air pollution control equipment;

		● Use of flow meters; and

		● Performance testing of enclosed combustion devices (“ECDs” or “combustion devices”).

		Currently, Commission regulations, including Regulation Number 7, Part D, Section II, require reductions in hydrocarbon emissions of at least 95% through the use of air pollution control equipment, including ECDs. The Division is proposing the additio...

		Based upon operator reported data for 2017 and analysis done by the Division for the Commission’s December 2019 Regulation Number 7 rulemaking, the Division identified 4,573 storage tank batteries statewide that are subject to the control requirements...

		These requirements would also apply to midstream operations. The Division has identified 20510F  compressor stations. Of the 205 compressor stations, 59 are in the 9-County area11F  and 146 are outside the 9-County area. Information provided by operat...

		Using Division APEN and permitting data, as well as data reported to EPA, the Division identified 63 natural gas processing plants in the state that are not on tribal lands. Of these 63 gas plants, the Division’s data shows that 32 are in the 9-County...

		I.A. Monitoring: Regulation Number 7, Part D, Section II.B.2.f

		In Section II.B.2.f, the Division proposes more frequent inspections of air pollution control equipment at oil and gas operations. The proposed rule requires operators to conduct, at minimum, weekly visual inspections of air pollution control equipmen...

		Air pollution control equipment used to reduce emissions from glycol dehydration units will be newly subject to these inspection requirements. The Division has reached out to the industry to understand how many such devices would be subject to the rul...

		Based upon the foregoing, costs associated with additional inspection and monitoring are assumed to be absorbed into current operation and maintenance practices and carried out by existing personnel. No additional significant equipment or labor costs ...

		I.B. Flow Meters: Regulation Number 7, Part D, Section II.B.2.g

		The Division proposes that operators install and operate flow meters on most ECDs used to comply with Section II control requirements. In the Initial EIA, the Division assumed that most of the state’s combustion devices will require the installation o...

		The Division’s proposal does not prescribe any specific brands or types of flow meters that can be used. Based on the analysis of the equipment costs for 22 different flow meters currently on market, the Division used an average cost of $2,439 as the ...

		The Division did not receive any information from operators between the date of the Initial EIA and the Final EIA. The Division determined the annualized cost of a flow meter would therefore be $389.68. It is estimated that, based on the estimated cou...

		The Division has heard from industry a suggestion that there are other associated costs with the use of flow meters, such as a potential need for site reconfiguration, and, in the Initial EIA, requested that industry provide information about these co...

		I.C. Performance Testing of Enclosed Combustion Devices: Regulation Number 7, Part D, Section II.B.2.h

		The Division’s proposal will require performance testing of most ECDs used to comply with Regulation Number 7, Part D, Section II. The Division’s proposal would prioritize testing of devices first in DI communities, second in the 8-hour Ozone Control ...

		The Division estimates that of the 9,505 ECDs subject to the proposed regulation, 28.57% or 2,716 are located inside a DI community, 49.87% or 4,740 are located inside the 8-hour Ozone Control Area (plus Northern Weld) (and not in a DI community), and...

		The Division assumes that all performance testing of combustion devices will be conducted by third-party testing companies.16F  The Division collected information from flare performance testing companies, testing personnel, operators, and historical D...

		Test protocol preparation and test report preparation are each estimated to take one day to complete. As the test methodology and testing equipment used vary between combustors, the Division used the average hourly equipment rental and preparation cos...

		The proposed rule requires that 100% of the total existing ECDs (i.e., those operating as of December 2021) be tested by May 1, 2028. The Division calculated that an average of 1,731 ECDs would be required to be tested each year, for the first five ye...

		The Division does not have performance test results for every ECD in the field, from which it can calculate conclusively the emissions benefits of this rule. In order to determine the emission benefits of its proposal, the Division undertook an analys...

		To calculate emission benefits, the Division applied this percentage to uncontrolled emissions reported for all controlled tank batteries over 2 tpy VOC (from the Division’s database).19F  The Division estimated that its proposal would result in a VOC...

		The Division received revised information in the Prehearing Statements from industry that suggest there is additional facility prep required to complete stack tests. A summary of the information provided and a comparison to previously developed costs ...

		The Division stands behind its cost analysis, and offers the Alternative Cost to demonstrate that even making the adjustments suggested as necessary by the JIWG: 1) the proposal remains cost-effective; and 2) cost per ton figures (for VOC/GHG) are now...

		I.D. Reporting

		The cost of preparing a performance test report is included in the cost information above. The Division is proposing that operators would submit information about the performance tests conducted each year with the existing annual reports required unde...

		I.E.  Enclosed Combustion Device Performance Cost Effectiveness

		Based on an annual cost of its performance test requirements as $10,951,715, and an annualized cost of flow meters of $3,703,908 per year, the Division estimates a total annual cost of $14,655,253. Based on this analysis, the Division has determined t...

		The Division reviewed information provided by industry groups in their Prehearing Statements, including the Joint Industry Workgroup (JIWG) and others27F , and prepared an alternative analysis adjusting the costs associated with the proposed requireme...

		The JIWG also included emission estimates that were far below those of the Division.28F  The JIWG’s revised emissions benefit analysis appears to have been based on survey responses received from a few testing companies (but not actual test reports, n...

		While the Division stands by the analysis from the Final EIA, even with the alternative calculations made, the requirement to install and operate flow meters and conduct performance tests on enclosed combustion devices remains cost effective.

		I.F.  Combustion Device Performance in Section I.

		As described in the Division’s Prehearing Statement, the proposed revisions to Section I. are a new addition from the Request Proposal and are included to address concerns raised by EPA with previously submitted State Implementation Plan (“SIP”) revis...

		For the potential 124 combustion devices estimated to be controlling emissions from storage vessels, the Division assumes the costs would be the same or similar to the costs of performance testing and flow meters described above and, in fact, would be...

		The Division, as staff to the Commission, requested additional information from stakeholders on the costs associated with this component of its proposal, but did not receive any such information.

		II. Midstream Program(s)

		The Division is proposing several new regulatory provisions to directly address GHG emissions (and co-pollutants) from the midstream segment of the oil and gas industry. The proposals include the following additional requirements for oil and gas opera...

		● Increased leak detection and repair (“LDAR”) inspections for natural gas compressor stations;

		● Increased leak detection and repair inspections and valve requirements for gas plants outside of the 8-hour Ozone Control Area;

		● Capture and control strategies for certain midstream operations, including pigging and blowdowns;

		● Expansion of rod-packing requirements for compressors at gas plants outside of the 8-hour Ozone Control Area;

		● Expansion of the gas plant pneumatic controller requirements outside of the 8-hour Ozone Control Area; and

		● Long-term planning for GHG reductions from midstream engines and other combustion equipment.

		II.A. Leak Detection and Repair: Regulation Number 7, Part D, Section II.E32F

		According to the Division’s 2020 state-wide LDAR annual reporting, 551,787 inspections were completed at well production facilities (comprised of 525,433 Audio, Visual Olfactory (“AVO”) inspections and 26,354 Approved Instrument Monitoring Method (“AI...

		The Division used the same approach to estimate LDAR inspection costs as in the 2014, 2017, and 2019 rulemaking EIAs supporting LDAR requirements.33F  For in-house inspections, it is assumed that operators use existing personnel to conduct LDAR inspec...

		The Division updated its cost estimates of an IR camera to reflect current (2021) market prices, and other equipment costs are inflated from 2014 dollars to 2021 dollars, using the U.S. Bureau of Labor Statistics (“U.S. BLS”) CPI Inflation Calculator....

		The Division used this annualized cost to create an estimated cost per hour for an in-house LDAR inspection. The total annualized cost identified in Table 7 of $198,020 is divided by an assumed 1,880 annual working hours37F  to produce a value for an ...

		II.A.1. Compressor Station LDAR: Regulation Number 7, Part D, Section II.E.3.d

		The Division’s proposal would require compressor stations to have a minimum inspection frequency of quarterly, regardless of location. Given that compressor stations inside the 8-hour Ozone Control Area are already at a quarterly frequency, this propo...

		Further, the Division is also proposing to require inspections bimonthly (six times per year) at compressor stations inside the 8-hour Ozone Control Area with emissions between 12 and 50 tpy VOC where located in a DI Community or within 1,000 feet of ...

		● The number of facilities affected by the rule has changed.

		● The incremental change to costs associated with repair time39F  is reflected in this analysis.

		● The estimated VOC emission reductions per facility were recalculated for the 9-County, Piceance, and remainder of the state, to account for incorrect use of VOC emission factors in the Final EIA.

		● The Division estimated the repair hours and emission reductions associated with a new category of LDAR frequency (bimonthly).

		The new proposal would require all compressor stations within a disproportionately impacted community or within 1000 feet of an occupied area40F  to be inspected six times per year (across the year, bimonthly). The new proposal also increases all rema...

		Inspections

		For this analysis, unlike in the Final EIA, the Division assumed that operators would use only infrared (IR) cameras to meet this increased inspection requirement. Table 9 includes a breakdown and analysis of the estimated leak inspection time and cos...

		At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total cost to operators for completing the new LDAR inspections would therefore be $430,409.78 per year; or $3,948.71 per compressor station per year. Anot...

		Leak Repair

		The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except this analysis uses the incremental change in repair hours associated with the proposed revisions. The Division also made a scaled assumption of leak rate...

		Using these assumed repair hours and the incremental change in frequency as outlined in Table 8, the Division calculated an increase of 600.8 repair hours. At a cost of $82.06/hour, the total repair cost is $49,301.65.

		Emission Reductions

		The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate emission reductions from this program, though broken out by basin as opposed to by compressor station tier.44F  Further, the Division assumes that the i...

		The total expected emission reductions from this program is outlined in Table 12, below.

		In its Rebuttal EIA, EDF estimated that this proposal would achieve additional emission reductions of 189.2 tpy VOC and 314.2 tpy methane.

		Cost Effectiveness

		Combining the annual cost of inspections, $430,409.78, with the annual cost of repairs, $49,301.65, incorporating a recovered natural gas value of $92,904.27, the effectiveness of this requirement is $2,747.89 per ton VOC and $56.36 per mtCO2e. The sp...

		EDF also analyzed the Division’s proposal and determined a net cost effectiveness of $208.16 per ton methane and $8.33 per ton CO2e.

		II.A.2. LDAR at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.I

		Currently, under Regulation Number 7, Part D, Section I.G, natural gas processing plants in the 8-hour Ozone Control Area must comply with the LDAR program in NSPS OOOO or NSPS OOOOa. Natural gas processing plants outside the 8-hour Ozone Control Area...

		The Division has identified 63 natural gas processing plants in Colorado - 38 of which are operating in the DJ Basin. The Division assumes these 38 plants are already subject to LDAR programs under NSPS OOOO or NSPS OOOOa. The Division has identified ...

		The Division utilized technical supporting information from the Oil and Gas CTG46F  in the analysis of this proposal. Under the Division’s proposal, these gas plants would monitor pumps, compressors, pressure relief devices, sampling connection system...

		In the Oil and Gas CTG, EPA estimated cost impacts associated with moving from a NSPS VV program to a subpart VVa program for a natural gas processing plant, and determined that the cost in 2012 dollars was between $2,010 - 2,844 per ton VOC48F . In t...

		The Division’s proposal would also require operators to complete repair within specified time frames (within 2 years or the timeframe under the applicable federal program, whichever is earlier). The Division’s proposal also requires operators to mitig...

		II.B. Midstream Emission Reductions - Pigging and Blowdown Operations: Regulation Number 7, Part D, Section II.H

		II.B.1. Pigging Operations

		In Permit Section (PS) Memo 20-0451F , the Division explained pigging operations as follows:

		Raw natural gas is transported from production wells to processing plants through networks of gathering pipelines. Although liquid separation may occur at the well pad, much of the raw natural gas passing through the gathering pipelines is saturated w...

		The Division is proposing that midstream owners and operators with pigging operations must capture and recover the natural gas emitted during pigging. If that is not feasible, those owners or operators may apply to the Division to utilize air pollutio...

		All midstream owners or operators with pigging operations must additionally employ best practices to reduce emissions associated with pigging. Some of the proposed best management practices are specified in PS Memo 20-04, and therefore should not resu...

		The Division used gas speciation data collected by the Division, guidance from the EPA52F  and information received from operators and manufacturers to estimate emissions from pigging events.

		Cost - Pig Ramps

		Pig ramps allow liquids trapped in front of the pig to be captured, and allow liquids on the pig itself to drain before the pig is pulled from the chamber.53F  The inventor of pig ramps, Mark West, has made the schematics available freely on its websi...

		Cost - Capture: ZEVAC unit and Jumper Lines

		In order to comply with the requirement to capture and reduce emissions during pigging operations, for the purpose of calculating costs, the Division assumes operators will use a ZEVAC unit.54F  The Division assumes that a pig launcher and receiver ar...

		The Division has recognized that capture may also be effectuated “by routing the gases to a lower pressure system before venting the remaining gases to the atmosphere or to control equipment. Routing to a lower pressure system is achieved with a depre...

		Cost data received from EPA suggests that the materials cost for a jumper line is low - about $2,137 per jumper line. And when the savings in materials (e.g., bolts, gaskets, flanges) from a jumper line installed during mainline construction are taken...

		The Division gathered information from a manufacturer of ZEVAC units on the costs associated with ZEVAC units and expected gas recovery under various operating scenarios. The Division does not have reasonably available information about actual pigging...

		High frequency pigging assumes the use of 5 pig barrels a day, for 5 days per week, at 50 weeks per year. With high frequency pigging, there are an estimated 1,250 events per year, each releasing an estimated 3,900 scf of gas, for a total annual poten...

		Table 15 below demonstrates potential gas recovery (emissions reductions) and cost per ton of pollutants per ZEVAC unit under the various ZEVAC operating conditions. This cost effectiveness analysis does not account for the economic benefit to operato...

		Amount and Value of Recovered Natural Gas

		If the use of ZEVAC units will result in the recovery of 4,875,000 scf of natural gas per year, per ZEVAC unit, assuming high-frequency use, and 585,000 scf of natural gas per year, per ZEVAC unit, assuming low-frequency use, the Division calculates n...

		In its Initial EIA, the Division, as staff to the Commission, requested additional information from stakeholders on the costs associated with this component of its proposal. The Division did receive some additional cost data from operators, associated...

		II.B.2. Blowdowns of Equipment and Piping

		The Division’s proposal will require midstream owners and operators to reduce hydrocarbon emissions from blowdowns from equipment and piping at compressor stations and gas plants where those emissions exceed specified thresholds. The Division also pro...

		Based on information collected from operators, some operators will be able to route emissions from blowdowns to existing control equipment on-site. One operator indicated that costs to combust blowdown emissions could include the building of a blowdow...

		Many best practices are already identified in PS Memo 20-04. In the Initial EIA the Division - as staff to the Commission - requested additional information from operators on the costs of implementing controls and other practicable best management pra...

		Emission Reductions from Pigging and Blowdowns

		The Division does not have complete data from operators on how often pigging and blowdown activities are conducted, particularly as differentiated between pigging and other maintenance activities that result in venting of emissions. In order to calcul...

		First, the Division looked at EPA FLIGHT data for 201961F , and identified the total amount of emissions in CO2e reported by the natural gas gathering and boosting segment and the natural gas processing segment for pigging, venting and blowdowns (to t...

		Initial EIA Analysis

		The Division then looked at the emissions reported to the Division by operators in the midstream segment for “venting and blowdowns” and pipeline emissions. For the second half of 2020, midstream operators reported 35,184 events in “venting or blowdow...

		Not accounting for any reductions from pipeline emissions,62F  the Division’s proposal could reduce venting and blowdown emissions by 95%, achieving a CO2e reduction of 156,520 mtCO2e/year. Looking only at VOC emissions from total venting and blowdown...

		Update for Final EIA

		The Division updated its analysis for the Final EIA based upon data reported for the second half of 2020, broken out by applicability category, reported emissions are as follows:

		Under the Division’s proposal, the industry stakeholders have conveyed to the Division that they expect the pigging applicability thresholds to result in capture or control of more than 85% of the natural gas emitted during pigging operations.63F  The...

		Thus, under this updated analysis, assuming that the Division’s proposal would result in capture or control of 85% of pigging operations (with a 95% capture/control efficiency), and 95% capture/control efficiency of remaining blowdown emissions, the D...

		Cost of Pigging and Blowdown Emission Reduction

		Based upon information reported to the Division in the annual emission reports under Regulation Number 7, Part D, Section V, and assuming that there are 250 business days in a year (and that blowdowns take place only on business days), there are appro...

		The average cost per ton of emission reductions is $5,707.06 per tpy VOC and $40.78 per mtCO2e/year. These costs, however, do not separate out pigging emissions or specific types of blowdowns (such as compressor blowdowns), but do exclude pipeline emi...

		II.C. Rod Packing Replacement at Natural Gas Processing Plants: Regulation Number 7, Part D, Section II.B.3.d

		Existing regulations require rod packing replacement at natural gas processing plants inside the 8-hour Ozone Control Area. See Regulation Number 7, Part D, Section I.J.2. The Division’s proposed regulation would expand that requirement to natural gas...

		According to the Oil and Gas CTG, EPA estimated the emission reductions by “comparing the average rod packing emissions with the average emissions from newly installed and worn-in rod packing.”69F  The Oil and Gas CTG, Table 5-4, estimates a reduction...

		The Oil and Gas CTG estimates the capital cost of replacing the rod packing at $4,280, without factoring in the natural gas savings. The Division converted this value from 2012 dollars to 2021 dollars using the U.S. BLS CPI Inflation Calculator, resul...

		In addition, there may be minimal costs related to the proposed monitoring and recordkeeping requirements, as discussed above, where an owner or operator is not currently monitoring and keeping compressor records. Throughout the rulemaking process, th...

		II.D.  Pneumatic Controller Requirements at Natural Gas Processing Plants: Regulation Number 7, Part D, Section III

		The Division’s proposal would expand current requirements to use non-emitting pneumatic controllers to natural gas processing plants statewide. Current requirements apply inside the 8-hour Ozone Control Area. See Regulation Number 7, Part D, Section I...

		Should an owner or operator of a natural gas processing plant convert an existing natural gas-driven pneumatic controller to their instrument air system, the Oil and Gas CTG estimates a capital cost of converting the pneumatic controller at $2,000 and...

		The Division estimates that there are thirty-one (31) gas plants outside the 8-hour Ozone Control Area, but does not have data on the number of natural gas actuated pneumatic controllers at these natural gas processing plants. The Oil and Gas CTG assu...

		II.E. Long-Term Planning for CO2e Reduction from Midstream Engines and Other Fuel Combustion Equipment: Regulation Number 22, Part B, Section III

		Section 25-7-105(1)(e)(XIII), C.R.S., requires a 20% reduction in industrial emissions from the 2015 baseline by 2030. Included in this category of emissions is methane, CO2, and other greenhouse gas emissions from fuel combustion equipment at midstre...

		The Division has not identified a significant economic impact on any industry or party from this proposal. The JIWG complained in its prehearing statement that the Division did not include cost associated with participation.73F  As an initial matter, ...

		II.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.

		To align with the new leak detection and repair frequencies for compressor stations, the Division proposed to update the inspection frequency for gas-driven pneumatic controllers in Section III.F. The proposed revisions build upon the statewide LDAR p...

		III. Upstream Program

		The Division has proposed several new regulatory provisions to directly address greenhouse gas emissions from the upstream segment of the oil and gas industry. The proposals include the following additional requirements for oil and gas operators in th...

		● Increased leak detection and repair (LDAR) inspections for well production facilities;

		● Greenhouse gas intensity program; and

		● Emission reduction requirements for well maintenance and unloading activities.

		III.A. Leak Detection and Repair Inspections at Well Production Facilities: Regulation Number 7, Part D, Section II.E.4.e.(i)

		The Division has proposed additional requirements for existing well production facilities, statewide and in disproportionately impacted communities. The proposal, if adopted, would require more inspections at most well production facilities, and - con...

		Outside the NAA, the Division assumed that 9.2% of well production facilities were located within 1,000 feet of an occupied area. From there the Division was able to determine how many well production facilities would be affected, especially where exi...

		The Division’s proposal also allows for specified design alternatives - like pressure management systems and tankless facility design - to take the place of the additional inspections at well production facilities undertaking those design modification...

		Inspections

		The Division’s analysis as set forth above results in an increase in 24,320 inspections, statewide, per year. However, this analysis is conservative, as it does not account for the number of sites with design alternatives as described above. For this ...

		At hourly inspection rates of $105 per hour for in-house and $137 per hour for contractors, the total cost to operators for completing the new LDAR inspections would therefore be $9,861,662.72.

		Leak Repair

		The Division made the same assumptions to calculate leak repair costs as in the Final EIA, except applied an incremental change in repair hours associated with the proposed revisions. The Division also made a scaled assumption of leak rate for the new...

		Using these assumed repair hours and the incremental change in frequency as outlined in Table 20, the Division calculated an increase of 113,191 repair hours. At a cost of $82.06/hour, the total repair cost is $9,288,452.64. The Division’s estimated r...

		Emission Reductions

		The Division used the same model well production facilities for the development of emissions per facility that it used for the Final EIA. Table 23 includes emissions assumed from model facilities for well production facilities with emissions greater t...

		However, the model facilities developed for Table 23 were not appropriate to use for well production facilities with emissions less than 2 tpy VOC. The model well production facilities in Table 23 were developed based on data from compressor stations ...

		Cost Effectiveness

		Combining the annual cost of inspections, $9,861,662.72, with the annual cost of repairs, $9,288,452.64, yields a total gross annual cost of $19,150,115.36. Based on these reductions and associated costs, incorporating a recovered natural gas value of...

		EDF estimated methane reductions from the Division’s proposal of 54,000 metric tons by 2025 and 65,000 metric tons by 2030. EDF’s analysis assumes that “abnormal operating conditions” or “superemitters” would be reduced significantly through additiona...

		III.B. Leak Detection and Repair Inspections at Newly Constructed Well Production Facilities: Regulation Number 7, Part D, Section II.E.4.e(ii)

		Inspections

		Currently, well production facilities conduct AIMM inspections at a frequency determined by their VOC emissions in accordance with Regulation Number 7, Part D, Sections I.L or II.E, as applicable. As production decreases, and resulting VOC emissions f...

		Table 25 below identifies how many additional inspections would be required on average each year, for the first five years of a newly constructed well production facility’s operation as a result of the Division’s proposal, assuming every facility stay...

		The Division looked at COGCC data for 2020 to determine how many new facilities are constructed each year. The Division identified 91 new well sites (based upon unique location IDs) constructed in 2020 - 74 in the 8-hour Ozone Control Area and 17 outs...

		The Division took the same approach to estimate inspection time, inspection costs, and repair costs as with the midstream segment leak detection program for compressor stations. Table 26, below demonstrates the total inspection costs for years 1 throu...

		Leak Repair

		In this analysis, the Division uses an average scaled monthly leak frequency rate of 2.36%, based on EPA data.82F  Using a similar approach as before to estimate component repair time and component repair cost, the Division estimates that a total of 1...

		Emission Reductions

		The Division uses the same analysis here as the Commission did in 2014, 2017, and 2019 to estimate emission reductions from this program (using updated gas speciation data). The Division calculated emission reductions achieved in each area of the stat...

		Value of Natural Gas Recovered

		In Table 29, the Division estimates the value of natural gas recovered from these additional leak inspections.

		Reporting

		The Division’s proposal also requires operators to submit information about leaks detected in their monthly reports under Section VI, for their air quality monitoring during preproduction and early production. This will enable the Division to better e...

		Cost Effectiveness

		As noted before, the total cost of inspections across operators is estimated to be $570,742.01 per year, and the total cost of repairs across operators is estimated to be $257,093.65 per year. This results in a total annual net cost of $750,905.85, af...

		As outlined in Table 30, the Division estimates an overall cost effectiveness of $2,823.52 per ton VOC and $105.47 per mtCO2e. Operators and industry parties to this rulemaking have not objected to this component of the Division’s proposal.

		III.C. Greenhouse Gas Intensity for Preproduction Emissions and Production Emissions: Regulation Number 22, Part B, Section IV

		The Division is proposing to establish a greenhouse gas intensity program for the upstream segment of the oil and gas industry. This program creates greenhouse gas emission intensity targets, determined on an operator-level basis. The GHG intensity va...

		Based on an analysis of emissions and production data reported to the EPA under the GHGRP, the Division determined that there is currently an extremely wide range of GHG intensities across upstream operators. The reports show operator GHG intensities ...

		To calculate the intensity targets in the proposed regulation, the Division started with the data for the 2005 baseline in the GHG Roadmap inventory for the oil and gas sector, and with the information in the 2015 baseline in the GHG Roadmap inventory...

		The Division first used the 2005 baseline emissions for the O&G Sector from the GHG Roadmap, a total of 20,205,859 mtCO2e84F , and determined what portion of those emissions were attributable to upstream operations. The Division added up the venting a...

		Using the production forecasts from the GHG Roadmap for both oil and natural gas, the Division calculated a projected total production in BOE (using 5800 scf/BOE) for 2025, 2027, and 2030. The Division then calculated an average intensity in the years...

		From the 2005 baseline in the GHG Roadmap, the Division determined that the intensity program is an enforceable mechanism to ensure operators reduce GHG emissions from the upstream segment of the oil and gas industry in the following amounts:

		These numbers in Table 32 include reductions achieved under other components of the Division proposal (e.g., well liquids unloading controls). These reductions are not expected as a result of the intensity program alone. In fact, these estimates assum...

		● Additional storage tank controls adopted in late 2019;

		● Requirements for storage tank measurement systems and truck liquids loadout adopted in late 2019;

		● New reporting and permitting requirements for routine or predictable emissions (ROPE);

		● Engine retrofits and reductions adopted in 2020;

		● Preproduction flowback controls adopted in 2020;

		● Non-emitting pneumatic controller requirements adopted in 2021;

		● The impact of COGCC’s new regulations, including Rules 303 and 903; or

		● Any of the Division’s direct regulation proposals in this rulemaking.

		The Division’s proposal also includes several additional provisions that act as guard-rails to ensure the upstream segment reduces emissions to meet the requirements of §25-7-105(1)(e)(XII), C.R.S. The Division has proposed an even more stringent inte...

		Cost Effectiveness of Intensity

		The costs associated with meeting GHG intensity targets will range widely across the industry. The EPA provides recommendations for technologies to reduce methane emissions.87F  There are multiple studies and presentations available to operators to fi...

		The Division reasons that costs associated with reaching intensity targets will be at least as cost effective as the cost effectiveness of direct regulations. In the February 2021 rulemaking on pneumatic controllers, the Final EIA estimated a cost per...

		Some parties to the rulemaking proceeding, including EDF, presented evidence that current regulatory programs and provisions put the state on track to meet the state’s 2025 greenhouse gas goals. These same parties note that meeting the 2030 greenhouse...

		Second, because EDF’s analysis did not, as the Division understands it, take into account the following additional reductions that the Division expects from either its Rebuttal proposal or other regulatory or voluntary programs in Colorado, without li...

		● Emissions from “super emitters” or “abnormal operating conditions” at compressor stations;

		● Emissions that will be reduced by the Division’s proposals in Section II.H that require the use of electrical power for capture and recovery equipment;

		● Emissions from improperly operating pneumatics addressed by the increased frequency of inspections in Section III.F of this Rebuttal proposal;

		● Emission reductions from voluntary measures;

		● Emission reductions from the COGCC mission change rulemaking, such as venting and flaring requirements, permitting provisions, or best management practices.

		However, the Division is using (for this analysis) the 60% assumption as well as the undercounted emission reductions listed above as we lack quantifiable data related to the emissions reductions achieved through recent rulemaking activities. The emis...

		Based on EDF’s analysis, the cost of the intensity program between adoption and 2025 would be $0, because the implication of EDF’s analysis is that operators will meet their 2025 intensity targets by virtue of regulatory revisions already adopted by t...

		Implementation of methane control technologies can result in realized benefits to operators associated with gas recovery. Gas that is reclaimed, rather than being vented to the atmosphere or combusted, can be sold. At a nominal gas price, operators co...

		III.D. Emission Reductions from Well Maintenance and Liquids Unloading Activities, Regulation Number 7, Part D, Section II.G

		The Division’s proposal would augment existing requirements for best practices to be employed during all well maintenance activities. The Division’s proposal would also require the use of technology to minimize the need to conduct well unloading activ...

		III.D.1. Best Practices

		Regulation Number 7, Part D, Section II.G has, for years, required operators to use best management practices when conducting well maintenance operations. The Division assumes no significant additional costs will be incurred as a result of the Divisio...

		Plunger Lift Systems

		Plunger lift systems use well shut-in pressure build-ups to lift columns of liquid out of the well without the need to vent the gas to the atmosphere.91F  Plunger lifts have a significant economic benefit to the operator - boosting gas production. Aut...

		Natural Gas STAR materials estimate a savings of 500-600 Mcf/year for an average well requiring unloading. Smart automation controllers can also avoid the need for site visits associated with unloading activities, further reducing costs to operators. ...

		Natural Gas STAR partners have also reported benefits of up to 18,250 Mcf per well in increased gas production. The Division estimated revenue from avoided emissions by calculating the market value of the gas by the volume of avoided emissions. The Di...

		However, assuming that at wells where plunger lift is not currently installed it is installed, and that plunger lifts are installed on new wells as they begin to require unloading, the Division’s proposal will achieve emission reductions using a techn...

		III.D.2.  Well Unloading Emission Reductions

		Under the Division’s proposal, operators will be required to capture and recover emissions from well liquids unloading or use air pollution control equipment to combust the hydrocarbons emitted during liquids unloading. Well swabbing is included in th...

		Control Equipment

		The Division’s proposal would require the capture or control of emissions from unloading through the use of control equipment. In the Initial EIA, the Division assumed that operators would use a temporary open flare to control emissions during well un...

		After multiple discussions, the Division now understands that operators will likely comply by purchasing open flares. Then, depending on whether the site configuration has room for a dedicated flare, the operator will either install a dedicated flare ...

		To estimate emission reductions, the Division analyzed over 100 samples of gas composition of sales gas, across the DJ Basin, Piceance Basin and the eastern plains. From this data, the Division derived a statewide average gas composition in Table 34. ...

		Assuming 95% reduction in emissions from well unloading results in a reduction of 2,234.84 tpy VOC and 103,128.16 mtCO2e/yr (calculated only by looking at methane reductions; this number would be significantly higher if the Division took into account ...

		Based on the COGCC data, the Division’s proposal would require capture or control at approximately 29% of well production facilities with unloadings and would cover 75.5% of the total unloading events at very cost-effective.

		III.F. Pneumatic Controller Inspections: Regulation Number 7, Part D, Section III.F.2.f.

		To align with the new leak detection and repair frequencies for well production facilities, the Division has proposed to update the inspection frequency for pneumatic controllers to match. The proposed revisions build upon the statewide LDAR program i...

		IV. Annual Emissions Inventory Reporting Updates

		The Division’s proposal also includes updates to Regulation Number 7, Part D requirements for annual emissions inventory reports. The majority of these updates have no associated additional cost and are absorbable costs associated with the existing re...

		The Division has nonetheless estimated the costs of sampling. For this Initial EIA, the Division assumes that fifty percent (50%) of sources will use the state default factors and that fifty percent (50%) will use site-specific factors and therefore b...

		All composition analyses are assumed to be completed by a third party-testing company. Based upon information provided by operators, the Division estimates an average cost per sample of $535. The Division assumes that two samples will be required per ...

		Pursuant to § 25-7-110.5(4)(c), C.R.S., the Division requested additional information on the costs and other regulatory impacts on these and any other potentially impacted supporting businesses or industrial sectors. Aside from the information discuss...

		V. Summary of Costs to Businesses

		The Division has determined that there may be costs related to the proposed revisions potentially impacting owner or operators of oil and gas operations including costs related to additional LDAR inspections, responsive actions, recordkeeping, and rep...

		V.A. Summary of Cost Analyses

		The Division projects that the Commission’s regulations, as modified by this proposal, will reduce greenhouse gas emissions (in CO2e) by approximately 4,878,765 mtCO2e per year94F  at a cost range of approximately $58,230,645 to $141,037,270 per year.

		The overall cost effectiveness for the entire package is between $28.91 and $87.61 per metric ton of CO2e reduced (and the social cost of greenhouse gas as set forth in the Final EIA is $82.95, reflecting a significant benefit to Colorado and the clim...

		The Division also estimates its proposal will reduce at least 13,261 tpy of VOC, not including VOC reduced by the intensity program (even though this program will certainly reduce VOC emissions as well). This results in an overall cost effectiveness f...

		Based on this analysis, the Division believes the current rule proposal is cost effective. The Division has provided an estimate of costs based on reasonably available information and will consider any additional information provided by stakeholders.

		Cost to General Public



		The Division additionally assessed whether any of the proposed programs would impose any direct costs on the general public, and determined that based on available data, there will be no direct costs to the general public for any of the programs. The ...

		I. Social Cost of Greenhouse Gas Analysis

		The “social cost of carbon” is a measure of the economic harm from those impacts, expressed as the dollar value of the total damages from emitting one ton of carbon dioxide into the atmosphere. HB 21-1266 states “for a rule that implements § 25-7-105(...

		Table 37 presents expected annual emission reductions through 2030. The annual emission reductions are multiplied by the social cost of carbon in each respective year to determine a monetized value of the stream of future damages produced by emissions...

		As Table 38 demonstrates, the benefits to society of avoided damages from greenhouse gas emissions are significant. Table 38 below incorporates both the total estimated annual costs (in present, 2021 dollars) and total estimated annual social benefits...

		4. Any adverse effects on the economy, consumers, private markets, small businesses, job creation, and economic competitiveness; and

		The oil and gas industry plays an important role in Colorado’s economy. The industry is a significant employer of highly skilled and well-paid employees. It produces valuable domestic resources that help keep prices low while adding to national stabil...

		As discussed above, the Division’s proposal is projected to result in a total annual cost to industry of between $58,230,645 to $141,037,270. As with any increase in costs, the costs associated with the Division’s proposal could have some adverse impa...

		The Division’s proposal is unlikely to have any appreciable negative impact on the economic competitiveness of the industry as a whole. In fact, with the Division’s proposed intensity program, the Division believes that its proposal is likely to impro...

		While it is unlikely that the costs associated with the proposed revisions will have any meaningfully adverse impacts on the competitiveness of the industry as a whole in Colorado, the costs could incrementally add to the current costs associated with...

		Finally, it does not appear that the costs associated with the Division’s proposal will have any meaningful impact on the general public or small businesses that purchase natural gas and other petroleum products. Oil and natural gas are sold on intern...

		5. At least two alternatives to the proposed rule or amendment that can be identified by the submitting agency or a member of the public, including the costs and benefits of pursuing each of the alternatives identified.

		No Action Alternative



		If the Commission declines to adopt the proposal, the potential emission reductions achievable under the proposed requirements are unlikely to occur. The legislature has acknowledged that climate change impacts Colorado’s economy and directed that GHG...

		21-1266. The no action alternative could also result in other negative consequences, related to ozone attainment (i.e. this proposal meaningfully reduces VOC emissions, an ozone precursor), litigation costs (if the state fails to comply with statutory...

		EDF and Conservation Groups Alt Proposal



		On October 28, 2021, parties - including the Environmental Defense Fund and the Conservation Groups - submitted an alternate proposal with two components: 1) monthly leak detection at all well production facilities and natural gas compressor stations ...

		These parties also estimated a potential cost of up to $135,030,593, over and above the Division’s proposal (EDF’s proposal was additional to the Division’s proposal, not “instead of”). While EDF’s alternate proposal certainly would have resulted in a...

		The Division has in good faith developed this Cost-Benefit Analysis that complies with all requirements of 24-4-103(2.5), C.R.S.
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